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Introduction 

The materials contained in this document consist of guidance, techniques, procedures and 
other information for internal use by the PHMSA pipeline safety enforcement staff.  This 
guidance document describes the practices used by PHMSA pipeline safety investigators 
and other enforcement personnel in undertaking their compliance, inspection, and 
enforcement activities and is intended to be used solely as a reference by PHMSA 
personnel.  This document is U.S. Government property and is to be used in conjunction 
with official duties.   
 
The Federal pipeline safety regulations (49 CFR Parts 190-199) discussed in this 
guidance document contains legally binding requirements.  This document is not a 
regulation and creates no new legal obligations.  In the event of a conflict between this 
document and any regulation, the document would not be controlling.  The materials in 
this document are explanatory in nature and reflect PHMSA’s current application of the 
regulations in effect at the time of the issuance of the guidance to the implementation 
scenarios presented in the materials.  Alternative approaches are not precluded if they 
satisfy the requirements of the applicable regulation(s).   
 
Nothing in this guidance document is intended to diminish or otherwise affect the 
authority of PHMSA to carry out its statutory, regulatory or other official functions or to 
commit PHMSA to taking any action that is subject to its discretion.  Nothing in this  
document is intended to and does not create any legal or equitable right or benefit, 
substantive or procedural, enforceable at law by any person or organization against 
PHMSA, its personnel, State agencies or officers carrying out programs authorized under 
Federal law. 
 
Decisions about specific investigations and enforcement cases are made according to the 
specific facts and circumstances at hand.  Investigations and compliance determinations 
often require careful legal and technical analysis of complicated issues.  Although this 
guidance document serves as a reference for the staff responsible for investigations and 
enforcement, no set of procedures or policies can replace the need for active and ongoing 
consultation with supervisors and colleagues in enforcement matters.   
 
Comments and suggestions for future changes and additions to this guidance document 
are invited and should be forwarded to your supervisor.  
 
The materials in this guidance document may be modified or revoked without prior 
notice by PHMSA management. 
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Protocol Area A. Identify HCAs 

• A.01 Program Requirements 
• A.02 Potential Impact Radius 
• A.03 Identified Sites 
• A.04 Identification Using Class Locations (Method 1) 
• A.05 Identification Using Potential Impact Radius (Method 2) 
• A.06 Identification and Evaluation of Newly Identified HCAs, Program Requirements 
• Table of Contents 

A.01 Program Requirements 

Verify that the methods defined in §192.903 High Consequence Area (1) and/or §192.903 High 
Consequence Area (2) are applied to each pipeline for the identification of high consequence areas. 
[§192.905(a)] 

A.01 Supplemental Guidance: 

• This Protocol establishes requirements for the application of Method 1 and Method 2 to identify 
pipeline segments that may impact an HCA. 

• Protocol A.01.a, A.01.b, and A.01.c establish program requirements for HCA identification that 
should be included in an operator's IMP. Protocol A.01.d reflects the rule requirement that HCAs 
be identified by December 17, 2004. Refer to the following FAQs: 

o FAQ-14 clarifies that all High Consequence Areas (HCAs) must be identified as part of 
an operator’s initial integrity management framework, which must be completed by 
December 17, 2004. 

o FAQ-21 states that non-pipe elements of a pipeline system in HCAs (e.g., compressor 
stations) must be identified by December 17, 2004. 

o FAQ-84 clarifies the integrity assessment provisions of the rule. The rule only applies to 
line pipe, including pipe that may be within the boundaries of facilities (e.g., compressor 
stations, metering stations). The other provisions of the rule apply to the equipment in 
these facilities (e.g., compressors) if the locations meet the criteria to be designated 
HCAs. Thus, operators must consider facilities when establishing potential impact circles 
(the diameter of the pipe into/out of the equipment should be used), and should include in 
their integrity management program processes for addressing these facilities. 

• FAQ-150 addresses the requirements that must be met if an operator has no piping located in 
HCA, i.e., no covered segments.  As described therein, the operator must have completed an 
evaluation to determine that it has no piping in HCA.  The operator must have a process to 
periodically review this evaluation to determine that changes (e.g., new construction along the 
pipeline) have not introduced an HCA.  The process for performing this evaluation, and for 
reviewing/revising it periodically, is the same whether or not HCAs are present.  The lack of 
HCAs is the conclusion, but that conclusion cannot be reached without performing the evaluation.  
Thus, this Protocol would apply to operators without piping in HCA in the same manner that it 
applies to those that do.  The documentation expected of operators without piping in HCA would 
be the same.  These operators need not have a written IM plan, and the remaining Protocols would 
not apply except H.03.b, which addresses requirements in §192.935(d) that are applicable to 
pipeline in Class 3 and 4 areas that is not in an HCA.   

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix A.01, Bookmark A1, Protocol A.1 
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A.01.a. Verify the operator’s integrity management program includes documented processes on how to 
implement methods (1) and (2) in order to identify high consequence areas. [§192.905(a)] 

A.01.a. Supplemental Guidance: 

• The Gas Integrity Management Rule, Section 903 Definitions, establishes 2 methods that may be 
used for HCA identification. An operator may use either method, or both, for identification of 
HCAs. Refer to the following FAQs: 

o FAQ-172 states that operators may designate an entire segment, or their entire pipeline, 
as covered by the rule.  

o FAQ-192 also clarifies that an operator with only a limited amount of pipeline can elect 
to treat its entire pipeline as an HCA. 

• Operators’ integrity management programs should have documented descriptions of how HCA 
identification is implemented for their pipeline. 

• It is expected that the integrity management program will describe how the HCA identification 
requirements are implemented, roles and responsibilities for program implementation, and provide 
assurance that all of the operator’s gas transmission pipeline system has been evaluated for HCA 
identification. 

• FAQ-22 clarifies why is it important that operators know the specific characteristics of high 
consequence areas their pipelines traverse. 

A.01.b. Verify that the operator’s process requires that the method used for each portion of the pipeline 
system be documented. [§192.905(a)] 

A.01.b. Supplemental Guidance: 

• HCA identification program requirements allow the operator to use Method 1, Method 2, or a 
combination of either method. Operator program documentation should be reviewed to assure it 
specifies which methods or combination of methods are used for HCA identification. 
Documentation should also specify which pipeline segments were evaluated by which method. 

A.01.c. Verify that the operator’s integrity management program includes system maps or other suitably 
detailed means documenting the pipeline segment locations that are located in high consequence areas. 
[§192.905(a)] 

A.01.c. Supplemental Guidance: 

• As part of the operator’s integrity management program, piping system maps or other suitably 
detailed documentation should be available that shows the pipeline segments that are located in 
high consequence areas. As a corollary, the operator’s documentation would also clearly 
demonstrate which pipeline segments are not in an HCA. 

• It is expected that most large operators will utilize GIS or similar mapping software for segment 
identification. The operator should demonstrate its system and show graphically the overlay of 
HCAs with its pipeline system. 

• For operators that do not use GIS or similar mapping software, it will be necessary to have the 
operator describe and/or demonstrate how it performed its HCA segment identification. 

• For both GIS-based, and non-GIS-based, HCA identification processes, the operator should 
address how tolerances (or buffers on top of the calculated PIR) will be dealt with regarding 
accuracy of distance measurements to structures and the location of the pipeline centerline. It is 
recognized that GPS measurements and maps have some limitations on accuracy. The rule applies 
to pipelines, and distances from those pipelines, as they actually exist in the field.  

o FAQ-174 states that operators must consider the uncertainties in the distances they 
measure or infer when evaluating potential impact circles. 
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A.01.d. Review HCA records to verify that the operator completed identification of pipeline segments in 
high consequence areas by December 17, 2004. [§192.907 and §192.911(a)] 

A.01.d. Supplemental Guidance: 

• Review of an operator’s gas integrity management program should include a review of records 
demonstrating that the operator completed identification of pipeline segments in high consequence 
areas by December 17, 2004. 

A.02 Potential Impact Radius 

Verify that the definition and use of potential impact radius for establishment of high consequence areas 
meets the requirements of §192.903. [§192.905(a)] 

A.02 Supplemental Guidance: 

• This Protocol establishes the requirements for determination of the Potential Impact Radius (PIR) 
surrounding an operator's pipeline. This protocol provides the formula for calculating the PIR and 
the requirement that the potential impact circle (PIC) extend axially along the length of the 
pipeline from the outermost edge of the first potential impact circle to the outermost edge of the 
last contiguous potential impact circle. These requirements should be verified as being a part of an 
operator's IMP. 

• FAQ-15 provides the definition of covered segments and clarification on the axial extension of 
potential impact circles. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix A.01, Bookmark A2, Protocol A.2 

A.02.a. Verify that the operator’s formula for calculation of the potential impact radius is consistent with 
§192.903 requirements (r = 0.69*(p*d2)0.5) and that the pressure used in the formula is based on maximum 
allowable operating pressure (MAOP).  

i. For gases other than natural gas, verify that the operator has documented processes for 
the use of ASME B31.8S-2004, Section 3.2 to calculate the impact radius formula 
[§192.903 Potential Impact Radius, §192.905(a)] 

A.02.a. Supplemental Guidance: 

• A range of PIR values has been calculated for a variety of pipeline diameters and MAOP 
combinations and are provided in Supplemental Guidance Appendix A.01, Table 1, Natural Gas 
Potential Impact Radius Rounded Up to the Nearest Foot (refer to Supplemental Guidance 
Appendix A.01, Bookmark A2a, Section A.2.a). 

• Calculation must use MAOP (not actual or historical operating pressure). Refer to the following 
FAQs: 

o FAQ-16 states that maximum allowable operating pressure (in pounds per square inch) is 
to be used in PIR calculation. 

o FAQ-119 clarifies that normal operating pressure in potential impact circle calculations 
may not be used even if that pressure is significantly below MAOP 

• FAQ-200 clarifies that pipelines that have components with different pressure ratings may use the 
most limiting (lowest) MAOP (i.e., the component that dictates the MAOP of the entire segment) 
in calculating the PIR for the entire segment. If the line is subsequently uprated, new PIRs would 
have to be calculated based on a higher MAOP. 

• See Supplemental Guidance Appendix A.01, Bookmark Exhibit1, Exhibit 1, for derivation of the 
PIR formula for natural gas. 
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• FAQ-208 addresses consideration of flammable gases other than natural gas. For flammable gases 
other than natural gas, the rule requires operators to use ASME B31.8S-2004, Section 3.2 to derive 
the PIR equation. Refer to the following Baker report which establishes the PIR and basis for 
several other flammable gases. 

o TTO-13, Potential Impact Radius Formulae for Flammable Gases Other than Natural Gas 
(Reference: TTO-13) 

• The values established in the Baker report are provided below: 

Summary of Potential Impact Radius Formula 
 

Product  PIR Formula 

Ethylene  r = 1.04(pd2)0.5 

Hydrogen  r = 0.47(pd2)0.5 

Natural Gas (Lean)  r = 0.69(pd2)0.5 

Natural Gas (Rich)  r = 0.73(pd2)0.5 

Syngas  r = 0.49(pd2)0.5 

 

• Note that "rich gas" is considered to be a gas with a gross heat value of 1100 BTU/cubic foot or 
greater. TTO-13, Potential Impact Radius Formulae for Flammable Gases Other than Natural Gas, 
Section 7.0 (Reference: TTO-13) concludes that a factor of 0.73 should be used in the PIR formula 
for “rich gas.”  Note also that INGAA has questioned the need to use the rich gas formula.  They 
contend that rich gas is still “natural gas” and that the rule specifies use of 0.69 as the factor 
for natural gas in the PIR equation.  PHMSA has concluded that it cannot require operators to 
use a different formula for rich gas given the language in the rule.  Inspectors should inform 
operators that rich gas creates a larger impact circle and suggest that they use a different factor, 
but no enforcement action should be taken if the operator uses 0.69 until the rule is changed.  

• FAQ-3 states that operators of transmission pipelines transporting other gases must adjust the 
formula for determining potential impact circles to reflect the constant appropriate for the gas 
transported. 

• FAQ-144 addresses nonflammable gases. Note that if nonflammable gases are transported by the 
operator, then the use of PIR concepts do not apply. Operators of pipelines carrying non-
flammable gases must consider their entire pipelines as if they were in high consequence areas, or 
they may apply for a waiver to use another method that they may propose for defining HCAs. It is 
not appropriate for an operator to solely rely on the use of Class Locations for identifying HCAs 
as this would not meet Rule requirements (the Rule does not contemplate non-flammable gases). 
non-flammable gases can form toxic clouds that drift long distances from the pipeline and are not 
necessarily contained to the immediate vicinity of the pipeline. Refer to the following Baker report 
which establishes the PIR formula for several other nonflammable gases. Use of this approach by 
an operator would require submittal of a waiver and PHMSA review. 

o TTO-14, Derivation of Potential Impact Radius Formulae for Hazardous and/or Toxic 
Gases without Ignition (Reference: TTO-14) 
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A.02.b. In cases where potential impact circles are used to identify high consequence areas, verify that the 
program requires that high consequence areas include the area extending axially along the length of the 
pipeline from the outermost edge of the first potential impact circle to the outermost edge of the last 
contiguous potential impact circle for those potential impact circles that contain either an identified site or 
20 or more buildings intended for human occupancy. [§192.903 High Consequence Area (3)] 

A.02.b. Supplemental Guidance: 

• FAQ-165 discusses the axial extension of the PIC. Examples of how the area around a pipeline 
may be determined to be a HCA are provided in Supplemental Guidance Appendix A.01, 
Bookmark Exhibit2, Exhibit 2, to demonstrate how the covered segment extends axially along the 
length of the pipeline to the edge of the bounding PIC to define each endpoint of the HCA. 

• If any PIC includes any portion of the identified site (or 20 or more buildings intended for human 
occupancy) within its area, then the postulated point of failure of the "C-FER Circle" should be 
moved farther along both directions of the line until it does not intersect or touch the identified 
site. The HCA is then defined by the extension of the PIR axially in each direction along the 
pipeline. 

o FAQ-162 provides additional discussion regarding situations where only a small portion 
of a building meeting the HCA criteria is within the potential impact circle. Such building 
should be included in the building count consideration. 

• Note that some operators may use a different, but equivalent, method of using PICs to define 
HCAs. The operator may draw the PIR from an identified site. Once the outer most PIC intersects 
with the pipeline are identified, then the PIR is extended down the pipeline from the outer most 
intersects for an additional distance equal to the PIR. This approach was observed at only one 
operator in the initial round of inspections but is likely to be seen again. This approach was used to 
facilitate their GIS computer model used for calculation of HCAs. The last two examples in 
Supplemental Guidance Appendix A.01, Bookmark Exhibit2, Exhibit 2, show this approach. This 
approach may also be applied when using the criteria of 20 or more dwellings intended for human 
occupancy. In that case, the HCA would be defined by 20 or more overlapping PIC intersections 
with the pipeline combined with the axial extension of the PIR from each end of the outer PIC 
intersections. This approach is equivalent to the method where the PIR is drawn out from the pipe. 

A.03 Identified Sites 

Verify that the operator’s identification of identified sites includes the sources listed in §192.905(b) for 
those buildings or outside areas meeting the criteria specified by §192.903, and that the source of 
information selected is documented. [§192.903 Identified Sites, §192.905(b) and §192 Appendix E, I(c)] 

A.03 Supplemental Guidance: 

• This Protocol establishes the requirements for locating identified sites surrounding an operator's 
pipeline. Identified sites may be thought of as areas where people tend to congregate. As such, 
identified sites require additional consideration as a high consequence area (HCA). These 
requirements should be verified as being a part of an operator's IMP. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix A.01, Bookmark A3, Protocol A.3. 

A.03.a. Identified sites must include the following: [§192.903 Identified Sites, §192.905(b)]  

i. Outside areas or open structures occupied by 20 or more people on at least 50 days in any 12 
month period (days need not be consecutive), 

ii. Buildings occupied by 20 or more people on at least 5 days a week for 10 weeks in any 12 month 
period (days and weeks need not be consecutive), and 
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iii. Facilities occupied by persons who are confined, have impaired mobility, or would be difficult to 
evacuate. 

A.03.a. Supplemental Guidance: 

• Inclusion of identified sites is intended to pick up population areas where people tend to gather 
which are not picked up through the Class location or PIC building count process. These could 
include isolated nursing homes, schools, campgrounds, off-shore platforms, or an operator’s 
facilities that may be close enough to the pipeline to be at risk should there be a pipeline failure. 
Refer to the following FAQs: 

o FAQ-121 states that facilities occupied by an operator's employees be considered in 
identifying HCAs. 

o FAQ-151 states that an offshore platform associated with a transmission line must be 
considered as a possible "identified site." 

o FAQ-162 provides additional discussion regarding situations where only a small portion 
of a building meeting the HCA criteria is within the potential impact circle. Such building 
should be included in the building count consideration. 

o FAQ-163 provides discussion on why the length of an HCA segment may vary 
depending on how close to the pipeline an identified site is located. 

o FAQ-176 clarifies that a single home housing a disabled person in not considered an 
identified site. 

• Verify that the operator’s IMP includes the criteria for identified sites as listed in Protocol 
A.03.a.i, A.03.a.ii, and A.03.a.iii. Refer to the following FAQs: 

o FAQ-17 reiterates the rule criteria for identified sites. 
o FAQ-146 provides additional discussion of how commercial or industrial buildings are to 

be treated. Each structure/office/unit that is occupied in such a building should be 
counted in the analysis of 20 or more buildings within the impact circle. 

• FAQ-145 and FAQ-143 discuss consideration of parking lots, roadways, and standing traffic. It is 
expected that roadways, potential standing traffic, parking lots, and other areas with transient or 
fluctuating use by people will be addressed by the operator. 

• FAQ-182 clarifies that the criteria of "20 or more people" means that 20 or more people must be 
present simultaneously.  

• FAQ-211 clarifies that the rule sets no minimum amount of time 20 persons must occupy an area 
in order to meet the definition of an identified site. The criteria refers to people that typically 
occupy the location in normal use. 

A.03.b. Identified sites must be identified using the following sources of information: [§192.905(b)] 

i. Information from routine operation and maintenance activities and input from public officials with 
safety or emergency response or planning responsibilities 

ii. In the absence of public official input, the operator must use one of the following in order to 
identify an identified site: 

1. Visible markings such as signs, or 
2. Facility licensing or registration data on file with Federal, State, or local government 

agencies, or 
3. Lists or maps maintained by or available from a Federal, State, or local government 

agency and available to the general public. 

A.03.b. Supplemental Guidance: 

• PHMSA will expect operators to conduct a reasonable or good faith effort at identifying identified 
sites. The operator’s IMP should include documentation describing the responsibilities for 
identifying identified sites and the methods used. Refer to the following FAQs: 
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o FAQ-18 clarifies that operators are expected to make a reasonable effort to identify sites 
meeting the criteria for "identified sites". 

o FAQ-170 states that PHMSA expects an operator to make a good faith effort at 
establishing contact with public safety officials along portions of its pipeline containing 
HCAs. 

• Guidance has been developed by PHMSA for clarifying the expectations for the identification of 
identified sites in the July 17, 2003 Advisory Bulletin ADB-03-03, Identified Sites as Part of High 
Consequence Areas for Gas Integrity Management Program (Reference: ADB-0303). 

• FAQ-120 and FAQ-195 address an operator's interface with public officials. Operators are 
required to consult the entities responsible for safety and emergency response in the vicinity of the 
pipeline. The appropriate public officials are those with safety or emergency response or planning 
responsibilities who indicate to the operator that they know the location of sites that meet the 
criteria of Protocol A.03.a. These public officials may be local fire chief, Native American tribal 
officials, or the local emergency planning commission. The initial round of inspections has 
revealed that most operators are not receiving useful information from public official on identified 
sites. Operators may be able to improve on this source of information by providing the officials 
with copies of their system maps and / or by meeting face to face with the officials in an effort to 
improve communications and the understanding of what information is desired. 

• In the absence of public official input, the operator must use at least ONE of the sources listed in 
Protocol A.03.b.ii. Inspectors should pay particular attention to situations where an operator has 
used the "Harris Directory" as one of its data sources in the search for identified sites. It is 
apparent that the locations in the Harris directory are often not accurate. If an exact address was 
not known, the Harris directory returns a geo-spatial location at the geographic center of the zip 
code, which is often many miles from the actual location of the facility. 

A.04 Identification Using Class Locations (Method 1) 

If the operator’s integrity management program relies on §192.903 High Consequence Area definition (1) 
for identification of high consequence areas, verify compliance with the following: 

A.04 Supplemental Guidance: 

• This Protocol establishes the requirements for the use of Method 1, as defined by §192.903, to 
identify pipeline segments that potentially impact HCAs. Method 1 primarily relies on the use of 
existing Class Location unit data in conjunction with the identification of identified sites. 

• FAQ-149 clarifies that all Class 3 and 4 areas may not be HCAs in cases where the operator uses 
Method 2. Therefore, all Class 3 and 4 areas are not necessarily HCAs. 

• Requirements that are imposed on pipeline that operates at 80% SMYS under a waiver typically 
require that the entire pipeline subject to the waiver be treated as an HCA and assessed using ILI. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix A.01, Bookmark A4, Protocol A.4. 

A.04.a. Verify the integrity management program includes Class 3 and Class 4 piping locations as high 
consequence areas consistent with the criteria of §192.5(b)(3), §192.5(b)(4), and §192.5(c). [§192.903 High 
Consequence Area (1)(i) and (ii)] 

A.04.a. Supplemental Guidance: 

• When an operator uses Method 1, one element of the HCA identification process is that all Class 3 
and 4 Locations are considered to be HCA segment. Current Class Location data is to be used by 
the operator. Inspection should verify that the operator has in fact included all Class 3 and 4 
Locations as HCA segments. Changes that may occur in Class Locations should be considered 
under Protocol A.06. 
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A.04.b. For Class 1 and Class 2 locations with the potential impact radius greater than 660 feet, verify the 
integrity management program includes piping locations as high consequence areas if the area within the 
associated potential impact circle contains 20 or more buildings intended for human occupancy.[§192.903 
High Consequence Area (1)(iii)] 

i. As an option for PIRs greater than 660 feet, the definition of high consequence area may have 
been based initially on a prorated building count for buildings intended for human occupancy 
within a distance of 660 feet (200 meters) from the centerline of the pipeline as calculated using 
the following formula: [§192.903 High Consequence Area (4)] 

Building Count within 660 feet = 20 x [660 (ft) /PIR (ft)]2 or  
Building Count within 200 meters = 20 x [200 (m) / PIR (m)]2 

1. If the option for use of a prorated number of buildings was used for identification of high 
consequence areas, verify that the prorated allowance was not used after December 17, 
2006. [§192.903 High Consequence Area (4)] 

A.04.b. Supplemental Guidance: 

• When an operator uses Method 1 for HCA segment identification, Class 1 and 2 Location Units 
must be evaluated to identify HCA segments. This requirement would only apply for those Class 1 
and 2 Locations with a PIR greater than 660 feet. 

• The Rule allowed use of more stringent criteria using building counts for area within radius of 660 
feet. Prorating may have been used under both Method 1 and Method 2 for identification of 
HCAs. 

• The option for prorating was only available until December 17, 2006.  Operators must now have 
collected actual building count data when the PIR is greater than 660 feet. 

• For a large PIR (i.e., PIR greater than 660 feet), the initial prorating option meant that the building 
density for HCA applicability was reduced proportionally based on the ratio of the area of the PIC 
to that of the area of a PIC equal to 660 feet. 

 

Refer to the following for how building counts may have been prorated for differing PIRs: 
PIR (ft.) Prorated Criterion for Buildings within 660 ft 

700 18 

800 14 

900 11 

1000 9 

1200 6 

• An example of prorating building count is included in Supplemental Guidance Appendix A.01, 
Bookmark Exhibit2, Exhibit 2. 



Gas Integrity Management Protocols with Guidance, Revision 5, 1/1/2008 
 
 

Page 12 of 151 
 

A.04.c. Verify the program includes as a high consequence area, any area in Class 1 and Class 2 piping 
locations where the potential impact circle contains an identified site. [§192.903 High Consequence Area 
(1)(iv)] 

A.04.c. Supplemental Guidance: 

• When an operator uses Method 1, one element of the HCA identification process is to identify 
identified sites that lie within the potential impact circle of potential failures in Class 1 and 2 
pipelines. 

• FAQ-191 clarifies that the operator must consider identified sites on any Class 1 or 2 pipeline that 
the operator operates. 

A.05 Identification Using Potential Impact Radius (Method 2) 

If the operator’s integrity management program relies on §192.903 High Consequence Area definition (2) 
for identification of high consequence areas, verify compliance with the following: 

A.05 Supplemental Guidance: 

• This Protocol establishes the requirements for the use of Method 2, as defined by §192.903, to 
identify pipeline segments that potentially impact HCAs. Method 2 does not make use of Class 
Location data. This methodology relies on identification of potential impact circles containing 
either 20 or more buildings intended for human occupancy or an Identified Site. Prorating of 
building counts was allowed until December 17, 2006. 

• Operators of pipelines operating below 30% SMYS who use Method 2 should recognize that there 
are some requirements in §192.935(d) that apply to Class 3 and 4 pipelines that are not in HCAs. 

• Note that some operators are using a software program called "Classworks" which does not 
display PICs. Inspectors may need to review several records to verify correct HCA identification 
when this program is used since its use might be more error prone. The "Class works" software is 
an old application developed for purposes of implementing Class Location requirements. 

• Requirements that are imposed on pipeline that operates at 80% SMYS under a waiver typically 
require that the entire pipeline subject to the waiver be treated as an HCA and assessed using ILI. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix A.01, Bookmark A5, Protocol A.5. 

A.05.a. For Class 1 and Class 2 locations with the potential impact radius greater than 660 feet, verify the 
integrity management program includes piping locations as high consequence areas if the area within the 
associated potential impact circle contains 20 or more buildings intended for human occupancy.[§192.903 
High Consequence Area (1)(iii)] 

ii. As an option for PIRs greater than 660 feet, the definition of high consequence area may have 
been based initially on a prorated building count for buildings intended for human occupancy 
within a distance of 660 feet (200 meters) from the centerline of the pipeline as calculated using 
the following formula: [§192.903 High Consequence Area (4)] 

Building Count within 660 feet = 20 x [660 (ft) /PIR (ft)]2 or  
Building Count within 200 meters = 20 x [200 (m) / PIR (m)]2 

2. If the option for use of a prorated number of buildings was used for identification of high 
consequence areas, verify that the prorated allowance was not used after December 17, 
2006. [§192.903 High Consequence Area (4)] 

A.05.a. Supplemental Guidance: 
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• When an operator uses Method 1 for HCA segment identification, Class 1 and 2 Location Units 
must be evaluated to identify HCA segments. This requirement would only apply for those Class 1 
and 2 Locations with a PIR greater than 660 feet. 

• The Rule allowed use of more stringent criteria using building counts for area within radius of 660 
feet. Prorating may have been used under both Method 1 and Method 2 for identification of 
HCAs. 

• The option for prorating was only available until December 17, 2006.  Operators must now have 
collected actual building count data when the PIR is greater than 660 feet. 

• For a large PIR (i.e., PIR greater than 660 feet), the initial prorating option meant that the building 
density for HCA applicability was reduced proportionally based on the ratio of the area of the PIC 
to that of the area of a PIC equal to 660 feet. 

 

Refer to the following for how building counts may have been prorated for differing PIRs: 
PIR (ft.) Prorated Criterion for Buildings within 660 ft 

700 18 

800 14 

900 11 

1000 9 

1200 6 

• An example of prorating building count is included in Supplemental Guidance Appendix A.01, 
Bookmark Exhibit2, Exhibit 2. 

A.05.b. Verify the program includes piping locations as high consequence areas if the area within the 
potential impact circle contains an identified site. [§192.903 High Consequence Area (2)(ii)] 

A.05.b. Supplemental Guidance: 

• When an operator uses Method 2, an element of the HCA identification process is to identify 
identified sites that lie within the potential impact circle of potential failures (regardless of the PIR 
size or pipeline Class location). 

A.06 Identification and Evaluation of Newly Identified HCAs, Program Requirements 

Review the operator’s integrity management program to verify processes are in place for evaluation of new 
information that may show that a pipeline segment impacts a high consequence area. [§192.905(c)] 

A.06 Supplemental Guidance: 

• This Protocol establishes the requirements for identification of new or revised HCA segments that 
result from changing pipeline conditions or changes in environmental or ROW conditions in the 
vicinity of a pipeline. 

• FAQ-19 clarifies that operators are expected to remain cognizant of changes along their pipeline. 
Over time, new HCAs may be identified as population distributions change, or new locations 
develop where people congregate. 
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• FAQ-20 clarifies that newly-identified HCAs must be incorporated into the integrity management 
program (including the baseline assessment plan) within one year of their identification. When 
new information indicates an area could meet HCA criteria, then the pipeline segment must be 
evaluated using either Method 1 or 2. 

• FAQ-150 discusses expectations that must be met if an operator does not have HCAs on their 
system. An operator need not develop an integrity management program if there are no HCAs on 
its system. The operator must have completed an evaluation to determine that no high 
consequence areas exist, and this evaluation must be maintained available for inspection. An 
operator must have a process to periodically evaluate its pipeline to determine if new HCAs have 
been created. If the periodic evaluation identifies that a new HCA exists, then the operator must 
prepare an integrity management plan and meet all the requirements of Subpart O.  

• FAQ-179 states that if an operator initially has had no HCAs and therefore no integrity 
management program, they will have to develop an integrity management program after discovery 
of a new HCA. The newly-identified HCAs must be incorporated into an operator’s baseline 
assessment plan within one year from the date the area is identified.  

• FAQ-183 clarifies that a change in HCA identification methodology does not in itself constitute a 
change requiring notification under §192.909(b). 

• FAQ-233 clarifies how the growth of an existing HCA, which introduces new length of pipeline 
segment into the HCA, is to be considered. Growth of a pipeline segment already in the IM 
program, as a result of growth of the related HCA, does not constitute a newly-identified HCA, 
and no requirements of the rule applicable to newly-identified HCAs are triggered by such growth. 
Operators must assure, however, that the pipe newly covered under the IM program is 
appropriately assessed at the next scheduled assessment for the covered segment. Operators must 
also consider any unique issues, e.g., relative to preventive and mitigative measures decisions, that 
may be introduced by including the new pipe as part of the HCA. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix A.01, Bookmark A6, Protocol A.6. 

A.06.a. Verify the operator’s integrity management program includes documented processes for how new 
information that shows a pipeline segment impacts a high consequence area is identified and integrated 
with the integrity management program. The program is to identify and analyze changes for impacts on 
pipeline segments potentially affecting high consequence areas. Issues the program must consider include 
but are not limited to:[§192.905(c)] 

i. Changes in pipeline maximum allowable operating pressure (MAOP), 
ii. Pipeline modifications affecting piping diameter,  

iii. Changes in the commodity transported in the pipeline, 
iv. Identification of new construction in the vicinity of the pipeline that results in additional 

buildings intended for human occupancy or additional identified sites, 
v. Change in the use of existing buildings (e.g., hotel or house converted to nursing home), 

vi. Installation of new pipeline, 
vii. Change in pipeline class location (e.g., class 2 to 3) or class location boundary, 

viii. Pipeline reroutes 
ix. Corrections to erroneous pipeline center line data. 

A.06.a. Supplemental Guidance: 

• New and changing HCAs should be identified by the operator using additional information that 
can be obtained about HCAs, such as local knowledge of HCAs by its field personnel, verification 
during ROW surveillance including aerial patrols, aerial photographs, cathodic protection surveys, 
maintenance, one-call data, etc. This information should be used to accurately identify all HCAs, 
including changes to HCAs. The operator should explain how information obtained from such 
routine activities is captured in its HCA identification maps or system.  

o FAQ-19 clarifies that operators must continually monitor conditions along their pipeline. 
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• PHMSA would expect that operators would evaluate conditions along their pipelines at least 
annually to determine if they have changed. 

o FAQ-20 states that over time, new HCAs may be identified, such as when population 
distributions change or new sites that are occupied by 20 or more persons are identified. 
Operators must consider such changes to determine whether new HCAs have been 
created. 

o FAQ-117 states that operators are expected to assure that their HCA definitions are 
current. PHMSA would expect that operators would evaluate conditions along their 
pipelines at least annually to determine if they have changed. 

• Operator IM programs should have provisions for periodically re-contacting public officials to 
find new identified sites, as part of the routine activities to find new HCAs. The rule (as currently 
written) does not specify an interval for re-contacting public officials in order to routinely find 
new identified sites. So, it is up to the operator to establish one. Per DCC, PHMSA believes that 
prudent operators would make contact at least every 3 years. Inspectors should challenge the basis 
for IM programs that specify longer intervals (or that do not require that public officials be re-
contacted periodically) and identify it as a potential issue, if sound reasoning and justification is 
not documented. Operators must look for "identified sites" during their normal operation and 
maintenance activities, but do not have to contact public officials on an annual basis after the 
initial contact. 

Protocol Area B. Baseline Assessment Plan 

• B.01 Assessment Methods 
• B.02 Prioritized Schedule 
• B.03 Use of Prior Assessments 
• B.04 Newly Identified HCAs/Newly Installed Pipe 
• B.05 Consideration of Environmental and Safety Risks 
• B.06 Changes 
• Table of Contents 

B.01 Assessment Methods 

Verify that the operator’s Baseline Assessment Plan (BAP) specifies an assessment method(s) for each 
covered segment that is best suited for identifying anomalies associated with specific threats identified for 
the segment. [§192.919(b), §192.921(a), §192.921(c), and §192.921(h)] 

B.01 Supplemental Guidance: 

• The integrity assessment methods that can be used are in-line inspection, pressure testing, direct 
assessment or other methodologies provided in ASME B31.8S-2004, Section 6.  

• Requirements that are imposed on pipeline that operates at 80% SMYS under a waiver typically 
require that the entire pipeline subject to the waiver be treated as an HCA and assessed using ILI. 

• Some specific examples of risk factors along with their implications regarding tool selection are 
noted in Supplemental Guidance Appendix B.02. (This is not intended to be an exhaustive list of 
circumstances that indicate the use of other tools.) 

• Integrity assessment may not be the appropriate action for the operator to take for certain threats. 
Other actions, such as prevention, may provide better integrity management results (e.g., some 
third party damage risks). Refer to Supplemental Guidance Appendix B.07, White Paper, 
Assessing for Third Party Damage, for further guidance. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix B.01, Bookmark B1, Protocol B.1. 
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B.01.a Verify that the operator followed ASME B31.8S-2004, Section 6.2 and that the assessment method 
selected for each covered segment addresses all of the threats identified for the segment. More than one 
assessment tool may be necessary to address all applicable threats to a covered segment. [§192.919(b), 
§192.921(a), §192.921(c), and §192.921(h)] 

B.01.a. Supplemental Guidance: 

• The inspectors should verify that the integrity assessment method is based on the threats to which 
the segment is susceptible.  

o FAQ-217 states that assessment methods must be identified and demonstrated to be 
capable of addressing applicable threats before an assessment is conducted. For example, 
operators must ensure that inspection tools are capable for identification of deformation 
and longitudinally oriented wall loss defects which could result from third party 
mechanical damage. 

• More than one method and/or tool may be required to address all the threats in a pipeline segment. 

B.01.b. If internal inspection tools are selected, verify that the operator followed ASME B31.8S-2004, 
Section 6.2 in selecting the appropriate internal inspection tool for the covered segment. [§192.921(a)(1)] 

i. Verify that the operator has evaluated the general reliability of any in-line assessment method 
selected by looking at factors including but not limited to: detection sensitivity; anomaly 
classification; sizing accuracy; location accuracy; requirements for direct examination; history of 
tool; ability to inspect full length and full circumference of the section; and ability to indicate the 
presence of multiple cause anomalies. Refer to ASME B31.8S-2004, Section 6.2.5. 
[§192.921(a)(1)] 

B.01.b. Supplemental Guidance: 

• A comprehensive ILI assessment program will typically consist of multiple tool runs designed to 
assess potential risks to pipeline segments. In some cases, an operator may choose to run ILI tools 
in combination with a hydrostatic test to identify crack problems. 

• Supplemental Guidance Appendix B.03 provides discussion on ILI tool characteristics and 
attributes. 

• Assessments conducted using only MFL metal loss tools require that all indications of mechanical 
damage in the pipeline segment be investigated/excavated unless they are known to have been 
repaired.  

o FAQ-68 states that operators must integrate relevant information on the condition of the 
pipeline in making decisions on excavation timing and repairs, including tool tolerances. 

• A number of factors should influence the operator’s ILI tool selection including tool capabilities, 
risk factors to be assessed, system configuration, pipeline condition, repair history, tool size, and 
operational issues. Refer to ASME B31.8S-2004, Section 6.2 for a discussion of the use of ILI 
tools for certain threats. 

• "SHOULD" Requirement: Some of the more important issues that should be considered are: 
pipeline questionnaire; launchers and receivers; pipe cleanliness; type of fluid; flow rate, pressure, 
and temperature; product bypass/supplement.(Re: ASME B31.8S-2004, Section 6.2.5 (b)) [Re: 
Protocol L.03] 

• Supplemental Guidance Appendix B.04, Table B.4-1 lists some of the factors that an operator 
should evaluate in order to make a proper tool selection, along with an indication of the type of 
tool(s) suited for each factor. This is a very generalized summary for convenient reference only. 

• Inspectors should examine the operator’s processes and implementation of ILI data validation and 
verification, the need for verification digs (including when they might not be needed). 

• Inspectors should request unity plots that compare as called by the ILI tool vs. as found by field 
verification and action taken by the operator in response to discrepancies between as called and as 
found defects. (A situation has been observed where the ILI was seriously undercalling defects, 
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and the operator was having the vendor regarded the log. It had been over a year since the original 
final report and regrading was not complete. If logs require regrading, then the regrading must be 
complete within 180 days of the completion of the assessment (the 180-day discovery clock still 
applies, the operator must obtain sufficient information to discover within 180-days)). 

• Does the operator feed verification results back to the ILI vendor even if regarding is not required? 
• If the operator has not developed any unity plots, the inspector should inquire as to how the 

operator assured themselves that the ILI tool was providing valid results.  Potential questions to be 
asked are: 

o Was the tool calibrated by the vendor prior to the tool run?  Are calibration records 
available? 

o Did the operator have experience with this vendor and the tool that was used?  What 
verification was performed on previous assessments? 

o Were repairs made based on the ILI assessment results?  What was the as found condition 
versus the as called? 

o Were previous assessments made on this pipe section?  How do the results compare? 
o Were previous repairs made to the pipe (sleeves)?  What did the ILI tool call out at these 

locations? 
• Operators should specify the threshold for vendor reporting of anomalies.  For instance, one 

operator that was inspected in 2002 specified that the vendor should report all metal loss 
anomalies greater than 15% WT.  The threshold should be appropriate to screen out insignificant 
or trivial anomalies, while still ensuring that significant anomalies that represent integrity threats 
are reported.  The threshold values should include an allowance for tool tolerance. 

• Defect characterization should consider all relevant uncertainties to assure that defects posing a 
potential integrity threat, including those meeting the criteria in 192.933(d), are promptly 
identified. Important aspects of tool tolerance affect the following critical integrity management 
considerations: 

o Defect sizing data for determination of correct repair criteria categorization should be 
adjusted to account for the tool tolerance associated with the measurement, in the 
conservative direction (e.g., metal loss depth and length should be increased by the 
amount of the tool tolerance).  This is especially important for “borderline” anomalies.  

o  Defect sizing data used as input into calculations to determine remaining strength of the 
pipe should be adjusted to account for the tool tolerance associated with the 
measurement, in the conservative direction (e.g., metal loss depth and length should be 
increased by the amount of the tool tolerance). 

• Tool tolerance should be considered in such a way as to assure pipeline integrity.  This is 
important because a certain portion of anomalies that are called to be less than a certain repair 
criterion will in reality meet that repair criterion. For example, out of all the anomalies that are 
called to be 70% WT, a certain number of them are expected to exceed the 80% WT criterion for 
an immediate repair condition, based on typical standard MFL tool tolerance of 15%.  

• Tool tolerances can also be applied to deformation depth and to orientation.  For example, ILI 
vendors specify the accuracy of their tool in predicting the circumferential location of a defect.  A 
6% dent of the top of the pipe (between 8 and 4 o’clock) is a one year condition; whereas, a 6% 
dent on the bottom of the pipe (between 4 and 8 o’clock) is a monitored condition.  Defects 
located near the 4 and 8 o’clock positions should be evaluated to see if they should be included in 
the more conservative repair condition. 

• Refer to the following FAQs regarding ILI tools: 
o FAQ-46 states that ILI tools, pressure testing, and direct assessment are acceptable 

methods. 
o FAQ-48 refers to the ASME B31.8S-2004 standard for selecting tools for internal 

inspection. 
o FAQ-55 states that a pressure reduction is not an assessment method. 
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B.01.c. If a pressure test is specified, verify that the test is required to be conducted in accordance with Part 
192, Subpart J requirements. Verify that the operator followed ASME B31.8S-2004, Section 6.3 in 
selecting the pressure test as the appropriate assessment method. [§192.921(a)(2)] 

B.01.c. Supplemental Guidance: 

• An operator must use the test pressures specified in ASME B31.8S-2004, Section 5, Table 3, to 
justify an extended reassessment interval in accordance with §192.939 (refer to Protocol F). 

• Processes, plans, and procedures should be reviewed to the extent necessary to determine that the 
pressure test did/will conform to Subpart J.  

• Verify that the test procedure contains appropriate test acceptance criteria. Supplemental Guidance 
Appendix B.06 provides more detailed information on the type of criteria the inspector should 
expect to see in the test plan as well as other important information regarding hydrostatic testing. 

• The operator’s IMP should require metallurgical examination of the failed material if test failures 
occur. This examination can provide more information about the material condition of the pipe. 

• Refer to the following FAQs regarding pressure tests: 
o FAQ-49 refers to Subpart J as the acceptable pressure test. 
o FAQ-53 states that any pressure test that meets or exceeds the requirements of Subpart J 

is acceptable. 
o FAQ-109 states that where the language in the rule and ASME B31.8S-2004 conflict, the 

rule takes precedence. 
o FAQ-141 states that use of a spike test alone would constitute "other technology." 
o FAQ-219 states that the use of a pressure test is sufficient to reveal manufacturing and 

construction defects. 
o FAQ-236 states that operators may use straight-line interpolation to determine acceptable 

intervals between the 5, 10, 15, and 20 year intervals listed in ASME B31.8S Table 3. In 
no case must operators reassess more frequently than once every seven years unless such 
frequent reassessments are determined necessary by risk assessment. 

B.01.d. If the operator specifies the use of "other technology," verify that notification to PHMSA is 
required in accordance with Part 192.949, 180 days before conducting the assessment. Also, verify that 
notification to a State or local pipeline safety authority is required when either a covered segment is located 
in a State where PHMSA has an interstate agent agreement, or an intrastate covered segment is regulated 
by that State. [§192.921(a)(4)] 

B.01.d. Supplemental Guidance: 

• If the operator chooses to use other technology review copies of the operator’s notification, along 
with the scheduled (or actual) assessment date shown in the BAP to verify that the 180 day 
requirement was met.  

• If the BAP schedule specifies using other technology in the future, and a notification has not yet 
been submitted to PHMSA, verify that the BAP schedule or IM Program specifies that the 
required notification be submitted to PHMSA at least 180 days before conducting the assessment. 
In this case, make a note in the inspection documentation so PHMSA can track the expected 
notification and follow up in future inspections if not received. 

• Verify that the other technology is capable of assessing the applicable threat. 
• Refer to the Guided Wave UT Target Items for Go-No Go Procedures provide in the IMDB File 

Library. (Reference: Checklist) 
• Refer to the following FAQs: 

o FAQ-55 states that a pressure reduction is not an assessment method. 
o FAQ-198 clarifies the use of guided wave UT technology and its potential consideration 

as "other technology." 
o FAQ-204 clarifies that close interval survey/overline survey does not qualify as "other 

technology." 
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o FAQ-235 notes that if guided wave technology is being used as a tool to examine the 
predicted locations to determine if corrosion exists, then it is being used in a manner 
consistent with the ICDA process and would not be considered "other technology". If, on 
the other hand, the intent is to use guided wave technology in some other manner to 
assess internal corrosion (e.g., not first analyzing the pipeline to determine likely 
locations for internal corrosion), then its use would be different from the normal ICDA 
process and it would be considered "other technology". 

B.01.e. If a covered pipeline segment contains low frequency electric resistance welded pipe (ERW) or lap 
welded pipe that satisfies the conditions specified in ASME B31.8S-2004, Appendix A4.3 and ASME 
B31.8S-2004, Appendix A4.4, and any covered or non-covered segment in the pipeline system with such 
pipe has experienced seam failure, or operating pressure on the covered segment has increased over the 
maximum operating pressure experienced during the preceding five years verify that the selected 
assessment method(s) are proven to be capable of assessing seam integrity and detecting seam corrosion 
anomalies. [§192.917(e)(4)] 

B.01.e. Supplemental Guidance: 

• All pipelines are considered to contain manufacturing and construction defects since there is no 
practical way to guarantee a defect-free pipe. Refer to Supplemental Guidance Appendix B.08, 
White Paper, Manufacturing and Construction Defects, for further guidance. 

• A successful Subpart J pressure test is sufficient to reveal any manufacturing and construction 
defects that could jeopardize pipeline integrity at operating pressures less than or equal to MAOP, 
as of the date of the pressure test. Refer to the following FAQs: 

o FAQ-219 states that the use of a pressure test is sufficient to reveal manufacturing and 
construction defects. 

o FAQ-220 states that assessments may be required if operating conditions change. 
o FAQ-141 suggests that operators might consider supplementing a Subpart J hydrostatic 

pressure test with a spike test. 
• Pipelines that have experienced failures due to seam defects or other manufacturing and 

construction defects since its last Subpart J pressure test are considered to be susceptible to these 
threats. 

• If there are any low-frequency ERW (LFERW) or lap-welded (LW) pipe segments susceptible to 
longitudinal seam failure included in the operator’s BAP, verify that those segments are uniquely 
identified. A sampling of older pipe that is not designated as LFERW or LW should be reviewed 
and verified relative to its type of construction to verify that the operator has correctly identified 
all such pipe. This is especially important if the operator has not identified any of its pipe as 
LFERW or LW pipe. 

• Refer to Supplemental Guidance Appendix B.05 for additional discussion on ERW piping. 
• Refer to the following reports for information regarding the potential for anomalies from 

manufacturing and construction related practices. 
o Integrity Characteristics of Vintage Pipelines, INGAA Foundation, Inc., October 2004 

(Reference: VINTAGE) 
o Final Report No. 05-12R, Evaluating the Stability of Manufacturing and Construction 

Defects in Natural Gas Pipelines, John F. Kiefner, April 26, 2007 (Reference: 05-12R) 
• FAQ-231 provides discussion on the five year time period. The "preceding five years" referred to 

is the same five years preceding HCA identification. 

B.01.f. If the threat analysis required in §192.917(d) on a plastic transmission pipeline indicates that a 
covered segment is susceptible to failure from causes other than third-party damage, verify that the operator 
documents an acceptable justification for the use of an alternative assessment method that will address the 
identified threats to the covered segment. [§192.921(h)] 

B.01.f. Supplemental Guidance: 
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• The assessment method selected should address the threat identified. Use the guidance in ASME 
B31.8S-2004, Section 6 to verify that the assessment method is appropriate. 

• Consider information in Advisory Bulletin ADB-99-02, Potential Failures Due to Brittle-Like 
Cracking of Older Plastic Pipe in Natural Gas Distribution Systems (Reference: ADB-9902), 
which informs operators of the potential vulnerability of older plastic gas pipelines to brittle-like 
cracking. 

B.02 Prioritized Schedule 

Verify that the BAP contains a schedule for completing the assessment activities for all covered segments; 
and that the BAP appropriately considered the applicable risk factors in the prioritization of the schedule. 
[§192.917(c), §192.919(c) and §192.921] 

B.02 Supplemental Guidance: 

• Separate operating companies may have separate BAPs.  
o FAQ-38 states that operators with multiple operating companies may have one BAP for 

each operating company or separate legal entity. 
• An operator may choose to develop separate BAPs for specific threats where the assessment 

methods are different. This approach may focus resources on the highest risk threats first. 
• The baseline assessment plan and framework must have been completed by December 14, 2004. 

Refer to the following FAQs: 
o FAQ-72 states that BAP and the framework both must be prepared by December 17, 

2004. 
o FAQ-73 states that PHMSA will not develop a template for BAPs or IM program 

frameworks. 
o FAQ-78 states that PHMSA expects HCA segments to be risk ranked using a process that 

is consistently and uniformly applied across all of its covered segments. 
o FAQ-140 states that PHMSA expects the level of detail in the framework to vary 

depending on the level of maturity of each program element. 
• Additional guidance for this protocol and its subelement questions can be found in Supplemental 

Guidance Appendix B.01, Bookmark B2, Protocol B.2. 

B.02.a. Verify that the BAP schedule includes all covered segments not already assessed. [§192.921(a)] 

B.02.a. Supplemental Guidance: 

• Each segment of pipeline that could affect an HCA must have a documented date for when its 
baseline assessment was or will be performed.  

o FAQ-9 states that the rule only applies to transmission lines. 
• Idle lines that affect HCAs should be listed although if the line is inactive (no hazardous gas 

content) its baseline assessment may be postponed.  
o FAQ-7 states that operators must meet all of the rule requirements for their in-service 

pipe (i.e., that contains gas). 
• Verify that the operator’s schedule provides dates for each segment scheduled for assessment in 

the near term, and does not consolidate the segments into large groups for scheduling purposes. 
Segments scheduled in out-years may be listed in the BAP by quarters.  

o FAQ-39 states that PHMSA expects to see a viable, active planning and scheduling 
process in the BAP with the degree of specificity dependent on how far in the future the 
assessments are planned. 

• The date on which an assessment is considered complete will be the date on which the last ILI tool 
is removed from the pipe or for hydro-tests when final field activities related to that assessment are 
performed, not including repair activities.  
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o FAQ-34 states that the date an assessment is considered complete is the date on which 
final field activities related to that assessment are complete (not including repairs). 

• Refer to the following additional FAQs regarding the BAP: 
o FAQ-6 states that certain sections of the rule apply to pipelines as defined in 192.3. This 

includes compressors, valves, metering stations, etc. 
o FAQ-10 states that the regulatory deadlines for assessments continue to apply when 

ownership of a pipeline is transferred. 
o FAQ-36 states that the 50% requirement applies to all pipeline covered under the rule, 

including interstate and intrastate, and thus both categories should be included in a single 
BAP. 

B.02.b. Verify that the BAP schedule prioritizes the covered segments based on potential threats and 
applicable risk analysis, and that the risk ranking is appropriate. [§192.917(c) and §192.921(b)] 

B.02.b. Supplemental Guidance: 

• The operator must properly account for all risk factors that reflect the risk conditions on the 
pipeline segment. The BAP should be reviewed to verify that all of the risk factors associated with 
the segments were appropriately considered. Refer to the following FAQs: 

o FAQ-28 states that the risk posed by each pipeline segment must be considered in 
scheduling baseline assessments. 

o FAQ-125 which states that the risk ranking should be by covered segment, not piggable 
segments. 

• Review the risk analysis results to determine if the operator did not consider any applicable risk 
factors in establishing the schedule priority for baseline assessment. This review may have been 
accomplished as part of Protocol C.  

o FAQ-78 states that PHMSA expects HCA segments to be risk ranked using a process that 
is consistently and uniformly applied across all of its covered segments. 

• Verify that business and economic factors do not inappropriately influence the prioritizations of 
covered segments in the BAP.  

o FAQ-102 states that the BAP ranking must be based on risk and not be skewed by non-
risk factors. 

• Refer to the following FAQs regarding BAP schedules: 
o FAQ-33 states that operators should count only covered segment miles in meeting the 

50% requirement. 
o FAQ-35 states that operators must concentrate the highest risk pipe in the top 50% but 

some segments not among the highest risk pipe may be scheduled in the top 50%. 
o FAQ-39 states that PHMSA expects to see a viable, active planning and scheduling 

process in the BAP with the degree of specificity dependent on how far in the future the 
assessments are planned. 

B.02.c. Verify that covered segments meeting the following conditions are prioritized as high-risk 
segments. 

i. Segments that contain low frequency resistance welded (ERW) pipe or lap welded pipe that satisfy 
the conditions specified in ASME B31.8S-2004, Appendix A4.3 and ASME B31.8S-2004, 
Appendix A4.4, and any covered or non-covered segment in the pipeline system with such pipe 
has experienced seam failure, or operating pressure on the covered segment has increased over the 
maximum operating pressure experienced during the preceding five years. [§192.917(e)(4)] 

ii. Covered segments that have manufacturing or construction defects (including seam defects) where 
any of the following changes occurred in the covered segment: operating pressure increases above 
the maximum operating pressure experienced during the preceding five years; MAOP increases; or 
the stresses leading to cyclic fatigue increase. [§192.917(e)(3)] 



Gas Integrity Management Protocols with Guidance, Revision 5, 1/1/2008 
 
 

Page 22 of 151 
 

B.02.c. Supplemental Guidance: 

• The inspector should review the risk analysis results to determine if any of these conditions were 
identified as a concern in any covered segments. Covered segments that have these risk concerns 
should be identified as high risk and scheduled for assessment early in the BAP. Refer to 
Supplemental Guidance Appendix B.08, White Paper, Manufacturing and Construction Defects 
for more guidance. Refer to the following FAQs: 

o FAQ-219 states that the use of a pressure test is sufficient to reveal manufacturing and 
construction defects. 

o FAQ-220 states that assessments may be required if operating conditions change. 
• The inspector should use his/her judgment as to whether the operator placed sufficient priority on 

segments that contain LFERW/LW pipe or manufacturing/construction defects relative to other 
high-risk segments. 

• If a covered pipeline segment contains LFERW or LW pipe, or other pipe that satisfies the 
conditions specified in Supplemental Guidance Appendix B.05, Bookmark B51, Section B.5.01, 
Background Discussion for LFERW or LW Pipe, an operator must select an assessment 
technology or technologies with a proven application capable of assessing seam integrity and seam 
corrosion anomalies. 

• Refer to the following FAQs regarding high risk segments: 
o FAQ-169 states that PHMSA expects the "high risk" segments to be given special 

consideration in developing an assessment schedule. 
o FAQ-35 states that operators must concentrate the highest risk pipe in the top 50% but 

some segments not among the highest risk pipe may be scheduled in the top 50%. 
o FAQ-221 states that, relative to 192.917(e)(3)(i), any pressure increase, regardless of 

amount, will require that the segment to be prioritized as high risk. 

B.02.d. Verify that the BAP schedule requires 50% of the covered segments, beginning with the highest 
risk segments, to be assessed by December 17, 2007; and that baseline assessments shall be completed for 
all covered segments by December 17, 2012. [§192.921(d)] 

B.02.d. Supplemental Guidance: 

• Verify that the schedule complies with the progress requirements. 
• The progress requirement is not intended to mandate that each and every one of the top 50% of 

segments in terms of risk must be assessed in sequential order. Nor does it mean that all of the top 
50% must be assessed by the compliance deadline. The schedule is allowed to accommodate 
necessary business factors in a way that makes sense.  

• Review the operator’s tracking mechanism for ensuring that the 50% progress requirement is met.  
• Verify that the schedule is integrated into the operator’s management systems used to actually 

budget and schedule work.  
• PHMSA recognizes that all of the mileage in a segment may not be completed by a particular 

integrity assessment. For instance, a segment may be non-piggable and is assessed by ECDA. 
However, if the segment has a casing, that casing may not be assessed until a later time by other 
assessment techniques (e.g., guided wave). The operator would be allowed to credit the mileage of 
that portion of the segment that had a completed and valid ECDA. This position is discussed 
further in the AGA letter to PHMSA regarding gas transmission pipelines in casings dated 
April 18, 2007 (Reference: Casing1) and the PHMSA response to AGA dated October 25, 2007 
(Reference: Casing2). 

• Refer to the following FAQs regarding the 50% schedule: 
o FAQ-26 states that baseline assessments must be complete by December 17, 2012; and 

50% of HCA mileage completed by December 17, 2007. 
o FAQ-33 states that operators should count only covered segment miles in meeting the 

50% requirement. 
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o FAQ-35 states that operators must concentrate the highest risk pipe in the top 50% but 
some segments not among the highest risk pipe may be scheduled in the top 50%. 

o FAQ-36 states that the 50% requirement applies to all pipeline covered under the rule, 
including interstate and intrastate, and thus both categories should be included in a single 
BAP. 

o FAQ-169 states that PHMSA expects the "high risk" segments to be given special 
consideration in developing an assessment schedule. 

B.02.e. Review the operator’s implementation progress to date and verify that: [§192.921] 

i. Assessments scheduled for completion by the date of the inspection were in fact completed. 
ii. Assessment methods used for completed assessments were as described in the plan. 

iii. The date assessment field activities were completed is recorded [so the operator understands the 
time frame allowable for compliance with the provisions of §192.933]. 

B.02.e. Supplemental Guidance: 

• Review the BAP schedule and verify that those assessments scheduled to be completed at the time 
of the inspection are in fact completed. 

• Verify that assessment documentation is available for completed assessments. 
• Verify that the assessment completion date documented by the operator is correct.  

o FAQ-34 states that the date an assessment is considered complete is the date on which 
final field activities related to that assessment are complete (not including repairs). 

• Verify that baseline assessment activities began by June 7, 2004. Refer to Advisory Bulletin ADB-
03-07, Guidance on When the Baseline Integrity Assessment Begins, November 17, 2003 
(Reference: ADB-0307) for guidance regarding what activities are considered to be baseline 
assessment activities. 

B.03 Use of Prior Assessments 

If prior assessments are used in the BAP, verify that the assessment methods used meet the requirements of 
§192.921(a) and that remedial actions have been carried out to address conditions listed in §192.933. Prior 
assessments are those that were completed prior to December 17, 2002. [§192.921(e)] 

B.03 Supplemental Guidance: 

• There is no specified limit regarding how far back in time prior assessments may be considered as 
baseline assessments.  

• An assessment performed between December 17, 2002 and the effective date of the rule (February 
14, 2004) cannot be considered a prior assessment. However, it can be considered a regular 
baseline assessment if the operator so designates. If the operator designates an assessment 
completed between December 17, 2002 and February 14, 2004, as a baseline assessment then the 
operator is required to repair anomalies per the rule requirements with the rule required repair 
criteria coming into force on the effective date of the rule, or on the date the operator declares the 
assessment to be a baseline assessment, whichever is later. If the operator is not going to consider 
the assessment a baseline assessment then the rule repair criteria do not apply. Note that anomalies 
identified in any assessment performed after the effective date of the rule must be repaired per the 
rule whether or not the operator takes credit for the assessment. 

• Operators may take credit for a prior assessment that only addresses one threat provided other 
threats not addressed by the prior assessment are addressed by a baseline assessment. 

• Refer to the following FAQs regarding the use of prior assessments: 
o FAQ-161 states that prior assessments can be relied upon to meet the requirement that 

operators begin assessment activities by June 17, 2004. 
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o FAQ-27 states that assessments conducted before December 17, 2003, can be used as 
baseline assessments provided they meet the criteria established by the rule. 

o FAQ-29 states that prior assessments can be counted toward meeting the 50% 
requirement. 

o FAQ-152 states that prior assessments must address all applicable threats. 
o FAQ-65 states that a prior assessment is only candidate for use as a baseline assessment 

until all anomalies requiring repair under §192.933 are repaired. 
• Additional guidance for this protocol and its subelement questions can be found in Supplemental 

Guidance Appendix B.01, Bookmark B3, Protocol B.3. 

B.03.a. Verify that threats to these pipeline sections were identified as required under §192.919(a). 

B.03.a. Supplemental Guidance: 

• For older prior assessments, the operator should provide more detailed and specific justification 
for using the prior assessment.  

• Review the risk analysis results for the segments in question. Ensure that segments being credited 
with prior assessments were not omitted from the risk analysis process. 

• Verify that the operator took reasonable steps to validate the quality, accuracy, and applicability of 
older data. 

B.03.b. Verify that the methods used for these prior assessments were appropriate for the threats per ANSI 
B31.8S-2004 as required under §192.919(b) and §192.919(d). 

B.03.b. Supplemental Guidance: 

• Identify the threat(s) that the operator is intending to address by any prior assessment being 
credited as a baseline assessment and verify that the prior assessment method addresses these 
threat(s). Prior assessments may be credited for particular threats. However, if other threats exists 
for that segment and those threats require a different assessment method, then that assessment 
method will still need to be performed on the segment as part of the baseline assessment. 

• Refer to the supplemental guidance under Protocol B.01 for guidance regarding selection of the 
appropriate assessment method. 

B.03.c. Verify that anomalies satisfying the requirements of §192.933 were repaired. 

B.03.c. Supplemental Guidance: 

• Verify that older data is comprehensive enough to determine if indications meet repair criteria.  
• The prior assessment data must support the performance of remaining strength calculations and be 

accurate enough to distinguish immediate repair and other defects in accordance with §192.933.  
• Refer to Protocol E for guidance regarding remediation criteria under this rule. 

B.04 New HCAs/Newly Installed Pipe 

Verify that the operator updates the baseline assessment plan for new HCAs and newly installed pipe. 
[§192.905(c), §192.921(f), §192.921(g)] 

B.04 Supplemental Guidance: 

• Any gas transmission pipeline placed into service after the effective date of the integrity 
management rule, February 14, 2004, is considered "newly installed" for purposes of the rule. 
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• Newly installed pipe includes replacement pipe. Pipe replaced in a covered segment may be 
credited as a completed assessment plus be credited as newly installed pipe that does not require 
re-assessment for another 10 years. 

• Refer to the following FAQs: 
o FAQ-30 states that changes to a baseline assessment schedule do not require a waiver. 
o FAQ-31 states that only changes to the program that substantially affect the program's 

implementation or may significantly modify the program or schedule require notifications 
to PHMSA. 

o FAQ-124 states that any HCAs on the newly installed pipe must be identified and 
included in the baseline assessment plan within one year. 

o FAQ-161 states that prior assessments can be relied upon to meet the requirement that an 
operator begin assessment activities by June 17, 2004. 

o FAQ-233 clarifies that the growth of a pipeline segment already in the IM program, as a 
result of growth of the related HCA, does not constitute a newly-identified HCA, and no 
requirements of the rule applicable to newly-identified HCAs are triggered by such 
growth. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix B.01, Bookmark B4, Protocol B.4. 

B.04.a. If new HCAs have been identified or new pipe has been installed that is covered by this subpart, 
verify that applicable segment(s) have been incorporated into the operator’s baseline assessment plan 
within one year from the date the area or pipe is identified and assessments have been appropriately 
scheduled and/or completed. [§192.905(c)] 

B.04.a. Supplemental Guidance: 

• Evaluate the program procedures and processes to determine if requirements exist to adequately 
identify and evaluate newly identified high consequence areas in which the operator’s pipelines 
are located (refer to Protocol A.06).  

• Verify that the operator’s IM Program requires that the continual process of performing 
information analysis includes steps to promptly identify new HCAs and incorporate the new HCA 
affecting segments into the BAP and the integrity assessment process.  

• Using the results of the review of the HCA identification analysis, verify that the operator’s BAP 
has been properly updated to reflect the impact of newly-identified HCAs within one year of 
identification.  

• Pipe is considered either active or abandoned. All idle pipe that could affect an HCA is subject to 
the requirements of §192.921 and must be included in the BAP.  

o FAQ-7 states that in-service pipe that contains gas is covered by the rule. 
• Newly constructed segments that are determined to be covered by this rule must be incorporated 

into the BAP with one year from when the date of their installation. 
• Acquisition of a pipeline by an operator includes accepting all of the obligations attendant upon 

that pipeline as a result of regulatory requirements. Refer to the following FAQs: 
o FAQ-10 states that regulatory deadlines for assessments continue to apply after a pipeline 

has transferred ownership. 
o FAQ-11 states that compliance responsibilities will have to be determined on a case-by-

case basis and is contingent on the terms of contracts, operating agreements, and other 
relevant correspondence between involved parties. 

• The operator should have a documented process whereby pipeline and HCA changes are 
controlled and documented and the organization responsible for developing and maintaining the 
Baseline Assessment Plan is notified and the changes appropriately reflected in the BAP. Any 
modifications or changes to the BAP, and the reasons for the modifications, must be documented 
before they are implemented. Refer to the following FAQs: 

o FAQ-25 states that a BAP must be changed whenever there are changes to the pipelines 
in HCAs.  
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o FAQ-110 states that if a new covered segment is identified it has a 10 year assessment 
schedule and reprioritizing the BAP is not required. 

B.04.b. For new HCAs, verify that the operator completes a baseline assessment for the applicable 
segment(s) within ten (10) years from the date the area is identified. [§192.921(f)] 

B.04.b. Supplemental Guidance: 

• Verify that the operator’s IM Program requires that a baseline assessment of new HCAs be 
completed within 10 years from the date the area is identified.  

• Changes to existing HCA boundaries should not be treated like new HCAs. This requirement 
applies to any geographical area that was previously not contained within or adjacent to an HCA 
boundary, but that now is (or should be) contained within an HCA boundary.  

o FAQ-110 states that if a new covered segment is identified it has a 10 year assessment 
schedule and reprioritizing the BAP is not required. 

o FAQ-233 clarifies how the growth of an existing HCA, which introduces new length of 
pipeline segment into the HCA, is to be considered. Growth of a pipeline segment already 
in the IM program, as a result of growth of the related HCA, does not constitute a newly-
identified HCA, and no requirements of the rule applicable to newly-identified HCAs are 
triggered by such growth. Operators must assure, however, that the pipe newly covered 
under the IM program is appropriately assessed at the next scheduled assessment for the 
covered segment. Operators must also consider any unique issues, e.g., relative to 
preventive and mitigative measures decisions, that may be introduced by including the 
new pipe as part of the HCA. 

B.04.c. For newly installed pipe that is covered by this subpart and impacts an HCA, verify that the 
operator completes a baseline assessment within ten (10) years from the date the pipe is installed. 
[§192.921(g)] 

B.04.c. Supplemental Guidance: 

• Verify that the operator’s IM Program requires that a baseline assessment of a newly-installed 
segment of pipe covered by this subpart be completed within 10 years from the date the pipe is 
installed.  

o FAQ-110 states that if a new covered segment is identified it has a 10 year assessment 
schedule and reprioritizing the BAP is not required. 

o FAQ-237 clarifies that any pipe installed after 2/14/04 (the effective date of the rule)but 
before 12/17/04 (the date by which integrity management programs must be in place) is 
considered to be "newly installed" and its deadline for completing the baseline 
assessment is 10 years after installation. 

• An operator may take credit for an initial pressure test in accordance with §192.921(a)(2), to 
satisfy the requirement for a baseline assessment. 

B.04.d. Verify that threats to these pipeline sections were identified as required under §192.919(a). 
[§192.921(b)] 

B.04.d. Supplemental Guidance: 

• Refer to Protocol C for guidance. 
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B.04.e. Verify that the assessment methods used were appropriate for the threats per ASME B31.8S-2004 
as required under §192.919(b) and 192.919(d). 

B.04.e. Supplemental Guidance: 

• Refer to Protocol B.01 above for guidance.  
• FAQ-7 states that in-service pipe that contains gas is covered by the rule. 

B.05 Consideration of Environmental and Safety Risks 

Verify that the operator addresses requirements for conducting the integrity assessments (baseline and 
reassessment) in a manner that minimizes environmental and safety risks. [§192.919(e) and §192.911(o)] 

B.05 Supplemental Guidance: 

• Operators may use existing operating/safety procedures provided they address the issues 
associated with environmental and safety risks. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix B.01, Bookmark B5, Protocol B.5. 

• This protocol question pertains to both baseline assessments and reassessments evaluated in 
accordance with Protocol F. 

B.05.a. Verify that precautions were implemented to protect workers, members of the public, and the 
environment from safety hazards (such as an accidental release of gas) during assessments. [§192.919(e) 
and §192.911(o)] 

B.05.a. Supplemental Guidance: 

• Review the operator’s procedure to ensure that appropriate safety measures are included. 
• Considerations to be addressed in procedures may include: 

o minimizing byproducts from the assessment, 
o special monitoring, 
o keeping personnel at safe distances when pressurizing pipelines 
o controlling ignition sources 
o line de-pressurization, and 
o use of protective clothing. 

B.06 Changes 

Verify that the operator keeps the BAP up-to-date with respect to newly arising information. Also refer to 
Protocol K. [§192.911(k) and ASME B31.8S-2004, Section 11] 

B.06 Supplemental Guidance: 

• Maintaining the BAP up-to-date is vital to ensuring that the highest risk segments are assessed 
early in the process and are assessed with the best assessment method.  

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix B.01, Bookmark B6, Protocol B.6. 

B.06.a. Verify that the operator’s process has requirements to keep the BAP up-to-date with respect to 
newly arising information, applicable threats, and risks that may require changes to the segment 
prioritization or assessment method. [§192.911(k) & ASME B31.8S-2004, Section 11] 

http://primis.phmsa.dot.gov/gasimp/ProHome.gim?pro=6�
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B.06.a. Supplemental Guidance: 

• The operator’s program and procedures must require that the Baseline Assessment Plan be revised 
and documented for any reason that affects the segments that could affect HCAs. These include 
such things as: 

o Revisions to existing HCA boundaries,  
o New or modified pipeline installations, 
o Purchase or acquisition of pipeline systems, 
o Divestiture of pipeline systems, 
o Revisions to the impact analysis 
o Revisions to the risk analysis or integrated information analysis, 
o Results of completed assessments, and 
o Any other change that could affect the assessment method or schedule. 

• If changes have been noted during the inspection of Segment Identification, Risk Analysis, or 
other program elements that affect the BAP, verify that the changes have been properly 
incorporated into the BAP.  

• Verify that the BAP is consistent with the latest revision of the other program element 
documentation. Changes to these other program elements can affect tool selection, assessment 
schedule, segments that require assessment, and segment prioritization. 

• Refer to the following FAQs regarding changes to BAPs: 
o FAQ-25 states that a BAP must be modified whenever there are changes to the pipeline 

in HCAs. 
o FAQ-31 states that only changes that substantially affect the program's implementation or 

may significantly modify the program or schedule require PHMSA notification. 
o FAQ-32 states that operators must maintain for the useful life of the pipeline documents 

to support decisions, analysis, processes developed, etc., including revisions to the BAP. 

B.06.b. Verify that required BAP changes have been made and that for all changes, the following are 
documented: [ASME B31.8S-2004, Section 11(a)] 

i. Reason for change  
ii. Authority for approving change 

iii. Analysis of implications 
iv. Communication of change to affected parties 

B.06.b. Supplemental Guidance: 

• If an operator’s BAP is still the original issuance at the time of the IM inspection, the inspection of 
these protocols will be limited to verifying that the operator’s IM program has the necessary 
requirements to control and document future revisions to the BAP. 

• The following are some examples of potential BAP changes to review for compliance with this 
codified requirement: 

o Removal of Segments 
o Changes to Assessment Schedule Dates 
o Removal of Segments from the BAP after its Assessment 
o Assessment Conducted (or Planned) Using Different Methods than Documented in the 

BAP 
• Deletions and boundary reductions (due to segment endpoint changes) should be carefully 

reviewed to verify that they are appropriate and adequately justified.  
• Refer to the following FAQs: 

o FAQ-30 states that waivers are not required for changes to the BAP. 
o FAQ-31 states that only changes that substantially affect the program's implementation or 

may significantly modify the program or schedule require PHMSA notification. 
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o FAQ-32 states that operators must maintain for the useful life of the pipeline documents 
to support decisions, analysis, processes developed, etc., including revisions to the BAP. 

o FAQ-97 describes the notifications required by the rule. 
o FAQ-98 states that notifications regarding substantial changes to the program must be 

submitted to PHMSA no less than 30 days after the change is made. 
o FAQ-111 states that changes requiring PHMSA notification would include significant 

revisions to the BAP such as significant delays in segment assessments or changes that 
affect the overall manner in which an operator is conducting its IM program. 

 
Protocol Area C. Identify Threats, Data Integration, and Risk Assessment 

• C.01 Threat Identification 
• C.02 Data Gathering and Integration 
• C.03 Risk Assessment 
• C.04 Validation of the Risk Assessment 
• C.05 Plastic Transmission Pipeline 
• Table of Contents 

 
C.01 Threat Identification 
Verify that the operator identifies and evaluates all potential threats to each covered pipeline segment. 
[§192.917(a)] 
 
C.01 Supplemental Guidance: 

• This Protocol represents requirements for operator identification and evaluation of threats to the 
integrity of pipeline segments. 

• Threats are identified in order to determine what mechanisms can cause failure of each segment so 
that appropriate assessment methods are applied to the segments and effective preventive and 
mitigative measures can be defined for the segments. 

• Threats are evaluated in order to provide input to segment risk assessment, which is used to set 
segment integrity assessment priorities and evaluate the benefits of preventive and mitigative 
activities.  

• Refer to Supplemental Guidance Appendix C.01, Bookmark C1, Protocol Guidance for 
Identification of Threats, Data Integration, and Risk Assessment, for additional guidance on 
Protocol C.01. 

• Note that manufacturing and construction (M&C) defects may be considered as threats depending 
on their stability. Stability of threats is discussed in the technical report, Final Report No. 05-12, 
Evaluating the Stability of Manufacturing and Construction Defects in Natural Gas Pipelines, John 
F. Kiefner, April 26, 2007 (Reference: 05-12R). This report also addressed cyclic fatigue since 
that is a major factor in causing manufacturing and construction defects to become unstable. The 
"M" and "C" flowcharts contained in Appendix B of this report serve as a valuable tool in the 
determination of manufacturing and construction defect stability. Supplemental Guidance 
Appendix C.04, Monitoring and Assessment of Piping Subject to Manufacturing and Construction 
Defects, addresses the stability of M&C threats and the conditions that require either further 
monitoring or assessment (table shown below for convenience). 
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Monitoring and Assessment of Piping Subject to Manufacturing and Construction Defects 
 

Characteristics Test History Conditions Stability Assessment Required 

LFERW Pipe or 
Joint Factor < 1 (lap-
weld, hammer weld, 
butt weld) 

No Subpart J 
Test 

• MAOP increase, OR 
• 5-yr historical MOP exceeded, OR 
• subject to cyclic fatigue or other 

interacting threats, OR 
• similar pipe in the system has 

experienced seam failure   

Non-stable 

• Must be prioritized as “high risk” 
• Perform integrity assessments capable 

of assessing seam integrity 

• No MAOP increase, AND 
• 5-yr historical MOP not exceeded, 

AND 
• not subject to cyclic fatigue or other 

interacting threats, AND 
• no failure history of similar pipe 

Stable 

• Integrity assessments capable of 
assessing seam integrity not required  

• Monitor for MAOP increases, pressure 
increases exceeding 5-yr historical 
conditions, cyclic fatigue, seam 
failures elsewhere in the system, or 
other interacting threats  

Subpart J Test 

• Subject to cyclic fatigue or other 
interacting threats, OR 

• Similar pipe in the system has 
experienced seam failure   

Non-stable 

• Must be prioritized as “high risk” 
• Perform integrity assessments capable 

of assessing seam integrity 

• Not subject to cyclic fatigue or 
other interacting threats, AND  

• No similar pipe in the system has 
experienced seam failure 

Stable 

• Integrity assessments capable of 
assessing seam integrity not required  

• Monitor for MAOP increases or 
pressure excursions in excess of 
MAOP  

 

Cast Iron Pipe, Steel 
Pipe > 50 Years, 
Mechanically 
Coupled Pipe, 
Acetylene Girth 
Weld Pipe 

NA - 
requirements 
from ASME 
B31.8S, App. 
A.4, §4.3 & 4.4 

• Pipe experiences low temperatures, 
OR  

• Pipe is subject to movement, OR 
• Pipe is subject to removal of 

supporting backfill 

NA – 
requirements 
from ASME 
B31.8S, App. 
A.4, §4.3 & 4.4 

• Examination of terrain 
• Monitor for movement with 

appropriate intervention 
• For cast iron pipe, assessment must 

specifically include evaluation of 
susceptibility to land movement or 
removal of support 

No Subpart J 
Test 

• MAOP increase, OR 
• 5-yr historical MOP exceeded, OR 
• subject to cyclic fatigue or other 

interacting threats, OR 
• similar pipe in the system has 

experienced seam failure   

Non-stable 

• Must be prioritized as “high risk” 
• Perform integrity assessments capable 

of assessing seam integrity 

• No MAOP increase, AND 
• 5-yr historical MOP not exceeded, 

AND 
• not subject to cyclic fatigue or other 

interacting threats, AND 
• no failure history of similar pipe 

Stable 

• Integrity assessments capable of 
assessing seam integrity not required  

• Monitor for MAOP increases, pressure 
increases exceeding 5-yr historical 
conditions, cyclic fatigue, seam 
failures elsewhere in the system, or 
other interacting threats  

Subpart J Test 

• Subject to cyclic fatigue or other 
interacting threats, OR 

• Similar pipe in the system has 
experienced seam failure   

Non-stable 

• Must be prioritized as “high risk” 
• Perform integrity assessments capable 

of assessing seam integrity 

• Not subject to cyclic fatigue or 
other interacting threats, AND  

• No similar pipe in the system has 
experienced seam failure 

Stable 

• Integrity assessments capable of 
assessing seam integrity not required  

• Monitor for MAOP increases or 
pressure excursions in excess of 
MAOP  
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C.01.a. If the operator is following the prescriptive or performance-related approaches, verify that the 
following categories of failure have been considered and evaluated: [§192.917(a) and ASME B31.8S-2004, 
Section 2.2] 

i. external corrosion,  
ii. internal corrosion,  

iii. stress corrosion cracking;  
iv. manufacturing-related defects, including the use of low frequency electric resistance welded 

(ERW) pipe, lap welded pipe, flash welded pipe, or other pipe potentially susceptible to 
manufacturing defects [§192.917(e)(4) and ASME B31.8S-2004, Appendix A4.3]; 

v. welding- or fabrication-related defects,  
vi. equipment failures; 

vii. third party/mechanical damage [§192.917(e)(1)],  
viii. incorrect operations (including human error),  

ix. weather-related and outside force damage, 
x. cyclic fatigue or other loading condition [§192.917(e)(2)], 

xi. all other potential threats 

C.01.a. Supplemental Guidance: 

• The rule specifies nine threat categories that need to be considered (i through ix above), 
representing the major causes of pipeline failures. 

• Operators need a documented basis for their judgment regarding the applicability of each threat 
category to each covered segment. If the operator eliminates any category as a threat for a 
segment, then this decision needs to be justified. 

• In general, a threat should be included for a segment if the operator’s failure history includes 
failures due to the threat on the segment or similar segments (both covered segments and other 
segments in the operator’s system). Also, segments with characteristics indicating a known 
vulnerability to a threat should include this threat (unless the operator is able to establish that 
action has been taken to reduce the threat to a negligible level on the segment). See Supplemental 
Guidance Appendix B.02 for segment characteristics associated with specific threats. 

• PHMSA has established criteria for determining whether manufacturing-, welding-, and 
fabrication defects on segments may be considered "stable" (i.e., defects exist but are not a threat 
to pipeline integrity because operating conditions are unlikely to lead to the defect deteriorating to 
failure). Refer to the following reports and FAQs: 

o Final Report No. 05-12, Evaluating the Stability of Manufacturing and Construction 
Defects in Natural Gas Pipelines, John F. Kiefner, April 26, 2007. (Reference: 05-12R) 
The "M" and "C" Charts in Appendix B of this document (see p. 47) provide valuable 
inspection tools to help ascertain if such defects should be regarded as "stable" or not. 

o Key to the determination of whether manufacturing and construction defects can remain 
stable and not threaten segment integrity is whether other threats interact with these 
defects. See Supplemental Guidance Appendix B.08, White Paper, Manufacturing and 
Construction Defects, for a discussion of potential interacting threats for manufacturing 
and construction defects. 

o FAQ-219 states that a successful Subpart J pressure test is sufficient to reveal any 
manufacturing and construction defects that could jeopardize pipeline integrity at 
operating pressures less than or equal to MAOP, as of the date of the pressure test. 

o FAQ-220 clarifies that the rule requires that pipeline segments be prioritized as high risk, 
and appropriately scheduled for an assessment, if the operating conditions change 
significantly. 

o FAQ-221 clarifies that the rule specifies that any pressure increase, regardless of amount, 
will require that the segment be prioritized as high risk for integrity assessment. 

o FAQ-231 provides discussion on the five year time period that must be considered to 
establish a reference pressure for stability of maintenance and construction defects. The 
"preceding five years" referred to is the same five years preceding HCA identification. 
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• TTO-05, Low Frequency ERW and Lap Welded Longitudinal Seam Evaluation, Final Report, 
Michael Baker Jr., Inc., April 2004 (Reference: TTO-05), documents a review focused on 
evaluation of longitudinal seams on LF-ERW pipe and lap-welded pipe, particularly that 
manufactured before 1970, as well as DC-ERW pipe and EFW pipe. 

• FAQ-218 states that, in general, operators are not required to conduct integrity assessments to 
address mechanical damage. However, if the operator’s information integration indicates residual 
third party or mechanical damage (i.e., no immediate failure), then indicated conditions must be 
excavated or a suitable integrity assessment must be conducted. See Supplementary Guidance 
Appendix B.07, White Paper, Assessing for Third Party Damage, for further guidance. 

• FAQ-91 states that as part of the comprehensive risk analysis required by §192.917 (c), operators 
are to determine the risk associated with third party damage to pipeline segments that could affect 
an HCA.  

• Potential failures from "external events" (e.g., weather and other non-human causes of pipeline 
mechanical damage) should be considered based on the hazards existing for each segment 
location.  

o FAQ-83 states that as part of the information and risk analysis required by §192.917 (b) 
and (c), an operator is to consider all information that can affect the likelihood and 
consequences of pipeline failure. 

• Cyclic fatigue is of particular concern as a threat that interacts with SCC and with manufacturing 
and construction (especially weld) defects in segments. See Protocol C.01.c, as well as the 
discussion on interacting threats in Supplemental Guidance Appendix B.08, White Paper, 
Manufacturing and Construction Defects. During the peak demand winter seasons, some 
operators, especially distribution companies, commonly increase operating pressure during the day 
(line packing) to help meet demand during the coldest nighttime hours. Inspectors should 
determine if operators consider the impact of these operational practices when evaluating cyclic 
fatigue. Note that system-wide or generic studies of cyclic fatigue may be used by an operator as 
long as the operator documents the reason why the study is applicable to the segment-specific 
conditions. 

• The operator’s threat identification needs to be proactive and investigative in nature. In addition to 
consideration of the failure categories listed in i-x, operators need to address all other threats that 
stem from unique segment characteristics. 

• The list of 21 threats in ASME B31.8S-2004, Section 2.2, is not intended to be an exhaustive list 
of potential threats that must be considered. It is incumbent on the operator to identify and 
evaluate any threat to the integrity of the pipeline. 

• Even though ASME B31.8S-2004 states that operators need only evaluate the nine threat 
categories (and not all 21 specific threats listed under each of these categories), in practice all 21 
of these threats are potentially applicable to any pipeline. Evaluations must at least state why the 
operator chose to not evaluate any given threat listed in ASME B31.8S-2004, Section 2.2. 

C.01.b. If the operator is following the performance-based approach, verify that all 21 of the threats 
associated with the first nine failure categories listed above have been considered. [§192.917(a) and ASME 
B31.8S-2004, Section 2.2] 

C.01.b. Supplemental Guidance: 

• For performance based programs, each threat analysis must evaluate all 21 specific threats listed in 
ASME B31.8S-2004, Section 2.2.  

• Even if an operator concludes that a particular threat is not applicable to its pipeline, the threat 
evaluation must be documented and the basis for drawing such conclusions must be documented. 

C.01.c. Verify that the operator’s threat identification has considered interactive threats from different 
categories (e.g., manufacturing defects activated by pressure cycling, corrosion accelerated by third party or 
outside force damage) [ASME B31.8S-2004, Section 2.2]. 
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C.01.c. Supplemental Guidance: 

• Note that interaction of other threats with manufacturing and construction defects is discussed in 
the technical report, Final Report No. 05-12, Evaluating the Stability of Manufacturing and 
Construction Defects in Natural Gas Pipelines, John F. Kiefner, April 26, 2007 (Reference: 05-
12R). This report addressed threat interaction since that is a major factor in causing manufacturing 
and construction defects to become unstable. The "M" and "C" flowcharts contained in Appendix 
B of this report serve as a valuable tool in the determination of manufacturing and construction 
defect stability. 

• See Supplemental Guidance Appendix B.08, White Paper, Manufacturing and Construction 
Defects, for a partial list of interacting threats that should be considered by operators. This 
analysis is particularly important if operators have declared threats in the categories under 
Protocol C.01.b to be "stable" or "time-independent" and hence not of concern for a segment. 

• Additional threats are mentioned qualitatively in ASME B31.8S-2004 (e.g., cyclic loading) and 
others are sub-sets of listed threats but not listed explicitly (e.g., laminations are a type of defect 
generally referred to as "defective pipe.") Examples of additional threats that may need to be 
considered include: 

o Cyclic Fatigue 
o Railroad Fatigue 
o Hard spots 
o Laminations 
o Puddle weld 
o Hook crack 
o MIC 
o Selective Seam Corrosion 

• Also of extreme importance is that the evaluation MUST analyze the interactive nature of threats 
(i.e., more than one threat occurring on a section of pipeline at the same time). This is a mandatory 
requirement clearly spelled out in ASME B31.8S-2004, Section 2.2. This is particularly important 
when considering manufacturing and construction threats as well as pipe seam threats. These 
threats may often be treated by operators as "stable" for which no integrity assessment is needed. 
However, other interacting threats could result in these otherwise stable defects becoming an 
integrity threat that must be assessed. Refer to Supplemental Guidance Appendix B.08, White 
Paper, Manufacturing and Construction Defects, for a more detailed discussion of this aspect of 
the rule. 

C.01.d. Verify that the approach incorporates appropriate criteria for eliminating a specific threat for a 
particular pipeline segment. [ASME B31.8S-2004, Section 5.10] 

C.01.d. Supplemental Guidance: 

• Operators may not eliminate any threat for a segment without an adequate basis for doing so. This 
basis must consider pipeline failure history, design, manufacturing, construction, operation, and 
maintenance. The criteria that are applied must be documented in the operator’s IM program. 

• For a prescriptive program, the criteria for assessment of threats are found in ASME B31.8S-2004, 
Appendix A. 

• For a performance based program, the criteria for assessment of threats is given in ASME B31.8S-
2004, Section 5.10. 

• It is inadequate for an operator to conclude that a pipeline is not subject to any particular threat or 
threats, based solely on the fact that it has not experienced a pipeline failure that has been 
attributed to the threat(s). 

• PHMSA expects some operators to make efforts to exclude some important threats including 
internal corrosion and stress corrosion cracking. 

• INTERNAL CORROSION: Inspectors should be aware of the following when evaluating an 
operator's justification to exclude the internal corrosion threat. 
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o Such justifications should be based in part on a previous high resolution MFL ILI capable 
of discriminating between internal corrosion and external corrosion metal loss. A line 
should be completely free of any internal corrosion metal loss before it can be considered 
as a candidate to exclude the internal corrosion threat. 

o Even a line that is shown to be free of internal corrosion defects may have the potential 
for internal corrosion in the future.  

o All portions of lines may not be piggable, such as crossovers and delivery laterals. This 
was the case in the Carlsbad incident. Inspectors should use care to verify that operators 
are not excluding line segments associated with transmission mains if those other 
segments have not had an ILI assessment. 

o A line with an ILI that showed internal corrosion metal loss that was repaired is not a 
good candidate for exclusion since known internal corrosion history is present and the 
repair might not have corrected the cause of the internal corrosion. Any line with 
previous internal corrosion history must have a strong basis for concluding that the root 
cause of the previous internal corrosion has been corrected and there is not further 
opportunity for internal corrosion (which should be verified by no detectable internal 
corrosion in 2 consecutive ILI assessments.) 

o Other assessment methods, including hydro and ICDA, do not verify that there is no past 
or ongoing internal corrosion on a line. Therefore, it is problematic to conclude that the 
internal corrosion threat does not exist based on these types of assessments. Operators 
that attempt to use these assessment methods to exclude the threat of internal corrosion 
should have a compelling technical justification that includes additional analysis such as 
(but not limited to) a thorough evaluation of gas quality records, justification that drips 
and low points are clean and dry, etc. The burden of proof that internal corrosion is not a 
threat should be very high in these cases. 

o Any line excluded from the internal corrosion threat must have proven ongoing gas 
quality monitoring. In the case of a line with previous ILI assessments, the gas 
monitoring must have been in place for a significant period of time prior to the 
assessment, in order to verify that conditions introduced into the line might not exist that 
could cause future corrosion subsequent to the ILI assessment. 

o Drips and low points are particularly susceptible to collecting water/liquids and an 
operator must have a program to confirm that no internal corrosion is ongoing at these 
locations. 

• STRESS CORROSION CRACKING (SCC): Inspectors should be aware of the following when 
evaluating an operator's justification to exclude the internal corrosion threat. 

o Both ASME B31.8S-2004, Appendix A3.2, and NACE RP 0402-2004, list the following 
as screening criteria for SCC assessments: 

 Operating stress > 60% SMYS 
 Operating temperature >100F (this criteria does not apply to near neutral pH 

SCC) 
 Location less than 20 miles downstream of compressor station 
 Age of pipeline > 10 yrs 
 Any coating type other than FBE 

o These criteria do not account for approximately 25-35% of historical SCC failures. 
o As stated in NACE RP-0204-2004, Section 1.2.1, "It is recognized that these screening 

factors will identify a substantial percentage of the susceptible locations, but not 
necessarily all of them." 

o Operators with historical SCC failures in locations that are outside of these screening 
criteria should adjust screening criteria to reflect its operating history when performing its 
threat identification, risk analysis, and assessment plans. 

o Lack of failures that have been attributed to SCC, alone, is insufficient reason to discount 
the SCC threat. Prior to the mid-1990s, many operators did not routinely perform 
metallurgical examination of failed pipe. It is postulated that some historical failures 
might have been caused by, but not attributed to, SCC. 
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• See Integrity Characteristics of Vintage Pipelines, INGAA Foundation, Inc., October 2004, 
(Reference: VINTAGE) for discussion of threats that should be considered for specific pipeline 
types and some threats are not considered threats by the report's authors. 

• "SHOULD" Requirement: Performance based integrity management programs that use more 
comprehensive analysis methods should consider the following in order to exclude a threat in a 
segment [Re: ASME B31.8S-2004, Section 5.10 and Protocol L.03]:  

a. There is no history of a threat impacting the particular segment or pipeline system. 
b. The threat is not supported by applicable industry data or experience. 
c. The threat is not implied by related data elements. 
d. The threat is not supported by like/similar analyses. 
e. The threat is not applicable to system or segment operating conditions. 

C.02 Data Gathering and Integration 

Verify that the operator gathers and integrates existing data and information on the entire pipeline that 
could be relevant to covered segments, and verify that the necessary pipeline data have been assembled and 
integrated. [§192.917(b)] 

C.02 Supplemental Guidance: 

• Protocol C.02 encompasses rule requirements for both data gathering and data integration.  
• The focus of the data effort covered by this protocol is the assembly and analysis of data input to 

the operator's risk assessment, the results of which support decisions in all other integrity 
management program elements. 

• An important distinction to consider when inspecting for the requirements related to this protocol 
is the difference between data INTEGRATION and data AGGREGATION. Operators should not 
simply put several types of information into a single location and assume that such an exercise 
constitutes data integration. The most important aspect of data integration is the ANALYSIS of 
aggregated data in order to discern integrity threats and risks that would not otherwise be observed 
from independently reviewing the various individual data elements. The operator's process should 
address how it does both data aggregation and data integration (analysis of aggregated data.) FAQ-
240 further clarifies PHMSA expectations for data aggregation and integration.  

• Refer to Supplemental Guidance Appendix C.01, Bookmark C2, Protocol Guidance for 
Identification of Threats, Data Integration, and Risk Assessment, for additional guidance on 
Protocol C.02. 

• Refer to Supplemental Guidance Appendix C.02, White Paper, Data Gathering and Integration. 
• Also refer to Supplemental Guidance Appendix C.03, White Paper, "Look Beyond" Provisions, 

which addresses requirements for actions to be taken for non-covered segments. Data gathering 
and data integration applies to the entire pipeline, not just covered segments. 

C.02.a. Verify that the operator has in place a comprehensive plan for collecting, reviewing, and analyzing 
the data. [ASME B31.8S-2004, Section 4.2 and ASME B31.8S-2004, Section 4.4] 

C.02.a. Supplemental Guidance: 

• ASME B31.8S-2004, Section 4.2, requires the operator's approach to the use of data to be 
thoroughly documented. The data plan should address all steps in the assembly, analysis, and 
application of data in the operator's IM program. 

• Section 192.917(b) requires that operators gather and integrate existing data "on the entire 
pipeline" that could be relevant to covered segments as part of performing their risk assessment. 
Refer to FAQ-222. The data plan must address data activities for the entire pipeline. 
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• Regardless of which type of program is in use by the operator (PRESCRIPTIVE OR 
PERFORMANCE-BASED), the operator must have a "comprehensive" plan for data collection, 
integration, and analysis. The plan should address the following aspects of the data process: 

o Storage 
o Retrieval 
o "Granularity" 
o Collection 
o Aggregation 
o Integration (analysis) 

• The plan should also take into account the following aspects of the data itself: 
o Age 
o Resolution 
o Units of measure 
o Accuracy of location data 
o Quality 
o Consistency 
o Metadata (data about the data including where and how the data was obtained and used 

and the other data attributes specified above.) 
• Operators are expected to have accurate knowledge of their pipeline location / centerline. Without 

knowing precisely where their pipe is located, the benefits of data integration cannot be realized. 
Operators should be able to demonstrate how they have verified pipeline location. 

C.02.b. Verify that the operator has assembled data sets for threat identification and risk assessment 
according to the requirements in ASME B31.8S-2004, Section 4.2, ASME B31.8S-2004, Section 4.3, and 
ASME B31.8S-2004, Section 4.4. At a minimum, an operator must gather and evaluate the set of data 
specified in ASME B31.8S-2004, Appendix A (summarized in ASME B31.8S-2004, Table 1) and consider 
the following on covered segments and similar non-covered segments [§192.917(b)]: 

1. Past incident history  
2. Corrosion control records 
3. Continuing surveillance records 
4. Patrolling records 
5. Maintenance history 
6. Internal inspection records 
7. All other conditions specific to each pipeline. 

C.02.b. Supplemental Guidance: 

• For PRESCRIPTIVE programs: 
o Operators must use all of the data elements in ASME B31.8S-2004, Appendix A, which 

are summarized in ASME B31.8S-2004, Table 1. Also refer to "Effectiveness of Data 
Integration in Pipeline Integrity Management Programs", Baker TTO-9, (draft-to be 
incorporated later). 

 FAQ-81 states that an operator must consider all information relevant to 
determining risk associated with pipeline operation in HCAs. 

o If any data element is missing, the operator must assume that the threat applies to the line 
being evaluated. The implication of this requirement is that if a line has missing data 
specified in ASME B31.8S-2004, Appendix A, then the line must be assessed for that 
threat. 

o The data elements listed in §192.917(b) must be considered for both covered and non-
covered segments. Refer to Supplemental Guidance Appendix C.02, White Paper, Data 
Gathering and Integration. 

o Supplemental Guidance Appendix E.02, Bookmark E04, Integrated Analysis of 
Assessment Data provides additional discussion on the integration of data such as:  

 ILI results (past and current),  
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 hydrostatic pressure test results (root cause of test failures and pressure 
reversals), 

 ROW data (indicators of TPD risk), 
 corrosion protection (coating and CP systems),  
 maintenance (repairs, etc.), and  
 other available information 

• For PERFORMANCE-BASED programs: 
o Operators shall collect at minimum the data elements specified under the prescriptive 

based program requirements. 
o The additional quantity and specific data elements needed for a performance-based 

program are not specified and will vary depending on the pipeline system. 
o An operator may not use the performance-based approach if any of the data elements are 

missing. 
o Increasingly complex risk assessment methods require more data elements than those 

listed in ASME B31.8S-2004, Appendix A, as summarized in ASME B31.8S-2004, 
Table 1. In general, "increasingly complex risk assessment methods" is understood to 
mean scenario-based models and probabilistic models. 

o Initial data elements must be sufficient to support integrity assessment plans. 
o Additional data elements should be expanded over time to support general pipeline and 

facility risk assessments. 
o Improvements should include support for the determination of additional preventive and 

mitigative actions. 
o The data elements listed in §192.917(b) must be considered for both covered and non-

covered segments. Refer to Supplemental Guidance Appendix C.02, White Paper, Data 
Gathering and Integration. 

o FAQ-83 addresses the need for operators to address geotechnical and soil instability 
risks. 

• "SHOULD" Requirement: Every effort should be made to utilize all of the actual data for the 
pipeline or facility. Generalized integrity assumptions used in place of specific data elements 
should be avoided. (Re: ASME B31.8S-2004, Section 4.4) [Re: Protocol L.03] 

C.02.c. Verify that the operator has utilized the data sources listed in ASME B31.8S-2004, Table 2, for 
initiation of the integrity management program. [ASME B31.8S-2004, Section 4.3] 

C.02.c. Supplemental Guidance: 

• All available sources listed in ASME B31.8S-2004, Table 2 should be employed to fill out the 
data elements required for risk assessment (see Protocol C.02.b). 

• If one or more sources from ASME B31.8S-2004, Table 2 is not available, the operator must take 
reasonable action to obtain the data. Data that cannot be obtained from records must be 
supplemented by expert opinion (see Protocol C.03) in the operator risk assessment. 

• In no case is the unavailability of data a justification for dismissing a threat from consideration or 
treating a threat as a low risk (see Protocol C.02.d). 

• Operators should make use of any root cause analysis of previous failures as a potential valuable 
data source. 

• Refer to Supplemental Guidance Appendix C.01, Bookmark C2c, Protocol Guidance for 
Identification of Threats, Data Integration, and Risk Assessment, for additional guidance on 
Protocol C.02.c. 

C.02.d. Verify that the operator has checked the data for accuracy. If the operator lacks sufficient data or 
where data quality is suspect, verify that the operator has followed the requirements in ASME B31.8S-
2004, Section 4.2.1, ASME B31.8S-2004, Section 4.4, and ASME B31.8S-2004, Appendix A [ASME 
B31.8S-2004, Section 4.1, ASME B31.8S-2004, Section 4.2.1, ASME B31.8S-2004, Section 4.4, ASME 
B31.8S-2004, Section 5.7(e), and ASME B31.8S-2004, Appendix A]: 
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i. Each threat covered by the missing or suspect data is assumed to apply to the segment being 
evaluated. The unavailability of identified data elements is not a justification for exclusion of a 
threat.  

ii. Conservative assumptions are used in the risk assessment for that threat and segment or the 
segment is given higher priority. 

iii. Records are maintained that identify how unsubstantiated data are used, so that the impact on the 
variability and accuracy of assessment results can be considered. 

iv. Depending on the importance of the data, additional inspection actions or field data collection 
efforts may be required. 

C.02.d. Supplemental Guidance: 

• The operator needs provisions for checking data accuracy in the IM program. 
• If the operator employs suspect or uncertain data, or if data are not available for variables that are 

part of the operator's risk assessment method, then the operator is required to treat this situation in 
a "conservative" manner. The operator's IM program must provide for the following: 

o Any threats related to the data deficiency are assumed to apply. 
o Conservative assumptions must be employed in the risk assessment for the threat and 

segment involved. 
o Written documentation of the effect of the data deficiency on the risk assessment results 

are required. One way to achieve this would be for the operator to conduct "sensitivity 
analysis" to determine the magnitude of the effect of the data deficiency. 

o If the effect of the data deficiency is found to be significant, then the operator is required 
to correct the data deficiency through additional data collection. 

• "SHOULD" Requirement: For missing or questionable data, the operator should determine and 
document the default values that will be used and why they were chosen. The operator should 
choose default values that conservatively reflect the values of other similar segments on the 
pipeline or in the operator’s system. (Re: ASME B31.8S-2004, Section 5.7 (e)) [Re: Protocol 
L.03] 

C.02.e. Verify that the operator’s program includes measures to ensure that new information is 
incorporated in a timely and effective manner, as addressed in Protocol K. [§192.911(k), ASME B31.8S-
2004, Section 11(b) and ASME B31.8S-2004, Section 11(d)] 

C.02.e. Supplemental Guidance: 

• Operator integrity decisions are based on risk assessment results based on numerous required data 
elements (Protocol C.02.b above) and utilizing numerous diverse data sources (Protocol C.02.c 
above). To ensure these results are based on the best current information about the pipeline, the 
operator's program must ensure that new information is incorporated in a timely manner. 

• The inspection should verify that: 
o The operator's program includes provisions that ensure the timely incorporation of new 

information from the required data sources for the required data elements and 
o The operator has carried out data updates in conformance with program requirements. 

C.02.f. Verify that individual data elements are brought together and analyzed in their context such that the 
integrated data can provide improved confidence with respect to determining the relevance of specific 
threats and can support an improved analysis of overall risk. [ASME B31.8S-2004, Section 4.5]. Data 
integration includes: 

i. A common spatial reference system that allows association of data elements with accurate 
locations on the pipeline [ASME B31.8S-2004, Section 4.5]; 

ii. Integration of ILI or ECDA results with data on encroachments or foreign line crossings in the 
same segment to define locations of potential third party damage [§192.917(e)(1)]. 
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C.02.f. Supplemental Guidance: 

• The fundamental function of the operator's risk assessment is to associate threats and risk levels 
with specific locations on the operator's pipeline. Operators must have a means of relating the data 
on threats and pipeline risk factors to the correct locations on the pipeline. 

• Specifically, in order to carry out the data integration needed for the threat evaluation required for 
residual third party damage (see Supplementary Guidance Appendix B.07, White Paper, Assessing 
for Third Party Damage), operators must have a means of accurately locating potential residual 
third party damage identified by ILI or ECDA in comparison to locations of encroachments and 
foreign line crossings. For a more detailed discussion of the integrated review of ILI results, see 
Appendix E.02, Bookmark E04. A detailed review of data integration with ECDA results is 
addressed in Protocol D. 

• FAQ-240 clarifies PHMSA expectations for data integration. Data integration includes both the 
aggregation of data and the analysis of aggregated data to identify integrity threats or insights that 
might not otherwise be discovered. 

C.03 Risk Assessment 

Verify that the operator has conducted a risk assessment that follows ASME B31.8S-2004, Section 5, and 
that considers the identified threats for each covered segment. [§192.917(c)] [Note: Application of the risk 
assessment to prioritize the covered segments for the baseline assessment is covered in Protocol B, 
continual reassessments in Protocol F, and additional preventive and mitigative measures in Protocol H.] 

C.03 Supplemental Guidance: 

• Protocol C.03 encompasses requirements for operator risk assessment, by which the operator 
conducts an analysis of risk for all covered segments and all identified threats (see Protocol C.01), 
using the information obtained from the data collection and integration (Protocol C.02) 

• Risk Assessment is necessary to support integrity decisions required by the IM rule, including  
o Scheduling baseline integrity assessments (Protocol B.02) and re-assessments (Protocol 

F.04) 
o Implementing additional preventive and mitigative measures (Protocol H) 

C.03.a. Verify that the operator’s risk assessment supports the following objectives [ASME B31.8S-2004, 
Section 5.3 and ASME B31.8S-2004, Section 5.4]: 

i. prioritization of pipelines/segments for scheduling integrity assessments and mitigating action 
ii. assessment of the benefits derived from mitigating action 

iii. determination of the most effective mitigation measures for the identified threats 
iv. assessment of the integrity impact from modified inspection intervals 
v. assessment of the use of or need for alternative inspection methodologies 

vi. more effective resource allocation 
vii. facilitation of decisions to address risks along a pipeline or within a facility 

C.03.a. Supplemental Guidance: 

• Risk assessment must integrate the results of the threat evaluation and data activities to produce 
risk results that support decisions in the operator’s IM program, specifically: 

o A risk-based schedule of baseline integrity assessments (FAQ-28 clarifies that the risk 
posed by each pipeline segment covered by the rule must be considered in scheduling 
baseline assessments and periodic re-assessments. Risks must be evaluated using a risk 
assessment that meets ASME B31.8S-2004, Section 5). 

o Establish re-assessment intervals according to segment risks 
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o Decisions on preventive and mitigative measures in order to achieve additional risk 
reduction beyond integrity assessment and repair activities 

• The operator's risk assessment needs to produce results that support these required IM program 
elements. The operator's program must document:  

o how the risk assessment is conducted,  
o the results that will be produced,  
o how these results are used to meet rule requirements,  
o the input information needed to produce the risk results 
o the method or methods used to produce the results (see Protocol C.03.b below) 

• "SHOULD" Requirement: The risk drivers for each high-risk segment should be considered in 
determining the most effective integrity assessment and/or mitigation option. (Re: ASME B31.8S-
2004, Section 5.11) [Re: Protocol L.03] 

• If the operator is performing any of the tasks described by objectives (i) through (vii), it must 
apply its risk assessment as a tool in doing so. 

C.03.b. Verify that the operator utilizes one or more of the following risk assessment approaches [ASME 
B31.8S-2004, Section 5.5]: 

i. Subject matter experts (SMEs), 
ii. Relative assessment models, 

iii. Scenario-based models, or  
iv. Probabilistic models 

C.03.b. Supplemental Guidance: 

• The rule allows any of the four listed approaches to be used. By far, the most common approaches 
are expected to be subject matter expert evaluations and "relative assessment" (index) models. 

• More than one risk assessment approach may be used by operators. For example, it is common to 
use expert group evaluations in conjunction with risk models. It is also possible that different 
models may be used to support different IM program elements. 

• If SME processes are employed the operator's program must thoroughly document how expert 
opinion and subjective information are used to produce consistent results and how these results are 
used to support integrity decisions that must be derived from risk results (see Protocol C.03.a 
above). 

• FAQ-166 addresses qualification standards that apply to subject matter experts. 
• FAQ-168 addresses PHMSA expectations with regard to the use of the four risk assessment 

approaches. 
• Refer to Supplemental Guidance Appendix C.01, Bookmark C3b, Protocol Guidance for 

Identification of Threats, Data Integration, and Risk Assessment, for additional guidance on 
Protocol C.03.b. 

o Subject matter experts (SMEs), Supplemental Guidance Appendix C.01, Bookmark SME 
o Relative assessment models, Supplemental Guidance Appendix C.01, Bookmark Relative  
o Scenario-based models, Supplemental Guidance Appendix C.01, Bookmark Scenario 
o Probabilistic models, Supplemental Guidance Appendix C.01, Bookmark Probabilistic 

• An example risk estimation model is provided in Supplemental Guidance Appendix C.01, 
Bookmark Example 

C.03.c. Verify that the risk assessment explicitly accounts for factors that could affect the likelihood of a 
release and for factors that could affect the consequences of potential releases, and that these factors are 
combined in an appropriate manner to produce a risk value for each pipeline segment. [ASME B31.8S-
2004, Section 3.1, ASME B31.8S-2004, Section 3.3, ASME B31.8S-2004, Section 5.2, ASME B31.8S-
2004, Section 5.3 and ASME B31.8S-2004, Section 5.7(j)] Verify that the risk assessment approach 
includes the following characteristics: 
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i. The risk assessment approach contains a defined logic and is structured to provide a complete, 
accurate, and objective analysis of risk [ASME B31.8S-2004, Section 5.7(a)]; 

ii. The risk assessment considers the frequency and consequences of past events, using company and 
industry data [ASME B31.8S-2004, Section 5.7(c)]; 

iii. The risk assessment approach integrates the results of pipeline inspections in the development of 
risk estimates [ASME B31.8S-2004, Section 5.7(d)]; 

iv. The risk assessment process includes a structured set of weighting factors to indicate the relative 
level of influence of each risk assessment component [ASME B31.8S-2004, Section 5.7(i)]; 

v. The risk assessment process incorporates sufficient resolution of pipeline segment size to analyze 
data as it exists along the pipeline [ASME B31.8S-2004, Section 5.7(k)]. 

C.03.c. Supplemental Guidance: 

• The rule specifies that the operator's risk assessment shall be conducted according to ASME 
B31.8S-2004, Section 5. ASME B31.8S-2004, Section 5.2, defines risk to include consideration of 
both likelihood and consequences of failure and cites ASME B31.8S-2004, Section 3, for how 
consequences shall be considered (see ASME B31.8S-2004, Section 3.3). It is stressed that 
operators must consider consequences in some way in conducting risk assessment and applying 
risk results to integrity management program elements. 

• The rule and ASME standard specify required characteristics of the operator's risk assessment 
approach. These requirements include: 

o A logical, documented structure defined in the IM program 
o Incorporation of operating and failure history (both operator-specific and applicable 

industry events) in the risk evaluation, considering both frequency and consequence of 
different categories of failures 

o Incorporation of the results of integrity assessments (e.g., location, magnitude and density 
of identified defects) and other pipeline inspections as risk factors in the risk evaluation. 
This includes: 

 Integrated analysis of assessment results with other data (re: Appendix E.02, 
Bookmark E04.) 

 Root cause analysis of Subpart J pressure test failures, especially pressure 
reversals (re: Appendix E.02, Bookmark E06). 

 Integrated analysis of ECDA indirect assessment data with other data (re: 
Protocol D). 

o Risk factors (threats and consequences) weighted according to their relative significance 
to risk 

o Risk assessment results broken down into small enough units so that the variation in risk 
along the pipeline is accurately represented 

• FAQ-125 provides guidance on risk ranking by piggable sections. The rule requires that an 
operator must use risk assessment to prioritize covered segments for baseline assessments and 
reassessments (§192.917(c)). 

• Refer to Supplemental Guidance Appendix C.01, Bookmark C3c, Protocol Guidance for 
Identification of Threats, Data Integration, and Risk Assessment, for additional guidance on 
Protocol C.03.c. 

• "SHOULD" Requirement: The output of a risk assessment should include the nature and 
locations of the most significant risks to the pipeline (Re: ASME B31.8S-2004, Section 2.3.3) [Re: 
Protocol L.03] 

• "SHOULD" Requirement: The operator should tailor the [risk assessment] method to meet the 
needs of the system.(Re: ASME B31.8S-2004, Section 2.3.3) [Re: Protocol L.03] 

• "SHOULD" Requirement: Preferably, [consideration of operating/failure history] should include 
the subject pipeline system or a similar system but other industry data can be used where sufficient 
data is initially not available. (Re: ASME B31.8S-2004, Section 5.7 (c)) [Re: Protocol L.03] 

• "SHOULD" Requirement: To be effective, a risk assessment method should be able to identify 
pipeline integrity threats previously not considered. (Re: ASME B31.8S-2004, Section 5.7 (d)) 
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[Re: Protocol L.03] Note: Integrated analysis of ILI results with other data is an important aspect 
of identifying threats not previously considered. Refer to Appendix E.02, Bookmark E04. 

• "SHOULD" Requirement: An effective risk model should contain the structure necessary to 
perform "what if" calculations.(Re: ASME B31.8S-2004, Section 5.7 (h)) [Re: Protocol L.03] 

• "SHOULD" Requirement: All threats and consequences contained in a relative risk assessment 
process should not have the same level of influence on the risk estimate. (Re: ASME B31.8S-
2004, Section 5.7 (i)) [Re: Protocol L.03] 

• "SHOULD" Requirement: [The risk assessment process] should also provide for several types of 
data evaluation and comparisons, establishing which particular threats or factors are primary risk 
"drivers" or have the most influence on the result. (Re: ASME B31.8S-2004, Section 5.7 (j)) [Re: 
Protocol L.03] 

• "SHOULD" Requirement: The operator should assess risk factors that cause higher risk levels for 
particular segments.(Re: ASME B31.8S-2004, Section 5.10) [Re: Protocol L.03] 

• "SHOULD" Requirement: When segments being compared have similar risk values, the failure 
probability and consequences should be considered separately. (Re: ASME B31.8S-2004, Section 
5.10) [Re: Protocol L.03] 

C.03.d. Verify that the operator’s process provides for revisions to the risk assessment if new information 
is obtained or conditions change on the pipeline segments. Verify that the provisions for change to the risk 
assessment address the following areas: 

i. the risk assessment plan calls for recalculating the risk for each segment to reflect the results from 
an integrity assessment or to account for completed prevention and mitigation actions [ASME 
B31.8S-2004, Section 5.11, and ASME B31.8S-2004, Section 5.7(c)] 

ii. the operator integrates the risk assessment process into field reporting, engineering, facility 
mapping, and other processes as necessary to ensure regular updates [ASME B31.8S-2004, 
Section 5.4] 

iii. the integrity management plan calls for revision to the risk assessment process if pipeline 
maintenance or other activities identify inaccuracies in the characterization of the risk for any 
segments [§192.917(c) and ASME B31.8S-2004, Section 5.12] 

iv. the operator uses a feedback mechanism to ensure that the risk model is subject to continuous 
validation and improvement [§192.917(c) and ASME B31.8S-2004, Section 5.7(f)] 

C.03.d. Supplemental Guidance: 

• This protocol subquestion is included to capture requirements that ensure that risk assessments 
results continue to represent pipeline risk as conditions change over time and new information on 
the pipeline is obtained. The operator's program must include written provisions to ensure that 
these requirements are met. In addition, inspectors should verify that physical and programmatic 
changes have been identified and reflected appropriately in the operator’s risk assessment. 

• ASME B31.8S-2004 includes requirements to ensure that the operator’s process provides for 
updating the risk assessment if new information is obtained or conditions change on the pipeline 
segments. Inspectors should verify that the risk assessment plan requires that the risk for each 
segment be periodically updated to reflect: 

o The results from integrity assessments 
o completed prevention and mitigation actions; 

• If pipeline maintenance or other activities identify inaccuracies in the characterization of the risk 
for any segments, then the corrected data should be used when the risk results are updated 

• In order to ensure that updated risk results reflect changes along the pipeline, the operator needs to 
integrate the risk assessment process into field reporting, engineering, facility mapping, and other 
processes as necessary. Procedures governing these functions need to include provisions for 
capturing changes and communicating them to the groups conducting the risk assessment 

• The operator is required to use a feedback mechanism to ensure that the risk model (if used) is 
subject to continuous validation and improvement. The model results should be regularly reviewed 
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and changes made as needed. The risk model feedback mechanism must be documented in the IM 
program. Major changes to the operator’s risk assessment model and process should be part of the 
formal management of change (MOC) process. Examples of major changes include: 

o Addition of new risk factors (representing threats or consequence categories) to the risk 
model 

o Deletion of risk factors from the risk model 
o Changes to the relative numerical weighting of risk factors within the risk model 
o Changes to the algorithm defining how risk factor data is combined in the risk model 

• Not all changes to risk assessment processes and models need be approved through a formal MOC 
process. Some updates to the risk model are expected to be performed semi-continuously and 
should not be subjected to a formal change control process. For example, new or updated data for 
risk factors should be incorporated in the risk assessment as soon as available. 

• Inspectors should note that there are 2 potentially contradictory statements concerning risk re-
evaluation in ASME B31.8S-2004, Section 5.8: "A specified period defined by the operator shall 
be established for a system wide risk re-evaluation but shall not exceed the maximum required 
interval". It goes on one sentence later to state "The frequency of the system wide re-evaluation 
must be at least annually but may be more frequent based on the frequency and importance of data 
modifications." PHMSA generally expects that the risk analyses will be re-evaluated at a 
minimum on an annual basis (refer to FAQ-234). More frequent review may be necessary if 
conditions warrant. 

• FAQ-142 addresses requirements related to the timing for conduct of risk assessments. 
• FAQ-234 states that operators should re-evaluate risk annually. This should include consideration 

of any new information identified during the annual review of high consequence areas, results of 
assessments conducted during the year, and any changes to the pipeline system or its operations. 

• "SHOULD" Requirement: Like the risk process itself, [the risk assessment] document should be 
periodically updated as modifications or risk process changes are incorporated. (Re: ASME 
B31.8S-2004, Section 5.7 (g)) [Re: Protocol L.03] 

• "SHOULD" Requirement: Such a re-evaluation [of risk] should include all pipelines or segments 
included in the risk analysis process to assure that the most recent inspection results and 
information is reflected in the re-evaluation and any risk comparisons are on an equal basis. (Re: 
ASME B31.8S-2004, Section 5.8) [Re: Protocol L.03] 

• "SHOULD" Requirement: Risk assessment should be performed periodically to include new 
information, consider changes made to the pipeline system or segment, incorporate any external 
changes, and consider new scientific techniques that have been developed and commercialized 
since the last assessment. (Re: ASME B31.8S-2004, Section 8.3.2) [Re: Protocol L.03] 

C.03.e. Verify that adequate time and personnel have been allocated to permit effective completion of the 
selected risk assessment approach. [ASME B31.8S-2004, Section 5.7(b)] 

C.03.e. Supplemental Guidance: 

• Application of adequate time and resources will require a subjective conclusion by inspectors.  
• It is important that the operator is not merely "going through the motions", but is making a good-

faith effort to assess segment risks and base integrity management program decisions on risk 
criteria. If the operator's risk assessment effort does not adequately support these decisions, then 
one reason may be inadequate time and resources. 

• Risk Assessment can be labor-intensive, requiring major information assembly efforts and 
potentially time-consuming facilitated evaluation sessions involving "Subject Matter Experts." 
Documentation of risk process inputs, evaluations, and results can require a major commitment of 
labor resources. 

C.04 Validation of the Risk Assessment 



Gas Integrity Management Protocols with Guidance, Revision 5, 1/1/2008 
 
 

Page 44 of 151 
 

Verify that the integrity management program identifies and documents a process to validate the results of 
the risk assessments. [§192.917(c) and ASME B31.8S-2004, Section 5.12] 

C.04 Supplemental Guidance: 

• Risk assessment validation is a characteristic of effective risk assessment programs for 
prescriptive and performance-based integrity management programs. 

• The operator's risk assessment process must include elements for validation of results. What is 
called for is some kind of "sanity check", so that decisions are not hard-wired to output from a risk 
model. The results need to be reviewed by knowledgeable personnel. Reviewers will compare the 
risk estimates for segments with their knowledge of the system and understanding if risk factors. It 
is possible that the risk assessment results will yield new insights, so that there may be some 
variance between the operator's previous understanding of risk factors and what is produced by the 
risk assessment. However, if there is wide variance that cannot be justified, then some adjustment 
to risk assessment inputs or the model structure may be necessary. Changes and the reasons for the 
changes must be documented. After any needed changes are made, the revised results also need to 
be reviewed and validated. 

• "SHOULD" Requirement: Risk assessment methods alone should not be completely relied upon 
to establish risk estimates or to address or mitigate known risks. Risk assessment methods should 
be used in conjunction with knowledgeable, experienced personnel (subject matter experts and 
people familiar with the facilities) that regularly review the data input, assumptions, and results of 
the risk assessments. Such experience based reviews should validate risk assessment output with 
other relevant factors not included in the process, the impact of assumptions, or the potential risk 
variability caused by missing or estimated data.(Re: ASME B31.8S-2004, Section 5.4) [Re: 
Protocol L.03] 

C.04.a. Verify that the validation process includes a check that the risk results are logical and consistent 
with the operator’s and other industry experience. [§192.917(c) and ASME B31.8S-2004, Section 5.12] 

C.04.a. Supplemental Guidance: 

• The operator's IMP should specify processes used to validate the results of their risk assessments. 
Checks should be included to ensure the risk assessment results are both logical and consistent 
with the operator's knowledge of pipeline characteristics and industry experience. 

• The operator may employ various means to achieve validation. Elements of validation may 
include: 

o Team review of results 
o SME reviews 
o Review of lessons learned from industry 

C.05 Plastic Transmission Pipeline 

If the operator has plastic transmission pipelines, verify that the operator assesses applicable threats to each 
covered segment of plastic line. [§192.917(d)] 

C.05 Supplemental Guidance: 

• This protocol only applies if the operator has plastic gas transmission pipeline segments. This may 
occur if operators have a line that transports gas from a gathering line or storage facility to a single 
large volume customer such as a power plant, factory or institutional user. 
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C.05.a. If the operator has plastic transmission lines, verify that the information in ASME B31.8S-2004, 
Section 4 and ASME B31.8S-2004, Section 5, and any unique threats to the integrity of plastic pipe have 
been considered when assessing the threats to each covered segment of plastic pipeline. [§192.917(d)] 

C.05.a. Supplemental Guidance: 

• If the operator has plastic transmission lines, Protocol C.05 is used to verify that the information in 
ASME B31.8S-2004, Section 4 and ASME B31.8S-2004, Section 5, and any unique threats to the 
integrity of plastic pipe have been considered when assessing the threats to each covered segment 
of plastic pipeline. 

• The principal threats for plastic pipe are considered to be: 
o Third Party Damage 
o Other Outside Force Damage (e.g., ground movement 
o Some manufacturing defects for 1970s-era plastic pipe 
o Some materials defects producing cold-weather brittle conditions for plastic pipe 

• Some construction defects (e.g., poor joints) 
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Protocol Area D. DA Plan 

• D.01 ECDA Programmatic Requirements 
• D.02 ECDA Pre-Assessment 
• D.03 ECDA Indirect Examination 
• D.04 ECDA Direct Examination 
• D.05 ECDA Post-Assessment 
• D.06 Dry Gas ICDA Programmatic Requirements 
• D.07 Dry Gas ICDA Pre-Assessment, Region Identification and Use of Model 
• D.08 Dry Gas ICDA Direct Examination 
• D.09 Dry Gas ICDA Post-Assessment 
• D.10 Wet Gas ICDA Programmatic Requirements 
• D.11 SCCDA Data Gathering and Evaluation 
• D.12 SCCDA Assessment, Examination and Threat Remediation 
• Table of Contents 

D.01 ECDA Programmatic Requirements 

If the operator elects to use ECDA, verify that the operator develops and implements an ECDA plan in 
accordance with §192.925. 

D.01 Supplemental Guidance: 

• The ECDA plan must describe in detail how the four process steps (pre-assessment, indirect 
examination/inspection, direct examination, and post assessment) will be implemented to evaluate 
the external corrosion threat to the pipeline. Direct Assessment does not apply to all threats and 
limitations to its application are presented in NACE RP0502-2002. In addition to specific 
procedures, the plan must explain: 

o the objectives of what will be accomplished, 
o how specific work activities are to be accomplished, 
o roles and responsibilities of personnel who will accomplish those objectives, as well as 

the specific qualifications of those personnel responsible for specific activities and 
functions 

• The operator must be able to demonstrate the plan has been implemented by records that 
document the results of the ECDA activities. 

• The operator's plan must provide for periodic updates due to lessons learned - see NACE RP0502-
2002, Section 6.5.1. 

• The Gas Technology Institute (GTI) and the American Gas Association (AGA) have developed a 
collaborative research program to help Local Distribution Companies who operate high-pressure 
natural gas transmission lines understand the methods and procedures to perform integrity 
assessments and meet IM regulations.  This program developed a standard ECDA inspection 
protocol to assist these operators in implementing NACE RP0502-2002.  The GTI External 
Corrosion Direct Assessment (ECDA) Implementation Protocol is available in the IMDB File 
Library. 

• FAQ-187 clarifies that like all assessment methods, direct assessment can only be used in 
situations for which it is applicable. Direct assessment is not applicable for all threats. 
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D.01.a. Verify that the operator developed a documented ECDA plan, and developed procedures to 
implement the plan. [§192.925(b)] 

D.01.a. Supplemental Guidance: 

• The operator’s procedures should describe the details of who, what, where, when and how for each 
of the four ECDA steps - pre-assessment, indirect examination, direct examination and post 
assessment. Procedure details should include: 

o how these four steps will be implemented, 
o the criteria used in making decisions in implementing each process step, 
o who is responsible for accomplishing key activities, 
o the qualifications and how those individuals are trained in the plan and kept informed of 

up to date of changes in the plan, 
o when and how such functions and activities are to be accomplished' 
o procedures should be in sufficient detail to act as instructions to employees, 
o definitions used in the operator’s plans and procedures should be consistent with those 

defined in the rule and referenced standards 
• The plan must address all of the requirements contained in §192.925, ASME B31.8S-2004, 

Section 6.4, as well as all of the requirements contained in NACE RP0502-2002.  
• FAQ-155 clarifies that requirements in the standards, and even statements in the standards that are 

portrayed therein as non-mandatory have the full effect of the Rule when invoked by the Rule. 
• FAQ-167 clarifies that "must" and "shall" statements made in invoked portions of the standards 

represent requirements, while "should" statements represent actions that "should" be taken but 
may not be based on an appropriate justification. Also refer to Protocol L.03. 

D.02 ECDA Pre-Assessment 

Verify that the ECDA Pre-assessment process complies with ASME B31.8S-2004, Section 6.4 and NACE 
RP0502-2002 to (1) determine if ECDA is feasible for the pipeline to be evaluated, (2) identify ECDA 
regions and (3) select Indirect Inspection Tools. [§192.925(b)(1)] 

D.02 Supplemental Guidance: 

• The purpose of pre-assessment is threefold, 
o To determine which areas the ECDA process is feasible for evaluating the integrity of an 

operator’s pipeline, 
o To identify which indirect inspection tools work reliably in those areas or ECDA regions, 

and 
o To identify the characteristics and limits of pipeline areas called ECDA regions. 

• Selecting which two Complementary Tools will be used for each region is a key result of the pre-
assessment step. 

• For the initial ECDA on a region, operators must apply and document more restrictive criteria. 

D.02.a. Verify that the operator identifies and collects adequate data to support ECDA pre-assessment. 
[NACE RP0502-2002, Section 3.2] 

D.02.a. Supplemental Guidance: 

• Review the operators’ documentation to verify the pipeline operator has: 
o Defined minimum data requirements critical to the success of the ECDA process. (NACE 

RP0502-2002, Section 3.2.1), and addressed insufficient data, or instances where critical 
data could not be collected, 
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o Collected data in the five categories of NACE RP0502-2002, Table 1, ECDA Data 
Elements, 

o Has a process to analyze this data to identify ECDA regions and a basis upon which each 
indirect assessment tool will be selected, 

o Has included historical and current data along with physical information for each 
segment to be evaluated 

• Refer to Supplemental Guidance Appendix C.02, White Paper, Data Gathering and Integration 
• A successful ECDA process is being able to analyze data to identify ECDA regions, a basis upon 

which to select indirect examination tools for these regions and determine feasibility of applying 
ECDA to each segment. 

D.02.b. Verify that the operator conducts an ECDA feasibility assessment by integrating and analyzing the 
data collected. [NACE RP0502-2002, Section 3.3] 

D.02.b. Supplemental Guidance: 

• Refer to Supplemental Guidance Appendix C.02, White Paper, Data Gathering and Integration. 
• The operator must be able to demonstrate its feasibility assessment processes. 
• Review the operators’ documentation to verify the operator has a process to integrate and analyze 

its data to: 
o Determine Indirect examination tool reliability 
o Establish Region characteristics 
o Identify and address locations where indirect tools may not provide accurate readings. 

• Determine how the operator addresses feasibility where data is insufficient, or critical data can’t 
be collected. . Some examples of data elements essential to the feasibility of an ECDA are: 

o Where is the pipe coated or bare or where it changes from one to the other (needed to set 
ECDA regions and select the proper indirect inspection tools). Operators can perform test 
holes to determine where the coating starts and ends and if the pipe is bare. 

o At any time where there were periods of time that the pipeline did not have or had 
insufficient cathodic protection (needed to determine if there is active or prior corrosion 
damage). Operators can assume that the pipeline did not have sufficient cathodic 
protection and that all corrosion is active and thus must be mitigated.  

o Areas that have MIC and one or more other potential issue (stray DC currents and/or 
coating disbondment or coating failure along with MIC can accelerate external corrosion 
rates). Operators in these situations must use the worst case for the corrosion growth rate 
of 16 mils per year and should take immediate steps to mitigate the MIC by raising 
cathodic potentials and replacing damaged coatings and mitigating the stray current 
problem by providing another path for the strays to return to the proper location 

o Is the CP system type either unknown or a combination of both types (some indirect 
inspection tools may not be appropriate for one or the other type of CP systems). 
Operators may need to use additional indirect inspection tools to overcome the lack of 
knowledge of the CP systems or they may need to reduce the size of ECDA regions to 
areas where everything is known and ECDA regions where some data elements may not 
be known and thus additional inspections are needed. 

o Route changes, diameter changes and other modifications may require that the ECDA 
region be changed (These changes can affect the tool selection and the tool sensitivity 
making comparison of indications difficult). Operators can compensate for these 
unknowns by raising the severity of all indications found in such areas. If such areas are 
unknown, then all indications should have their severity raised. 

o Prior uses of the pipe and/or possible reconditioning of pipe or recoating of corroded pipe 
(Operators who suspect use of reconditioned pipe should make test holes to inspect the 
pipe condition and determine if the pipe has been recoated and if it had corrosion 
problems in the past) If an operator can not determine if the pipe has been reconditioned 
(and does not have any evidence of the pipe being new at the time of installation) they 
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should down grade the pipe to the lowest grade of pipe and assume that all indications are 
classified as severe (and excavated). 

• ECDA may not be used for regions where the operator is unable to identify two reliable, effective, 
and complementary indirect tools. (NACE RP0502-2002, Section 3.2.4) 

• ECDA might not be feasible where: 
o Coatings are disbonded 
o Backfill has significant rock content 
o Ground surfaces have multi layered pavement or rebar 
o Areas contain adjacent buried metallic structures 
o Areas contain stray current or DC railroads 
o Casings  
o Underwater crossings 

• Operators may be able to perform ECDA in problematic areas by implementing additional testing 
requirements, using additional indirect inspection tools, or utilizing different testing procedures. 
Some examples of these are discussed in Supplemental Guidance Appendix D.01, External 
Corrosion Direct Assessment on Problematic Areas. 

o FAQ-243 addresses PHMSA expectations for determining if ECDA is feasible. 

D.02.c. Verify that the operator complies with all requirements for appropriate indirect inspection tools 
selection: [NACE RP0502-2002, Section 3.4, NACE RP0502-2002, Table 2, and 192.925(b)(1)(ii)]  

i. A minimum of 2 complementary tools must be selected such that the strengths of one tool 
compensate for the limitations of the other tool. (Note: The operator must consider whether more 
than two indirect inspection tools are needed to reliably detect corrosion activity.)  

ii. Tools are able to assess and reliably detect corrosion activity and/or coating holidays. 
iii. Verify that the operator documents the basis for its tool selection. 
iv. If the operator utilizes an indirect inspection method not listed in NACE RP0502-2002, 

Appendix A, verify that the operator justifies and documents the method’s applicability, validation 
basis, equipment used, application procedure, and utilization of data. [§192.925(b)(1)(ii)] 

D.02.c. Supplemental Guidance: 

• Each operator must identify: 
o Two complementary indirect examination tools for each region 
o Document the basis for their tool selections.  

• The operators’ records must document the conditions and environment surrounding the pipeline 
and why each tool’s effectiveness is the best match for the region. Generally, an operator should 
endeavor to use tools based on different technologies. Refer to the following FAQs: 

o FAQ-175 states that NACE describes complementary as: "the strengths of one tool 
compensate for the limitations of another."  

o FAQ-129 clarifies that indirect assessment methods other than those presented in the 
NACE standard may be used, however operators must demonstrate their applicability, 
validation basis, equipment used, application procedure, and utilization of data for the 
methods selected. 

• Indirect examination tool effectiveness varies with soils, rock in backfill, pipe coatings, Signal 
interference conditions, depth of cover, construction practices, etc. 

o Most of the ECDA indirect inspection tools have some limitations regarding their use in 
determining acceptable cathodic protection levels or coating holidays. In NACE RP 0502 
Table 1, there is some mention of the limitations. When using CIS on large (30” and 
above) this indirect inspection tool can have areas of poor cathodic protection near the 
bottom of the pipe masked by the size of the pipe and the depth of the bottom of the pipe 
(a 48” pipe with 5’ of cover would have the bottom at 7’ under grade). Other micro 
holiday tools like DCVG could have trouble finding small coating holidays on small pipe 
such as 1” or smaller. These limitations can and will vary depending on environmental 
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conditions, coating condition, soil type and soil resistivity.  As a general rule of thumb, 
very large and very small pipes can be problematic for some indirect inspection tools. 

• Refer to NACE RP0502-2002, Table 2, ECDA Tool Selection Matrix, and NACE RP0502-2002, 
Appendix A, Indirect Inspection Methods, for a discussion of indirect tools that may be used.  

• Use of guided wave UT as a complementary tool as part of ECDA is an acceptable use of that 
technology. However, use of guided wave technology alone, as an examination method or as an 
alternative to excavating pipeline to conduct a direct examination would be considered "other 
technology" and requires notification to PHMSA prior to use. Similarly, use of close interval 
survey/overline survey methods is acceptable as complementary methods. However, use of close 
interval survey/overline survey would not be considered acceptable if not used in conjunction with 
some other technology. NACE RP0502-2002, Table 2 provides guidance on tool selection, and 
identifies conditions under which indirect tools are unreliable. Refer to the following FAQs: 

o FAQ-198 states that if guided wave UT is used as one of the complementary tools for 
indirect inspections as part of ECDA, it would not be considered other technology. 

o FAQ-204 clarifies that close interval survey/overline survey are indirect measurement 
techniques that can be used in ECDA. If used in that context, and in conformance with 
NACE RP0502-2002, these techniques would not represent "other technology". 

D.02.d. Verify that the operator identifies ECDA Regions based on the use of data integration results 
applied to specified criteria. [NACE RP0502-2002, Section 3.5] 

D.02.d. Supplemental Guidance: 

• An ECDA region is a section or sections of a pipeline segment with similar physical 
characteristics, operating histories, expected future corrosion conditions and in which the same 
indirect inspection tools are used. (NACE RP0502-2002, Section 3.5.1.1.1) 

• NACE RP0502-2002, Table 1, ECDA Data Elements, provides guidance in identifying ECDA 
Regions. All pipeline segments in HCAs should be included in ECDA regions, but the ECDA 
regions need not be contiguous.  

o FAQ-177 clarifies that an operator may initially define discreet ECDA regions that may 
be rolled up into a single region once the characteristics of the discreet regions are all 
shown to be the same. 

• Operator’s documentation should show they have: 
1. Evaluated their data on the pipeline, 
2. Specified criteria to identify their ECDA regions, and 
3. Each ECDA region identified contains: 

 Similar physical characteristics 
 Similar operating histories 
 Similar expected future corrosion conditions, and 
 The same indirect examination tools are used for that region. 

• ECDA regions may be modified (separated or aggregated) during the ECDA process. This is 
usually based on: 

1. Unanticipated field conditions (drainage, soils, pavements) 
2. Tools not working as expected 
3. Different indirect examination tools used in region 
4. Conditions similar to other regions 

• Operators’ documentation should show that changes in regions are consistent with the region 
definition (similar characteristics and same tools used) and operator’s region criteria. 
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D.02.e. Verify that the operator applies more restrictive criteria when conducting ECDA for the first time 
on a covered segment. [§192.925(b)(1)(i)] 

D.02.e. Supplemental Guidance: 

• Both §192.925(b)(1) and NACE RP0502-2002 require that more stringent requirements are to be 
used on initial ECDA’s to provide an enhanced understanding of corrosion effects on pipeline 
integrity, including additional data collection, additional excavations, etc. Examples of more 
restrictive criteria include: 

o Pre-assessment 
 Making and/or segregating the covered segment into additional ECDA regions, 

which requires additional excavations 
 Perform test holes to obtain additional data on the pipeline and it’s environment 

and soil conditions 
 Pre-marking the pipeline to enhance data integration such as putting flags or 

paint dots every 5’ all along the pipeline 
• Operators must document these more restrictive criteria. This documentation may consist of: 

o Operators can use two sets of requirements, one for the initial ECDA on a region or 
segment and the other for subsequent ECDA assessments on those regions or segments 

o Operators can use one set of requirements but they need to highlight the "more restrictive 
criteria" required on the initial ECDA on a region or segment 

o Operators can provide inspectors with a listing of the more restrictive criteria and where 
it was used and what was the outcome of using it (See feedback question and answer, 
Protocol D.05.d). 

• FAQ-242 provides further guidance to operators on demonstrating that it used more restrictive 
criteria when conducting ECDA for the first time. 

D.03 ECDA Indirect Examination 

Verify that the ECDA Indirect Examination process complies with ASME B31.8S-2004, Section 6.4 and 
NACE RP0502-2002, Section 4 to identify and characterize the severity of coating fault indications, other 
anomalies, and areas at which corrosion activity may have occurred or may be occurring, and establish 
priorities for excavation. [§192.925(b)(2)] 

D.03 Supplemental Guidance: 

• The indirect examination step involves applying two complementary aboveground inspections 
over the entire length of each ECDA region to identify and define the severity of coating faults 
and areas where corrosion may have occurred.  

• During the indirect inspection step, those coating faults or corrosion indications will be aligned 
and integrated with other data on the pipeline. The results of both survey tools are to be compared 
and evaluated, then the fault or indication severity determined.  

• The severity classification will be used to help establish priorities for excavation during step 3 of 
the ECDA process. 

• For the initial ECDA on a region, operators must apply and document more restrictive criteria. 
• NACE RP0502-2002, Section 3.4.1.3, allows an operator to substitute 100% direct (i.e., visual) 

examination for the indirect inspections and selected direct assessments that would otherwise be a 
part of ECDA.  In such cases, NACE requires that the pre- and post-assessment steps must also be 
followed.  If 100% inspection is used in this fashion, it meets NACE RP0502-2002 and is 
considered an application of ECDA.  Such an exam would not be considered “other technology” 
and no notification is needed. 
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D.03.a. Verify that the operator conducts indirect examination measurements in accordance with NACE 
RP0502-2002, Section 4.2. 

i. Verify that the operator identifies and clearly marks the boundaries of each ECDA region. [NACE 
RP0502-2002, Section 4.2.1] 

ii. Verify that the operator performs indirect inspections over the entire lengths of each ECDA region 
and that the inspections conform to generally accepted industry practices. [NACE RP0502-2002, 
Section 4.2.2] 

iii. Verify that the operator specifies and follows generally accepted industry practices for conducting 
ECDA indirect inspections and analyzing results. [NACE RP0502-2002, Section 4.2.2] 

iv. Verify that the operator specifies the physical spacing of readings (and the practices for changing 
the spacing as needed) such that suspected corrosion activity on the segment can be detected and 
located. [NACE RP0502-2002, Section 4.2.3] 

D.03.a. Supplemental Guidance: 

• The purpose of conducting indirect examinations of ECDA regions is to identify the location of 
suspected coating defects and the location of suspected corrosion areas.  

• To accomplish this, the NACE ECDA standard requires the operator to ensure that: 
o The entire ECDA region will be inspected by two indirect examination tools, 
o Each indirect tool inspection will be conducted and analyzed in accordance with accepted 

industry practices. (NACE RP0502-2002, Appendix A contains procedures for indirect 
survey tools.) 

o The indirect inspections will be conducted at spacing intervals close enough for a detailed 
assessment and so the inspection tool can detect and locate suspected corrosion activity 
on the region. (NACE RP0502-2002, Section 4.2.3) 

o Indication criteria and procedures are developed for taking readings so that the operator is 
able to locate coating faults regardless of corrosion activity at the fault. (NACE RP0502-
2002, Section 4.3.1) 

• In addition, the gas integrity rule requires the operator to document its procedures for using each 
tool, and the approach to be used for decreasing the physical spacing of tool readings when a 
defect is suspected. 

• NACE defines an indication as "Any deviation from the norm as measured by an indirect 
inspection tool."  

• Review the operator's documentation to verify the operator has: 
o Inspected the entire length of each ECDA region by two indirect examination tools. Note 

that NACE RP0502-2002, Section 4.2.1 suggests that operators should pre-mark each 
ECDA boundary; 

 FAQ-104 acknowledges that ASME B31.8S-2004 and the NACE standard differ 
on the need to examine 100% of each region with both tools, but that the more 
stringent NACE standard takes precedence. 

o Analyzed each inspection tool's data to ensure the assessment was effective, reliable and 
was conducted in conformance with industry practices; 

o Developed procedures that have specified physical spacing of readings and practices to 
be followed in defect areas. GTI PIM ECDA Protocol Table 4.4.2 below suggests spacing 
of indirect tool readings. 
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GTI PIM ECDA Protocol Table 4.4.2 - Recommended Interval Spacing and Measurement 
Units 

TOOL RECOMMENDED INTERVAL 
SPACING FT) 

RECOMMENDED 
MEASUREMENT UNITS 

CIS (impressed current 
system) 3 to 10 mV (CSE) 

CIS (constant current / sac. 
anodes) 3 to 10 mV (CSE) 

DCVG 3 to 6 %IR cathodic/anodic 
PEARSON (ACVG) 15 to 25 % of total signal 

PCM1 (EM, AC Attenuation) 
Maximum depends on conditions 
Narrowed Down 60-150 Min 10-15 
(note 5) 

loss (% drop) in signal4 current (mA) 
vs. distance may also be plotted in 
dBmA vs. distance (note 5) 

PCM A-Frame (ACVG) 
Maximum depends on conditions, 
Narrowed Down 2-4, Min < 1 (note 
5) 

dBuV 

C-Scan1 (EM, AC 
Attenuation) 

Maximum depends on conditions, 
Narrowed Down 60-150, Min 10-15 
(note 5) 

loss (% drop) in signal4 current (mA) 
vs. distance, may also be plotted in 
mB/ft attenuation (note 5) 

Cell-To-Cell 10 to 20 mV shift: reverse in polarity 2 
4-Pin Resistivity3 (or soil box 
if 4-pin not appropriate) 

Start, Finish, 1/3, 2/3 distance along 
region length ohm-cm 

Notes: 

1. AC attenuation is performed in a continuous manner over the line, varying the distance from 
transmitter to receiver (usually start at least 25 ft from transmitter). 

2. Soil resistivity effects sensitivity. 
3. 4-Pin resistivity is not an indirect inspection tool, but will be required for this program. 
4. Relative to immediate adjacent plateaus. 
5. See manufacturer operations manuals for more details and special circumstances. 

D.03.b. Verify that the operator properly aligns indications and compares the data from each indirect 
examination to characterize both the severity of indications and urgency for direct examination in 
accordance with NACE RP0502-2002, Section 4.3 and NACE RP0502-2002, Section 5.2. 

i. Verify the operator specifies criteria for identifying and documenting those indications that must 
be considered for excavation and direct examination. Minimum criteria include 

1. Known sensitivities of assessment tools 
2. The procedures for using each tool 
3. The approach to be used for decreasing the physical spacing of indirect assessment tool 

readings when the presence of a defect is suspected. [§192.925(b)(2)(ii) and NACE 
RP0502-2002, Section 4.3.1.1] 

ii. Verify that the operator specifies and applies criteria for classification of the severity of each 
indication. [NACE RP0502-2002, Section 4.3.2], 

1. Verify that the operator considers the impact of spatial errors when aligning indirect 
examination results. [NACE RP0502-2002, Section 4.3.1.2] 

2. Verify that the operator compares the results from the indirect inspections and determines 
the consistency of indirect inspections results to resolve conflicting or differing 
indications by the primary and secondary tools. [NACE RP0502-2002, Section 4.3.3] 
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3. Verify that the operator compares indirect inspection results with pre-assessment results 
to confirm or reassess ECDA feasibility and ECDA Region definitions. [NACE RP0502-
2002, Section 4.3.4] 

iii. Verify that the operator specified and applies criteria for defining the urgency level (i.e., 
immediate, scheduled, or monitored) with which excavation and direct examination of indications 
will be conducted based on the likelihood of current corrosion activity plus the extent and severity 
of prior corrosion. [§192.925(b)(2)(iii) and (iv) and NACE RP0502-2002, Section 5.2] 

iv. Verify that the operator’s ECDA procedures have a process to address pipeline coating 
indications. The procedures must provide for integrating ECDA data with encroachment and 
foreign line crossing data to evaluate the covered segment for the threat of third party damage, and 
to address this threat as required by §192.917(e)(1) (See Protocol C.02 and Protocol C.03). 
[§192.917(b), §192.917(e) and §192.925(b)] 

D.03.b. Supplemental Guidance: 

• The purpose of aligning and comparing indications is to ensure data from both indirect 
examination tools identify indications consistently, and results agree with pre-assessment 
expectations and corrosion history. Indications are to be classified as to their severity and 
prioritized for excavation. To accomplish this operators must have documentation to verify it has: 

o Analyzed the indication data documented during the indirect examinations; 
o Aligned and compared the results of the tool runs; 
o Resolved spatial errors; 
o Addressed data inconsistencies; 
o Identified those potential defects for severity classification and excavation prioritization; 
o Identified severity criteria for each indication taking into account capabilities of indirect 

inspection tool, unique conditions within the ECDA region, whether corrosion is active at 
the location, and expertise level of personnel analyzing the inspection data, GTI PIM 
ECDA Protocol Table 4.6.2 below contains suggested severity criteria; 

o Conducted a feasibility check by comparing results of indirect survey tools with pre-
assessment results and prior history; 

o Specified criteria for identifying those indications that must be considered for excavation 
based on likelihood of current corrosion activity, along with the extent and severity of 
prior corrosion; 

o Assigned excavation priorities to each of the indications identified during the indirect 
examinations. GTI PIM ECDA Protocol Table 5.3.5 below contains suggested priorities. 

• Activities in the ECDA process as called for in the NACE standard use terminology that is close to 
that used in the rule for remediation. However, the activities are different. After an operator has 
aligned and integrated data in the Indirect Examination phase of ECDA, the severity of the 
indications must be classified in one of three categories: "Severe", "Moderate", or "Minor". Once 
so categorized, the operator must then establish a priority for excavating the indications, by 
placing them in the following categories: "Immediate", "Scheduled", or "Monitored". It must be 
emphasized that this is ONLY a categorization for prioritization of direct examination. The 
operator is still in the discovery process when this categorization is performed. As excavation is 
being done, the operator’s discovery process will come to an end as the operator can now directly 
determine the nature and extent of the anomaly. The anomaly, once directly inspected, will then be 
placed in the categories established in §192.933 for remediation/repair. These categories are 
"Immediate", "One-Year", and "Monitored" and describe when remediation activities must be 
performed to address the anomaly. Therefore, while similar in terms used, one set of categories 
describes the priority for excavating indications and the other set of categories describes the 
remediation priority for anomalies once discovery has been declared. 

o FAQ-213 clarifies that after each indication has been categorized according to its 
severity, the operator is responsible for determining the urgency (prioritization) of 
excavation of indications for direct examination. Identified defects then must be 
scheduled for remediation or classified as "immediate", "one-year", and "monitored" 
repair conditions. 
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• The activities of the Indirect Examination phase of ECDA are part of the baseline assessment and 
re-assessment processes that are required in §192.921 and §192.937. "Discovery" of conditions 
that must be remediated in accordance with §192.933 is usually not achievable until excavation is 
performed in the Direct Examination phase. Completion of the Indirect Examination activities 
must be followed shortly by the Direct Examination (excavation) activities although this 
timeframe between the two phases is not explicitly provided in the Rule or in the standards. 

o FAQ-58 clarifies that discovery of a condition occurs when an operator has adequate 
information about the condition to determine that it presents a potential threat to the 
integrity of the pipeline. 

o FAQ-232 addresses timeframes that apply to discovery of defects when using Direct 
Assessment. 

• Operators must follow the guidelines and procedures that they have instituted in their DA and 
ECDA plans. As an example, during a recent inspection an operator had an indication that had less 
than the 100 mV shift on a pipeline and the integration with encroachment data showed a large 
water main crossing above the pipeline. Based on these two facts and the operators procedures, 
this indication should have been classified as "severe" (low CP levels and potential TPD). Based 
on a severe classification, the indication should have been given a priority of "immediate" and thus 
should have been excavated. The indication was not excavated and its priority was reduced to 
"monitor." The rationale the operator gave was that the water main was installed before the 
pipeline and thus there "should" be no TPD. However, such evaluations ignore other potential 
damage scenarios, such as damage to the coating on the transmission line when it was inserted 
under the water main. In addition the operator stated that the pipeline was very deep and it would 
be very expensive to excavate it and it had no record of corrosion problems on the pipeline in this 
area. None of these reasons justify downgrading the indication, especially since this was the initial 
ECDA on this region and (per NACE) operators are not allowed to downgrade indications (NACE 
RP 0502 §5.9.1.2) when applying ECDA for the first time. Furthermore, because of the poor CP 
on this pipeline, the operator should use the default corrosion rate of 16 mils per year unless they 
can provide a technical justification for a lower rate. 

• ECDA procedures must address situations when the ECDA indicates pipeline coating damage, 
because coating damage could also be an indicator of third party damage. It would be expected 
that procedures should also address the potential threat to coatings due to outside force damage. 

• Indications of coating damage data must be integrated with: 
o Operational and/or incident data 
o Encroachment data (records) 
o Data showing the location of foreign structures that cross the pipeline or are located 

nearby, and 
o Data from one call notifications 

• The process should: 
o Include an investigative approach to identifying locations that could have third party 

damage defects. 
o Utilize conservative criteria for determining the need to excavate and directly examine 

locations suspected of possible third party damage. 
• Refer to Supplemental Guidance Appendix B.07, White Paper, Assessing for Third Party Damage. 
• FAQ-218 clarifies that the rule addresses the threat of third party damage in two ways. First, the 

threat of a future third party damage event is expected to be present in covered segments. 
Therefore, prevention of future events is addressed under the requirements for preventive and 
mitigative actions. Second, if, as part of a baseline assessment or reassessment, the operator has 
gathered data from an ECDA or internal inspection tool survey, then he must take further action to 
look for third party damage events that did not result in immediate failure, but may have resulted 
in residual damage that could fail in the future.. 

• The pipeline operator must utilize appropriate methods such as ASME B31.4, ASME B31.8, and 
API 1160 to address risks other than external corrosion - see NACE RP0502-2002, Section 5.1.5. 
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GTI PIM ECDA Protocol Table 4.6.2 - Severity of Measurement Amplitude Classification 
Table 

Tool 
Severity of Measurement Amplitude Change of Indication (In Units of 
Measurement Resolution see Table 4.4.2) 

MINOR MODERATE SEVERE 

CIS1 (impressed current 
system) 

Small Dips, on & off 
potentials both are more 
negative than -0.850 V 

Medium Dips, on 
potential more negative 
than -0.850 V off 
potential not more 
negative than -0.850 V 

Large Dips, on & off 
potentials, both not more 
negative than -0.850 V 

CIS1 (constant current / 
sac. anodes) on-reads 

Small Dips, more 
negative than -0.850 V 

Medium Dips, not more 
negative than -0.850 V 

Large Dips, not more negative 
than -0.850 V 

DCVG 1-35% cathodic both on 
& off 

35-50% cathodic on, 
anodic or neutral off 50-100% anodic both on & off 

PEARSON (ACVG) 1-30% 30-65% 65-100% 
PCM1 (EM, AC Atten.) 1-30% 30-50% 50-100% 

PCM A-Frame (ACVG) 30-50 dBuV 50-70 dBuV > 70 dBuV (2 ft intervals 
around defect) 

C-Scan (EM, AC 
Atten.) 10-25% 25-60% 60-100% 

Cell-To-Cell (with soil 
resistivity) 5000 ohm-cm) >10 mV & (3000-5000 

ohm-cm) >10 mV & (3000 ohm-cm) 

4-Pin Resistivity  >10,000 ohm-cm 1000-10,000 ohm-cm <1000 ohm-cm 
Note 1 - Level of dips depends on conditions peculiar to the pipeline region under study. 

 
GTI PIM ECDA Protocol Table 5.3.5 - Prioritization of Indirect Inspection Indications 
 

IMMEDIATE ACTION SCHEDULED ACTION SUITABLE FOR 
MONITORING 

Individual severe indications that are classified as 
severe by more than one indirect inspection 
technique. 

All remaining severe indications 
that were not placed in an 
immediate action category. 

All remaining 
indications. 

Individual severe indications in regions of moderate 
prior corrosion. 

All remaining moderate 
indications in regions of 
significant prior corrosion. 

 

Individual severe indications where the likelihood of 
ongoing corrosion activity cannot be determined. 

Groups of minor indications in 
regions of severe prior 
corrosion. 

 

Multiple severe indications in close proximity   
Moderate indications in regions of severe prior 
corrosion.   

Groups of moderate indications in regions of 
moderate prior corrosion.   

Any severe or moderate indications if significant 
prior corrosion is suspected.   

For initial ECDA applications, any location at which 
unresolved discrepancies have been noted between 
indirect inspection results.  
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D.03.c. Verify that the operator applies more restrictive criteria when conducting ECDA for the first time 
on a covered segment. [§192.925(b)(2)(i)] 

D.03.c. Supplemental Guidance: 

• Both §192.925(b)(2) and NACE RP0502-2002 require that more stringent requirements are to be 
used on initial ECDA’s to provide an enhanced understanding of corrosion effects on pipeline 
integrity, including additional data collection, additional excavations, etc. Examples of more 
restrictive criteria include: 

o Indirect Inspections 
 For paved areas, require boring to the subsurface soil to obtain readings 
 Use an additional tool, three instead of two, four instead of three, etc. 
 Establishing a severity table and apply increased severity for each tool result: 

1. For CIS any reading more positive than -0.95 vDC is a severe 
indication (even though the CP potential shows that the area currently 
has adequate CP). 

2. For PCM the severe category is a 15% drop in signal within 1000’, or 
20% drop in 2000’. (Normally a 20% signal loss in PCM over 1000’ 
would be severe). 

 Require closer distance between test point readings for possible greater accuracy 
and less chance of missing an indication 

 Increase the excavation priorities by categorizing the highest two coating fault 
indications be treated as immediate and all subsequent indications be scheduled 
no matter how minor they appear. 

 Compare readings and results with all history and if even if not a close match, 
make the indication more severe 

 For indirect survey tool conflicts, even if resolved, redo indirect inspections for 
all tools. 

• Operators must document these more restrictive criteria. This documentation may consist of: 
o Operators can use two sets of requirements, one for the initial ECDA on a region or 

segment and the other for subsequent ECDA assessments on those regions or segments 
o Operators can use one set of requirements but they need to highlight the "more restrictive 

criteria" required on the initial ECDA on a region or segment 
o Operators can provide inspectors with a listing of the more restrictive criteria and where 

it was used and what was the outcome of using it (See feedback question and answer, 
Protocol D.05.d). 

• FAQ-242 provides further guidance to operators on demonstrating that it used more restrictive 
criteria when conducting ECDA for the first time. 

D.04 ECDA Direct Examination 

Verify that the ECDA Direct Examination process complies with ASME B31.8S-2004, Section 6.4 and 
NACE RP0502-2002, Section 5 to collect data to assess corrosion activity and remediate defects 
discovered. [NACE RP0502-2002, Section 5.1.1 and §192.925(b)(3)] 

D.04 Supplemental Guidance: 

• Direct examination is the third step in the ECDA process. The objectives of the NACE RP0502-
2002, Section 5.1.6, direct examination step are to: 

o Excavate defects at locations most susceptible to corrosion activity to: 
1. Determine which indications from the indirect inspections are most severe and, 
2. Collect data to assess corrosion activity, including determining size of the 

largest remaining defect, corrosion growth rate, and remaining strength, 
o Determine root causes, remediate defects and corrosion conditions, and 



Gas Integrity Management Protocols with Guidance, Revision 5, 1/1/2008 
 
 

Page 58 of 151 
 

o Conduct an in-process evaluation which includes: 
1. Assessing severity classifications, and 
2. Assessing excavation priorities. 

• For the initial ECDA on a region, operators must apply and document more restrictive criteria 
• NACE RP0502-2002, Section 3.4.1.3, allows an operator to substitute 100% direct (i.e., visual) 

examination for the indirect inspections and selected direct assessments that would otherwise be a 
part of ECDA.  In such cases, NACE requires that the pre- and post-assessment steps must also be 
followed.  If 100% inspection is used in this fashion, it meets NACE RP0502-2002 and is 
considered an application of ECDA.  Such an exam would not be considered “other technology” 
and no notification is needed. 

• FAQ-196 states that the provisions of NACE RP0502-2002, which is incorporated into the rule by 
reference, govern the use of ECDA. The recommended practice does not specify any time limit 
between step 2, Indirect Inspection, and step 3, Direct Examination. 

D.04.a. Verify that the operator performs excavations and data collection in accordance with NACE 
RP0502-2002, Section 5.3, NACE RP0502-2002, Section 5.4, NACE RP0502-2002, Section 5.10 and 
NACE RP0502-2002, Section 6.4.2. 

i. Verify that the operator makes excavations based on priority categories described in NACE 
RP0502-2002, Section 5.2. [NACE RP0502-2002, Section 5.3.1] 

ii. Verify that the operator identifies and implements minimum requirements for data collection, 
measurements, and recordkeeping, to evaluate coating condition and significant corrosion defects 
at each excavation location. [NACE RP0502-2002, Section 5.3, NACE RP0502-2002, Section 5.4, 
NACE RP0502-2002, Appendix A, NACE RP0502-2002, Appendix B, and NACE RP0502-2002, 
Appendix C] 

iii. Verify that the number and location of direct examinations complies with NACE RP0502-2002, 
Section 5.10 and NACE RP0502-2002, Section 6.4.2 

D.04.a. Supplemental Guidance: 

• Refer to Supplemental Guidance Appendix D.02, External Corrosion Direct Assessment 
Excavation Location Selection, which is a flow diagram depicting the ECDA excavation location 
selection process. 

• Documentation should be evaluated to verify: 
o ECDA procedures contain criteria for scheduling excavations (§192.925(b)(2)(iv)), 
o Excavations of indications were performed based on priority categories (NACE RP0502-

2002, Section 5.2.1), 
o ECDA procedures contain requirements for data collection, measurements and record 

keeping to evaluate coating condition, significant corrosion defects for both regions and 
for excavation of indications, and 

o Number and Type of direct examinations complies with NACE RP0502-2002, Section 
5.10 and NACE RP0502-2002, Section 6.4.2. 

o Refer to GTI PIM ECDA Protocol Table 5.3.5 in the Supplemental Guidance for Protocol 
D.03.b for examples of criteria for prioritizing excavations of indications.  

• At least two excavations must occur in each ECDA region containing HCA segments when 
conducting the DA process for the first time. Casings present a special problem for ECDA 
methods in that two complementary indirect examination tools do not appear to be available. 
ECDA therefore may not be a valid assessment method for casings. Should this issue be resolved 
such that ECDA can be used for casings, the process as prescribed in the NACE standard requires 
direct examination of casings (two for first-time application), even if no indications are present. 
Currently, some operators are notifying PHMSA that they will be a using guided wave UT tool to 
assess cased crossings under the "other technology" section of §192.921(a)(4) and §192.949. 

• Excavations are required for two portions of the ECDA process.  
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o The first is the direct examination step, step 3 in NACE RP0502-2002. In that step, all 
immediate indications must be excavated. For the scheduled indications, the standard 
requires that the most severe indication in each region be excavated, and that the two 
most severe indications in each region must be excavated if it is the first time ECDA has 
been used for that pipeline. In this case, the extra examinations are on a "per region" 
basis.  

 [Note: Other special cases are addressed in the NACE standard, such as what to 
do when a scheduled indication has corrosion metal loss of 20% WT (or 
greater), or what to do when there are no immediate or scheduled indications. 
Refer to Supplemental Guidance Appendix D.02, External Corrosion Direct 
Assessment Excavation Location Selection, which is a flow diagram depicting 
the ECDA excavation location selection process, and covers all circumstances 
addressed in NACE RP0502-2002.] 

o The second step requiring excavations is the post-assessment step, step 4 in NACE 
RP0502-2002. NACE RP0502-2002, Section 6.4.2 requires at least one additional 
random excavation (two additional random excavations for initial ECDA applications). 
Here, the requirement is for one (or two) additional excavations per segment.  

o The major area of confusion appears to be in the use of validation excavations in Step 4 
to determine the effectiveness of the ECDA process, which is performed on a 
SEGMENT. 

o FAQ-203, which states that provisions in NACE RP0502-2002 requiring additional 
actions "when ECDA is applied for the first time" apply to the first application of ECDA 
in each Region containing covered segment(s). 

• Excavation of an indication will enable the operator to declare ‘discovery’ of a condition when 
one exists and to classify those anomalies as immediate repair conditions, one-year repair 
conditions, monitored conditions, or otherwise schedule repair in accordance with ASME B31.8S-
2004, Section 7, Table 4. It would be reasonable to expect the operator to proceed to repair any 
condition discovered that is classified as other than a "monitored" condition, although the Rule 
would permit the operator to wait to repair those not classified as "immediate". 

• The Rule requires completion of the evaluation of assessment results within 180 days of 
termination of the assessment activity. However, when conducting DA, assessment isn't actually 
complete until the direct examination process is complete (i.e., the last excavation is performed). 
Since the operator will have sufficient information to declare discovery of any anomalies as each 
indication is excavated, the application of the 180-day time limit of the Rule is moot. Further, the 
Rule and the standards do not address the time lag between completion of the indirect examination 
phase and the direct examination phase of the DA process.  

o FAQ-232 addresses timeframes that apply to discovery of defects when using Direct 
Assessment. 

o PHMSA expects all required direct examinations to be complete within 4-6 months of 
completion of the indirect examination process. The basis for it taking longer than this to 
complete direct examinations should be documented and appropriate actions taken to 
protect the integrity of the pipeline. 

D.04.b. Verify that the operator determines the remaining strength at locations where corrosion defects are 
found. Any corrosion defects discovered during direct examinations must be remediated in accordance with 
§192.933. [§192.925(b)(3)(ii), §192.933, and NACE RP0502-2002, Section 5.5] 

D.04.b. Supplemental Guidance: 

• The gas integrity rule and NACE RP0502-2002, Section 5.5 requires the pipeline operator to 
evaluate the remaining strength at locations of corrosion defects. (RSTRENG, ASME B31G most 
common methods) 

• The gas integrity rule requires the operator’s procedures include criteria for deciding what action 
needs to be taken when: 
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o Corrosion defects exceed allowable limits (NACE RP0502-2002, Section 5.5.2.2), for 
example other defects should be assumed to be present elsewhere in the region which 
need to be addressed, and 

o Root cause reveals conditions for which ECDA is not suitable (NACE RP0502-2002, 
Section 5.6.2) e.g., Shielding by Disbondment, or Biological Corrosion MIC, etc. (Root 
causes for which ECDA may not be suitable will need to be evaluated by alternative 
methods.) 

• Operators' documentation and procedures must specify: 
o The method to calculate remaining strength at defect locations (such as ASME B31G or 

RSTRENG), 
o The criteria for actions to be taken if corrosion defects exceed allowable limits, and 
o The criteria for deciding what actions should be taken when root cause analysis reveals 

conditions for which ECDA is not suitable. 
• Refer to NACE RP0502-2002, Appendix C for information concerning coating damage and 

corrosion depth measurements. 

D.04.c. Verify that the operator identifies the root cause of all significant corrosion activity, [NACE 
RP0502-2002, Section 5.6] and identifies and reevaluates all other indications that occur in the pipeline 
segment where similar root-cause conditions exist. [NACE RP0502-2002, Section 5.9.3] 

i. Verify that the operator considers alternative methods of assessing the integrity of the pipeline 
segment if the operator’s root cause analysis uncovers problems for which ECDA is not well 
suited. [NACE RP0502-2002, Section 5.6.2 and §192.925(b)(3)(ii)(b)] 

D.04.c. Supplemental Guidance: 

• NACE RP0502-2002, Section 5.6 and NACE RP0502-2002, Section 5.7 require the pipeline 
operator to: 

o Identify a root cause for all significant corrosion activity.  
o Implement remediation activities to mitigate or preclude future corrosion. 
o Re-evaluate all other indications where similar root causes exist (See NACE RP0502-

2002, Section 5.9.3). 
• Root causes may include inadequate CP current, previously unidentified sources of interference, 

etc. 
• Operators' documentation and procedures must ensure: 

o Procedures address requirements to perform root cause analyses on all significant 
corrosion activity, 

o Root cause analyses have been performed. 

D.04.d. Verify that the operator mitigates or precludes future external corrosion resulting from significant 
root causes. [NACE RP0502-2002, Section 5.7] 

D.04.d. Supplemental Guidance: 

• NACE RP0502-2002, Section 5.6 and NACE RP0502-2002, Section 5.7 require the pipeline 
operator to: 

o Identify a root cause for all significant corrosion activity.  
o Implement remediation activities to mitigate or preclude future corrosion. 
o Re-evaluate all other indications where similar root causes exist. NACE RP0502-2002, 

Section 5.9.3. 
• Root causes identified must be addressed and remediated to ensure the integrity of the pipeline. 
• Operators’ documentation must ensure significant root causes have been mitigated to preclude 

future corrosion. 
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D.04.e. Verify that the operator performs an evaluation of the indirect inspection data, the results from the 
remaining strength evaluation and root cause analysis to evaluate the criteria and assumptions used to: 
[NACE RP0502-2002, Section 5.7, NACE RP0502-2002, Section 5.8 and §192.933] 

i. Categorize the need for repairs 
ii. Classify the severity of individual indications 

D.04.e. Supplemental Guidance: 

• NACE RP0502-2002, Section 5.8 requires the operator to perform an in-process evaluation of the: 
o Indirect inspection data, 
o Results from the remaining strength evaluation, and 
o Root cause analyses. 

• The purpose of the in-process evaluation is to determine whether the following need changing: 
o Excavation priority ranking criteria, 
o Classification criteria for indication severity, and 
o The actual excavation priority rank or severity classification of indications evaluated to 

that point. 
• For example, when existing corrosion is more severe than prioritized, the operator shall modify 

the criteria and reprioritize all affected indications. 
• If repeated direct examinations indicate corrosion activity is worse than indicated by the indirect 

inspection data, the feasibility of using ECDA needs to be re-evaluated. 
• The operator’s IM program documentation must contain requirements for the performance of an 

in-process evaluation that include analysis of the types of information and the need for criteria 
changes and/or actual indication re-categorization described above. 

• FAQ-130 clarifies that PHMSA does not have to be notified of the changes to criteria or indication 
re-categorization as a result of the in-process evaluation. 

D.04.f. As appropriate, verify the basis upon which the operator may reclassify and reprioritize indications 
in accordance with any of the provisions that are specified in NACE RP0502-2002, Section 5.9. 
[§192.925(b)(3)(iv)] 

D.04.f. Supplemental Guidance: 

• The gas integrity rule requires each operator’s procedures include criteria that describes how and 
on what basis an operator will : 

o make changes to its criteria for classifying severity and establishing priorities for 
indications, 

o Changes in the classification or priority of indications. 
• Operators’ documentation must ensure its procedures address the bases for changes to its criteria 

and to indications' severity classification and priority for excavation. 
• For an initial ECDA on a region, operators cannot reduce the urgency of indications [NACE 

RP0502-2002, Section 5.9.1.2] 
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D.04.g. Verify the operator establishes and implements criteria and internal notification procedures for any 
changes in the ECDA Plan, including changes that affect the severity classification, the priority of direct 
examination, and the time frame for direct examination of indications. [§192.925(b)(3)(iii), §192.909, and 
§192.911(k)] 

D.04.g. Supplemental Guidance: 

• The gas integrity rule requires each operator’s procedures include criteria that describes how and 
on what basis an operator will: 

o Provide internal notifications for any changes in the ECDA Plan that affect the severity 
classification, priority of direct examination, and time frame for direct examination of 
indications. 

 FAQ-130 clarifies that PHMSA need not be notified unless the changes 
substantially affect the total IM program's implementation or significantly 
modify an operator's overall IM program or the schedule for carrying out 
program elements. 

D.04.h. Verify that the operator has a process to consider the use of assessment methods other than ECDA 
(i.e., ILI or Subpart J pressure test) to assess the impact of defects other than external corrosion (e.g., 
mechanical damage and stress corrosion cracking) discovered during direct examination. [NACE RP0502-
2002, Section 5.1.5 and §192.933] 

D.04.h. Supplemental Guidance: 

• NACE RP0502-2002, Section 5.1.5 requires the operator to have a process to address conditions 
other than external corrosion found during the ECDA process. The gas integrity rule identifies 
other methods such as In-Line Inspection or hydrostatic pressure testing as being required to 
address conditions such as mechanical damage, stress corrosion cracking, etc. 

D.04.i. Verify that the operator applies more restrictive criteria when conducting ECDA for the first time 
on a covered segment. [§192.925(b)(3)(i)] 

D.04.i. Supplemental Guidance: 

• Both §192.925(b)(3) and NACE RP0502-2002 require that more stringent requirements are to be 
used on initial ECDA’s to provide an enhanced understanding of corrosion effects on pipeline 
integrity, including additional data collection, additional excavations, etc. Examples of more 
restrictive criteria include: 

o Direct Examination 
 Provide a larger excavation to assure all nearby indications are discovered to 

eliminate the potential of major indications masking minor or less severe 
indications 

 Requiring additional testing and or NDE results be obtained before closing 
excavations (such as Magnetic particle, X-ray and UT readings on all suspected 
indications, seams and welds) 

 Based on what is discovered in the initial direct examination, increase the 
urgency of all remaining indications. 

 Increase the urgency of repair criteria to repair/replace non critical defects 
 Examine areas that in the past have been problematic regardless of current 

indications (additional excavations required) 
 Implement root cause fix on all pipelines that could be affected, not just 

locations that are similar 
 Resurvey ECDA region after immediate indications are repaired to determine if 

other indications were masked by large indication. 
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 Include an investigative approach to identifying and excavate locations that 
could have third party damage defects. 

• Operators must document these more restrictive criteria. This documentation may consist of: 
o Operators can use two sets of requirements, one for the initial ECDA on a region or 

segment and the other for subsequent ECDA assessments on those regions or segments 
o Operators can use one set of requirements but they need to highlight the "more restrictive 

criteria" required on the initial ECDA on a region or segment 
o Operators can provide inspectors with a listing of the more restrictive criteria and where 

it was used and what was the outcome of using it (See feedback question and answer, 
Protocol D.05.d). 

• FAQ-242 provides further guidance to operators on demonstrating that it used more restrictive 
criteria when conducting ECDA for the first time. 

D.05 ECDA Post-Assessment 

Verify that the ECDA Post assessment process complies with ASME B31.8S-2004, Section 6.4 and NACE 
RP0502-2002, Section 6, to (1) define reassessment intervals and (2) assess the overall effectiveness of the 
ECDA process. [§192.925(b)(4) and §192.939] 

D.05 Supplemental Guidance: 

• Key issues addressed during the Post Assessment step include: 
o Calculation of remaining life of each ECDA region, 
o Determining reassessment intervals, 
o Identifying performance measures, 
o Validating the ECDA process, and 
o Feedback and continuous improvement process 

D.05.a. Verify that the operator determined reassessment intervals in accordance with NACE RP0502-
2002, Section 6. 

i. Verify the adequacy of the operators remaining life calculations. [NACE RP0502-2002, 
Section 6.2] 

ii. Verify that the maximum re-assessment intervals for each region are one half the calculated 
remaining life. [NACE RP0502-2002, Section 6.1.3 and NACE RP0502-2002, Section 6.3] 

D.05.a. Supplemental Guidance: 

• The operator’s documentation should demonstrate: 
o Remaining life calculations are based on applying the value for the maximum flaw size as 

the most severe indication excavated, and 
o Corrosion growth rate is based on measured corrosion rate data applicable to the region 

or applying the default value of 16 mils per year contained in NACE RP0502-2002, 
Appendix D, Section D3.2.  

• Refer to NACE RP0502-2002, Appendix D, Section D3.2 for default corrosion growth rate. It is 
conservative at 16 mils/year; a routine value of 6-7 mils per year has been used by a number of 
operators. The appendix states the 16 mils per year value may be reduced 25% to a value of 12 
mils per year if the corrosion protection has been good. 

• Refer to Supplemental Guidance Appendix G.01, Calculating Re-Assessment Interval, for 
information and an example of using the remaining life formula and determining re-assessment 
intervals. 

o Note: The formula for Safety Margin (SM) found in the original published version of 
NACE RP0502-2002, was in error. NACE issued an erratum to correct the formula. Refer 
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to the above referenced appendix and example for the corrected formula. The correct 
formula is SM = Failure Pressure Ratio - MAOP Ratio (dimensionless). 

• NACE requires that the reassessment interval be determined based on the largest defect found 
during direct examinations.  Therefore, if an operator performs the minimum number of 
excavations, and finds an immediate condition, then the reassessment interval would be zero.  In 
this case an operator would be expected to take certain actions in response to the immediate 
condition.  In addition, the operator would have some (limited) alternatives for determining the 
next reassessment, in response to the immediate condition. One possibility might be to 
immediately perform an assessment using ILI or pressure test.  This would be the preferred 
alternative whenever feasible. 

Another possibility might be to excavate all indications.  If no other immediate conditions were 
found, the operator might (depending on what was found during the excavations) be able to 
conclude (based on root cause analysis) that the immediate condition was unique, in which case 
the reassessment interval can be based on the next largest defect discovered (Re:  NACE RP0502, 
section 6.2.2.1).  In the case where the operator excavates all indications, but the root cause of the 
immediate condition is not unique, the operator may be able to perform a more sophisticated or 
statistical analysis which would allow a different assumed defect size for the remaining life 
calculation (Re: NACE RP0502, section 6.2.2.2).  The analysis and justification for using any 
defect size, other than the largest defect found during direct examinations, must be documented 
and will be subject to inspection and must meet the expectations specified in NACE RP0502 
Sections 6.2.2. 

However one determines the maximum remaining flaw size for the remaining life calculation, the 
method to calculate the reassessment interval must be the one specified in NACE RP0502. The 
key is to perform enough excavations, and perform enough engineering analysis of as-found 
conditions, to establish an appropriate and technically defensible size of remaining defect which 
must be assumed in the remaining life calculation. 

D.05.b. Verify that the reassessment intervals are adjusted if required in accordance with special provisions 
in Subpart O, as follows: 

i. Verify that reassessment intervals do not exceed the maximum intervals (refer to Protocol F) 
established in §192.939, as follows: 

1. 10 years for pipeline segments operating at SMYS levels greater than 50%  
2. 15 years for those segments operating between 30 and 50% SMYS 
3. 20 years for those segments operating below 30% SMYS 

ii. Verify that the operator specifies and applies criteria for evaluating whether conditions discovered 
by direct examination of indications in each ECDA region indicate a need for reassessment of the 
covered segment at an interval less than that specified in §192.939. [§192.925(b)(4)(ii)] 

D.05.b. Supplemental Guidance: 

• Maximum reassessment intervals may not exceed the values established in §192.939, i.e., re-
assessment intervals must not exceed: 

o 10 years if above 50% SMYS, 
o 15 years if between 30 and 50% SMYS, 
o 20 years if below 30% SMYS, 
o Conditions may warrant shorter intervals.  

• The gas integrity rule also requires operators procedures contain criteria for evaluating whether 
any conditions found during direct examinations in each ECDA region indicate a need for a 
reassessment interval less than that specified in §192.939. 

• Operators documentation should verify that: 
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o The half life concept is being applied to remaining life calculations, 
o The value for reassessment intervals provided in §192.939 are not exceeded for the level 

of SMYS the ECDA region operates. 
o Operators limit reassessment intervals if direct exams have discovered conditions 

warranting more frequent reassessment intervals than §192.939. 
• FAQ-197 clarifies there is no specific limit on when an operator must reassess if something is 

learned in the post assessment step that may change the results in another ECDA. Invalid results, 
however, can call into question whether an assessment was actually completed. Thus, operators 
may want to perform reassessment before the original reassessment interval expires, if still 
possible. In any event, PHMSA would expect operators to respond in a time frame that is 
commensurate with the importance of the potential problem that is identified. 

D.05.c. Verify that performance measures for ECDA effectiveness have been defined and are monitored. 
[§192.925, §192.945(b) and NACE RP0502-2002, Section 6] 

i. Verify that at least one additional, randomly selected anomaly location has been excavated for 
process validation. [NACE RP0502-2002, Section 6.4.2] 

ii. Verify that additional criteria have been established and monitored to evaluate long-term program 
effectiveness such as those identified in NACE RP0502-2002, Section 6.4.3. [§192.945(b) and 
NACE RP0502-2002, Section 6.4.3] 

D.05.c. Supplemental Guidance: 

• Documentation should verify that operators have established post assessment process 
effectiveness procedures (process validation checks)which require: 

o An additional randomly selected direct examination of each ECDA region, 
 Two additional digs for first time applications of ECDA on a region, 
 One direct exam at a "scheduled" indication, and 
 One direct exam where no indication was detected. 

o Actions to be taken by the operator if conditions are more severe, for example if 
conditions found during validation digs result in re-assessment intervals scheduled sooner 
than ECDA process had determined, then this might require: 

o Reevaluation & Repeating the ECDA Process, or 
o Using a Different Assessment Method other than ECDA. 

• The second part of assessing the effectiveness of the ECDA process involves identifying criteria to 
measure and monitor the ECDA performance. 

• The gas integrity rule requires that each operator develop post assessment procedures to identify 
measures for evaluating the long-term effectiveness of the ECDA process in addressing external 
corrosion. (§192.925(b)(4)(i)) 

• NACE RP0502-2002 also requires the operator to establish criteria for assessing long term 
effectiveness of the ECDA process, and suggests: 

o Reliability or repeatability of process measures such as the number of reclassifications 
and repriorizations (to evaluate severity and priority criteria). 

o Frequency at which immediate or scheduled indications arise (whether corrosion is being 
managed effectively demonstrating improvement in the integrity of the pipeline). 

• Documentation should verify that the operator has: 
o Procedures for addressing long term effectiveness of ECDA process 
o Identified criteria to measure performance 

• The ASME B31.8S-2004, Appendix A performance measures follow: 
o Number of repair actions taken due to direct assessment results, immediate and scheduled 
o Number of external corrosion leaks (for low stress pipelines it may be practical to report 

these by leak classification). 
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D.05.d. Verify the operator’s process has incorporated feedback at all appropriate opportunities throughout 
the ECDA process to demonstrate feedback and continuous improvement. [§192.907(a) and NACE 
RP0502-2002, Section 6.5] 

D.05.d. Supplemental Guidance: 

• NACE RP0502-2002 requires the operator to improve the ECDA applications by incorporating 
feedback throughout the ECDA processes as well as during scheduled activities and 
reassessments. (NACE RP0502-2002, Section 6.5)  

• Operators should address the following in its feedback processes: 
o In the Indirect Inspection Step operators should provide feedback on how well 

classifications matched with actual results in the direct examination step. Examples may 
include: 

 How well indirect inspect tools performed and if there was a need to use 
additional tools to eliminate conflicts between tools.  

 Determination of which tools performed the best in certain coatings and soil 
conditions and to mandate their use in similar circumstances.  

 Changing some of the specific ranges for the severe, moderate and minor 
classifications for indirect inspection tools. 

o In the Direct Examination Step operators should provide feedback on what information 
collected was useful. An example would be if visual coating inspections were adequate or 
that a holiday detector should be used to determine if the coating was porous and 
somewhat disbonded. 

o In the Direct Examination Step operators should provide feedback on the remaining 
strength of corrosion anomalies evaluated. Examples may include: 

 Integrating the indirect inspection results with the direct examination results and 
overlaying environmental (soil conditions) and cathodic protection history. This 
could yield additional information on problems that may be more systemic than 
previously believed. 

 Integrating MIC results with coating damage and other issues such as stray DC 
current conditions that could yield more severe conditions than with MIC. 

o In the Direct Examination Step operators should provide feedback on the root cause of 
corrosion anomalies evaluated. 

 If the root cause of the anomaly was a systemic problem, such as coating 
degradation, the operator should be looking for similar conditions elsewhere on 
all pipelines of a similar age and coating type. 

 If the problem was isolated, the operator would not need to look at other 
locations and this should be documented. 

 If the root cause was shown to be the result of an issue that ECDA is not well 
suited, such as shielding, the operator should be using other assessment methods 
on all pipelines with similar characteristics. 

o In the Direct Examination Step operators should provide feedback on remediation 
activities. Examples may include: 

 If the coating on a segment were failing and the pipeline was recoated, then 
feedback to the pre-assessment step should be made to possibly change the tools 
selected and modify the age of the coating. 

 If the area had low CP potentials and an additional rectifier was added, new CP 
potentials should be obtained to document that the remediation was producing 
acceptable CP potentials in the area of concern. 

o In the Direct Examination Step operators should provide feedback on the in-process 
evaluations. The integration of indirect inspection results with direct examination 
findings and remaining strength calculations should provide operators with feedback to 
adjust the severity classification of indirect inspection indications. On an initial ECDA no 
reduction in the severity classifications is allowed. 
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o In the Post Assessment Step operators should provide feedback on the Direct 
Examination of validation locations. Based on the findings and the outcomes of actual vs. 
the predicted examinations in the validation step, operators should have additional 
information on where anomalies are located and where no indications are present. 

o Feedback has been documented, evaluated and acted upon. 

D.06 Dry Gas ICDA Programmatic Requirements 

If the operator elects to use ICDA, verify that the operator develops and implements an ICDA plan in 
accordance with §192.927. 

D.06 Supplemental Guidance: 

• When an operator determines that they will use ICDA they must prepare and follow an ICDA 
plan. This plan must meet all of the requirements of §192.927 and all of the relevant sections of 
ASME B31.8S-2004 (mainly Sections 6.4 and Appendix B2).  

• FAQ-155 notes that ASME Appendices that are referenced in the rule automatically become 
mandatory. 

• FAQ-193 addresses the issue that a standard had not initially been approved for ICDA. Operators 
must use both the rule, §192.927 and ASME B31.8S-2004 as guides for performing the ICDA 
process. Additionally the recently issued standard, NACE SP0206-2006, Internal Corrosion Direct 
Assessment Methodology for Pipelines Carrying Normally Dry Natural Gas, may also be utilized 
as long as the requirements in §192 and ASME B31.8S-2004 are also addressed. 

• Supplemental Guidance Appendix C.03, White Paper, "Look Beyond" Provisions, provides 
discussion on the need for an operator to include consideration of ICDA actions on non-covered 
segments. 

D.06.a. Verify that the operator developed a documented ICDA plan [§192.927(c)] 

D.06.a. Supplemental Guidance: 

• An operator must have developed an approved written plan to use DG-ICDA on covered pipeline 
segments.  

o If the operator is not actively engaged in implementing DA, then the DA Plan can be a 
framework that outlines future activities to develop a written DA plan. 

 FAQ-74 clarifies that operators may not have a fully developed integrity 
management plan by the December 17, 2004 deadline. Operators are expected to 
have a framework which explains how they will develop and implement the 
processes that will comprise their Integrity Management Plan. 

o If an operator has no plans to use DA as an integrity assessment method, then a DA Plan 
is not required. The remainder of Protocol D.06 through Protocol D.10 can be skipped. 
The operator should be reminded that such a plan must be developed prior to performing 
integrity assessments using DA in the future.  

• The DG-ICDA is only applicable for dry gas systems that have infrequent upsets which can result 
in electrolytes entering the system. Inspectors should verify that the operator considered special or 
historical conditions that could cause internal corrosion in locations that would not be predicted by 
the DG-ICDA model.  

o Past history of transporting wet gas - FAQ-126 clarifies that operators cannot use the DG 
ICDA process on pipelines that once contained wet gas. Per both the code and the 
proposed NACE ICDA standard, the potential locations of corrosion can not be 
determined by the model in wet gas systems. 

o Past periodic hydrostatic pressure testing that could leave water in low points 
o Past indications of widespread internal corrosion 
o Corrosion damage on the top of the pipe 
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o Coupons indicating active corrosion 
o Routine pigging which could have moved liquids in the pipeline to areas not predicted by 

the model 
o Use of cleaning pigs that also can move liquids and solids to areas not predicted by the 

model 
o Areas that contain solids or sludge 

• Dry gas means the gas is above its dew point and without condensed liquids. In the U.S., dry gas 
(or "tariff gas") is typically specified as containing < 7 lb. of moisture per million cubic feet. 

• The operator should use qualified individuals to make key decisions during the DG-ICDA process. 
[See ASME B31.8S-2004, Section 12.2(b)(4)] 

• The lack of records to indicate the presence of electrolytes is not, in and of itself, sufficient 
justification to conclude that DG-ICDA is an appropriate assessment method. Operators must base 
such conclusions on a review of bona fide, accurate records of past operating conditions.  

o FAQ-105 addresses the situation of an operator not having records that show water or 
electrolyte contamination is not sufficient to prove that they are not threat. Both current 
and historical data proving no moisture or electrolyte are needed. 

D.06.b. Verify that the operator’s plan contains provisions for carrying out ICDA on the entire pipeline in 
which covered segments are present, except that application of the remediation criteria of §192.933 may be 
limited to covered segments. [§192.927(c)(5)(iii)] 

D.06.b. Supplemental Guidance: 

• The operator needs show that they are assessing the entire pipeline in the DG-ICDA procedure. 
This is required because the electrolyte may enter or leave the pipeline in areas that are not located 
in covered segments. Internal corrosion could be taking place in these sections of the pipeline. 

• FAQ-107 clarifies that operators need to evaluate the entire segment, not just the covered segment 
to assess if water or electrolytes are present. These contaminants may have entered the pipeline 
downstream of the covered segment and migrated to it. 

D.06.c. Verify that the operator implements the ICDA plan. [§192.927(c)] 

D.06.c. Supplemental Guidance: 

• Where operators use DA as the integrity method, they need to implement the entire ICDA process 
for covered segments that internal corrosion is a threat. 

• The absence of data does not rule out internal corrosion as a threat. 
o FAQ-105 states that not having records that show water or electrolyte contamination is 

not sufficient to prove that they are not a threat. Both current and historical data proving 
no moisture or electrolyte are needed. 

• Operators should be questioned on how they have determined that the covered segment is suitable 
for assessment using DG ICDA. If a pipeline was in operation in the early 1950’s or earlier, there 
is a very good chance that it was exposed to wet gas at one time. There should be sufficient 
documentation to prove that the pipeline only carried dry gas. 
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D.07 Dry Gas ICDA Pre-Assessment, Region Identification and Use of Model 

For dry gas systems, verify that the operator gathers, integrates and analyzes data and information to 
accomplish pre-assessment objectives and identify ICDA Regions. [§192.927(c)(1), §192.927(c)(2), ASME 
B31.8S-2004, Section 6.4.2, ASME B31.8S-2004, Appendix A2 and ASME B31.8S-2004, Appendix B2] 

D.07 Supplemental Guidance: 

• Internal corrosion is most likely to occur at locations where an electrolyte, typically water, first 
accumulates. Predicting the locations where this occurs requires knowledge of both the physical 
layout of the pipeline and several operating parameters. Since one of the locations that the 
electrolyte may accumulate is caused by laminar flow of a multiphase film, entry and exit points 
on the pipeline are critical. 

• Refer to the following FAQs: 
o FAQ-105 addresses the situation of an operator not having records that show water or 

electrolyte contamination is not sufficient to prove that they are not threat. Both current 
and historical data proving no moisture or electrolyte are needed. 

o FAQ-126 clarifies that operators can not use the DG ICDA process on pipelines that once 
contained wet gas. The potential locations of corrosion cannot be determined by the 
model in wet gas systems. 

o FAQ-147 addresses the situation of the operator having records indicating that there are 
no conditions conducive to internal corrosion; Operators need only assess their covered 
segments for susceptible threats. If an operator has sufficient data to determine a covered 
segment is not susceptible to internal corrosion, then it need not be assessed for it. 

o FAQ-193 addresses the issue that a standard had not initially been approved for ICDA. 
Operators must use both the rule, §192.927 and ASME B31.8S-2004 as guides for 
performing the ICDA process. Additionally the recently issued standard, NACE SP0206-
2006, Internal Corrosion Direct Assessment Methodology for Pipelines Carrying 
Normally Dry Natural Gas, may also be utilized as long as the requirements in §192 and 
ASME B31.8S-2004 are also addressed. 

o FAQ-243 addresses PHMSA expectations for determining if ICDA is feasible. 

D.07.a. Verify that the operator’s plan defines criteria to be applied in making key decisions (e.g., region 
identification, feasibility determinations) in implementing the pre-assessment stage of the ICDA process. 
[§192.927(c)(5)(i)] 

D.07.a. Supplemental Guidance: 

• The operator’s plan must have sufficient detail so that the inspector can determine: 
1. Whether sufficient data are available or can be collected for some ICDA regions to 

support making a feasibility decision regarding using the ICDA approach; 
2. Whether the data collected supports a determination that ICDA would be applicable; 
3. The parameters for identifying ICDA regions; 
4. Criteria for selecting excavation sites and conducting detailed examinations of the pipe to 

determine whether metal loss from internal corrosion has occurred ; 
5. The additional information to be addressed in deciding where to dig after the model has 

provided key inclination angles; 
6. The criteria for determining the effectiveness of the ICDA process and for determining 

re-assessment intervals. 
• FAQ-126 clarifies that operators cannot use the DG ICDA process on pipelines that once 

contained wet gas. Per both the code and the proposed NACE ICDA standard, the potential 
locations of corrosion can not be determined by the model in wet gas systems. 
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• If operators chose to use ICDA in an application that is not allowed in §192.927, then they must 
file a notification 180 days prior to using this technology. This is covered under the "Other 
Technology" section of §192.921(a)(4) and §192.949. 

D.07.b. Verify that the operator collects, as a minimum, the following data and information: 

i. All data elements listed in ASME B31.8S-2004, Appendix A2 [§192.927(c)(1)(i)] 
ii. Information needed to support use of a model to identify areas where internal corrosion is most 

likely, including locations of all 1) gas input and withdrawal points, 2) low points such as sags, 
drips, inclines, valves, manifolds, dead-legs, and traps, 3) elevation profile in sufficient detail for 
angles of inclination to be calculated, and 4) the range of expected gas velocities within the 
pipeline; [§192.927(c)(1)(ii)] 

iii. Operating experience data that would indicate historic upsets in gas conditions, locations where 
these upsets have occurred, and potential damage resulting from these upset conditions 
[§192.927(c)(1)(iii)] 

iv. Information where cleaning pigs may not have been used or where cleaning pigs may deposit 
electrolytes. [§192.927(c)(1)(iv)] 

D.07.b. Supplemental Guidance: 

i. In the ICDA pre-assessment step the operator must collect significant amounts of data to 
determine if doing an ICDA is feasible. 

o The minimum data sets needed are in ASME B31.8S-2004, Appendix A2 (see 
Supplemental Guidance Appendix D.03, Minimum Data Elements for Dry Gas Internal 
Corrosion Direct Assessment). 
 FAQ-155 clarifies operators must follow the requirements in the Appendices of 

ASME B31.8S-2004 when those Appendices, or sections thereof, are referenced 
in the rule, even though the standard indicates that the appendices are non-
mandatory. 

o The operator should have knowledge of any past upsets and where they occurred. 
o Where information is not available, the operator shall make conservative assumptions. 

ii. The operator must have a good physical layout of the pipeline segment (which includes both 
covered and non covered segments). 

o Pressure, temperature, entry points, withdrawal points must be known. 
o Angles of inclination over the entire pipeline need to be calculated and available. 
o Special features that could trap electrolytes must also be known and located. These could 

include but are not limited to, traps, valves, drips, dead legs and other appurtenances. 
o Typical, maximum and minimum flow rates need to be obtained. This data can then be 

used to determine the most likely areas that the multiphase film will accumulate and 
cause potential internal corrosion problems. 

iii. The operator needs to have an operating history that targets when and where upsets of electrolytes 
have occurred. 

o History of any internal corrosion also needs to be documented. 
o Where an operator has no data on past upsets, then the operator must assume they did 

occur at all entry points into the pipeline. 
iv. The use of cleaning pigs after the initial inauguration of the pipeline can negate the use of ICDA 

as an integrity method. 
o Cleaning pigs can leave residual sludge and contamination at locations not determined by 

the critical angle of inclination and thus makes the model ineffective. This residual sludge 
can contain electrolytes that will start the internal corrosion process. The residual sludge 
can also contain bacteria that can lead to MIC attack of the pipeline. 
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Refer to the following FAQs: 

• FAQ-105 addresses the situation of an operator not having records that show water or electrolyte 
contamination is not sufficient to prove that they are not threat. Both current and historical data 
proving no moisture or electrolyte are needed. 

• FAQ-126 clarifies that operators can not use the DG ICDA process on pipelines that once 
contained wet gas. The potential locations of corrosion can not be determined by the model in wet 
gas systems. 

• FAQ-127 addresses that if operators chose to use ICDA in an application that is not allowed in 
§192.927, then they must file a notification 180 days prior to using this technology. This is 
covered under the "Other Technology" section of §192.921(a)(4) and §192.949 

• FAQ-158 addresses historical operating conditions. Current conditions may not show where all 
possible areas of internal corrosion could exist. Latent internal corrosion could be a threat to the 
covered segment. 

D.07.c. Verify that the operator integrates the data collected and uses the integrated data analysis to 
evaluate and document the following:  

i. Feasibility of performing ICDA on its pipe segments [§192.927(c)(1)] 
ii. Identification of all ICDA Regions and the location of each region. [§192.927(c)(1) & (2)] 

iii. Support use of a model to identify the locations along the pipe segment where electrolyte may 
accumulate [§192.927(c)(1)] 

iv. Identify areas within the covered segment where liquids may be potentially entrained. 
[§192.927(c)(1)] 

D.07.c. Supplemental Guidance: 

i. The operator needs to collect sufficient data to determine if the ICDA process is feasible for use 
on the covered segment. Supplemental Guidance Appendix D.03, Minimum Data Elements for 
Dry Gas Internal Corrosion Direct Assessment, gives the required data. In Supplemental Guidance 
Appendix D.04, Data Elements that Preclude the Use of Dry Gas Internal Corrosion Direct 
Assessment, data is shown than will immediately negate the use of ICDA in the covered segment. 
This data will mandate that alternative assessment methods must be used. Some data sets that do 
not allow the use of DG ICDA are: 

o Routine and periodic hydro-testing of the segment 
o Routine and periodic use of both cleaning and measurement pigs 
o Insufficient data 
o Flow rates, temperature and pressures outside of the model’s requirement 
o Corrosion on the top of the pipe 
o Conversion of the pipeline from a service that DG ICDA is not applicable 

ii. The operator must have a procedure for using the data obtained on the covered and non covered 
segments to select reasonable and workable ICDA regions.  

o These regions can include areas that are not covered under the regulations for 
remediation, but must be considered for determination of the internal corrosion threat.  

o Changes in flow rates, gas pressure, temperature or composition require a change in 
ICDA regions. (See Supplemental Guidance Appendix D.05, Internal Corrosion Direct 
Assessment – Region Definition, for an example) 

iii. The operator must use the data collected in the pre-assessment step to populate the GRI model 
o Uses data sets to determine the critical angle of inclination 

 Under §192.927, ICDA regions are bounded by the entry point of the electrolyte 
and the furthest location downstream that could be affected by internal 
corrosion. The furthest location down stream would be the greatest critical 
angle. This angle can be calculated by using the conditions that would cause the 
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greatest flow, i.e. gas velocity, temperature or pressure in any combination. See 
the additional guidance provided below for guidance on flow rates. 

 In the case where a pipeline has had no flow (shut down) for an extended length 
of time, several issues become important. In the no flow state, there can not be 
any introduction of electrolytes and thus no new areas of internal corrosion. 
Prior to the cessation of flow, electrolytes may have been present and flow rates 
and conditions at that time need to be used to determine the location of ICDA 
regions and the most likely locations of internal corrosion based on the flow 
model. Another issue is if the line was dehydrated for long term preservation or 
flow was just cut off. If the line was just shut down and pockets of electrolyte 
remained, these pockets could have evaporated and cooling of the surrounding 
soil could have caused condensation. If this did occur, the use of ICDA is 
precluded. If the line was dry, then only past internal corrosion is an issue and 
that can be determined based on historic flow rates and conditions  

o Uses conservative assumptions where data is not available or, 
 Where operators do not have good flow rate data, they may make conservative 

assumptions on what the maximum flow rate would have been based on historic 
records. These assumptions must be documented and a technical justification 
needs to be provided. Operators can use a range of flow rates and select ICDA 
excavation sites based on them. See the additional guidance provided below for 
guidance on flow rates. If they can not make these conservative assumptions, 
then ICDA may not be feasible 

o Determines that DG ICDA is not feasible 
 Lack of the required data elements, such as the historic flow rates, the location 

of current and past entry points where electrolytes could have entered the 
segment, a precise and accurate inclination profile may preclude the use of 
ICDA as an assessment method. 

 In a no flow condition where a line was idled and electrolyte was present and 
could have evaporated and then condensed over time, the use of ICDA is 
precluded. 

iv. See Protocol D.08.a. 

 
Refer to the following FAQs: 

• FAQ-81 addresses the need to consider several types of information during an ICDA. This data 
consists of threat analyses, previous assessments, corrosion history, operating history, failure 
consequences and leak and incident history. 

• FAQ-105 addresses an operator not having records that show water or electrolyte contamination is 
not sufficient to prove that they are not threat. Both current and historical data proving no moisture 
or electrolyte are needed. 

• FAQ-126 clarifies that operators can not use the DG ICDA process on pipelines that once 
contained wet gas. The potential locations of corrosion can not be determined by the model in wet 
gas systems. 

• FAQ-127 addresses notifications when using on pipe with wet gas. If operators chose to use ICDA 
in an application that is not allowed in §192.927, then they must file for a waver 180 days prior to 
using this technology. This is covered under the "Other Technology" section of §192.921(a)(4) 
and §192.949. 

• FAQ-158 addresses historical operating conditions. Current conditions may not show where all 
possible areas of internal corrosion could exist. Latent internal corrosion could be a threat to the 
covered segment. 

• FAQ-235 notes that if guided wave technology is being used as a tool to examine the predicted 
locations to determine if corrosion exists, then it is being used in a manner consistent with the 
ICDA process and would not be considered "other technology". If, on the other hand, the intent is 
to use guided wave technology in some other manner to assess internal corrosion (e.g., not first 
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analyzing the pipeline to determine likely locations for internal corrosion), then its use would be 
different from the normal ICDA process and it would be considered "other technology". 

Flow Rate Reasoning from GRI 02-0057 

Most pipelines have experienced a range of gas velocity from zero to a maximum, which complicates the 
procedure for determining the critical angle of inclination. Critically large inclinations will trap water at 
any velocity up to a maximum, but upstream locations with lower angles of inclination may trap water at 
velocities less than the maximum. Because of this, examination of inclinations above the critical angle can 
be used to assess the integrity of downstream pipe, but the integrity of upstream pipe remains unknown. If 
information exists about the period of time a pipeline has experienced velocity ranges, engineering 
judgment can be used to determine if short velocity changes are significant. The procedure for the ICDA 
approach (considering a range of gas velocities) is: 

• Find the first pipe inclination greater than the largest critical angle determined by the range of 
operating conditions and the flow modeling results. If all inclinations have angle larger than 
critical, choose the angle of greatest inclination along the pipeline length. 

• Perform detailed examination/inspection of the target location(s). If no corrosion is found, it is 
concluded that downstream corrosion is unlikely. However, if a range of velocity (or other 
relevant parameter) exists so the critical angle for accumulation may be smaller at certain times, 
upstream integrity cannot be determined by examination of a downstream inclination. 

• Perform detailed examination/inspection on the location(s) with highest inclination upstream of 
the initial location(s). This will provide integrity information on the pipe downstream of the 
intermediate inclination point(s) and the first inclination with angle higher than the maximum 
critical angle. 

• Along with choosing locations having inclinations above critical angle, any fixture that can trap 
water (e.g., drip, valve, stub-end) serves as an examination point. Upstream water traps can 
accumulate water (or other electrolyte) before it reaches an inclination greater than critical angle; 
these fixtures should therefore be examined, but they do not replace examination of the pipe 
because the rate of accumulation depends on the geometry of the fixture. Ideally, water that 
accumulates at a location with inclination greater than critical angle will evaporate before filling 
and carrying over to the next location. However, a scenario can be envisioned where a short upset 
with large liquid volume fills an accumulation point and carries over to a fixture that traps the 
water. This condition is acceptable if the water evaporation rate is similar because the upstream 
accumulation point will be exposed to the water for a longer period of time (and therefore suffers 
more corrosion). However, if the trap geometry restricts evaporation, it is possible for corrosion to 
be more severe inside of the downstream trap. Therefore, traps of similar design directly 
downstream of a pipe inclination with angle greater than critical should be examined. 

D.07.d. Verify the operator’s plan uses the model in GRI 02-0057 ICDA of Gas Transmission Pipelines- 
Methodology (or equivalent acceptable model) to define critical pipe angle of inclination above which 
water film cannot be transported by the gas, and that the model considers, as a minimum: [§192.927(c)(2)] 

i. Changes in pipe diameter, [§192.927(c)(2)] 
ii. Locations where gas enters a line, [§192.927(c)(2)] 

iii. Locations down stream of gas draw-offs. [§192.927(c)(2)] 
iv. Other conditions that may result in changes in gas velocity. [§192.927(c)(2) and GRI 02-0057] 

D.07.d. Supplemental Guidance: 

• The operator must use either the GRI model (see GRI Report 02-0057, Reference: GRI-020057) or 
a validated equal. 

o The GRI and validated NACE models are discussed in Supplemental Guidance Appendix 
D.06, Flow Modeling & Inclination Profile. 
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o The operator also must use the physical data obtained in the pre-assessment step to 
calculate the inclination angles along the entire covered segment within each ICDA 
region. (See Supplemental Guidance Appendix D.06, Flow Modeling and Inclination 
Profile, for the inclination angle formula) 

o Where there are inclination angles and other features that could hold up the multiphase 
film of liquids outside of the covered segment but still within the same ICDA region, they 
also must be evaluated.  

o In the case where flow within a segment can be bi-directional, then separate ICDA 
regions must be set up for flow in each direction 

D.07.e. Verify that the operator’s plan contains provisions for applying more restrictive criteria for pre-
assessment and region identification when conducting ICDA for the first time on a covered segment. 
[§192.927(c)(5)(ii)] 

D.07.e. Supplemental Guidance: 

• The operator needs to specify what additional criteria or more restrictive interpretation of the 
existing criteria will be used for the initial ICDA on a covered segment. These can be but are not 
limited to:  

o running the flow model at a range of flow rates to determine the sensitivity of the critical 
angle to various flow conditions experienced over time 

o reducing the size of the ICDA region 
o additional data requirements 
o taking additional data to better define the inclination profile of a pipeline, such as depth 

of cover readings every 5’ and using a land surveyor for determining the exact inclination 
profile every 25’ 

o obtaining upset information from both suppliers and other operators with the same 
supplier but upstream of entry points 

• Operators must document these more restrictive criteria. This documentation may consist of: 
o operators can use two sets of requirements, one for the initial ICDA on a region or 

segment and the other for subsequent ICDA assessments on those regions or segments 
o operators can use one set of requirements but they need to highlight the "more restrictive 

criteria" required on the initial ICDA on a region or segment 
o operators can provide inspectors with a listing of the more restrictive criteria and where it 

was used and what was the outcome of using it 

D.08 Dry Gas ICDA Direct Examination 

For dry gas systems, verify that the operator (1) identifies locations where internal corrosion is most likely 
in each ICDA region and (2) performs direct examinations of those locations. [§192.927(b), 192.927(c)(3), 
ASME B31.8S-2004, Section 6.4 and ASME B31.8S-2004, Appendix B2] 

D.08 Supplemental Guidance: 

• An operator must identify those locations where internal corrosion would be the most likely to 
occur. In all cases, at least two locations in each ICDA region and within the covered segments in 
those regions must be identified. 

D.08.a. Verify that the operator’s plan defines criteria to be applied in making key decisions (e.g., 
identifying locations most likely to have internal corrosion, selection of examination tools) in implementing 
the direct examination stage of the ICDA process. [§192.927(c)(5)(i)] 

D.08.a. Supplemental Guidance: 
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• The operator’s plan must have sufficient detail so that the inspector can determine: 
1. Whether sufficient data are available or can be collected for some ICDA regions to 

support making a feasibility decision regarding using the ICDA approach; 
2. Whether the data collected supports a determination that ICDA would be applicable; 
3. The parameters for identifying ICDA regions; 
4. Criteria for selecting excavation sites and conducting detailed examinations of the pipe to 

determine whether metal loss from internal corrosion has occurred ; 
5. The additional information to be addressed in deciding where to dig after the model has 

provided key inclination angles; 
6. The criteria for determining the effectiveness of the ICDA process and for determining 

re-assessment intervals. 
• FAQ-126 clarifies that operators cannot use the DG ICDA process on pipelines that once 

contained wet gas. Per both the code and the proposed NACE ICDA standard, the potential 
locations of corrosion can not be determined by the model in wet gas systems. 

• If operators chose to use ICDA in an application that is not allowed in §192.927, then they must 
file a notification 180 days prior to using this technology. This is covered under the "Other 
Technology" section of §192.921(a)(4) and §192.949. 

o FAQ-127 states an operator must notify PHMSA (or the appropriate State) if they plan to 
use ICDA to assess a system transporting gas that with an electrolyte nominally present 
in the gas stream. 

• FAQ-158 requires the consideration of historical information. Current conditions may not show 
where all possible areas of internal corrosion could exist. Latent internal corrosion could be a 
threat to the covered segment. 

D.08.b. Verify the operator has identified locations where internal corrosion is most likely to exist in each 
ICDA region and where electrolyte accumulation is predicted. [§192.927(c)(3), ASME B31.8S-2004, 
Section 6.4.2 and ASME B31.8S-2004, Appendix B2.3] 

D.08.b. Supplemental Guidance: 

• An operator must identify all those locations that meet the both the critical angle of inclination and 
the locations that may trap liquids through their design. 

o For each ICDA region, at least two locations must be identified and examined (in the 
covered segment). 

o In the case where flow within a segment can be bi-directional, then separate ICDA 
regions must be set up for flow in each direction and thus at least 4 excavations must be 
performed. 

o For critical angles that are part of a short and sharp rise, the most likely location for 
electrolyte hold up is along the short up hill section. 

o For more gradual and longer inclines over mountains and hills, the hold up point can be 
more widespread and longer. Excavations need to take this into account. 

D.08.c. Verify the operator requires a direct examination for internal corrosion using ultrasonic thickness 
measurements, radiography, or other generally accepted measurement technique of those covered segment 
locations where internal corrosion is most likely to exist, and includes as a minimum, the following: 
[§192.927(c)(3), ASME B31.8S-2004, Section 6.4.2, ASME B31.8S-2004, Appendix B2.3 and ASME 
B31.8S-2004, Appendix B2.4] 

i. A minimum of two (2) locations within each ICDA region within a covered segment,  
ii. At least one location must be the low point (e.g., sags, drips, valves, manifolds, deadlegs, traps) 

nearest the beginning of the ICDA region and  
iii. The second location must be further downstream within a covered segment near the end of the 

ICDA Region (The end of the ICDA region is the farthest downstream location where the ICDA 
model predicts electrolytes could accumulate based on the critical angle of inclination above 
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which water film cannot be transported by the gas). [§192.927(c)(2) and ASME B31.8S-2004, 
Appendix B2.3] 

D.08.c. Supplemental Guidance: 

• Each of the locations that have been identified as potential hold up points needs to be examined. 
The purpose of the examination is to determine if there has been any internal corrosion on that 
particular pipe section. 

o Use of ultrasonic testing equipment, x-ray equipment or other accepted methods by 
qualified individuals to determine internal wall loss needs to be undertaken. 

o Documentation of all of the findings must be available for inspection. If there is wall loss 
due to internal corrosion, calculations on remaining pipe strength must be performed and 
the results compared to the MAOP times a safety factor. 

 FAQ-229 addresses the use of safety factors in calculating the reduced operating 
pressure if the blanket 20% reduction is not used. 

o If defects other than internal corrosion are found, appropriate alternative assessment 
methods must be performed to determine the integrity of the covered segment. See 
Supplemental Guidance Appendix D.07, Direct Examination of a Dry Gas Internal 
Corrosion Direct Assessment Location, for other activities associated with the Direct 
Examination of an ICDA location. 

D.08.d. If internal corrosion exists at any location directly examined, verify that the operator: 
[192.927(c)(3)] 

i. Evaluates the severity of the defect and remediates the defect per §192.933 (see Protocol E) 
[§192.927(c)(3)(i)], and 

ii. Either performs additional excavations or performs additional assessment using an allowed 
alternative assessment method [§192.927(c)(3)(ii)], and 

iii. Evaluates the potential for internal corrosion in all pipeline segments (both covered and non-
covered) in the operator’s pipeline system with similar characteristics to the ICDA region 
containing the covered segment in which the corrosion was found and remediates the conditions 
per §192.933. [§192.927(c)(3)(iii)] 

D.08.d. Supplemental Guidance: 

• When the operator discovers internal corrosion at a site determined by the model, 
o A full evaluation of the site is required and the remaining wall strength must be 

calculated. 
o If necessary, remediation actions also must also be completed. 
o Additional potential liquid sites need to be examined or alternative methods of 

determining the integrity of the covered segment must be used. 
o Lastly, the knowledge gained from this ICDA must be used on similar segments, both 

covered and non-covered to prevent further occurrences. Remediation of the covered 
segment is required. 

• FAQ-132 addresses the determination of a new reassessment schedule for defects requiring 
remediation. Re-assessment under the CDA process uses the remaining life calculation and half 
life calculations in NACE RP0502-2002, Section 6.2 and NACE RP0502-2002, Section 6.3. These 
calculations give operators the allowable re-assessment interval of internal corrosion defects 
providing they are less than the maximum in ASME B31.8S-2004, Table 3 or §192.939. 

D.08.e. Verify that the operator’s plan contains provisions for applying more restrictive criteria for the 
direct examination when conducting ICDA for the first time on a covered segment [§192.927(c)(5)(ii)] 

D.08.e. Supplemental Guidance: 
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• The operator needs to specify what additional criteria or more restrictive interpretation of the 
existing criteria will be used for the initial ICDA on a covered segment. These can be but are not 
limited to:  

o additional excavations 
o using additional tools to verify the location and depth of any internal corrosion, such as 

both UT and X-ray or guided wave UT at all locations in addition to local UT or X-ray 
o making larger excavations to ensure that all internal corrosion was discovered 

• Operators must document these more restrictive criteria. This documentation may consist of: 
o operators can use two sets of requirements, one for the initial ICDA on a region or 

segment and the other for subsequent ICDA assessments on those regions or segments 
o operators can use one set of requirements but they need to highlight the "more restrictive 

criteria" required on the initial ICDA on a region or segment 
o operators can provide inspectors with a listing of the more restrictive criteria and where it 

was used and what was the outcome of using it 

D.09 Dry Gas ICDA Post-Assessment 

For dry gas systems, verify that the operator performs post-assessment evaluation of ICDA effectiveness 
and continued monitoring of covered segments where internal corrosion has been identified. 
[§192.927(c)(4)] 

D.09 Supplemental Guidance: 

• An operator must determine if the ICDA process was effective in locating areas of internal 
corrosion on covered segments. Continued monitoring for internal corrosion of those segments is 
also required. 

D.09.a. Verify that the operator’s plan defines criteria to be applied in making key decisions (e.g., 
reassessment interval determination, techniques for monitoring internal corrosion) in implementing the 
post-assessment evaluation stage of the ICDA process. [§192.927(c)(5)(i)] 

D.09.a. Supplemental Guidance: 

• The operator’s plan must have sufficient detail so that the inspector can determine: 
1. Whether sufficient data are available or can be collected for some ICDA regions to 

support making a feasibility decision regarding using the ICDA approach; 
2. Whether the data collected supports a determination that ICDA would be applicable; 
3. The parameters for identifying ICDA regions; 
4. Criteria for selecting excavation sites and conducting detailed examinations of the pipe to 

determine whether metal loss from internal corrosion has occurred ; 
5. The additional information to be addressed in deciding where to dig after the model has 

provided key inclination angles; 
6. The criteria for determining the effectiveness of the ICDA process and for determining 

re-assessment intervals. 
• FAQ-126 clarifies that operators cannot use the DG ICDA process on pipelines that once 

contained wet gas. Per both the code and the proposed NACE ICDA standard, the potential 
locations of corrosion can not be determined by the model in wet gas systems. 

• If operators chose to use ICDA in an application that is not allowed in §192.927, then they must 
file a notification 180 days prior to using this technology. This is covered under the "Other 
Technology" section of §192.921(a)(4) and §192.949. 

o FAQ-127 states an operator must notify PHMSA (or the appropriate State) if they plan to 
use ICDA to assess a system transporting gas that with an electrolyte nominally present 
in the gas stream. 
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• FAQ-158 requires the consideration of historical information. Current conditions may not show 
where all possible areas of internal corrosion could exist. Latent internal corrosion could be a 
threat to the covered segment. 

D.09.b. Verify the operator has a process for evaluating the effectiveness of ICDA as an assessment 
method and determining reassessment intervals. [§192.927(c)(4)(i) and ASME B31.8S-2004, Appendix 
B2.4]  

i. Verify that if corrosion is found in areas where the pipeline inclination is greater than the 
estimated critical inclination, that the operator re-evaluates the critical inclination angle and 
additional new areas are selected for direct examination. [ASME B31.8S-2004, Appendix B2.4] 

ii. Verify the operator’s process determines whether a segment must be reassessed at intervals more 
frequently than those specified in §192.939 using the largest defect most likely to remain in the 
covered segment as the largest defect discovered in the ICDA segment and estimating the 
reassessment interval as half the time required for the largest defect to grow to critical size. Verify 
that this evaluation is to be carried out within one year of completion of the assessment. 
[§192.927(c)(4)(i) and §192.939(a)(3)] 

iii. Verify the operator’s reassessment intervals comply with the following maximum allowed 
intervals in accordance with 192.939 (see Protocol F). [§192.939(b)] 

1. 10 years for segments operating at SMYS levels greater than 50% 
2. 15 years for segments operating between 30 and 50% SMYS 
3. 20 years for segments operating below 30% SMYS 

D.09.b. Supplemental Guidance: 

• An operator is required to determine the effectiveness of the entire ICDA process. Some areas that 
must be evaluated are the level and location of internal corrosion if found. By this, the operator 
must determine if the corrosion was only in the locations determined by the model. 

o If corrosion is found at locations where the critical angle of inclination was exceeded in 
the covered segment, the operator must rerun the model and check additional areas for 
internal corrosion. 

o If this is not feasible, then alternative methods of assessing the integrity of the covered 
segment must be used. 

o If corrosion was found to be widespread or on top of the pipe, then the assumptions of 
infrequent upsets may be in error and alternative methods of assessing the integrity of the 
covered segment must be used. 

• The use of the largest found defect to determine the reassessment interval is a conservative 
approach. It assumes that the ICDA process may not have found all of the defects and to protect 
the integrity of the covered segment, the reassessment interval is the shortest based on the data 
obtained. If an operator has data showing that a shorter reassessment period is appropriate, then 
this should be used. 

• In no case may the reassessment interval exceed the maximum that is provided in §192.939(b). 
Additional knowledge of the covered segments and testing may yield a shorter reassessment 
period. 

• FAQ-132 addresses the determination of a new reassessment schedule for defects requiring 
remediation. Re-assessment under the CDA process uses the remaining life calculation and half 
life calculations in NACE RP0502-2002, Section 6.2 and NACE RP0502-2002, Section 6.3. These 
calculations give operators the allowable re-assessment interval of internal corrosion defects 
providing they are less than the maximum in ASME B31.8S-2004, Table 3 or §192.939. 

 
D.09.c. Verify the operator continually monitors each covered segment where internal corrosion has been 
identified using techniques such as coupons, UT sensors or electronic probes, periodically drawing off 
liquids at low points and chemically analyzing them for corrosion products. [§192.927(c)(4)(ii)] 
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i. Verify the operator has a process to determine the frequency for monitoring and liquid analysis 
based on all integrity assessments results conducted in accordance with 192 Subpart O and risk 
factors specific to the covered segment. [§192.927(c)(4)(ii) and ASME B31.8S-2004, Appendix 
A2.2] 

ii. Verify the operator’s process requires that if any evidence of corrosion products is found in the 
covered segment, prompt action must be taken including, as a minimum: [§192.927(c)(4)(ii)]  

1. Remediate the conditions the operator finds in accordance with §192.933, and 
2. Implement one of the two following required actions: (1) Conduct excavations of covered 

segments at locations downstream from where the electrolyte might have entered the 
pipe, or (2) assess the covered segment using another integrity assessment method 
allowed by Subpart O. 

D.09.c. Supplemental Guidance: 

i. Where an operator uses one or more of the approved monitoring techniques, they must have a 
program to check on the results at a fixed interval. 

o This interval needs to be sufficiently short enough to detect and correct any threats to the 
integrity of the covered segment. 

o The actions can include, but are not limited to, drawing off fluids from low points or 
collection areas, measuring coupons, checking electronic probes, etc. 

ii. When an operator finds evidence of either internal corrosion or corrosion products in the covered 
segment, they must take prompt action to remediate the condition and conduct excavations 
downstream of the entry point of electrolyte or perform a reassessment of the entire covered 
segment using alternative assessment methods. 

D.09.d. Verify that the operator’s plan contains provisions for applying more restrictive criteria for the 
post-assessment when conducting ICDA for the first time on a covered segment [§192.927(c)(5)(ii)] 

D.09.d. Supplemental Guidance: 

• The operator needs to specify what additional criteria or more restrictive interpretation of the 
existing criteria will be used for the initial ICDA on a covered segment. These can be but are not 
limited to:  

o additional validation procedures, 
o use of two or more monitoring techniques 
o reducing the interval for re-assessment to that below the half life 

• Operators must document these more restrictive criteria. This documentation may consist of: 
o Operators can use two sets of requirements, one for the initial ICDA on a region or 

segment and the other for subsequent ICDA assessments on those regions or segments 
o Operators can use one set of requirements but they need to highlight the "more restrictive 

criteria" required on the initial ICDA on a region or segment 
o Operators can provide inspectors with a listing of the more restrictive criteria and where 

it was used and what was the outcome of using it 

D.10 Wet Gas ICDA Programmatic Requirements 

If the operator elects to use ICDA to assess a covered segment operating with electrolyte present in the gas 
stream (wet gas), verify that the operator develops and implements an ICDA plan in accordance with 
§192.927 which addresses the following. [§192.927(b)] 

D.10 Supplemental Guidance: 

• If an operator will be using ICDA on a pipeline that either carries or at one time carried wet gas, 
then the operator must develop a plan to use the modified ICDA process. 
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• Dry gas means the gas is above its dew point and without condensed liquids. In the U.S., dry gas 
(or "tariff gas") is typically specified as containing < 7 lb. of moisture per million cubic feet. 
Therefore, if a gas has greater than or equal to 7 lb. of moisture per million cubic feet, it would be 
classified as wet gas. 

D.10.a. Verify that the operator developed a documented ICDA plan which demonstrates how the operator 
will conduct ICDA on the entire pipeline in which covered segments are present to effectively address 
internal corrosion. [§192.927(c)] 

D.10.a. Supplemental Guidance: 

• Where an operator plans on using ICDA on a covered segment, they must develop a plan specific 
to that entire pipeline, not just the covered segment 

D.10.b. Verify the operator has provided notification to PHMSA, and applicable state or local safety 
authorities, of an ICDA wet gas "other technology" application in accordance with §192.921 (a) (4) or 
§192.937 (c) (4). [§192.927(b)] 

D.10.b. Supplemental Guidance: 

• The plan developed by the operator for performing ICDA on a wet gas pipeline is considered 
"other technology" and PHMSA and the applicable state or local safety authorities must be 
notified of this application of technology (covered under Sections 192.921, 192.937 and in 
accordance with 192.949). 

• FAQ-127 clarifies that the ICDA process described in NACE RP0502-2002 is for dry-gas 
systems. The rule requires that operators who plan to use ICDA for systems transporting gas 
containing an electrolyte develop a plan (192.927(b)). Such use of ICDA is considered "other 
technology". Operators must submit notification of their planned use of this technology at least 
180 days before the assessment is scheduled as required by §192.921(a)(4) and §192.949. 
Operators should be encouraged to submit notifications as early as they can. 

D.11 SCCDA Data Gathering and Evaluation 

If the operator elects to use SCCDA, verify that the operator’s SCCDA evaluation process complies with 
ASME B31.8S-2004, Appendix A3 in order to identify whether conditions for SCC of gas line pipe are 
present and to prioritize the covered segments for assessment. [§192.929(b)(1)] 

D.11 Supplemental Guidance: 

• Operators must screen their pipelines to determine whether the risk of SCC may be present. If 
SCC may be present the operator must implement an SCC Plan. The initial screening of pipeline 
segment data consists of identifying locations where 5 criteria for risk of high pH SCC on gas 
pipelines are present. ASME B31.8S-2004, Appendix A3 screens for the following 5 factors:  

1. Operating stress (MAOP) greater than 60% SMYS, 
2. Operating temperature greater than 100 degrees F, 
3. Distance downstream from compressor station less than or equal to 20 miles, 
4. Age of pipeline greater than or equal to 10 years , and 
5. Coating type other than fusion bond epoxy (FBE).  

• Currently two types of SCC that the gas integrity rule addresses are high pH and near neutral (or 
low) pH SCC. The requirements contained in ASME B31.8S-2004, Appendix A3 currently only 
apply to high pH SCC. ASME B31.8S-2004, Appendix A3.1 states that near neutral type SCC 
similarly requires an inspection and alternative mitigation plan.  
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• Operators may use the following 4 criteria to screen for risk of near-neutral pH SCC per NACE 
RP0204-2004, Section 1.2.2: 

1. Operating stress (MAOP) greater than 60% SMYS, 
2. Distance downstream from compressor station less than or equal to 20 miles, 
3. Age of pipeline greater than or equal to 10 years , and 
4. Coating type other than fusion bond epoxy (FBE).  

• Refer to the following FAQs which provide information regarding alternative plans and associated 
notifications to PHMSA: 

o FAQ-97 addresses what types of notifications are required by the rule. 
o FAQ-98 addresses when notifications must be submitted. 
o FAQ-99 addresses what information must be in a notification. 

• FAQ-128 clarifies that the rule requires that operators using SCCDA systematically gather and 
analyze excavation data for pipe at all sites an operator excavates during the conduct of its pipeline 
operations where the criteria in ASME B31.8S-2004, Appendix A3.3 indicate the potential for 
SCC (192.929(b)(1)). Relevant data from pipe not in covered segments must be considered in this 
process.  

o Additional discussion of this requirement is provided in Supplemental Guidance 
Appendix C.03, White Paper, "Look Beyond" Provisions and in NACE RP0204-2004, 
Table 2, Data Collected at an Excavation Site in an SCCDA Program and Relative 
Importance. 

• Some practical applications of how SCC data obtained from non-covered segments could impact 
how an operator manages pipeline integrity on covered segments are shown below. The following 
listing contains examples, and is not an exhaustive list. Operators should appropriately respond to 
SCC found in non-covered segments based on the specifics of each circumstance. 

o Use fracture mechanics analysis (including cyclic loading) and the worst as-found crack 
size to predict remaining life 

o Since there would be no difference between the HCA segment and the non-HCA segment 
in terms of the SCC susceptibility criteria, it would be prudent to assume that similar 
defects could exist in the covered segments 

o Based on the remaining life prediction of the known defect in the pipeline, operators 
should re-evaluate the assessment schedule to see if it needs to be accelerated 

o Known SCC defects in non-covered segments of a pipeline that contains covered 
segments should cause the operator to also re-evaluate the selection of assessment 
methods, and possibly change to hydrostatic pressure testing or ILI 

o If the operator continues to use SCCDA, they should carefully analyze the non-HCA 
segment to determine the conditions that accompanied the SCC. For example, if coating 
was disbonded at the SCC location, a coating survey should be performed and areas of 
poor or disbonded coating (discovered or suspected) should influence selection of (and 
number of) SCCDA dig locations in the HCA. The same could be said of soil conditions, 
areas of general corrosion, or other conditions that coincided with the SCC. 

o If they found near-neutral SCC, they would need to re-evaluate the lines considered to be 
susceptible by excluding the temperature criterion (and possibly the 20-mile criterion), to 
expand the area considered to be susceptible. (For example, suppose only the first 10 
miles downstream from the compressor station was initially considered susceptible 
because of the temperature criteria. If near-neutral pH SCC is found, the area of 
susceptibility would need to be expanded to cover 20 miles downstream of the 
compressor station.) 

• Additional guidance concerning stress corrosion cracking can be found in Supplemental Guidance 
Appendix D.08, Stress Corrosion Cracking, and Advisory Bulletin ADB-03-05, Stress Corrosion 
Cracking Threat to Gas and Hazardous Liquid Pipelines, October 8, 2003 (Reference: ADB-0305). 

D.11.a. Verify that the operator has a process to gather, integrate, and evaluate data for all covered 
segments to identify whether the conditions for SCC are present and to prioritize the covered segments for 
assessment. [§192.929(b)(1)] 
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i. Verify that the operator’s process gathers and evaluates data related to SCC at all sites it excavates 
during the conduct of its pipeline operations (not just covered segments) where the criteria indicate 
the potential for SCC. [§192.929(b)(1) and ASME B31.8S-2004, Appendix A3.3] 

ii. Verify that the data includes, as a minimum, the data specified in ASME B31.8S-2004, 
Appendix A3. 

iii. Verify that the operator addresses missing data by either using conservative assumptions or 
assigning a higher priority to the segments affected by the missing data, as required by ASME 
B31.8S-2004, Appendix A3.2. 

D.11.a. Supplemental Guidance: 

• FAQ-223 addresses the kind of information that must be collected to use stress corrosion cracking 
direct assessment process. 

• FAQ-243 addresses PHMSA expectations for determining if SCCDA is feasible. 
• Factors to consider in establishing pipeline segment priorities and excavation sites include areas 

susceptible or experiencing disbonded coating or coating degradation, previous history of SCC, 
periods of lost or low cathodic protection, ground movement areas affecting coating condition, 
poor backfill conditions or other undesirable construction practices, residual stresses such as at 
bends or dents, moisture drainage, topography and land use, and consequences to the public. 

o For additional background on prioritization and site selection, refer to: 
 NACE RP0204-2004, Table 1, Prioritization of Susceptible Segments and in 

Site Selection for SCCDA 
 NACE RP0204-2004, Table A1, Description of "Stress Corrosion Cracking 

Susceptible" Terrain Conditions for Polyethylene Tape-Coated Pipelines 
 NACE RP0204-2004, Table A2, Description of "Stress Corrosion Cracking 

Susceptible" Terrain Conditions for Some Asphalt/Coal Tar Enamel Coated 
Pipelines 

o NACE RP0204-2004 provides additional discussion on the selection of dig sites. The 
standard indicates that industry experience provides the following guidance for selection 
of more probable sites: 

 Locations where there is a history of SCC. 
 If previous SCC locations have been associated with unique characteristics of 

the pipe, digging should take place in other areas with those same 
characteristics. 

 If there is no history of SCC in the area of interest, locations with coating 
anomalies should be considered. 

 If ILI tools have been run in pipe, locations of dents or general corrosion should 
be considered. 

 Locations where the stresses, pressure fluctuations, and temperatures were 
highest or where there has been a history of coating deterioration should be 
selected. 

 For subsequent digs in the same area, sites should be selected that have the same 
unique features that were revealed in earlier digs. 

• A pipeline segment is susceptible to high-pH SCC if all of the following 5 factors are met: 
1. Operating stress (MAOP) greater than 60% SMYS, 
2. Operating temperature greater than 100 degrees F, 
3. Distance downstream from compressor station less than or equal to 20 miles, 
4. Age of pipeline greater than or equal to 10 years , and 
5. Coating type other than fusion bond epoxy (FBE). 

• The same factors and criteria can be used for the selection of segments of a pipeline that are 
potentially susceptible to near neutral pH SCC, with the exclusion of the temperature criterion 
(Re: NACE RP0204-2004, Section 1.2.2). 

• If a pipeline segment has experienced an SCC incident or hydro test leak or rupture the pipeline 
segment is also at risk unless the root cause(s)of the SCC have been corrected. 
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• Operators must document the sites taken to determine the full extent and locations of other areas 
of suspected SCC, including locations on non-covered pipelines as per §192.917(e)(5). 

D.12 SCCDA Assessment, Examination and Threat Remediation 

Verify that covered segments (for which conditions for SCC are identified) are assessed, examined, and the 
threat remediated. [§192.929(b)(2)] 

D.12 Supplemental Guidance: 

• Each operator’s SCCDA plan must provide that if the 5 conditions for high pH SCC are identified, 
the operator must assess the covered segment using:  

o The bell hole examination and evaluation method, or 
o The hydrostatic testing method.  

• Each segment meeting the 5 at risk criteria for SCC must have a written inspection, examination, 
and evaluation plan prepared as specified in ASME B31.8S-2004, Appendix A3.  

• Any significant SCC discovered must be remediated by replacement, reinforcement, hydrostatic 
test, Engineering Assessment, and placed under a hydrostatic retest program. Refer to the 
requirements of ASME B31.8S-2004, Appendix A3.4. 

D.12.a. Verify, if conditions for SCC are present, that the operator conducts an assessment using one of 
the methods specified in ASME B31.8S-2004, Appendix A3. 

D.12.a. Supplemental Guidance: 

• The operator's documentation must require that each segment experiencing an SCC failure or 
meeting the 5 SCC screening criteria: 

o Have a written Inspection, Examination, and Evaluation Plan as required by ASME 
B31.8S-2004, Appendix A3.4 

o Identify an assessment method for the segment per ASME B31.8S-2004, Appendix A3.4. 
Methods allowed are: 

 Bell Hole Examination and Evaluation Method 
 Hydrostatic Testing Method 

D.12.b. Verify that the operator’s plan specifies an acceptable inspection, examination, and evaluation 
plan using either the Bell Hole Examination and Evaluation Method (that complies with all requirements of 
ASME B31.8S-2004, Appendix A3.4 (a)) or Hydrostatic Testing (that complies with all requirements of 
ASME B31.8S-2004, Appendix A3.4 (b)). 

i. Verify, that the operator’s plan requires that for pipelines which have experienced an in-service 
leak or rupture attributable to SCC, that the particular segment(s) be subjected to a hydrostatic 
pressure test (that complies with ASME B31.8S-2004, Appendix A3.4 (b)) within 12 months of 
the failure, using a documented hydrostatic retest program developed specifically for the affected 
segment(s), as required by ASME B31.8S-2004, Appendix A3.4. 

D.12.b. Supplemental Guidance: 

• The following is a summary of the requirements contained in ASME B31.8S-2004, 
Appendix A3.4: 

o If using the bell hole examination and evaluation method, the operator’s documentation 
must verify that: 

 Safety precautions have been identified and employed during direct 
examinations, 
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 Identify the most likely dig sites for SCC (refer to NACE RP0204-2004, 
Table 2, Data Collected at an Excavation Site in an SCCDA Program and 
Relative Importance, for data categories and guidance for establishing priorities 
for SCC susceptible segments as well as for selecting sites for excavation and 
examination) -- [NOTE: NACE RP0204-2004 contains detailed guidance on 
how to select sites for excavation and examination], 

 Procedures detail the environment and pipe examination morphology, including 
addressing areas of coating disbondment, 

 Pipe is inspected using magnetic particle inspection (MPI) with a documented 
inspection procedure. 

o If no SCC is found, a re-inspection interval for additional bell hole inspections must be 
identified. 

o If SCC is found, operators must document their mitigation methodology including: 
 Repair or removal methods; or 
 Hydrostatic testing of the affected valve section per ASME B31.8S-2004, 

Appendix A3.4; or 
 Results of any further mitigation methods identified (coating and or cathodic 

protection activities). 
o If using the Hydrostatic Testing method the operator’s documentation must verify that: 

1. Establish a high point test pressure equivalent to minimum of 100% 
SMYS. 

2. Maintain the target test pressure for a minimum period of 10 minutes. 
3. Upon returning the pipeline to gas service, conduct a flame ionization 

survey of the pipeline segment. 
4. Address results of the testing. 

o If no leaks or ruptures due to SCC occurred, the operator shall use one of the following 
two options to address long term mitigation of SCC (also refer to ASME B31.8S-2004, 
Section 7.3.2(a)): 

 Implement a written Hydrostatic retest program with a technically justifiable 
interval, or 

 Perform an Engineering Critical Assessment to evaluate the risk and identify 
further mitigation methods. 

o If a leak or rupture due to SCC occurred, the operator shall address long term mitigation 
of SCC by implementing a written hydrostatic retest program for the subject valve 
section, with a technically justified interval (also refer to ASME B31.8S-2004, Section 
7.3.2(b)). 

• When performing an Engineering Critical Assessment (ECA), an ECA must evaluate the risks of 
SCC and provide a technically defensible plan which ensures pipeline safety. The ECA must 
consider the defect growth mechanisms of the SCC process. 

o For additional information, refer to TTO-08, Stress Corrosion Cracking, Appendix A, 
Section A.3.2, Crack Growth Models (Reference: TTO-08)  

o Also refer to Supplemental Guidance Appendix D.09, Crack Growth Mechanisms and 
Models. 

• The operator’s documentation must also verify that: 
o Each segment experiencing an SCC incident or hydrostatic test failure has a written 

evaluation plan, and 
o The segment has been subjected to the hydrostatic testing method for SCC within 12 

months of that failure. 
o Note: hydrostatic pressure testing is required; use of other test mediums is not permitted. 
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D.12.c. Verify that assessment results are used to determine reassessment intervals in accordance with 
§192.939(a)(3); (see Protocol F). [§192.939(a)(3)] 

D.12.c. Supplemental Guidance: 

• ASME B31.8S-2004, Appendix A3.4, requires the operator to determine technically justifiable re-
assessment intervals for long term mitigation of SCC.  

o Also refer to Supplemental Guidance Appendix D.09, SCC Crack Growth Mechanisms 
and Models. 

• If no SCC leaks or ruptures occur the operator shall implement a written hydrostatic retest 
program or other inspection program with a technically justifiable interval. 

• If a leak or rupture due to SCC occurred, the operator shall address long term mitigation of SCC 
by implementing a written hydrostatic retest program for the subject valve section, with a 
technically justified interval (also refer to ASME B31.8S-2004, Section 7.3.2(b)). 

• ASME B31.8S-2004, Appendix A3.6, requires the operator to establish SCCDA Plan safety 
performance measures. The purpose of the measures is to determine the effectiveness of the 
program and to confirm the re-inspection interval. 

• Operator’s documentation must demonstrate performance measures have been established as 
follows: 

1. number of SCC in-service leaks/failures, 
2. number of SCC repair or replacements, and 
3. number of SCC hydrostatic test failures 
4. a process has been established to gather the data and monitor the program’s 

performance 

Protocol Area E. Remediation 

• E.01 Program Requirements for Discovery, Evaluation and Remediation Scheduling 
• E.02 Program Requirements for Identifying Anomalies 
• E.03 Operator Response when Timelines for Evaluation and Remediation Cannot be Met 
• E.04 Record Review for Discovery, Repair and Remediation Activities 
• Table of Contents 

E.01 Program Requirements for Discovery, Evaluation and Remediation Scheduling 

Verify that provisions exist to discover and evaluate all anomalous conditions resulting from integrity 
assessment and remediate those which could reduce a pipeline’s integrity. [§192.933(a)] 

E.01 Supplemental Guidance: 

• Additional guidance on discovery can be found in Supplemental Guidance Appendix E.01, White 
Paper, Discovery of Condition Date. 

• Inspectors should perform a comprehensive review of the operators program for performing ILI 
assessments. (A comprehensive review of DA assessments is covered in Protocol D.) One of the 
most important aspects of integrity management is discovering defects in the pipe before they 
grow to a critical size and fail, leak, or rupture. Operator processes for conducting ILI assessments 
should be investigative and have the necessary controls in place to provide reasonable assurance 
that all integrity threats are discovered and remediated. 

• Two key aspects of discovering anomalies are: 
o Integrated information analysis: Information from ILI or DA assessments must be 

integrated with other information in order to identify defects that represent integrity 
threats. While most defects can be discovered from a review of assessment data alone, 
some defects may not be obvious from the assessment data. Integration of other data with 



Gas Integrity Management Protocols with Guidance, Revision 5, 1/1/2008 
 
 

Page 86 of 151 
 

ILI data is a very important step for an operator to take to assure that defects are 
discovered.  

 Examples of data with which ILI results should be integrated include: 
 Data indicative of TPD risk (foreign line crossings, one-calls, 

encroachments, ROW surveys, aerial surveys, construction activity on 
or near the ROW). 

 Surveillance, testing, and other monitoring data (previous ILI results, 
CIS, coating surveys such as ACVG or DCVG, coupon data, etc.) 

 Operational data (cyclic loading, etc.) 
 Maintenance, repair, as-built, and other available data (repair records, 

maintenance records, etc.) 
 For more detailed information regarding review of ILI assessment results, see 

Supplemental Guidance Appendix E.02, Bookmark E04 Integrated Analysis of 
Assessment Results.  

 For more detailed information on integrating data with ECDA results, refer to 
Protocol D. 

o ILI vendor contract specifications: ILI vendors have a tremendous affect on the 
effectiveness and quality of ILI assessments. Operators should have formal, contractual 
controls in place to properly manage ILI assessments and assure that integrity threats are 
discovered in a timely manner. See Appendix E.02, Bookmark E02 for additional detail. 
Operators should have ILI contracts that address the following: 

 Tool specifications (including detection/sizing specifications, reliability, and 
tolerances) (Note: FAQ-68 indicates that tool tolerance must be considered - 
tool tolerance is based on a percentage of wall thickness.) 

 Operators should specify the threshold for vendor reporting of anomalies.  For 
instance, one operator that was inspected in 2002 specified that the vendor 
should report all metal loss anomalies greater than 15% WT.  The threshold 
should be appropriate to screen out insignificant or trivial anomalies, while still 
ensuring that significant anomalies that represent integrity threats are reported.  
The threshold values should include an allowance for tool tolerance. 

 Tool velocity 
 How ERF is to be calculated.  What interaction criterion is to be used?  What 

tolerances are to be applied to defect depth and length?  What method is to be 
used? 

 Anomaly reporting specifications (including the prompt reporting of anomalies 
that could be immediate conditions or that could represent an imminent pipeline 
integrity threat) 

 Criteria for data validation and confirming a good tool run.  Items to be 
addressed include: 

 Lost or missing data.  What percentage of coverage is acceptable? 
 Failed sensors.  How many sensors can fail and the run is still 

considered acceptable? 
 Deliverable specifications (including both preliminary and final report content, 

format, use of terminology, etc.) 
 Time limits for all actions required to meet or support discovery and remediation 

deadlines 
 Procedures for addressing and resolving issues or concerns encountered during 

the entire ILI process (including preparation, tool run, validation of data, 
analyzing data, resolving discrepancies, etc.) 

• Other aspects of the operator' ILI program include: 
o Validation of assessment results (refer to Appendix E.02, Bookmark E03.) 
o Performance of remaining strength calculations (refer to Appendix E.02, Bookmark E08.) 
o Analyzing tool accuracy (refer to Appendix E.02, Bookmark E11.) 

• Hydrostatic test failures must be remediated as well. Refer to Appendix E.02, Bookmark E06 
(documentation and analysis of test failures), Appendix E.02, Bookmark E09 (hydrostatic test 
procedures), Appendix E.02, Bookmark E10 (pressure reversals). 
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• FAQ-65 clarifies that the use of a prior assessment is allowed in §192.921(e) if the prior 
assessment meets the baseline assessment requirements in Subpart O and if all remedial actions 
are carried out for the anomalous conditions referred to in §192.933. For prior assessments, a 
detailed review of assessment results and remediation of anomalies discovered during the prior 
assessment should be performed to ascertain if the prior assessment qualifies as a baseline 
assessment. 

E.01.a. Verify a definition of discovery is provided. [§192.933(b)] 

E.01.a. Supplemental Guidance: 

• Discovery of a condition requiring remediation occurs when an operator has adequate information 
about a condition to determine that the condition presents a potential threat to the integrity of the 
pipeline. This point in time can vary, depending on specific circumstances, however, anomalies 
representing immediate threats to pipeline integrity must be discovered as soon as practicable. 
Discovery should not routinely and consistently occur near the end of the mandatory 180 day 
discovery deadline. 

• FAQ-58 provides some insight on when an operator should consider that it has discovered a 
condition that could threaten the integrity of the pipeline. Note that discovery is defined by what 
information the operator has (or has access to) and not on the amount of time that has elapsed 
since the assessment. The 180-day requirement is a prescriptive outer limit within which such 
information must be acquired. Also, greater emphasis should be placed on discovering immediate 
conditions as soon as possible.  

• This protocol section is directed at ensuring that the operator has identified in its integrity 
management program documentation, procedures, or framework when it considers a condition has 
been discovered. 

• A situation has been observed where the ILI was seriously undercalling defects, and the operator 
was having the log regraded. It had been over a year since original final report and regrading was 
not complete. If logs require regrading, then the regrading must be complete within 180 days of 
the completion of the assessment (the 180-day discovery clock still applies). The operator must 
obtain sufficient information to discover within 180-days. 

E.01.b. Verify a requirement exists to document the actual date of discovery. [§192.933(b)] 

E.01.b. Supplemental Guidance: 

• The operator has 180 days from the completion of an assessment to finish "discovery" of 
anomalous conditions. Completion of an assessment occurs when field activities are complete. 
The operator must make every reasonable effort to complete the discovery phase within 180 days 
following the assessment, however, in some cases, it may not be practical to complete discovery 
by that time. The operator must provide the basis for not meeting the 180-day time frame. Refer to 
the following FAQs: 

o FAQ-34 states that the date on which an assessment is considered complete will be the 
date on which final field activities related to that assessment are performed, not including 
repair activities for in-line inspection tool runs and direct assessments. This would be 
when a hydrostatic test is completed, when the last in-line inspection tool run of a 
scheduled series of tool runs is performed, when the last direct examination associated 
with direct assessment is made or the date on which field activities associated with "other 
technology" for which an operator has provided timely notification are conducted. 

• Once the operator has met its own criteria defined in Protocol E.01.a for when sufficient 
information is accumulated to constitute discovery, the date on which that discovery occurs must 
be documented in order to ensure that follow-on time frames are met.  
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• This protocol question is directed at ensuring the operator has a requirement to document the date 
of discovery. A review of operator records will enable the inspector to determine that the date of 
discovery has been documented. 

• The discovery process must be completed within 180 days of completion of the pipeline's integrity 
assessment. For ILI assessments, this means 180 days after the date the pig was pulled from the 
trap. If multiple pig types are used for an entire assessment and the different types of pigs are not 
run within a few days of each other (i.e., as part of a single set of field activities), then different 
180-day timelines apply. 

• For DA, this means 180 days after direct examinations are completed. FAQ-232 discusses in more 
detail the timeframes that apply to discovery of defects when Direct Assessment techniques are 
used. 

• Inspectors should examine the operator’s processes and implementation of ILI data validation and 
verification, the need for verification digs (including when they might not be needed), plotting 
unity graphs to compare actual vs. called and proper action by operator in response to 
discrepancies between called and actual defects. A situation has been observed where the ILI was 
seriously undercalling defects, and the operator was having log regraded. It had been over a year 
since original final report and regrading was not complete. If logs require regrading, then the 
regrading must be complete within 180 days of the completion of the assessment (the 180-day 
discovery clock still applies, the operator must obtain sufficient information to discover within 
180-days). 

• Note that it is inappropriate to plot corrosion and deformation defects on the same unity chart (as 
has been observed at one operator). 

• FAQ-58 clarifies that discovery of a condition occurs when an operator has adequate information 
about the condition to determine that it presents a potential threat to the integrity of the pipeline. 

E.01.c. Verify a requirement exists to develop a schedule that prioritizes evaluation and remediation of 
anomalous conditions. [§192.933(c)] 

E.01.c. Supplemental Guidance: 

• A schedule is to be established for remediation of anomalous conditions based on the importance 
of the threat to pipeline integrity. The priority of remediation activities within this schedule should 
be identified and the schedule should meet the time frame criteria discussed in Protocol E.02. 
Refer to the SG for Protocol E.02.d for how to determine required repair time frames for any 
anomalous conditions that do not meet the special criteria found in §192.933(d)(1) through (d)(3). 
The anomaly repair schedule requirements in §192.933(d) apply to baseline assessments and 
subsequent re-assessments required by the gas integrity management rule. Prior internal inspection 
tool runs do not need to comply with the §192.933(d) criteria unless the pipeline segment 
inspection is declared to be a baseline assessment as described in §192.921(e). 

• A requirement must exist within the operator’s program to develop a remediation schedule once 
conditions that could threaten pipeline integrity have been discovered. It should be observed that 
this schedule could be subject to change until all conditions are discovered. Conceivably, an 
operator could discover a condition within a few days of assessment completion. However, for 
various reasons, the discovery of all conditions may not have occurred until the last day of the 
180-day time frame for completion of the discovery phase. The schedule may remain variable 
until that time. In addition, if the operator has documented an adequate justification for why 
discovery could not occur until after the 180-day time frame, more time may be necessary to 
complete the discovery phase and establish the final schedule for remediation activities associated 
with a particular assessment.  

• The burden of proof for extending discovery of a suspected immediate condition should be very 
high, and the case why delayed discovery does not constitute a safety hazard should be 
compelling. 

• Program documentation is expected to describe how the remediation schedule is prepared, where it 
can be located, and procedures for updating the schedule. 
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• The inspector should review conditions identified as immediate threats to covered segments and 
verify that sufficient effort was made by the operator to promptly discover immediate repair 
conditions. It is not considered acceptable for an operator to wait until the expiration of the 180-
day time is imminent to discover immediate conditions. Operators should proactively discover 
immediate conditions as soon as possible after enough information is available to do so.  

• Also, such information that is in the possession of the ILI vendor is considered to be available to 
the operator. The operator should have controls in place that require the ILI vendor to immediately 
report any condition suspected of meeting any of the immediate repair criteria. 

• If immediate repair conditions are discovered late in the 180-day time frame, the inspector should 
verify that sufficient effort was put forth by the operator to discover the immediate threat and that 
a reasonable basis for the delay exists. 

• The scheduling of remediation for immediate repair conditions should take place as soon as 
possible and the operator’s schedule for these conditions should reflect that priority. "As soon as 
possible" means as soon as it can safely be repaired, and without undue delay. Note that ASME 
B31.8S-2004, Section 7.2.1, requires that immediate ILI indications be examined within 5 days of 
discovery. "Examined" is understood to mean excavation and direct examination. 

• Operators can delay examination of an immediate defect beyond 5 days, but must document the 
basis for their conclusion that any delay will not impact pipeline safety.  Operators must notify 
PHMSA of their inability to examine an immediate repair condition in five days if they cannot 
provide safety by reducing pressure or taking other action (see §192.933(a)).  Operators need not 
notify PHMSA if they have reduced pressure or taken other action, even if examination is delayed 
beyond 5 days.   

• Inspectors should obtain and review operator documentation justifying delays in examination of 
immediate repair conditions. 

• FAQ-215 states that immediate conditions shall be examined within five days after determination 
of the condition. This requirement applies to examination of the defect. However, the rule also 
requires that pressure be reduced once an immediate repair condition is discovered (see 
§192.933(d)(1)). Pressure reductions should be taken promptly. "Promptly” means as promptly as 
the pressure reduction can be safely implemented, and without undue delay. In some cases, the 
operator may have to take time to handle customer demand and critical supply issues, which could 
be a legitimate reason for some short delays, depending on the circumstances. For instance, 
interruptions of critical or sole source gas supplies used for heating during winter months could 
itself represent a safety hazard to customers. 

E.01.d. If the operator desires to deviate from the timelines for remediation as provided in §192.933 by 
demonstrating exceptional performance, verify that the requirements of §192.913(b) have been met and the 
safety of the covered segment is not jeopardized. [§192.913(c)(2)](See Protocol F.05) 

E.01.d. Supplemental Guidance: 

• The time frames of §192.933 may be deviated from IF: 
o The operator demonstrates exceptional performance, AND 
o The operator documents the basis for why safety is not jeopardized for the covered 

segment. 
• Protocol E.01.d only applies to operators using the performance-based approach and also qualifies 

as an "exceptional performer." 
• If an operator has elected to demonstrate exceptional performance in accordance with §192.913 of 

the Rule, then the remediation time frames of §192.933 can be deviated from. In each instance, an 
operator must document a justification for the safety of the pipeline not being jeopardized. If this 
basis is not documented, then §192.933 requirements apply as written.  

• The inspector should confirm that the operator meets §192.913 requirements before accepting 
justification for deviation from §192.933 requirements. 
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E.02 Program Requirements for Identifying Anomalies 

Inspect the operator’s program to verify that provisions exist for the classification and remediation of 
anomalies that meet the criteria for: (1) Immediate repair conditions; (2) One-year conditions; (3) 
Monitored conditions; or (4) Other conditions as specified in ASME B31.8S-2004, Section 7 . [§192.933(c) 
and §192.933(d)] 

E.02 Supplemental Guidance: 

• All anomalies identified during an assessment must be evaluated and a decision must be made if 
repair is necessary, monitoring is appropriate, or the condition falls outside the scope of concern 
based on Rule criteria. Conditions to be repaired fall into 3 basic groups: 

o Immediate repair conditions 
o One-year repair conditions 
o Conditions whose schedule for repair must be determined in accordance with ASME 

B31.8S-2004, Section 7, Figure 4 
• Immediate repair conditions must be accompanied by a reduction in pressure upon discovery, and 

this reduction should occur as promptly as possible after discovery. "As promptly as possible" 
means as soon as pressure can be safely reduced, and without undue delay. In some cases, critical 
supply issues may be an adequate reason for a short delay in reducing pressure. The amount of the 
pressure reduction is to be determined using ASME B31.G or "RSTRENG" or pressure may be 
reduced to 80% of the operating pressure (not MAOP) at the time of discovery. 

• The remaining strength calculations are limited to use in cases were remaining wall thickness is 
> 20% of nominal wall thickness, i.e., maximum depth of metal loss is less than 80% WT 
(d/t<0.8). Any metal loss > 80% WT should be considered an immediate condition as required by 
Protocol E.02.b.3 or Protocol E.02.b.6. 

• The ILI vendor normally calculates remaining strength as part of defect evaluation.  What 
assumptions are used to calculate remaining strength?  What method is used? 

• Procurement documents between operators and ILI vendors should require that the severe 
conditions that may affect the integrity of the pipeline be immediately reported to the operator. 
(See Appendix E.02, Bookmark E02 for more details.) 

• Monitored conditions do not require repair upon discovery, but it is expected that the operator will 
have produced some means of tracking these conditions to facilitate review at the next risk 
assessment or integrity assessment.  

• Defect characterization should consider all relevant uncertainties to assure that defects posing a 
potential integrity threat, including those meeting the criteria in 192.933(d), are promptly 
identified. Important aspects of tool tolerance affect the following critical integrity management 
considerations: 

o Defect sizing data for determination of correct repair criteria categorization should be 
adjusted to account for the tool tolerance associated with the measurement, in the 
conservative direction (e.g., metal loss depth and length should be increased by the 
amount of the tool tolerance).  This is especially important for “borderline” anomalies.  

o  Defect sizing data used as input into calculations to determine remaining strength of the 
pipe should be adjusted to account for the tool tolerance associated with the 
measurement, in the conservative direction (e.g., metal loss depth and length should be 
increased by the amount of the tool tolerance). 

• Tool tolerance should be considered in such a way as to assure pipeline integrity.  This is 
important because a certain portion of anomalies that are called to be less than a certain repair 
criterion will in reality meet that repair criterion. For example, out of all the anomalies that are 
called to be 70% WT, a certain number of them are expected to exceed the 80% WT criterion for 
an immediate repair condition, based on typical standard MFL tool tolerance of 15%. 

• Tool tolerances can also be applied to deformation depth and to orientation.  For example, ILI 
vendors specify the accuracy of their tool in predicting the circumferential location of a defect.  A 
6% dent of the top of the pipe (between 8 and 4 o’clock) is a one year condition; whereas, a 6% 
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dent on the bottom of the pipe (between 4 and 8 o’clock) is a monitored condition.  Defects 
located near the 4 and 8 o’clock positions should be evaluated to see if they should be included in 
the more conservative repair condition. 

• Additional guidance of interpreting MFL indications can be found in the technical report 
Understanding Magnetic Flux Leakage (MFL) Signals from Mechanical Damage in Pipelines - 
Phase I, September 18, 2007 (Reference: MFL_Signal). The objective of this project is to 
accurately model MFL signals produced by mechanical damage in pipelines using finite element 
structural and magnetic modeling techniques. This report summarizes the findings of the first year 
(Phase 1) of what is anticipated to be a three year study. 

• Refer to the following FAQs: 
o FAQ-56 clarifies that the anomaly repair schedule requirements in 192.933(d) apply to 

baseline assessments and subsequent re-assessments required by the new integrity 
management rule. 

o FAQ-62 states that monitored conditions must be recorded so that they can be monitored 
during future integrity management assessments and that they must be repaired if future 
assessments show changes which cause these anomalies to meet criteria for immediate 
repair or one-year conditions. 

o FAQ-66 clarifies that the repair schedule requirements in 192.933 apply only to covered 
segments, recognizing that the operator is responsible for promptly addressing anomalies 
identified in the other portions of a pigged section in accordance with 192.703(b). 

o FAQ-67 states that reductions in operating pressure are intended to provide an additional 
safety margin until defects can be remediated. To assure that additional margin is 
provided, the pressure reduction must be based upon pressures that the pipe has actually 
experienced with the defect present. 

o FAQ-68 clarifies that operators are required to integrate relevant information on the 
condition of the pipeline in making decisions on excavation timing and other mitigative 
actions. Tool tolerances should be considered as part of the data integration process. Also 
refer to Supplemental Guidance Appendix E.02, Bookmark E07 for additional discussion 
regarding tool tolerances and detection uncertainties. 

o FAQ-69 states that the rule specifies that the temporary pressure reduction be determined 
using ASME B31G or RSTRENG or that pressure must be reduced to a level not 
exceeding 80 percent of the level at the time the condition was discovered. 

o FAQ-70 clarifies that anomalies identified during pig runs not considered "baseline" or 
"re-assessments" under the rule must be repaired in accordance with the rule's repair 
criteria. 

o FAQ-134 clarifies that pressure should be reduced, or the line should be shut down, as 
soon as practicable once an immediate repair condition is identified. 

o FAQ-135 clarifies segments not in HCAs must be considered when evaluating pipeline 
after discovering corrosion in a covered segment. 

E.02.a. Verify the program requires a temporary pressure reduction or the pipeline to be shut down upon 
discovery of all immediate repair conditions. [§192.933(d)(1)] 

E.02.a. Supplemental Guidance: 

• The operator’s integrity management program must have a requirement to take a reduction in 
operating pressure or shut down the pipeline upon discovery of an immediate repair condition. The 
definition of what constitutes discovery is examined by Protocol E.01, therefore the operator 
should have a means of documenting the date an immediate repair condition has been discovered.  

• The operator’s program documentation, procedures or framework should address the steps to be 
taken (method) for determining the reduction in pressure and there should be emphasis on the 
timeliness of these actions.  

o FAQ-215 addresses the requirement that an operator is to examine an immediate repair 
condition within 5 days of discovery, however pressure reduction is to be taken promptly. 
"[P]romptly " means as soon as pressure can be safely reduced, and without undue delay. 
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In some cases, critical supply issues may be an adequate reason for a short delay in 
reducing pressure, while arrangements are made for alternative supplies, or notifications 
can be made to customers. For instance, interruption of a sole source gas supply to an 
LDC during critical winter heating demand could itself be a safety hazard for customers.  

o FAQ-134 also emphasizes the promptness of pressure reduction. Pressure should be 
reduced, or the line should be shut down, as soon as practicable once an immediate repair 
condition is identified. 

• FAQ-181 addresses requirements for safety related condition reports and notes that in some cases, 
an immediate repair condition may also require submittal of a safety related condition report. 

• FAQ-229 specifies that when determining the proper operating pressure to reduce to, an 
appropriate safety factor must be applied.  

o The least restrictive safety factor specified in §192.111 is 0.72. This safety factor is also 
built in to B31G and RSTRENG for determining a safety operating pressure. This safety 
factor should be used unless the need for a more restrictive factor is indicated.  

o Higher temporary operating pressures may be justified by the operator using empirical 
data as long as the justification demonstrates that the defect will not grow to a size that 
results in the predicted burst pressure being less than 1.1 times the temporary operating 
pressure.  

o Since the temporary pressure can remain in force for 365 days, growth rate 
determinations must be performed based on the time from the assessment to the end of 
the 365-day term of reduced pressure. 

E.02.b. Verify provisions exist to classify and categorize anomalies meeting the following criteria: 

i. Immediate Repair Conditions (Conditions requiring immediate remediation actions) 
1. Calculated remaining strength indicates a failure pressure that is less than or equal to 1.1 

times MAOP; [§192.933(d)(1)] 
2. A dent having any indication of metal loss, cracking, or a stress riser; [§192.933(d)(1)] 
3. An indication or anomaly that is judged by the person designated by the operator to 

evaluate assessment results as requiring immediate action. [§192.933(d)(1)] 
4. Metal-loss indications affecting a detected longitudinal seam if that seam was formed by 

direct current or low-frequency electric resistance welding or by electric flash welding; 
[ASME B31.8S-2004, Section 7.2.1] 

5. All indications of stress corrosion cracks; [ASME B31.8S-2004, Section 7.2.2]; or 
6. Any indications that might be expected to cause immediate or near-term leaks or ruptures 

based on their known or perceived effects on the strength of the pipeline. [ASME 
B31.8S-2004, Section 7.2.3] 

ii. One-Year Conditions (Conditions requiring remediation within one year of discovery).  

1. A smooth dent located between the 8 and 4 o’clock positions (upper 2/3 of the pipe) with 
a depth greater than 6% of the pipeline diameter; [§192.933(d)(2)] or,  

2. A dent with a depth greater than 2% of the pipeline’s diameter, that affects pipe curvature 
at a girth weld or at a longitudinal seam weld. [§192.933(d)(2)] 

iii. Monitored Conditions (Conditions which must be monitored until the next assessment). 

1. A dent with a depth greater than 6% of the pipeline diameter located between the 4 and 8 
o’clock position (lower 1/3) of the pipe; [§192.933(d)(3)] 

2. A dent located between the 8 and 4 o’clock position (upper 2/3) of the pipe with a depth 
greater than 6% of the pipeline diameter, and engineering analysis to demonstrate critical 
strain levels are not exceeded; [§192.933(d)(3)]or,  

3. A dent with a depth greater than 2% of the pipeline diameter, that affects pipe curvature 
at a girth weld or a longitudinal seam weld, and engineering analysis of the dent and girth 
or seam weld to demonstrate critical strain levels are not exceeded. [§192.933(d)(3)] 

E.02.b. Supplemental Guidance: 
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• ASME B31.8S-2004, Section 7, has extensive information regarding various types of indications 
and which of these require immediate attention. The Rule invokes ASME B31.8S-2004, Section 7, 
therefore the operator must follow the requirements identified in this section of the standard. It is 
expected that the operator’s integrity management program documentation or procedures, either 
directly or by reference, include all requirements of ASME B31.8S-2004, Section 7. 

o The remaining strength calculations are limited to use in cases were remaining wall 
thickness is > 20% of nominal wall thickness, i.e., maximum depth of metal loss is less  
than 80% WT (d/t<0.8). FAQ-241 clarifies this point. Any metal loss > 80% WT should 
be considered an immediate condition as required by Protocol E.02.b.3 or Protocol 
E.02.b.6, unless there are very strong technical reasons to respond to the condition less 
urgently. 

• The special criteria for immediate repair conditions found in §192.933(d)(1) are to be found 
directly, or by reference, in the operator’s program documentation, procedures, or framework. 
Anomalies meeting these criteria must result in a reduction in operating pressure using the 
methods identified in §192.933(1). The program documentation should make the connection of the 
criteria to the pressure reduction requirement. The immediate repair conditions as defined by 
§192.933(d)(1)(i-iii) and ASME B31.8S-2004, Section 7.2.1, ASME B31.8S-2004, Section 7.2.2, 
and ASME B31.8S-2004, Section 7.2.3 are as follows: 

o Where the predicted failure pressure is less than or equal to 1.1 times MAOP. 
o Where there is a dent with accompanying metal loss, cracking, or a stress riser. 
o Where engineering judgment by technical evaluators or management indicate that the 

condition must be immediately dealt with. 
o Where metal loss is present on the longitudinal seam of low frequency ERW or lap 

welded pipe. 
o Where there is any indication of Stress Corrosion Cracking, or 
o Where there is any indication that the condition might result in rupture of the pipeline and 

require immediate action. 
• FAQ-241 notes that B31G and RSTRENG are not valid for situations with metal loss exceeding 

80 percent of wall thickness (see Figure 1-2 in B31G, which requires "repair or replace" for 
conditions involving wall loss greater than 80 percent).  

• The special criteria for one-year repair conditions found in §192.933(d)(2) are to be found directly, 
or by reference, in the operator’s integrity management program documentation, procedures, or 
framework. This program requirement should indicate that the one-year conditions are to be 
scheduled within one year from the date of discovery. The one-year repair conditions as defined 
by §192.933(d)(2)(i-ii) are as follows: 

o Smooth dents on the upper 2/3 of the pipeline (between the 8 o’clock and 4 o’clock 
position) that have a depth that is greater than 6% of the pipeline’s diameter. The depth 
criteria is 0.5 inches for pipeline with a Nominal Pipe Size less than 12 inches. 

o Any dent having a depth greater than 2% of the pipeline’s diameter that affects curvature 
at a longitudinal seam weld or a girth weld. The depth criteria is 0.25 inches for pipeline 
with a Nominal Pipe Size less than 12 inches. 

• The special criteria for monitored conditions found in §192.933(d)(3) are to be found directly, or 
by reference, in the operator’s integrity management program documentation, procedures, or 
framework. Some conditions do not warrant repair, but instead require monitoring to determine if 
their status changes such that they present an integrity concern. The following criteria from 
§192.933(d)(3) is to be used in designating monitored conditions: 

o A dent on the lower 1/3 of the pipe (between the 4 o’clock and 8 o’clock positions) 
having a depth greater than 6% of the pipeline’s diameter. The depth criteria is 0.5 inches 
for pipeline with a Nominal Pipe Size less than 12 inches. 

o A dent on the upper 2/3 of the pipe (between the 8 o’clock and 4 o’clock positions) 
having a depth greater than 6% of the pipeline’s diameter, but for which engineering 
analysis concludes that critical strain levels are not exceeded. The analysis must be 
documented. The depth criteria is 0.5 inches for pipeline with a Nominal Pipe Size of less 
than 12 inches. 

http://primis.phmsa.dot.gov/gasimp/QstHome.gim?qst=390�
http://primis.phmsa.dot.gov/gasimp/QstHome.gim?qst=390�
http://primis.phmsa.dot.gov/gasimp/QstHome.gim?qst=390�
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o A dent with a depth greater than 2% of the pipeline’s diameter that affects curvature at a 
girth weld or a longitudinal seam weld, but for which engineering analysis concludes that 
critical strain levels are not exceeded. The analysis must be documented. The depth 
criteria is 0.25 inches for pipeline with a Nominal Pipe Size of less than 12 inches. 

• Note that discovery date is the subject of Protocol E.01.b. 
• 49 CFR 192.309 discusses repair criteria for new construction of transmission lines. Subsection 

192.309(b) in particular discusses repair criteria for dents in pipeline operating above 20% SMYS 
and 40% SMYS. Subsection 192.309(b)(3) only applies to pipe operating > 40% SMYS. While 
the deformation (dent) size criteria are similar, 933(d) applies to all transmission pipe in HCAs 
and 309(b)(3) only applies to pipeline operating >40% SMYS. Overlaying 192.933(d) repair 
criteria onto the 192.309(b) criteria, it can be seen that the dent repair criteria in 192.933(d) are 
more strict in their application than the 192.309(b)(3) dent criteria for pipelines operating between 
20% and 40% of SMYS. The basis for this is that the 192.933(d) criteria are intended to afford 
extra protection to pipelines in HCAs, whereas the 192.309(b) criteria apply to all new 
construction pipelines. Operators must repair (or otherwise remediate) such construction defects, 
even though the defects did not meet the repair criteria in 192.309(b) at the time of construction. 

E.02.c. Verify provisions exist to record and monitor anomalies that are classified as "monitored 
conditions" during subsequent risk or integrity assessments for any change in their status that would require 
remediation. [§192.933(d)(3)] 

E.02.c. Supplemental Guidance: 

• Protocol E.02.c. examines the process for monitoring conditions that do not require scheduled 
repair. The inspector should determine how monitored conditions are identified and where the 
report is located. 

• Integrity Management program procedures must address the activities necessary to monitor the 
status of these conditions during subsequent risk assessments and integrity assessments. It is 
expected that an identification process has been developed to tag these conditions.  

• This process should evaluate the conditions since changing conditions and risk factors could 
potentially affect their status. There should also be a process by which these conditions are re-
reviewed, including the frequency of that review, for determination of needed repair. 

E.02.d. Verify that program requirements exist to meet the provisions of ASME B31.8S-2004, Section 7, 
Figure 4 for scheduling and remediating any other threat conditions that do not meet the classification 
criteria of Protocol E.02.b, above. [§192.933(c)] 

E.02.d. Supplemental Guidance: 

• ASME B31.8S-2004, Section 7, Figure 4, provides a graph that instructs the operator how to 
determine required repair time frames for any anomalous conditions that do not meet the special 
criteria found in §192.933(d)(1) through (d)(3). 

• By using current operating pressure as a % of SMYS, the operator can determine which plot on 
the graph applies to its pipeline. Then by determining predicted failure pressure (Pf) for the 
anomaly in question and using the ratio of Pf to the MAOP for the pipeline, the time by which the 
anomaly must be repaired can be determined. This method should be prescribed in the operator’s 
integrity management program and it should be noted that it applies to all anomalies that do not 
meet the special criteria in §192.933(d). 

o Note: The formulas in the following table model the curves depicted in ASME B31.8S-
2004, Section 7, Figure 4. Either these formulas or Figure 4 may be used for 
determination of the required response time for anomalies. 

 
Timing for Scheduled Responses 

Pipeline Operating Stress Formula to Find Response Time Not to Exceed Response 
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Level "Years" Timeframes 
At or Above 50% SMYS Years = (Pf / MAOP - 1.1) / 0.029 10 Years 
At or Above 30% up to 50% 
SMYS Years = (Pf / MAOP - 1.1) / 0.06 15 Years 

Less than 30% SMYS Years = (Pf / MAOP - 1.1) / 0.11 20 Years 
 

• Concerns have been raised about the applicability of ASME B31.8S-2004, Section 7, Figure 4 
when considering pipeline that is operating at pressures that are less than 30 - 50% of SMYS. The 
concern is that pipeline operating at these lower pressures could have a Pf to MAOP ratio of 1.1 - 
1.3 and still require relatively quick response times. In these cases, the pipeline would have only a 
very thin wall left, meriting the quicker response times. Therefore Figure 4 must still be used to 
determine the response schedule in these cases. 

E.03 Operator Response when Timelines for Evaluation and Remediation Cannot be Met 

Verify that provisions exist to respond appropriately when the operator is unable to meet time limits for 
evaluation and remediation. [§192.933(a)]. 

E.03 Supplemental Guidance: 

• The operator should have integrity management program requirements that ensure compliance 
with remediation time frames required by the special criteria of §192.933(d)(1) through 
§192.933(d)(3) or, if not applicable, then using the criteria found in ASME B31.8S-2004, 
Section 7, Figure 4.  

• There are conditions, such as inclement weather or other natural phenomena that can impact the 
ability of an operator to respond within the time frames that they have scheduled in order to meet 
the Rule. This Protocol is directed at inspecting the operator’s integrity management program to 
determine that it has in place those necessary requirements to ensure that the response to these 
situations meets the Rule.  

• Review of the records and justifications where these repair dates cannot be met is the subject of 
Protocol E.04. 

• FAQ-69 clarifies that the rule permits a 20 percent reduction in pressure as an adequate interim 
measure for immediate repair conditions. The rule specifies that the temporary pressure reduction 
be determined using ASME B31G or RSTRENG or that pressure must be reduced to a level not 
exceeding 80 percent of the level at the time the condition was discovered. 

E.03.a. Verify a requirement exists to take a temporary operating pressure reduction or other action that 
ensures safety of the covered segment in the event the operator is unable to respond within the timeframes 
required by §192.933. [§192.933(a)] 

i. Verify a requirement exists to determine the appropriate pressure reduction using ASME B31G, or 
"RSTRENG", or reduce pressure to a level not exceeding 80% of the level at the time the 
condition was discovered. [§192.933(a)] 

ii. Verify a requirement exists that when a pressure reduction is to exceed 365 days, a documented 
technical justification is developed that explains the reason for remediation delay and 
demonstrates continuation of the reduction will not jeopardize pipeline integrity. [§192.933(a)] 

E.03.a. Supplemental Guidance: 

• An operator must either take a temporary pressure reduction or take some other action to ensure 
safety if a repair condition cannot be resolved by time frames required by the rule. There is no 



Gas Integrity Management Protocols with Guidance, Revision 5, 1/1/2008 
 
 

Page 96 of 151 
 

specification in the Rule as to what constitutes this "other action", however the basis for continued 
safety as a result of this action should be convincing. The choices for this other action can depend 
on issues such as where the anomaly is located, the nature of the defect, operating history, etc.  

• NOTE: As specified in §192.933(d), the option to take "other action to ensure safety" does not 
apply to immediate repair conditions. Refer to Protocol E.02.a. Operators must either take a 
pressure reduction or shut down the line in response to an immediate condition. 

• The operator’s program documentation must specify the requirement to take a pressure reduction 
or take another action. The operator should describe the process by which that other action is 
determined. 

• When a temporary pressure reduction is opted for by an operator who cannot meet a remediation 
schedule, the method of acceptably determining that reduction has been defined in the Rule. A 
pressure reduction is also mandatory when an immediate repair condition has been discovered as 
presented in Protocol E.02. The method of determining the appropriate pressure reduction is the 
same, but the entry condition is different. The choices for determining the proper pressure 
reduction are: 

o ASME B31G 
o RSTRENG 
o 80% of operating pressure at the time the condition was discovered (not MAOP). 

• The 80% reduction application requires the date the unrepaired anomaly was discovered and 
knowledge of the operating pressure on that date. The operator’s program documentation should 
describe how the pressure reduction determination is performed. 

• The operator may continue a reduced pressure for a period of 365 days.  
• To extend the pressure reduction beyond 365 days, the operator must document the basis of why 

the integrity of the pipeline is not jeopardized and explains the reasons for remediation delay. A 
requirement to document this justification must exist in the operator’s integrity management 
program documentation, procedures, or framework. No information is presented in the Rule as to 
what constitutes an acceptable basis for continued pressure reduction, but the operator should 
provide a compelling basis that is technically sufficient.  

• There is no requirement for notification of this extended pressure reduction to PHMSA or the 
State or local pipeline safety authority as applicable. 

E.03.b. Verify a requirement exists to document the justification, when an evaluation and remediation 
activity cannot be completed within established timeframe requirements, that includes the reasons why the 
schedule cannot be met and the basis for why the changed schedule will not jeopardize public safety. 
[[§192.933(a) and §192.933(c)] 

E.03.b. Supplemental Guidance: 

• Any time a remediation schedule cannot be met, the operator must document: 
o why the specified remediation schedule cannot be met, and 
o why the changed schedule will not jeopardize public safety  

• There is no indication in the Rule what an adequate justification would be, but the inspector 
should be presented with a technically sound basis.  

• The requirement to document this justification must be part of the operator’s integrity 
management program documentation, procedures, or framework. 

E.03.c. Verify a requirement exists to notify PHMSA in accordance with §192.949 and the State pipeline 
safety authority, if applicable, when: 

i.  the operator cannot meet the evaluation and remediation schedule and cannot provide a temporary 
reduction in operating pressure or other action [§192.933(a)(1) and §192.933(c)], and 

ii. a pressure reduction exceeds 365 days. [§192.933(a)(2)] 
The notification is to include the documented justification under protocols E.03.a and E.03.b. 

E.03.c. Supplemental Guidance: 
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• PHMSA must be notified when the operator: 
o Cannot meet a required remediation schedule, AND 
o Cannot respond to that failure by either reducing pressure or taking another action to 

ensure safety of the pipeline. 
• PHMSA must also be notified if a pressure reduction exceeds 365 days. 
• This notification must be made in accordance with §192.949.  
• The operator’s IM procedures must address the §192.949 notification requirements and 

development of the necessary justification. 
• When it has jurisdictional authority, the State pipeline safety authority must be notified when the 

operator cannot meet a required remediation schedule and also cannot respond to that failure by 
either reducing pressure or taking another action to ensure safety of the pipeline. The operator’s 
IM procedures must address notification requirements in this instance and provide the contact 
information. 

E.04 Record Review for Discovery, Repair and Remediation Activities 

Inspect operator repair and remediation records to verify that remediation activities have been conducted in 
accordance with program requirements. [§192.933] 

E.04 Supplemental Guidance: 

• Numerous records are generated by the operator in the process of performing remediation 
activities to meet IM Program requirements. The focus of this protocol item is to review those 
records generated as evidence that the operator is meeting remediation requirements in the Rule 
and to demonstrate that the operator’s program requirements for remediation are being executed 
properly by those charged with implementing the integrity management program. 

• Records and documentation for review includes the following activities or documents: 
o ILI Reports (both preliminary and final) 
o DA results 
o Review of assessment results and the discovery of anomalies and their timeliness 
o Nature (type) and size of anomalies 
o "Dig lists" 
o The operator’s remediation schedule 
o Actions taken to repair or otherwise remediate discovered conditions 
o Repair records 
o Operating logs or other documentation demonstrating that pressure reductions were 

promptly taken in response to the discovery of immediate conditions or in response to 
remediation schedules extending beyond those specified in the rule or the Supplement. 

o The evaluation and remediation steps taken for anomalous conditions, 
o The documented justification for continuing a pressure reduction beyond 365 days, and 
o Documents indicating when a remediation activity has been completed. 

• Calculation of safe operating pressures, and thus determining appropriate repairs, poses special 
concerns for pipe that is grandfathered or waivered to operate at higher pressures than the design 
pressure its current class location would allow.  This includes:  

o all pipe grandfathered to operate at greater than 72% SMYS,  
o pipe that operates above 72% SMYS as a result of a waiver, and  
o pipe for which a waiver approved continued operation without pressure reduction after a 

class location change.   
The reason is that the standard methods of calculating allowable pressure (e.g., ASME B31G, 
RSTRENG) incorporate the design factors from §192.111, and calculations using these tools could 
show safe operating pressures below the design pressure calculated in accordance with §192.105.  
Inspectors should pay particular attention to instances in which repairs are needed in covered 
segments that are grandfathered or operating under waivers.  Inspectors should question operators 
concerning how they have designed an appropriate repair.  Note that use of the design factors 
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specified in §192.105 (e.g. repairing to class 3 criteria even though a waiver was issued to allow 
continued operation at class 2 pressures) is one acceptable means of addressing this concern. 

• There are numerous FAQs related to records and implementation reviews: 
o FAQ-56 states that anomaly repair requirements in 192.933 do not apply to old 

assessments unless it is being used as a baseline assessment under the "prior assessment" 
provision. 

o FAQ-58 states that discovery of a condition occurs when an operator has adequate 
information about the condition to determine that it presents a potential threat to the 
integrity of the pipeline. 

o FAQ-62 states that a schedule for remediation of monitored conditions is not required, 
but they must be monitored for any changes that would result in the need to schedule 
remediation. 

o FAQ-65 states that old assessments conducted before December 17, 2002 may only be 
credited as a "prior baseline assessment" after all anomalies have been remediated per 
192.933. 

o FAQ-66 states that even though §192.933 only applies to covered segments, operators 
must repair anomalies discovered in non-covered segments in accordance with their 
O&M manual. 

o FAQ-67 states that pressure reduction must be based on actual recent operating pressure, 
(not MAOP). 

o FAQ-68 states that tool tolerances must be considered in evaluating anomalies against the 
repair criteria. Also refer to Supplemental Guidance Appendix E.02, Bookmark E4 - 
Section E.4, E.5 and E.6 for additional discussion on tool tolerances and detection 
uncertainties. 

o FAQ-69 states that a 20 percent pressure reduction is an adequate pressure reduction for 
immediate repair conditions. 

o FAQ-70 clarifies that any data collected, whether "baseline", "reassessment", or from 
other sources must be acted upon when the information is available. 

o FAQ-134 states that pressure should be reduced, or the line should be shut down, as soon 
as practicable once an immediate repair condition is identified. 

o FAQ-135 states that that operators who identify corrosion in a covered segment that 
could adversely affect the integrity of the line must evaluate and remediate, as necessary, 
all pipeline segments (both covered and non-covered) with similar material coating and 
environmental characteristics. 

o FAQ-224 states that §192.917(e)(5) requires that an operator who finds corrosion on a 
covered pipeline segment "must evaluate and remediate, as necessary, all pipeline 
segments (both covered and non-covered) with similar material coating and 
environmental characteristics." 

o FAQ-225 states that operators may find problems in non-covered segments while 
performing assessment of covered segments and must take appropriate actions. 

E.04.a. Verify a prioritized schedule exists for evaluation and remediation of anomalies identified during 
assessment or reassessment activities. The prioritized schedule must document which of the criteria 
specified in §192.933(d) and/or ASME B31.8S-2004 were used as the basis for the schedule. [§192.933(c) 
and §192.933(d)] 

E.04.a. Supplemental Guidance: 

• Inspect operator records for a schedule for evaluation and remediation of anomalies resulting from 
either the baseline assessment or a following reassessment. Each condition that meets the criteria 
for an anomaly requiring repair must have an associated date scheduled for completion.  

• The schedule must be consistent with the criteria of §192.933(d) or it must have been determined 
using the information in ASME B31.8S-2004, Section 7.  

• The schedule should indicate the source of the priority (either the criteria in §192.933(d) or ASME 
B31.8S-2004, Section 7, Figure 4) and should indicate priority for immediate conditions. 
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• The schedule should be used to track completion of remediation activities and demonstrate 
compliance with required timeframes. 

E.04.b. Verify anomaly discovery was documented within 180 days of completion of the assessment or 
reassessment, or else that compliance with the 180-day period was impracticable. [§192.933(b)] 

E.04.b. Supplemental Guidance: 

• Inspection should include a review of operator records to confirm that discovery occurred within 
180 days of completion of the assessment. Each anomaly should have an associated discovery date 
documented. 

• When using ILI, the beginning of the 180 days is considered to be the date that the ILI tool is 
pulled from the trap on a "good run". This date should be documented.  

o FAQ-34 states that the date an assessment is considered complete is the date on which 
final field activities related to that assessment are complete (not including repairs). 

• Inspection should confirm that immediate repair conditions received priority in their discovery by 
both the vendor (if used) and the operator. 

• If discovery did not occur within the 180-day time frame, the operator must document why it was 
impractical to do so. This justification is not filed as a notification to PHMSA, but should be 
available for review. 

• Operators may not delay discovery in cases when the ILI log must be regraded. The operator must 
obtain sufficient information to discover anomalies (including the regrading of the logs, if 
required), within 180 days of completion of the assessment. 

E.04.c. Verify any remediation activities taken are sufficient to ensure that the anomaly is unlikely to 
threaten the integrity of the pipeline before the next scheduled reassessment. [§192.933(a)] 

E.04.c. Supplemental Guidance: 

• Inspection should include a review of operator remediation records to confirm that any repairs 
undertaken are sufficiently robust to prevent failure due to that condition until the next assessment 
of the pipeline. This will involve some judgment on the part of the inspector, but repairs that do 
not appear to have been performed properly, such as using unqualified personnel, could be cause 
to reject the repair work. 

• It should be expected that the date for the next assessment has been determined in order to reach 
the conclusion that the repair was accomplished in a manner that restores pipeline integrity to a 
condition that will not be jeopardized before the next scheduled assessment. 

• The Pipeline Repair Manual (AGA, Catalog Number L51716, 1994) presents a catalog of known 
pipeline repair techniques, and discusses the various types of pipeline defects that lend themselves 
to being repaired in-service. A matrix is provided to match defects in need of repair with 
appropriate repair methods.  

• Note that the repair requirements of §192.713(a)(2) are also applicable to segments, both covered 
and non-covered, operating at pressures greater than 40% SMYS. 

E.04.d. Verify, for any immediate repair anomalies, a temporary pressure reduction is taken by the operator 
on the pipeline and the reduced pressure is determined in accordance with ASME B31G, or "RSTRENG", 
or that the reduced pressure does not exceed 80% of the level at the time the condition was discovered. 
[§192.933(a)] 

E.04.d. Supplemental Guidance: 

• Inspection should include a review of operator records to determine that pressure reduction 
determinations have been properly accomplished.  
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• If the pressure reduction is calculated, a review of the calculations could be appropriate to confirm 
adequacy and use of the proper methods. If the pressure reduction is 80% of operating pressure at 
the time of discovery, the date of discovery and operating records or logs may need to be 
consulted to confirm the proper pressure reduction was taken.  

• FAQ-229 discusses the appropriate safety factors that must be used in determining the proper 
pressure reduction. A 0.72 safety factor would be normally expected unless conditions indicate a 
more restrictive safety factor is necessary or if the operator demonstrates through analysis of 
empirical defect growth rate data (or conservative defect growth rate assumptions) that a higher 
pressure is acceptable.  

• See Protocol E.02.a which discusses pressure reductions. 

E.04.e. Verify immediate repair conditions have been evaluated and remediated on a  
schedule established in accordance with the provisions of ASME B31.8S-2004, Section 7. [§192.933(d)(1)] 

E.04.e. Supplemental Guidance: 

• Inspection should include a review of operator records to confirm that immediate repair conditions 
have been identified and remediated in accordance with ASME B31.8S-2004, Section 7. The 
standard has specific direction with regard to what constitutes an immediate condition and how 
long it should take an operator to declare one exists.  

• The immediate repair conditions as defined by §192.933(d)(1)(i-iii) and ASME B31.8S-2004, 
Section 7.2.1, ASME B31.8S-2004, Section 7.2.2, and ASME B31.8S-2004, Section 7.2.3 are as 
follows: 

o Where the predicted failure pressure is less than or equal to 1.1 times MAOP. 
o Where there is a dent with accompanying metal loss, cracking, or a stress riser. 
o Where engineering judgment by technical evaluators or management indicate that the 

condition must be immediately dealt with. 
o Where metal loss is present on the longitudinal seam of low frequency ERW or lap 

welded pipe. 
o Where there is any indication of Stress Corrosion Cracking, or 
o Where there is any indication that the condition might result in rupture of the pipeline and 

require immediate action. 

E.04.f. Verify any pressure reduction taken has not exceeded 365 days from the date of discovery unless: 
i.  a technical justification has been developed that explains the reason for remediation delay and 

demonstrates that continuation of the pressure reduction will not jeopardize the integrity of the 
pipeline, and 

ii. PHMSA and the State pipeline safety authority, if applicable, have been notified in accordance 
with §192.949. [§192.933(a)] 

E.04.f. Supplemental Guidance: 

• Inspection should include a review of operator records to confirm that when a pressure reduction 
has been taken, it has not been in place as a mitigative measure for longer than 365 days unless a 
basis for continuation has been developed. This basis should demonstrate why the pipeline 
remains safe under the extended pressure reduction.  

• The date for the initial pressure reduction should be available in the records in order to be able to 
track the 365-day time frame. 

• Pressure reductions that exceed 365 days require notification to PHMSA and the State pipeline 
safety authority, if applicable. 

E.04.g. Verify that remediation activities were completed in accordance with scheduled timeframes. 
[§192.933(c) and §192.933(d)] 
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E.04.g. Supplemental Guidance: 

• Inspection should include a review of operator records to confirm that scheduled remediation 
activities did, in fact, occur by the dates they were scheduled. Typically, this involves reviewing 
repair records to determine actual repair completion dates and comparing to the remediation 
schedule. 

E.04.h. Verify that anomalies meeting any of the criteria of §192.933(d)(3) as "monitored conditions" are 
evaluated during subsequent risk and integrity assessments to identify any change that may require 
remediation and that any required remediation is scheduled and implemented in accordance with the 
applicable requirements of §192.933 and ASME B31.8S-2004. [§192.933(d)] 

E.04.h. Supplemental Guidance: 

• Inspection should include a review of an operator’s program to verify that anomalies meeting any 
of the criteria of §192.933(d)(3) as "monitored conditions" are evaluated during subsequent risk 
assessments and integrity assessments to identify any change that may require remediation and 
that any required remediation is scheduled and implemented in accordance with the applicable 
requirements of §192.933 and ASME B31.8S-2004.  

• Monitored conditions must be reevaluated during subsequent risk assessments. Examples of 
conditions that might be identified that could result in the need to remediate the monitored 
condition include, but are not limited to: 

o Corrosion growth rates at nearby locations are determined to be greater than originally 
assumed. 

o New threats to the pipeline segment are identified that could interact with the monitored 
condition and cause failure before the next assessment. 

o Identification of previously unknown encroachment could cause a small dent that was 
previously thought to be construction damage to be re-interpreted as third party damage. 

• Monitored conditions must be re-evaluated during subsequent integrity assessments. If the defect 
has not grown to a size that meets any repair criteria, it must continue to be monitored. Defect 
growth should be analyzed and considered in establishing subsequent re-assessment intervals. 
Also, these monitored conditions serve as validation checks for the re-assessment. If a known 
monitored conditions is not called (or significantly under-called) by the new assessment, the 
validity of the assessment may be questionable. 

• Review of operator records should confirm that monitored conditions have been tracked and re-
reviewed at subsequent assessments (if more than a baseline assessment has been performed.) 

E.04.i. Verify any remediation activities that have not been completed in accordance with §192.933 
timeframes, and the operator has not provided safety through a temporary pressure reduction: 

i. have technical justifications that include the reasons why the schedule cannot be met and the basis 
for why the changed schedule will not jeopardize public safety, and  

ii.  have been reported to PHMSA and appropriate State authorities in accordance with the 
requirements of §192.933(c) of the rule. [§192.933(c)] 

E.04.i. Supplemental Guidance: 

• Inspection should include a review of operator records to confirm that the required notifications 
have been submitted to PHMSA or the State pipeline safety authority (as applicable) when the 
remediation schedule cannot be met and safety cannot be ensured by either reducing operating 
pressure or some other appropriate action. 
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Protocol Area F. Continual Evaluation and Assessment 

• F.01 Periodic Evaluations 
• F.02 Reassessment Methods 
• F.03 Low Stress Reassessment 
• F.04 Reassessment Intervals 
• F.05 Deviation from Reassessment Requirements 
• F.06 Waiver from Reassessment Interval 
• Table of Contents 

F.01 Periodic Evaluations 

Verify the operator conducts a periodic evaluation of pipeline integrity based on data integration and risk 
assessment to identify the threats specific to each covered segment and the risk represented by these threats. 
[§192.917 and §192.937(b)] 

F.01 Supplemental Guidance: 

• Verify that the operator’s IMP requires the completion of periodic evaluations and reassessments 
of covered segments after completing the baseline integrity assessment. 

• An operator must base the frequency for conducting periodic evaluations and the reassessment 
interval on risk factors specific to its pipeline, including at least the past and present integrity 
assessment results, risk analysis results, and decisions about repair, and preventive and mitigative 
actions taken to reduce risk. 

• Periodic "evaluations" involve a different process than "assessments." Evaluations are analytical 
reviews of a wide range of data and information regarding the pipeline integrity that includes but 
goes beyond simply "assessment" results. "Assessments" of pipelines on the other hand are tests, 
or actual measures of the pipeline’s condition and can be performed using a variety of tools or 
inspection techniques.  

o FAQ-205 states that operators should use the best information that they have available in 
performing the data integration and analysis. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix F.01, Bookmark F1 - Protocol F.1. 

F.01.a. Verify that periodic evaluations are conducted based on a data integration and risk assessment of 
the entire pipeline as specified in §192.917. The evaluation must consider the following: [§192.937(b) and 
192.917] 

i. Past and present assessment results 
ii. Data integration and risk assessment information [§192.917] 

iii. Decisions about remediation [§192.933] 
iv. Additional preventive and mitigative actions [§192.935] 

F.01.a. Supplemental Guidance: 

• The inspector should verify that the data from the entire pipeline is considered and not just data 
from covered segments. Furthermore, an operator is only required to gather and integrate existing 
data about its pipeline system, i.e., the data does not have to be created if it does not exist. 

• The inspector should verify that the periodic evaluations consider cyclic fatigue and other loading 
conditions (including ground movement, suspension bridge condition) that could lead to failure of 
a deformation, including dent or gouge, or other defect in a covered segment. Also, verify that the 
evaluation assumes the presence of threats in the covered segment that could be exacerbated by 
cyclic fatigue. [Refer to §192.917(e)(2)] 
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• FAQ-81 states that when performing continual evaluation the operator must consider all 
information relevant to determining risk associated with pipeline operation in HCAs. 

• Refer to Supplemental Guidance Appendix C.02, White Paper, Data Gathering and Integration. 
• Additional guidance for this protocol subelement can be found in Supplemental Guidance 

Appendix F.01, Bookmark F1a - Protocol F.1.a. 

F.01.b. Verify that periodic evaluations of data are thorough, complete, and adequate for establishing 
reassessment methods and schedules. [§192.937(b)] 

F.01.b. Supplemental Guidance: 

• Review the IM Program to determine if it contains requirements to conduct periodic integrity 
evaluations that are technically rigorous, justifiable and adequate for making integrity related 
decisions. 

• Review a sampling of completed periodic evaluations to check for technical justification and 
completeness. 

• Refer to Protocol A.06 regarding the need to periodically review data for identification of new, or 
changes to HCAs. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F1b - Protocol F.1.b. 

F.01.c. Verify that an appropriate interval is established for performing required periodic evaluations of 
threats and pipeline conditions following completion of the baseline assessment. [§192.937(b)] 

F.01.c. Supplemental Guidance: 

• The rule does not require that periodic evaluations be conducted within a specific maximum 
interval as it does for reassessments. An operator must conduct a periodic evaluation as frequently 
as needed to assure pipeline integrity. Inspectors should note that there are 2 potentially 
contradictory statements concerning risk re-evaluation in ASME B31.8S-2004, Section 5.8: "A 
specified period defined by the operator shall be established for a system wide risk re-evaluation 
but shall not exceed the maximum required interval". It goes on one sentence later to state "The 
frequency of the system wide re-evaluation must be at least annually but may be more frequent 
based on the frequency and importance of data modifications." PHMSA generally expects that the 
HCA review and risk analyses will be re-evaluated at a minimum on an annual basis (refer to 
FAQ-234). This is to provide operators with sufficient time to identify changes to HCAs and 
incorporate them into their plans within one year of their identification. More frequent review may 
be necessary if conditions warrant. Refer to Protocol A.06 for expectations related to changes to 
HCAs and FAQs related to annual re-evaluation expectations. 

• An operator must base the frequency of the evaluations on risk factors specific to its pipeline.  
• The occurrence of a time-dependent failure requires immediate evaluation of the re-assessment 

interval (ASME B31.8S-2004, Table 3, Note 1). 
• In addition to a regularly scheduled periodic evaluation interval, the operator should conduct 

periodic evaluations of its pipeline as needed in response to certain events, in order to assure that 
pipeline integrity threats are promptly identified. The operator, therefore, should have controls in 
place that identify those factors/events that should initiate an immediate evaluation of pipeline 
integrity. 

• After having reviewed the periodic evaluation schedule the inspector should make a qualitative 
judgment regarding the adequacy of the schedule and its basis. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F1c - Protocol F.1.c. 
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F.01.d. Verify that the operator periodically reviews the evaluation results to determine if the new 
information warrants changes to reassessment intervals and/or methods, and makes changes as appropriate. 
[§192.937] 

F.01.d. Supplemental Guidance: 

• Verify that the operator periodically reviews the processes and risk assessment methods used to 
develop the evaluations to ensure they continue to yield relevant, accurate results consistent with 
the objectives of the operator’s overall integrity management program. 

• Adjustments and improvements to the risk assessment methods will be necessary as more 
complete and accurate information concerning pipeline system attributes and history become 
available. 

• Identify relevant changes to the pipeline system and verify that this new information was 
evaluated for potential impact on evaluation results (i.e., reassessment intervals and methods). 
Determine if the conclusions regarding the potential impact were appropriate. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F1d - Protocol F.1.d. 

F.02 Reassessment Methods 

Verify that the approach for establishing the reassessment method is consistent with the requirements in 
§192.937(c). [§192.937(c) and §192.941] 

F.02 Supplemental Guidance: 

• The inspector should review the IMP to verify that the approach used to determine the 
reassessment method is consistent with ASME B31.8S-2004, Section 6. 

• Refer to guidance in Protocol B.01. 
• Additional guidance for this protocol and its subelement questions can be found in Supplemental 

Guidance Appendix F.01, Bookmark F2 - Continual Evaluation and Assessment. 

F.02.a. Verify that one or more of the following assessment methods (depending on the applicable threats) 
are specified: 

i. An internal inspection tool(s) capable of detecting corrosion and any other threats that the operator 
intends to address using this tool(s). The process must follow ASME B31.8S-2004, Section 6.2, in 
selecting the appropriate inspection tool. [§192.937(c)(1)] 

ii. A pressure test conducted in accordance with Subpart J. An operator must use the test pressures 
specified in ASME B31.8S-2004, Section 5, Table 3, to justify an extended reassessment interval 
in accordance with §192.939. Pressure test is appropriate for threats as defined in ASME B31.8S-
2004, Section 6.3. [§192.937(c)(2)] 

iii. Direct assessment – refer to Protocol D. [§192.937(c)(3)] 
iv. Other technology that an operator demonstrates can provide an equivalent understanding of the 

condition of the pipe. If other technology is the method selected, the process should require that 
the operator notify PHMSA at least 180 days before conducting the assessment, in accordance 
with §192.949. Also, verify that notification to a State or local pipeline safety authority is required 
when either a covered segment is located in a State where PHMSA has an interstate agent 
agreement, or an intrastate covered segment is regulated by that State. [§192.937(c)(4)] 

v. Confirmatory direct assessment when used on a covered segment that is scheduled for a 
reassessment period longer than seven years. Refer to Protocol G. [§192.937(c)(5)] 

vi. If the operator is using "low stress reassessment" method, evaluate the process using 
Protocol F.03. 
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F.02.a. Supplemental Guidance: 

• Refer to Supplemental Guidance for Protocol B.01.  
• FAQ-187 states that direct assessment is an acceptable assessment method, but needs to be used 

only in situations where it is applicable. 
• An operator must use the test pressures specified in ASME B31.8S-2004, Section 5, Table 3, to 

justify the maximum reassessment intervals in accordance with §192.939. See Protocol F.04 
regarding the reassessment interval. The test pressures specified in Subpart J are typically less than 
the pressures specified in ASME B31.8S-2004, Section 5, Table 3, that are needed to justify the 
maximum reassessment intervals. 

• Use of a spike test, alone, as an assessment method would constitute "other technology". 
Operators planning to use "other technology" to perform assessments must notify PHMSA (and/or 
a state regulator if applicable) at least 180 days in advance. A spike test may be performed along 
with a pressure test meeting Subpart J requirements. In that case, the Subpart J test is considered 
the primary assessment, and no notification would be required.  

o FAQ-141 states that use of a spike test alone would constitute "other technology". 
• A confirmatory direct assessment is an "interim" integrity assessment method using more focused 

application of the principles and techniques of direct assessment to identify internal and external 
corrosion in a covered transmission pipeline segment. Refer to Supplemental Guidance 
Appendix F.04, White Paper, CDA and Reassessment Intervals, and the following FAQs for more 
guidance: 

o FAQ-133 states that operators do not have to do a full assessment every 7 years even if 
their pipeline is subject to threats other than external and internal corrosion. 

o FAQ-216 states that all covered segments must be assessed at least every 7 years. 
o FAQ-228 states that performance of a CDA does not extend the interval until the next 

primary reassessment. 
• Additional guidance for this protocol subelement can be found in Supplemental Guidance 

Appendix F.01, Bookmark F2a - Protocol F.2.a. 

F.02.b. Review the methods selected for reassessments and verify that they are appropriate for the 
identified threats. 

F.02.b. Supplemental Guidance: 

• Review a sample of covered segments and verify that the reassessment method selected is 
consistent with the requirements of the operator’s IMP and ASME B31.8S-2004, Section 6, based 
on the threats applicable to that segment. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F2b - Protocol F.2.b. 

F.03 Low Stress Reassessment 

For pipelines operating at < 30% SMYS, the operator may choose to use a "low stress reassessment" 
method to address threats of external and internal corrosion. If this method is used, verify that the operator 
addresses the following requirements [§192.941]: 

F.03 Supplemental Guidance: 

• This provision recognizes the relatively low risk posed by these pipelines and the likelihood that 
failures will result in leakage rather than rupture. Operators who implement this low-stress 
reassessment option also have the option of performing CDA. 

• Low stress reassessments, like CDAs, are interim assessment methods, not primary assessment 
methods. 
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• Reassessment for these low-pressure pipelines by the other methods allowed by the rule (i.e., 
pressure test, internal inspection, direct assessment) is required only every 20 years, the maximum 
interval allowed by ASME B31.8S-2004, unless the periodic evaluation determines that a shorter 
interval is appropriate. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix F.01, Bookmark F3 - Protocol F.3. 

F.03.a. Verify that the operator completes a baseline assessment on the covered segment prior to 
implementing the "low stress reassessment" method. [§192.941(a)] 

F.03.a. Supplemental Guidance: 

• The rule requires that a baseline assessment must be completed on a segment before the low stress 
reassessment method can be performed as a reassessment. For operators choosing to use the low-
stress reassessment method, the inspector should review documents that show a completed and 
satisfactory baseline assessment. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F3a - Protocol F.3.a. 

F.03.b. If used to address external corrosion, verify that the operator has incorporated the following: 

i. If the pipe is cathodically protected, electrical surveys (i.e., indirect examination tool/method) 
must be performed at least every 7 years. The operator must use the results of each survey as part 
of an overall evaluation of the cathodic protection and corrosion threat for covered segments. This 
evaluation must consider, at a minimum, the leak repair and inspection records, corrosion 
monitoring records, exposed pipe records, and the pipeline environment. [§192.941(b)(1)] 

ii. If the pipe is unprotected or cathodically protected where electrical surveys are impractical, the 
operator must require (1) the conduct of leakage surveys as required by §192.706, at 4-month 
intervals; and (2) the identification and remediation of areas of active corrosion every 18 months 
by evaluating leak repair and inspection records, corrosion monitoring records, exposed pipe 
records, and the pipeline environment. [§192.941(b)(1)] 

F.03.b. Supplemental Guidance: 

• Given certain field conditions, electrical surveys may be impractical. Such conditions may include 
pavements (reinforced), stray current areas possibly near electric ROW or electrified railways, and 
casings. 

• Follow up investigation would be required if areas of concern are identified. Follow up 
investigation could include: where practicable, close interval surveys; or for coated pipe, selective 
use of voltage gradient devices. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F3b - Protocol F.3.b. 

F.03.c. If used to address internal corrosion, verify that the operator has incorporated all of the following: 

i. Gas analysis for corrosive agents must be performed at least once each calendar year. 
[§192.941(c)(1)] 

ii. Periodic testing of fluids removed from the segment must be conducted. At least once each 
calendar year the operator must test the fluids removed from each storage field that may affect a 
covered segment. [§192.941(c)(2)] 

iii. At least every seven (7) years, the operator must integrate data from the analysis and testing 
required by c.i and c.ii above with applicable internal corrosion leak records, incident reports, and 
test records, and define and implement appropriate remediation actions. [§192.941(c)(3)] 
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F.03.c. Supplemental Guidance: 

• Review periodic gas analysis and fluid analysis from segments and storage fields to determine if 
corrosive agents were present. 

• If corrosive agents were present in the analysis review the operator’s actions to address the 
problem. 

• Review the operator’s data integration and verify that appropriate analysis and remediation 
activities were performed. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F3c - Protocol F.3.c. 

F.04 Reassessment Intervals 

Verify that the requirements for establishing the reassessment intervals are consistent with section 
§192.939 and ASME B31.8S-2004. [§192.937(a), §192.939(a), §192.939(b), §192.913(c), and ASME 
B31.8S-2004, Section 5, Table 3] 

F.04 Supplemental Guidance: 

• Review the operator’s IM Program to determine if each segment that could affect HCAs is 
scheduled for a reassessment (if it has already had a baseline assessment), or that the process 
requires that a reassessment be scheduled upon completion of the baseline assessment.  

• Verify that the process assures that reassessment intervals are based on the results of the periodic 
evaluation and do not exceed the values specified in ASME B31.8S-2004, Table 3. 

• FAQ-236 states that operators may use straight-line interpolation to determine acceptable intervals 
between the 5, 10, 15, and 20 year intervals listed in ASME B31.8S-2004, Table 3. In no case 
must operators reassess more frequently than once every seven years unless such frequent 
reassessments are determined necessary by risk assessment. 

• FAQ-28 states that the risk posed by each pipeline segment covered by the rule must be 
considered in scheduling reassessments. 

• ASME B31.8S-2004, Table 3 would indicate that for low stress pipe, a Subpart J pressure test 
would require a 5-year reassessment interval. However, PHMSA position is that reassessment is 
not required in less than seven years as long as test pressures are at least as high as required by 
Subpart J, unless the operator's risk assessment indicates a need to do so. Pressure tests must be 
conducted at pressures in ASME B31.8S-2004, Section 6.2, if reassessment intervals longer than 
seven years are to be used. In that case, a confirmatory direct assessment or low-stress 
reassessment (as appropriate) must be conducted at seven years. In no case may the interval 
between assessments (including confirmatory direct assessment and low-stress reassessment) 
exceed seven years. Refer to FAQ-207 and FAQ-236. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix F.01, Bookmark F4 - Protocol F.4. 

F.04.a. Verify that the operator reassesses covered segments on which a baseline assessment was 
conducted during the baseline period specified in subpart 192.921(d) by no later than seven years after the 
baseline assessment of that covered segment unless the reassessment evaluation (refer to Protocol F.01) 
indicates an earlier reassessment. [§192.937(a)] 

F.04.a. Supplemental Guidance: 

• Regardless of the "primary" reassessment method or the stress level of the pipe, there is a 
regulatory requirement that some type of reassessment must be performed on each covered 
segment at intervals not to exceed 7 years. This reassessment can be a "primary" assessment 
method or an "interim" reassessment such as a CDA or a low stress reassessment. 
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• The interval "7 years" should be measured in actual years not calendar years. 
• Refer to the following FAQs regarding reassessment intervals: 

o FAQ-40 states that assessments must be performed at intervals no longer than 7 years; 
and assessments using ILI, pressure testing or direct assessment within the maximum 
intervals specified in the rule. 

o FAQ-41 states that the intervals are measured in terms of actual years, not calendar years. 
o FAQ-42 states that some reassessments will be required before all baseline assessments 

are completed if operators use the entire 10 year period to perform baseline assessments. 
o FAQ-43 states that the maximum intervals in the rule may be extended if the operator 

implements exceptional performance-based programs, or if the operator submits a waiver 
request to PHMSA. 

o FAQ-45 states that operators meeting the criteria for exceptional performance can extend 
reassessment intervals. 

o FAQ-133 states that operators do not have to do a full assessment every 7 years even if 
their pipeline is subject to threats other than external and internal corrosion. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F4a - Protocol F.4.a. 

F.04.b. For pipelines operating at or above 30% SMYS, verify that the operator meets the following 
requirements: 

i. If the operator establishes a reassessment interval greater than seven (7) years, a confirmatory 
direct assessment (refer to Protocol G) must be performed at intervals not to exceed seven (7) 
years followed by a reassessment at the interval established by the operator (refer below). 
[§192.939(a)] 

ii. Unless a deviation is permitted under §192.913(c), the maximum reassessment interval shall not 
exceed the values listed in the §192.939(b) table. [§192.937(a)] 

iii. If the reassessment method is a pressure test, ILI, or other equivalent technology, the interval must 
be based on either: (1) the identified threat(s) for the covered segment (see §192.917) and on the 
analyses of the results from the last integrity assessment, and a review of data integration and risk 
assessment; or (2) using the intervals specified for different stress levels of pipeline listed in 
ASME B31.8S-2004, Section 5, Table 3. An operator must use the test pressures specified in 
ASME B31.8S-2004, Section 5, Table 3, to justify an extended reassessment interval in 
accordance with §192.939. [§192.939(a)(1)] 

iv. If the reassessment method is external corrosion direct assessment, internal corrosion direct 
assessment, or SCC direct assessment refer to Protocol D for evaluating the operator’s interval 
determination. 

F.04.b. Supplemental Guidance: 

• The operator’s IMP should require the performance of data integration and risk assessment that 
may determine that a shorter interval than the maximum is appropriate for the segment under 
consideration. If the evaluation concludes that a shorter interval is appropriate, the operator must 
proceed with the shorter interval. 

• Verify that the operator’s IMP requirements do not exceed the maximum interval requirements 
specified in ASME B31.8S-2004, Section 5, Table 3, of either 10 or 15 years depending on 
whether the pipe is operated at more than 50% SYMS or not, and depending on the predicted 
failure pressure or the pressure test values. 

• If a hydrostatic pressure test was performed per Subpart J requirements, then the operator may use 
a seven year reassessment interval (refer to FAQ-207 and FAQ-236). Extended intervals may be 
achieved per ASME B31.8S-2004, Section 5, Table 3 and the guidance below. 

• If the predicted failure pressure ratio or the test pressure ratio falls in between the values listed in 
ASME B31.8S-2004, Section 5, Table 3, interpolation is acceptable. The baseline Pf/MAOP or 
TP/MAOP is 1.1. For ratios higher than 1.1 use:  
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o 0.03 per year if >= 50% SMYS;  
o 0.06 per year if >= 30% SMYS and  
o For example a segment >50% SMYS and the test pressure is 1.35 times the MAOP, the 

maximum interval would be 8.3 years (1.35-1.25 = 0.1 divided by 0.03 is 3.3 years plus 
the 5-year interval allowable for test pressure of 1.25 times MAOP).  

o In no event are operators required to assess more frequently than seven years unless their 
risk assessment indicates a need to do so. 

• If the operator chooses external corrosion direct assessment as the assessment method, the 
reassessment interval is based on the NACE standard, but not to exceed the maximum values 
specified in ASME B31.8S-2004, Section 5, Table 3. (Refer to Protocol D) 

• If the assessment method is internal corrosion direct assessment or stress corrosion cracking direct 
assessment, the operator must base the reassessment interval on the largest remaining defect and 
the growth rate appropriate for the conditions where the largest remaining defect is the size of the 
largest defect discovered in the SCC or ICDA segment (refer to Protocol D, Supplemental 
Guidance Appendix F.01, Bookmark F4 - Protocol F.4, Supplemental Guidance Appendix F.02, 
Reassessment Interval Determination Methods and Supplemental Guidance Appendix F.03, 
Reassessment Intervals for Hydro-Tests Based on Pressure Cycle Defect growth Analysis) but not 
to exceed the maximum values specified in ASME B31.8S-2004, Section 5, Table 3. 

• Refer to the following FAQs: 
o FAQ-40 states that assessments must be performed at intervals no longer than 7 years; 

and assessments using ILI, pressure testing or direct assessment within the maximum 
intervals specified in the rule. 

o FAQ-41 states that the intervals are measured in terms of actual years, not calendar years. 
o FAQ-45 states that operators meeting the criteria for exceptional performance can extend 

reassessment intervals. 
o FAQ-133 states that operators do not have to do a full assessment every 7 years even if 

their pipeline is subject to threats other than external and internal corrosion. 
o FAQ-178 states that operators planning to increase stress levels (e.g. from 30% SMYS) 

must determine whether additional actions need to take place such as performing an 
additional assessment since maximum intervals vary for different stress levels. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F4b - Protocol F.4.b. 

F.04.c. For pipelines operating < 30% SMYS, verify that the operator selects one of the following 
reassessment approaches: 

i. Reassessment by pressure test, internal inspection or other equivalent technology following the 
requirements in §192.939(a)(1) except that the stress level referenced in §192.939(a)(1)(ii) would 
be adjusted to reflect the lower operating stress level. However, if an established interval is more 
than seven (7) years, the operator must conduct at seven (7) year intervals either a confirmatory 
direct assessment in accordance with §192.931, or a low stress reassessment in accordance with 
§192.941. An operator must use the test pressures specified in ASME B31.8S-2004, Section 5, 
Table 3, to justify an extended reassessment interval in accordance with 
§192.939.[§192.939(b)(1)] 

ii. Reassessment by external corrosion direct assessment, internal corrosion direct assessment, or 
SCC direct assessment. Refer to Protocol D for evaluating the operator’s interval determination. 
[§192.939(b)(2), §192.939(b)(3) and §192.939(b)(4)] 

iii. Reassessment by confirmatory direct assessment at seven year intervals in accordance with 
subpart 192.931, with reassessment by one of the methods listed in §192.939(b)(1) – 
§192.939(b)(3) by year 20 of the interval. [§192.939(b)(4)] 

iv. Reassessment by the "low stress method" at 7-year intervals in accordance with §192.941 with 
reassessment by one of the methods listed in §192.939(b)(1) through §192.939(b)(3) by year 20 of 
the interval. [§192.939(b)(5)] 

F.04.c. Supplemental Guidance: 
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• The process for determining the reassessment interval is essentially the same as that used for pipe 
operating over 30% SMYS. The main difference is that the entry point for ASME B31.8S-2004, 
Section 5, Table 3, is the last column 

• If the predicted failure pressure ratio or the test pressure ratio falls in between the values listed in 
ASME B31.8S-2004, Section 5, Table 3, interpolation is acceptable. The baseline Pf/MAOP or 
TP/MAOP is 1.1. For ratios higher than 1.1 use:  

o 0.11 years  
o For example a segment < 30% SMYS and the test pressure is 2 times the MAOP, the 

maximum interval would be 7.7 year (2.0 - 1.7 = 0.3 divided by 0.11 is 2.7 years plus the 
5-year interval allowable for test pressure of 1.7 times MAOP).  

o In no event are operators required to assess more frequently than seven years unless their 
risk assessment indicates a need to do so. 

• Similarly, if the reassessment interval for pipe operating at less than 30% SMYS is greater than 7 
years, a CDA or a low stress reassessment must be performed at 7 year (or shorter) intervals.  

• CDA is a streamlined derivation of Direct Assessment (an acceptable assessment method) and is 
not acceptable, by itself, as the sole method to be used for primary reassessment of pipeline 
segments covered by Subpart O. 

• A low stress reassessment is performed at 7-year intervals much like a CDA. If this method if 
selected, the operator must still perform an assessment using ILI, pressure test or direct assessment 
by year 20 of the interval. 

• Refer to the following FAQs: 
o FAQ-40 states that assessments must be performed at intervals no longer than 7 years; 

and assessments using ILI, pressure testing or direct assessment within the maximum 
intervals specified in the rule. 

o FAQ-41 states that the intervals are measured in terms of actual years, not calendar years. 
o FAQ-45 states that operators meeting the criteria for exceptional performance can extend 

reassessment intervals. 
o FAQ-133 states that operators do not have to do a full assessment every 7 years even if 

their pipeline is subject to threats other than external and internal corrosion. 
o FAQ-178 states that operators planning to increase stress levels (e.g. from 30% SMYS) 

must determine whether additional actions need to take place such as performing an 
additional assessment since maximum intervals vary for different stress levels. 

o FAQ-228 states that performance of a CDA does not extend the interval of a primary 
reassessment. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F4c - Protocol F.4.c. 

F.04.d. Verify that a covered segment on which a prior assessment was credited as a baseline assessment 
under subpart §192.921(e) is required to be reassessed by no later than December 17, 2009. [§192.937(a)] 

F.04.d. Supplemental Guidance: 

• Identify those segments that were credited with a prior assessment for the baseline assessment and 
verify that the reassessment schedule for these segments does not exceed December 17, 2009.  

o FAQ-152 states that prior assessments must address all applicable threats to the pipeline. 
• The reassessment interval for segments with baselines assessments credited prior to December 17, 

2002, depends on the results of the operator’s risk analysis, when the prior test was conducted, 
what method was used on the prior assessment, and operating conditions of the segment in 
question.  

o FAQ-27 states that if the period between the baseline assessment date and December 17, 
2009 is more than the maximum reassessment interval allowed by §192.939 (or more 
than a shorter interval which the operator concludes, based on its risk assessment, should 
be used), then the reassessment must be conducted with one of the methods listed in 
§192.937(c)(1)-(4) (i.e., ILI, pressure test, DA, or other technology). If the maximum 
allowed interval has not been reached, then the initial reassessment may be conducted 
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using confirmatory direct assessment [§192.937(c)(5)], with reassessment using one of 
the methods in §192.937(c)(1)-(4) before the maximum reassessment interval expires. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F4d - Protocol F.4.d. 

F.04.e. Verify that reassessment intervals are appropriate and that adequate documentation and technical 
bases support the intervals selected. 

F.04.e. Supplemental Guidance: 

• For segments that have completed baseline assessments, verify that the next assessment method 
and schedule have been documented.  

• Evaluate the intervals selected for the next assessment to ensure that a bona fide evaluation of re-
assessment interval was conducted.  

• Verify that adequate justification exists to support the established reassessment interval. 
• Several generic "IMP-in-a-Box" plans include a corrosion rate formula (Cr = dmax / 0.75 X Nyears) 

for determination of reassessment intervals. Operators have not documented a technical basis 
justifying the adequacy of this formula and it is not endorsed in any known consensus industry 
standard. Inspection should verify that a documented basis for the use of this formula (or other 
formula) is provided in IMP documentation. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F4e - Protocol F.4.e. 

F.05 Deviation from Reassessment Requirements 

If the operator elects to deviate from certain requirements listed in §192.913(c), verify that the operator 
uses a performance based approach that satisfies the requirements for exceptional performance as follows: 
[§192.913 and ASME B31.8S-2004] 

F.05 Supplemental Guidance: 

• Protocol F.05 applies only if an operator pursues a performance-based program, but does not 
apply to operators implementing the prescriptive approach. 

• Perform a detailed review of any programs identified as "exceptional performance" to verify that 
all of the requirements specified in the rule (see below) for such programs were appropriately 
implemented. Refer to Supplemental Guidance Appendix F.05, White Paper, Exceptional 
Performance, for further guidance. 

• Additional discussion of provision of "exception performance" to non-covered segments is 
provided in Supplemental Guidance Appendix C.03, White Paper, "Look Beyond" Provisions. 

• Additional guidance for this protocol and its subelement questions can be found in Supplemental 
Guidance Appendix F.01, Bookmark F5 - Protocol F.5. 

• FAQ-185 discusses that operators with mature integrity management programs who have 
conducted at least 2 assessments on covered segments can qualify for performance-based approach 
and extended reassessment intervals. 

F.05.a. Verify that the operator has a performance based integrity management program that meets or 
exceeds the performance-based requirements of ASME B31.8S-2004 and includes, at a minimum, the 
following elements: [§192.913(a)] 

i. A comprehensive process for risk analysis; 
ii. All risk factor data used to support the program; 

iii. A comprehensive data integration process; 
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iv. A procedure for applying lessons learned from assessment of covered pipeline segments to 
pipeline segments not covered by this subpart; 

v. A procedure for evaluating every incident, including its cause, within the operator's sector of the 
pipeline industry for implications both to the operator's pipeline system and to the operator's 
integrity management program; 

vi. A performance matrix that demonstrates the program has been effective in ensuring the integrity 
of the covered segments by controlling the identified threats to the covered segments (Refer to 
Protocol I); 

vii. Semi-annual performance measures beyond those required in §192.943 that are part of the 
operator's performance plan. [See §192.911(i)] Refer to Protocol I. 

viii. An analysis that supports the desired integrity reassessment interval and the remediation methods 
to be used for all covered segments. 

F.05.a. Supplemental Guidance: 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F5a - Protocol F.5.a. 

• Refer to Supplemental Guidance Appendix C.01, White Paper, Data Gathering and Integration, for 
further guidance on performance based integrity management programs. 

• (i) 
o The risk analysis process must be "comprehensive." For performance based programs, 

each threat analysis must evaluate all 21 specific threats listed in ASME B31.8S-2004, 
Section 2.2. The distinction between "comprehensive" risk analysis process and a 
"normal" risk analysis process is also discussed in the risk analysis Protocol C. 

o A performance based IM program that uses more comprehensive analysis methods 
should consider the following in order to exclude a threat in a segment (ASME B31.8S-
2004, Section 5.10): 

 There is no history of a threat impacting the particular segment or pipeline 
system; 

 The threat is not supported by applicable industry data or experience; 
 The threat is not implied by related data elements in that the application of 

related data elements may provide an indication of a threat’s presence when 
other data elements are not available; 

 The threat is not supported by like/similar analyses; 
 The threat is not applicable to system or segment operating conditions. 
 Even if an operator concludes that a particular threat is not applicable to its 

pipeline, the threat evaluation must be documented and the basis for drawing 
such conclusions must be documented. 

• (ii) 
o The data elements listed in §192.917(b) must be considered for both covered and non-

covered segments.  
o All risk data is to be used; i.e. selected risk data cannot be omitted from use in the 

program.  
o Refer to Protocol C. 

• (iii) 
o This aspect of the performance based program should be evaluated during Protocol C, the 

review of the risk analysis process. 
o FAQ-227 states that the risk assessment and data integration for performance-based 

programs should be more thorough, complete, and mature than those used in prescriptive 
programs. 

• (iv) 
o IM lessons learned are to be applied to ALL parts of the system. 
o Select a sample of completed assessments of covered segments and verify that the 

operator has identified lessons learned. Then determine if those lessons were applied to 
non-covered segments or whether there is evidence that the lessons will be applied. 
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• (v) 
o Cause analysis must be applied to "every" incident. Note the use of the term "incident" 

and not "release". This would include near misses and operational errors. 
o Select a sample of known incidents and verify that each one was evaluated and that any 

implications to other segments were identified and actions taken. 
• (vi) 

o Operator must demonstrate that applicable threats are "controlled." This is a more 
exacting requirement than the general performance measures in §192.945. 

o Refer to Protocol I. 
• (vii) 

o §192.911(i) refers to ASME B31.8S-2004, Section 9. These measures are more extensive 
than the 4 performance measures all operators must submit under the prescriptive 
program. The submittal of these measures (basically all performance measures from 
ASME B31.8S-2004 included in the operator’s program) is a significant upgrade. 

• (viii) 
o The analysis to support reassessment intervals and remediation schedules must be 

included. It is understood that these analyses must be technically sound, comprehensive, 
and valid. 

o Refer to the following FAQs regarding extending reassessment intervals: 
 FAQ-43 states that operators can either submit waivers to PHMSA or implement 

exceptional performance through a performance-based program in order to 
extend reassessment intervals. 

 FAQ-45 states that operators may use performance-based programs and 
demonstrate exceptional performance in order to extend reassessment intervals. 

F.05.b. Verify that the operator has completed at least two integrity assessments on each covered pipeline 
segment the operator is including under the performance-based approach and is able to demonstrate that 
each assessment effectively addressed the identified threats on the covered segments. [§192.913(b)(2)(i)] 

F.05.b. Supplemental Guidance: 

• Credited assessments can go back to prior to 12/2002. Two assessments means two complete 
assessments, each of which may have involved more than one assessment method (e.g., 
deformation and metal loss runs).  

• Confirmatory direct assessments or low stress reassessments cannot be counted toward meeting 
this requirement. 

• FAQ-173 states that a CDA cannot be credited as a second assessment if an operator desires to 
move to a performance-based program. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F5b - Protocol F.5.b. 

• Refer to Supplemental Guidance Appendix F.05, White Paper, Exceptional Performance, for 
further guidance. 

F.05.c. Verify the operator has remediated anomalies identified in the more recent assessment per the 
requirements of §192.933. [§192.913(b)(2)(ii)] 

F.05.c. Supplemental Guidance: 

• Refer to Protocol E for information regarding remediation requirements. 
• Additional guidance for this protocol subelement can be found in Supplemental Guidance 

Appendix F.01, Bookmark F5c - Protocol F.5.c. 

F.05.d. Verify the operator has incorporated the results and lessons learned from the more recent 
assessment into the operator’s data integration and risk assessment. [§192.913(b)(2)(ii)] 
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F.05.d. Supplemental Guidance: 

• By reviewing documentation, verify that the more recent assessment has been evaluated, the 
results and lessons learned identified, and applicable findings factored into the risk assessment and 
data integration process. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F5d - Protocol F.5.d. 

F.05.e. Verify that deviations are allowed only for the timeframe for reassessment as provided in §192.939 
except that reassessment by some method allowed by Subpart O (e.g., confirmatory direct assessment) must 
be completed at intervals not to exceed seven (7) years. [§192.913(c)(1)] 

F.05.e. Supplemental Guidance: 

• While the rule allows extended reassessment intervals for operators that implement exceptional 
performance programs, an "interim" reassessment, i.e. a CDA, must still be performed within the 
7-year requirement. Verify that such an interim measure is scheduled or has been performed. 

• Refer to the following FAQs: 
o FAQ-43 states that operators can either submit waivers to PHMSA or implement 

exceptional performance through a performance-based program in order to extend 
reassessment intervals. 

o FAQ-45 states that operators may use performance-based programs and demonstrate 
exceptional performance in order to extend reassessment intervals. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F5e - Protocol F.5.e. 

F.06 Waiver from Reassessment Interval 

Verify that the operator’s program requires that it apply for a waiver, should it become necessary, from the 
required reassessment interval. The waiver request must demonstrate that the waiver is justified as specified 
in the rule. Such a waiver request may only be made in the following limited situations: [§192.943] 

F.06 Supplemental Guidance: 

• An operator who uses internal inspection as an assessment method may be able to justify a longer 
reassessment period for a covered segment if internal inspection tools are not available to assess 
the line pipe.  

• Must show that the waiver is consistent with pipeline safety.  
• Refer to the following FAQs: 

o FAQ-43 states that an operator may submit a waiver request to PHMSA when inspection 
tools are not available or where conducting an assessment would imperil gas supply. 

o FAQ-205 states that an operator should use the best information that they have available 
in performing the data integration and analysis. 

o FAQ-210 states that notifications should be sent both to PHMSA and to states. 
• Additional guidance for this protocol and its subelement questions can be found in Supplemental 

Guidance Appendix F.01, Bookmark F6 - Protocol F.6. 

F.06.a. Lack of internal inspection tools. [§192.943(a)(1)] 

F.06.a. Supplemental Guidance: 
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• To justify this, the operator must demonstrate that it cannot obtain the internal inspection tools 
within the required reassessment period and that the actions the operator is taking in the interim 
ensure the integrity of the covered segment.  

o FAQ-43 states that an operator may submit a waiver request to PHMSA when inspection 
tools are not available or where conducting an assessment would imperil gas supply. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F6a - Protocol F.6.a. 

F.06.b. Cannot maintain local product supply. [§192.943(a)(2)] 

F.06.b. Supplemental Guidance: 

• An operator may be able to justify a longer reassessment period for a covered segment if the 
operator demonstrates that it cannot maintain local product supply if it conducts the reassessment 
within the required interval. 

• It should be noted that assessment planning windows are large, in years, and there should be 
ample time to plan for assessments. Given the long intervals between required reassessments, an 
operator would need to make a strong argument that either of these conditions could not have been 
averted by prudent planning. Waivers due to supply impacts should only apply to extenuating and 
unforeseeable circumstances, and not things like waiting till the last minute and then having a bad 
ILI run.) Inspectors should be aware that other operators may be able to provide a gas supply. 
Also, operators may be able to bring in portable LNG plants which can often supply small towns 
(e.g., population 15,000). Valving and emergency interconnects can also be used, but again 
operators may be reluctant to use because of expense. Operators should be able to show 
calculations of demand in cubic feet vs. supply in cubic feet to demonstrate that they can not hold 
loads with temporary LNG or alternative supplies. 

• FAQ-43 states that an operator may submit a waiver request to PHMSA when inspection tools are 
not available or where conducting an assessment would imperil gas supply. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F6b - Protocol F.6.b. 

F.06.c. Application must be made at least 180 days before the end of the required reassessment interval. 
(Exception: If local product supply issues make the 180 day submittal impractical, an operator must apply 
for the waiver as soon as the need for waiver becomes known). [§192.943(b)] 

F.06.c. Supplemental Guidance: 

• Inspectors should review any documentation associated with waiver requests. 
• Refer to the following FAQs: 

o FAQ-43 states that an operator may submit a waiver request to PHMSA when inspection 
tools are not available or where conducting an assessment would imperil gas supply. 

o FAQ-210 states that notifications must be sent to both PHMSA and state authorities when 
the pipeline is under state jurisdiction. 

• Additional guidance for this protocol subelement can be found in Supplemental Guidance 
Appendix F.01, Bookmark F6c - Protocol F.6.c. 
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Protocol Area G. Confirmatory DA 

• G.01 Confirmatory Direct Assessment, CDA 
• Table of Contents 

G.01 Confirmatory Direct Assessment, CDA 

If using confirmatory direct assessment (CDA) as allowed in §192.937, verify that the operator’s integrity 
management plan meets the requirements of §192.931, §192.925 (ECDA) and §192.927 (ICDA). 
[§192.931] 

G.01 Supplemental Guidance: 

• All covered pipelines must be assessed every 7 years after the initial baseline assessment. CDA is 
an interim assessment technique that may be used that provides operators with a method of 
validating the results of assessments of covered segments for external and internal corrosion 
threats. 

o CDA is not applicable for any threats other than external or internal corrosion. 
o CDA can not be used to lengthen full assessment intervals. 

 FAQ-228 clarifies that CDA is only an interim assessment technique and as such 
re-assessment intervals can only be shortened or left the same. There are no 
provisions for lengthening the re-assessment interval. 

o CDA can be used to shorten or maintain full assessment intervals. 
o CDA can be used for assessments conducted on no longer than 7 year intervals when full 

re-assessments are scheduled to occur at intervals longer than 7 years. 
o FAQ-40 clarifies that both the PSIA and the rule mandate that periodic integrity 

assessments MUST be performed at least every 7 years. In between full assessments, 
which are specified in §192.939, CDA may be used for all covered segments regardless 
of the operating stress and special preventive and mitigative measures can be used on low 
stress covered segments to fulfill the 7 year period. 

o FAQ-46 clarifies that there are 4 acceptable integrity assessment methods, in line 
inspection, pressure testing, direct assessment (for EC, IC, and SCC threats) and "other 
technology". CDA can be used at the 7 year intervals as an interim assessment method if 
the full assessment requirements are longer than that period. 

o FAQ-216 clarifies that operators must do interim assessments of all covered segments 
every 7 years per the requirements of the PSIA. Covered segments operating at less than 
30% SMYS can be assessed using the regular assessment methods, CDA or via 
preventive and mitigative measures as outlined in §192.941. 

o CDA cannot be credited as a second assessment if an operator intends to move to a 
performance-based program. 

 FAQ-173 clarifies that only full assessments can be used for credit towards the 
exceptional performance goals. 

o Operators must prepare a CDA plan prior to using CDA as an interim assessment 
method. See §192.931 for specifics. 

• Operators that use CDA must have a plan that meets the requirements in §192.925 (ECDA) and 
§192.927 (ICDA). §192.931 provides specific requirements for what must be contained by the 
plan. 

• FAQ-133 states that operators do not have to do a full assessment every 7 years even if their 
pipeline is subject to threats other than external and internal corrosion. Intervals for full 
assessments must be established per the requirements in 192.939. Maximum reassessment 
intervals vary with pipeline stress level as presented in the table in that section, but shorter 
intervals may be required if indicated by the operator’s risk analysis. If an interval of longer than 
seven years is established, then some assessment must be performed no less frequently than every 
seven years. Confirmatory direct assessment, alone, is sufficient to fulfill this requirement. 
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G.01.a. Verify that the operator’s CDA plan for external corrosion complies with all of the requirements 
contained in §192.925 (See Protocol D.01 ~ Protocol D.05) with the following exceptions, [§192.931(b) 
and §192.925] 

i. The procedures for indirect examination may allow use of only one indirect examination tool 
suitable for the application 

ii. The procedures for direct examination and remediation must provide that all immediate action 
indications and at least one scheduled action indication are excavated for each ECDA region. 

G.01.a. Supplemental Guidance: 

• For operators who use CDA for external corrosion, they must comply with §192.925 with several 
exceptions. They must also comply with NACE RP0502-2002, ASME B31.8S-2004, Section 
6.4.1, ASME B31.8S-2004, Appendix A1 and ASME B31.8S-2004, Appendix B1. 

• Protocol D.01 through Protocol D.05 apply and should be followed except for the following two 
exceptions: 

i. One of the exceptions to the requirements of §192.925 (and NACE RP0502-2002) is that 
only one indirect inspection tool need be utilized. 

ii. The other exception to §192.925 (and NACE RP0502-2002) is that only one scheduled 
indication need be excavated. 

• In all cases, the maximum allowable assessment interval can not be greater than that stated in 
ASME B31.8S-2004, Table 3. 

o Refer to Supplemental Guidance Appendix G.01, Calculating Re-Assessment Interval, 
for additional guidance on calculation of remaining life and re-assessment intervals. 

• The assessment interval can not be lengthened for the external corrosion threat. 
• The assessment interval can be shortened for the external corrosion threat depending on the 

findings of CDA. 
• All immediate indications on the covered segment must be excavated (in addition to the one 

scheduled indication). 
• Any indication that will affect the integrity of the covered segment must be excavated (in addition 

to the one scheduled indication). 

G.01.b. Verify that the operator’s CDA plan for internal corrosion complies with all of the requirements 
contained in §192.927 (See Protocols D.6 ~ D.9) except that procedures for identifying locations for 
excavation may require excavation of only one high risk location in each ICDA region.[§192.931(c) and 
§192.925] 

G.01.b. Supplemental Guidance: 

• For operators who use CDA for internal corrosion, they must comply with the 4 step ICDA 
process outlined in §192.927 with one exception. They must also comply with ASME B31.8S-
2004, Section 6.4.2, ASME B31.8S-2004, Appendix A2 and ASME B31.8S-2004, Appendix B2. 

• The exception to §192.927 is that only one high risk indication need be excavated. 
• Protocol D.06 through Protocol D.09 apply and should be followed with the one exception 

specified above for §192.927. 
• In all cases, the maximum allowable assessment interval can not be greater than that stated in 

ASME B31.8S-2004, Table 3 
• The assessment interval can not be lengthened for the internal corrosion threat. 
• The assessment interval can be shortened for the internal corrosion threat depending on the 

findings of CDA. 
• If a defect is discovered that needs remediation prior to the next scheduled full assessment, it must 

be evaluated using the remaining life calculations and reassessment intervals found in NACE 
RP0502-2002, Section 6.2 and NACE RP0502-2002, Section 6.3. 
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o Refer to Supplemental Guidance Appendix G.01, Calculating Re-Assessment Interval, 
for additional guidance on calculation of remaining life and re-assessment intervals. 

G.01.c. When using CDA carried out under §192.931(b) or (c), if an operator discovers any defect 
requiring remediation prior to the next scheduled assessment, verify that the operator evaluates the need to 
accelerate the schedule for the next assessment. If the schedule is accelerated, verify that the new 
assessment scheduled is determined using the methodology documented in NACE RP0502-2002, Section 
6.2 and NACE RP0502-2002, Section 6.3. [§192.931(d)]  

i. If the defect requires immediate remediation, verify the operator reduces pressure consistent with 
§192.933 (See Protocol E) until the operator has completed reassessment using one of the 
assessment techniques allowed in §192.937 (See Protocol F). [§192.931(d)] 

G.01.c. Supplemental Guidance: 

• NACE RP0502-2002, Section 6.2 and NACE RP0502-2002, Section 6.3 must be used to calculate 
the remaining life of the defect and the reassessment interval when operators perform remediation 
of defects discovered by CDA for both internal and external corrosion threats. 

o Operators must take a pressure reduction as specified in §192.933(d)(1) for all defects 
that require immediate action. 

o Pressure reductions can only be in effect for 1 year, therefore, operators must remediate 
the defect within that time limit unless other steps are taken as outlined in §192.933(a) 
and ASME B31.8S-2004, Section 7. 

o NACE RP0502-2002, Section 6.2 and NACE RP0502-2002, Section 6.3 must be used to 
schedule the next reassessment if CDA identifies any defects requiring remediation prior 
to the next scheduled assessment. 

• FAQ-132 addresses determination of new reassessment schedules for defects requiring 
remediation; Re-assessment under the CDA process uses the remaining life calculation and half 
life calculations in NACE RP0502-2002, Section 6.2 and NACE RP0502-2002, Section 6.3. These 
calculations give operators the allowable re-assessment interval of internal corrosion defects 
providing they are less than the maximum in ASME B31.8S-2004, Table 3, or §192.939. 

• Refer to Supplemental Guidance Appendix G.01, Calculating Re-Assessment Interval, for 
additional guidance on calculation of remaining life and re-assessment intervals. 

Protocol Area H. Preventive and Mitigative Measures 

• H.01 General Requirements (Identification of Additional Measures) 
• H.02 Third Party Damage 
• H.03 Pipelines Operating Below 30% SMYS 
• H.04 Plastic Transmission Pipeline 
• H.05 Outside Force Damage 
• H.06 Corrosion 
• H.07 Automatic Shut-Off Valves or Remote Control Valves 
• H.08 General Requirements (Implementation of Additional Measures) 
• Table of Contents 

H.01 General Requirements (Identification of Additional Measures) 

Verify that a process is in place to identify additional measures to prevent a pipeline failure and to mitigate 
the consequences of a pipeline failure in a high consequence area. [§192.935(a)] 

H.01 Supplemental Guidance: 
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• Operators are expected to promptly identify the need for additional preventive and mitigative 
measures. See FAQ-90, which states: 

o Operators should not wait until after the baseline assessment to determine P&M 
measures, especially for segments not scheduled for assessment in the near term. 

o Operators should determine P&M measures within one year after completing an integrity 
assessment. 

o Operators should document a schedule for implementing P&M measures. 
• FAQ-180 addresses how PHMSA will evaluate required "enhancements" for operators that are 

already operating at high level with respect to damage prevention measures. The rule does not 
require that operators implement additional actions beyond those they presently implement, only 
that they implement actions beyond those already required in other sections of Part 192. Operators 
who are already implementing protective measures that go beyond the other regulations may not 
need to do more unless their risk analysis indicates otherwise. Inspections should include an 
evaluation of the operator’s risk analysis and consider whether additional protective measures that 
have been implemented are consistent with its conclusions. 

• Each operator is likely to have a different process for making decisions about the implementation 
of additional preventive and mitigative actions. Some operators may make use of a formalized 
"decision model" for their evaluation, while others may use a more informal process based on 
general considerations. Whatever method is used, the use of a risk analysis is required, and should 
be reflected in the process that is used for evaluating potential preventive and mitigative measures. 

H.01.a. Verify that the process for identifying additional measures is based on identified threats to each 
pipeline segment and the risk analysis required by §192.917. [Note: Protocol H.08 addresses the 
implementation decision process for additional preventive and mitigative measures.] [§192.935(a)] 

H.01.a. Supplemental Guidance: 

• An operator must take additional measures beyond those already required by Part 192 to prevent a 
pipeline failure and to mitigate the consequences of a pipeline failure in a high consequence area. 
An operator must base the additional measures on the threats the operator has identified to each 
pipeline segment. The operator’s IMP should include procedures or processes for identification of 
additional measures based on identified threats to each pipeline segment and the risk analysis 
required by §192.917. 

• Threats that the operator’s process must consider include, but are not limited to, those identified in 
ASME B31.8S-2004, Section 2.2 such as time dependent threats such as internal corrosion, 
external corrosion, and stress corrosion cracking; static or residual threats such as third party 
damage and outside force damage; and human error. The operator’s IMP should, as a minimum, 
include consideration of these threats in the evaluation process for identification of preventative 
and mitigative measures. 

• IM Rule §192.917(c) requires the use of risk assessment for determining what preventative and 
mitigative measures are needed for covered segments. The requirements for what constitutes the 
required risk assessment process is defined in ASME B31.8S-2004, Section 5. The operator’s IMP 
should describe its risk assessment process and demonstrate consistency with the expectations 
established by ASME B31.8S-2004, Section 5.  

• "SHOULD" REQUIREMENT: ASME B31.8S-2004, Section 5.11 also invokes ASME B31.8S-
2004, Section 7. It states in Section 7.6 that Prevention strategies should consider the 
classification of identified threats as time-dependent, stable or time-independent in order to ensure 
that effective prevention methods are utilized. [Re: Protocol L.03] 

• For examples of how risk analyses are used in determining appropriate preventive and mitigative 
measures, see Supplemental Guidance Appendix H.01, Risk Analysis Application Examples: 

o Qualitative Index Model - Supplemental Guidance Appendix H.01, Bookmark 
Qualitative  

o SME-Based Risk Analysis Approach - Supplemental Guidance Appendix H.01, 
Bookmark SME 
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o Quantitative Risk Model - Supplemental Guidance Appendix H.01, Bookmark 
Quantitative 

H.01.b. Verify that additional measures evaluated by the operator cover a spectrum of alternatives such as, 
but not limited to, installing Automatic Shut-off Valves or Remote Control Valves, installing computerized 
monitoring and leak detection systems, replacing pipe segments with pipe of heavier wall thickness, 
providing additional training to personnel on response procedures, conducting drills with local emergency 
responders and implementing additional inspection and maintenance programs. [§192.935(a)] 

H.01.b. Supplemental Guidance: 

• The operator’s IMP must have a documented decision process that includes a risk analysis of its 
pipeline to identify additional measures to protect high consequence areas and to enhance public 
safety. The process must consider a broad range of potential preventive and mitigative measures 
including, but not necessarily be limited to, the following potential measures explicitly stated in 
the rule: 

o installing Automatic Shut-off Valves or Remote Control Valves,  
o installing computerized monitoring and leak detection systems,  
o replacing pipe segments with pipe of heavier wall thickness,  
o providing additional training to personnel on response procedures,  
o conducting drills with local emergency responders, and  
o implementing additional inspection and maintenance programs 

• Other preventive or mitigative measures not specifically referenced by the Rule that an operator 
could consider include: 

o implementing damage prevention best practices, 
o establishing better monitoring of cathodic protection where corrosion is a concern, 
o establishing shorter inspection intervals, 
o increasing the frequency of ROW inspections, 
o adopting other management controls 

• ASME B31.8S-2004, Section 5.11 further reinforces that consideration of a variety of options is a 
necessity. 

• Preventive and mitigative measures that are proposed to reduce specific identified risks are best 
developed or specified by the parts of the organization that have the most knowledge of the areas 
under evaluation. For example, preventive and mitigative measures for pipelines that are 
susceptible to corrosion should be strongly influenced by the corrosion control technical staff, 
while decisions regarding EFRDs and Leak Detection would be strongly influenced by the 
controls technical staff and operations personnel. Certain core groups such as Operations, 
Maintenance, Corrosion Control, Engineering, Planning, and Project Management should be 
involved in the basic decision making process for evaluating additional preventive and mitigative 
measures. 

H.02 Third Party Damage 

Verify that the following preventive and mitigative requirements regarding threats due to third party 
damage have been addressed: [§192.935(b)(1) and §192.935(e)] 

H.02 Supplemental Guidance: 

• Note: This Protocol applies to pipelines operating above 30% SMYS. Specific requirements 
pertaining to pipelines operating below 30% SMYS or to plastic transmission pipeline are 
provided in Protocol H.03 and Protocol H.04. 

• It is clear that virtually all pipeline segments, especially those in HCAs, are susceptible to the 
threat of future TPD. The only way to address the threat of a future TPD event is to take effective 
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preventive actions. Refer to Supplemental Guidance Appendix B.07, White Paper, Assessing for 
Third Party Damage.  

• FAQ-91 states that as part of the comprehensive risk analysis required by §192.917 (c), operators 
are to determine the risk associated with third party damage to pipeline segments that could affect 
an HCA, and take comprehensive additional preventive measures.  

H.02.a. Verify implementation of enhancements to the §192.614-required Damage Prevention Program 
with respect to covered segments to prevent and minimize the consequences of a release, and that the 
enhanced measures include, at a minimum: [Note: As noted in Protocol H.03 and Protocol H.04, a subset of 
these enhancements are required for pipelines operating below 30% SMYS and for plastic transmission 
pipelines.] [§192.935(b)(1)] 

i. Using qualified personnel (see Protocol L.02 - §192.915(c)) for work an operator is conducting 
that could adversely affect the integrity of a covered segment, such as marking, locating, and 
direct supervision of known excavation work. [§192.935(b)(1)(i)] 

ii. Collecting, in a central database, location-specific information on excavation damage that occurs 
in covered and non covered segments in the transmission system and the root cause analysis to 
support identification of targeted additional preventative and mitigative measures in the high 
consequence areas. This information must include recognized damage that is not required to be 
reported as an incident under Part 191. [§192.935(b)(1)(ii)] 

iii. Participating in one-call systems in locations where covered segments are present. 
[§192.935(b)(1)(iii)] 

iv. Monitoring of excavations conducted on covered pipeline segments by pipeline personnel. 
[§192.935(b)(1)(iv)] 

1. When there is physical evidence of encroachment involving excavation that the operator 
did not monitor near a covered segment, verify that the area near the encroachment must 
be excavated or that an above ground survey using methods defined in NACE RP0502-
2002 must be conducted. [§192.935(b)(1)(iv)] 

A. If an above ground survey is conducted, verify that any indication of coating 
holidays or discontinuities warranting direct examination must be excavated and 
remediated in accordance with ASME B31.8S-2004, Section 7.5 and §192.933. 
[§192.935(b)(1)(iv)] 

H.02.a. Supplemental Guidance: 

• Operators are required to have a written damage prevention program that meets the requirements 
of §192.614. Section 192.935(b)(1) requires that this program be enhanced to include additional 
requirements. Inspection should verify that either the damage prevention program includes the 
required enhancements or that the operator’s IMP has elements addressing the required 
enhancements and complements the written damage prevention program required by §192.614. 
The enhancements, at a minimum, must include the following:  

o Using qualified operator personnel for work that could adversely affect the integrity of a 
covered segment, such as marking, locating, and direct supervision of known excavation 
work. Personnel should be qualified consistent with the requirements of §192.915 and 
verification that personnel are qualified should be addressed through the inspection 
performed for Protocol L.02. 

o A central database of information that is location specific on excavation damage that 
occurs in covered and non covered segments in the transmission system. The data must 
include a root cause analysis supporting identification of targeted additional preventative 
and mitigative measures in the high consequence areas. This information must include 
recognized damage that is not required to be reported as an incident under Part 191. The 
database or printouts of information from the database should be reviewed to confirm it 
satisfies requirements. Inspectors should also review records of preventative or mitigative 
measures that have been taken as result of root cause analysis of excavation damage. 
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o Participation in a one-call system in locations where covered segments are present. One-
call tickets may be reviewed to verify participation. 

o Qualified operator personnel must monitor all excavations conducted on covered 
segments.  

 If an operator finds physical evidence of encroachment involving excavation 
near a covered segment that the operator did not monitor, then the operator must 
either excavate the area near the encroachment or conduct an above ground 
survey using methods defined in NACE RP0502–2002. 

 Operators must document that excavations were monitored. Inspectors may 
select sample one-call tickets for detailed review of excavation records to verify 
that the operator documented the excavation and that it was monitored by a 
qualified person. Records should also document how the operator became aware 
of the excavation, such as: 

 One call 
 Direct contact by excavator 
 ROW patrol 

o Excavation and remediation of any indication of coating holidays or discontinuity 
warranting direct examination. The program must specify that excavation and 
remediation should be performed in accordance with ASME B31.8S-2004 and §192.933. 
The program must also specify that repairs are made with materials and processes that are 
suitable for the pipeline operating conditions and meet ASME B31.8S-2004 
requirements. Records of excavations and repairs should be reviewed to ensure 
compliance with these requirements. 

H.02.b. If the threat of third party damage is identified by results of the §192.917(b) (Protocol C.02) and 
ASME B31.8S-2004, Appendix A7 data integration processes, verify that comprehensive additional 
preventive measures are implemented. [§192.917(e)(1)] 

H.02.b. Supplemental Guidance: 

• The IMP Rule requires that operators implement data integration and collection processes. These 
processes are inspected under Protocol C.02 and Protocol C.03. As part of these processes, risk 
assessments are to be performed to determine what preventative and mitigative measures are 
needed for covered segments.  

• Implementation of the data integration process should be reviewed to determine if third party 
damage was identified as a threat to covered pipeline segments.  

• For third party damage risks identified, the operator should have implemented comprehensive 
additional preventive measures.  

• Inspectors should review the operator’s decision making process that is used to determine what 
preventive measures should be taken. Measures may include, but are not limited to: increased 
patrol frequency, improved public communication and awareness, and additional pipeline location 
markers. 

H.03 Pipelines Operating Below 30% SMYS 

Verify that the following preventive and mitigative requirements for pipelines operating below 30% SMYS 
have been addressed: [§192.935(d)] 
H.03.a. For pipelines operating below 30% SMYS located in a high consequence area: 

i. Verify that the operator's processes for damage prevention program enhancements include 
requirements for the use of qualified personnel (see Protocol L.02 - §192.915(c)) for work an 
operator is conducting that could adversely affect the integrity of a covered segment, such as 
marking, locating, and direct supervision of known excavation work. [§192.935(d) and 
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§192.935(d)(1)] [Note: This requirement is also contained in Protocol H.02.a.i for pipelines 
operating above 30% SMYS.] 

ii. Verify that the operator's processes for damage prevention program enhancements include 
participating in one-call systems in locations where covered segments are present. [§192.935(d) 
and §192.935(d)(1)] [Note: This requirement is also contained in Protocol H.02.a.iii for pipelines 
operating above 30% SMYS.] 

iii. Verify that excavations near the pipeline are monitored, or patrols are conducted of the pipeline at 
bi-monthly intervals as required by §192.705. [§192.935(d) and §192.935(d)(2)] 

1. If indications of unreported construction activity are found, verify that required follow up 
investigations are conducted to determine if mechanical damage has occurred. 
[§192.935(d)(2)] 

H.03.a. Supplemental Guidance: 

• For pipelines operating below 30% SMYS located in a high consequence area, inspection should 
verify the operator's compliance with third party damage requirements: 

o Using qualified personnel for work an operator is conducting that could adversely affect 
the integrity of a covered segment, such as marking, locating, and direct supervision of 
known excavation work. Personnel should be qualified consistent with the requirements 
of §192.915 and verification that personnel are qualified should be addressed through the 
inspection performed for Protocol L.02. 

o Participation in a one-call system in locations where covered segments are present. One-
call tickets may be reviewed to verify participation. 

o Qualified operator personnel must monitor all excavations conducted on covered 
segments.  

 If an operator finds physical evidence of encroachment involving excavation 
near a covered segment that the operator did not monitor, then the operator must 
either excavate the area near the encroachment or conduct an above ground 
survey using methods defined in NACE RP0502–2002. 

 Operators must document that excavations were monitored. Inspectors may 
select sample one-call tickets for detailed review of excavation records to verify 
that the operator documented the excavation and that it was monitored by a 
qualified person. Records should also document how the operator became aware 
of the excavation, such as: 

 One call 
 Direct contact by excavator 
 ROW patrol 

• For pipelines operating below 30% SMYS located in a high consequence area, inspection should 
verify that excavations near the pipeline are monitored, or patrols are conducted of the pipeline at 
bi-monthly intervals as required by §192.705. If indications of unreported construction activity are 
found, inspection should verify that required follow up investigations are conducted to determine 
if mechanical damage has occurred. A review of the operator’s IMP should be conducted to verify 
the inclusion of these elements. 

H.03.b. For pipelines operating below 30% SMYS located in a class 3 or 4 area but not in a high 
consequence area: 

i. Verify that the operator's processes for damage prevention program enhancements include 
requirements for the use of qualified personnel (see Protocol L.02 - §192.915(c)) for work an 
operator is conducting that could adversely affect the integrity of a covered segment, such as 
marking, locating, and direct supervision of known excavation work. [§192.935(d), 
§192.935(d)(1) and §192 Table E.II.1] [Note: This requirement is also contained in Protocol 
H.02.a.i for pipelines operating above 30% SMYS.] 

ii. Verify that the operator's processes for damage prevention program enhancements include 
participating in one-call systems in locations where covered segments are present. [§192.935(d), 
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§192.935(d)(1) and §192 Table E.II.1] [Note: This requirement is also contained in Protocol 
H.02.a.iii for pipelines operating above 30% SMYS.] 

iii. Verify that excavations near the pipeline are monitored, or patrols are conducted of the pipeline at 
bi-monthly intervals as required by §192.705. [§192.935(d), §192.935(d)(2) and §192 Table 
E.II.1] 

1. If indications of unreported construction activity are found, verify that required follow up 
investigations are conducted to determine if mechanical damage has occurred. 
[§192.935(d)(2) and §192 Table E.II.1] 

iv. Verify that the operator performs semi-annual leak surveys (quarterly for unprotected pipelines or 
cathodically protected pipe where electrical surveys are impractical). [§192.935(d)(3)and §192 
Table E.II.1] 

H.03.b. Supplemental Guidance: 

• For pipelines operating below 30% SMYS located in a Class 3 or 4 area but not in a high 
consequence area, inspection should verify the operator's compliance with third party damage 
requirements: 

o Using qualified personnel for work an operator is conducting that could adversely affect 
the integrity of a covered segment, such as marking, locating, and direct supervision of 
known excavation work. Personnel should be qualified consistent with the requirements 
of §192.915 and verification that personnel are qualified should be addressed through the 
inspection performed for Protocol L.02. 

o The operator’s programs should be reviewed to verify participation in one-call systems in 
locations where covered segments are present. A review of one-call system logs may be 
reviewed to verify participation. 

• For pipelines operating below 30% SMYS located in a Class 3 or 4 area but not in a high 
consequence area, inspection should verify that excavations near the pipeline are monitored, or 
patrols are conducted of the pipeline at bi-monthly intervals as required by §192.705. If 
indications of unreported construction activity are found, verify that required follow up 
investigations are conducted to determine if mechanical damage has occurred. Inspection should 
verify that the operator’s IMP includes elements requiring investigation of unreported construction 
activity. 

• For pipelines operating below 30% SMYS located in a Class 3 or 4 area but not in a high 
consequence area, inspection should verify that the operator performs leak surveys as required.  
Leak surveys are required for all pipe by §192.706, and for pipelines located in Class 3 or 4 areas 
but not in HCA by §192.935(d).  The required periodicity for leak surveys differs based on the 
class location and whether or not the line transports odorized gas.  The following tables 
summarize the more restrictive requirements:  
 

 
Class 3 

Cathodically Protected, 
electrical surveys 
practical 

Cathodically Protected, 
electrical surveys 
impractical 

Cathodically unprotected 

Odorized Semi-annual (935(d)) Quarterly (935(d)) Quarterly (935(d) 
Unodorized Semi-annual (935(d) 

and 706(a)) 
Quarterly (935(d)) Quarterly (935(d)) 

 

 
Class 4 

Cathodically Protected, 
electrical surveys 
practical 

Cathodically Protected, 
electrical surveys 
impractical 

Cathodically unprotected 

Odorized Semi-annual (935(d)) Quarterly (935(d)) Quarterly (935(d) 
Unodorized Quarterly (706(b)) Quarterly (935(d)) Quarterly (935(d)) 
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The operator’s IMP should be reviewed to ensure it requires semi-annual or quarterly leak 
surveys, as appropriate. Records documenting the conduct of the surveys should be reviewed. 

o Operators must perform semi-annual leak surveys over the entire line as required by 
192.935(d)(3).  Quarterly leak surveys are required for areas where electrical surveys are 
impractical (e.g., casings, culverts, underwater areas).  Quarterly leak surveys are also 
required for unprotected pipe. The surveys should be in areas where there is bare pipe 
without active corrosion as demonstrated by electrical surveys conducted every 3 years as 
required by 192.465(e).  If an operator claims that the electrical survey is impractical 
under 192.465(e) justification must be documented.  

o FAQ-230 states that this semi-annual requirement is to be consistent with the semi-annual 
intervals for leak surveys required by 192.706. Semi-annual leakage surveys to comply 
with 192.935(d)(3) should therefore be conducted at intervals not exceeding 7 1/2 
months, but at least twice each calendar year. Quarterly surveys should be conducted at 
intervals not exceeding 4 1/2 months, but at least 4 times each calendar year. 

H.04 Plastic Transmission Pipeline 

For plastic transmission pipelines, verify that applicable third party damage requirements have been applied 
to covered segments of the pipeline. [§192.935(e)] 

H.04.a. Verify that the operator’s processes for damage prevention program enhancements include 
requirements for the use of qualified personnel (see Protocol L.02 - §192.915(c)) for work an operator is 
conducting that could adversely affect the integrity of a covered segment, such as marking, locating, and 
direct supervision of known excavation work. [§192.935(e)] [Note: This requirement is also contained in 
previous Protocol H.02.a.i for non-plastic pipelines operating above 30% SMYS.] 

H.04.a. Supplemental Guidance: 

• For plastic transmission lines, verify the operator’s process for compliance with third part damage 
requirements:  

o Using qualified personnel for work an operator is conducting that could adversely affect 
the integrity of a covered segment, such as marking, locating, and direct supervision of 
known excavation work. Personnel should be qualified consistent with the requirements 
of 192.915 and verification that personnel are qualified should be addressed through the 
inspection performed for Protocol L.02. 

o The operator’s programs should be reviewed to verify participation in one-call systems in 
locations where covered segments are present. One-call tickets could be reviewed to 
verify participation. 

o The operator’s enhanced damage prevention program should provide for monitoring of 
excavations conducted on covered pipeline segments by pipeline personnel. The program 
should specify that if an operator finds physical evidence of encroachment involving 
excavation that the operator did not monitor near a covered segment, then the operator 
must either excavate the area near the encroachment or conduct an above ground survey 
using methods defined in NACE RP0502–2002. Inspection should verify that the 
operator’s IMP includes elements requiring either excavation of the area near the 
encroachment or conduct of an above ground survey. 

o The operator’s enhanced damage prevention program should also require excavation and 
remediation of any indication of coating holidays or discontinuity warranting direct 
examination. The program should specify that excavation and remediation should be 
performed in accordance with ASME B31.8S-2004 and §192.933. The program should 
also specify that repairs are made with materials and processes that are suitable for the 
pipeline operating conditions and meet ASME B31.8S-2004 requirements. Records of 
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excavations and repairs should be reviewed to ensure compliance with these 
requirements. 

H.04.b. Verify that the operator's processes for damage prevention program enhancements include 
participating in one-call systems in locations where covered segments are present. [§192.935(e)] [Note: 
This requirement is also contained in Protocol H.02.a.iii for non-plastic pipelines operating above 30% 
SMYS.] 

H.04.b. Supplemental Guidance: 

• The operator’s programs should be reviewed to verify participation in one-call systems in 
locations where covered segments are present.  

• A review of one-call tickets may be used to verify participation and to identify excavations to 
verify that they should have been monitored per the following protocol. 

H.04.c. Verify that the excavations on covered segments are monitored by pipeline personnel. 
[§192.935(e)] [Note: This requirement is also contained in Protocol H.02.a.iv for non-plastic pipelines 
operating above 30% SMYS.] 

i. When there is physical evidence of encroachment involving excavation that the operator 
did not monitor near a covered segment, verify that the area near the encroachment must 
be excavated or that an above ground survey using methods defined in NACE RP0502–
2002 must be conducted. [§192.935(e)] [Note: This requirement is also contained in 
Protocol H.02.a.iv for non-plastic pipelines operating above 30% SMYS.] 

1. If an above ground survey is conducted, verify that any indication of coating 
holidays or discontinuities warranting direct examination must be excavated and 
remediated in accordance with ASME B31.8S-2004, Section 7.5 and §192.933. 
[§192.935(e)] [Note: This requirement is also contained in Protocol H.02.a.iv for 
non-plastic pipelines operating above 30% SMYS.] 

H.04.c. Supplemental Guidance: 

• The operator’s enhanced damage prevention program must provide for monitoring of excavations 
conducted on covered pipeline segments by pipeline personnel.  

• Selected one-call tickets or log books can be used to identify excavations for detailed review. 
• Inspectors should review the operator's documentation that demonstrates that excavations are 

monitored. 
o Documentation should identify how the operator became aware of the excavation, 

such as: 
 One-call ticket 
 Direct contact by excavator 
 ROW patrol 

• The program must specify that if an operator finds physical evidence of encroachment involving 
excavation that the operator did not monitor near a covered segment, then the operator must either 
excavate the area near the encroachment or conduct an above ground survey using methods 
defined in NACE RP0502–2002. 

• The operator’s enhanced damage prevention program must also require excavation and 
remediation of any indication of coating holidays or discontinuity warranting direct examination. 
The program must also specify that excavation and remediation be performed in accordance with  
ASME B31.8S-2004, Section 7.5 and §192.933. The program should also specify that repairs be 
made with materials and processes that are suitable for the pipeline operating conditions and meet 
ASME B31.8S-2004 requirements. Records of excavations and repairs should be reviewed to 
ensure compliance with these requirements. 
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H.05 Outside Force Damage 

Verify that the operator adequately addresses threats due to outside force (e.g., earth movement, floods, 
unstable suspension bridge). [§192.935(b)(2)] 

H.05 Supplemental Guidance: 

FAQ-113 addresses the interpretation of the term "threat" in the context of P&M measures. The rule 
requires that additional measures must be taken. FAQ-113 clarifies that the actions taken, and the 
timeliness with which they are implemented, must be commensurate with the nature and severity of the 
threat that has been identified. The pipe replacement example cited in the rule would only be appropriate if 
the nature of the threat justified such drastic P&M measures. 

H.05.a. If the operator makes a determination that outside force (e.g., earth movement, floods, unstable 
suspension bridge) is a threat to the integrity of a covered segment (e.g., via Protocol C.01 activities), 
verify that measures have been taken to minimize the consequences to the covered segment. These 
measures include, but are not limited to, increasing the frequency of aerial, foot or other methods of patrols, 
adding external protection, reducing external stress, and relocating the line. [§192.935(b)(2)] 

H.05.a. Supplemental Guidance: 

• Operators are required to make a determination if outside forces (e.g., earth movement, floods, and 
unstable suspension bridge) are a threat to the integrity of a covered segment. If a threat applies, 
then measures must be taken to minimize the consequences to the covered segment. These 
measures include, but are not limited to, increasing the frequency of aerial, foot or other methods 
of patrols, adding external protection, reducing external stress, and relocating the line. 

• Information on geographic areas with the potential for certain external threats can be found on the 
National Pipeline Mapping System (NPMS - http://www.npms.phmsa.dot.gov/). NPMS can be 
queried to determine areas with a high or medium risk of floods, landslides, earthquakes, or 
hurricanes.  

• Inspection should verify that an operator’s covered segments have been evaluated to identify 
susceptibility to outside force damage. Pipelines in mountainous terrain (which is subject to 
landslides or mudslides), and pipelines near rivers or river crossings (subject to flooding) should 
be reviewed to verify that operators properly evaluated the threat of outside force damage. 

• Inspection should also verify that for pipelines that are susceptible to outside force damage, 
appropriate measures have been taken to minimize potential consequences to the covered 
segments. 

• Sometimes earth movement can significantly displace the pipe, without causing rupture. In such 
cases, the stresses in the pipe can be dramatically increased, thus interacting with other threats 
such as: 

o SCC 
o manufacturing defect (such as LFERW seam defects) 
o cracks 
o dents 

H.06 Corrosion 

Verify that the operator takes required actions to address corrosion threats. [§192.917(e)(5)] 
H.06.a. Verify that the operator makes a determination of whether or not corrosion exists on a covered 
pipeline segment that could adversely affect the integrity of the line (conditions specified in §192.933). 
[§192.917(e)(5)] 

i. If such corrosion is identified, then verify that: 

http://www.npms.phmsa.dot.gov/�
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1. The corrosion is evaluated and remediated, as necessary, for all pipeline segments (both 
covered and noncovered) with similar material coating and environmental characteristics. 
[§192.917(e)(5)] 

2. A schedule is established for evaluating and remediating, as necessary, the similar 
segments consistent with the operator’s established operating and maintenance 
procedures under Part 192 for testing and repair. [§192.917(e)(5)] 

H.06.a. Supplemental Guidance: 

• The operator’s IMP should include provisions for remediation of corrosion threats. Inspection 
should verify that the operator makes a determination if corrosion exists on a covered pipeline 
segment that could adversely affect the integrity of the line (conditions specified in §192.933).  

o FAQ-135 states that that operators who identify corrosion in a covered segment that 
could adversely affect the integrity of the line must evaluate and remediate, as necessary, 
all pipeline segments (both covered and non-covered) with similar material coating and 
environmental characteristics.  

o FAQ-135 states "that could adversely affect the integrity of the line" means an immediate 
repair condition in accordance with 192.933. In other words, this requirement applies if 
the operator finds corrosion metal loss resulting in a Pf <1.1 times MAOP (192.933(d)). 

• For every immediate repair corrosion condition (i.e., for every condition meeting the criterion in 
192.933(d)(1)(i)), the operator must document evaluations to identify other potentially affected 
pipeline segments. Such evaluations must consider all pipe with similar material coating and 
environmental characteristics. The operator must document its plans for remediating other 
conditions found as a result of these evaluations. Inspections should identify selected immediate 
corrosion conditions and perform a review of these required analyses.  

• Operators should establish and maintain a schedule for evaluation and remediation of, as 
necessary, the similar segments consistent with the operator’s established operating and 
maintenance procedures under Part 192 for testing and repair.  

• Provisions for establishment and maintenance, including change control provisions, of the 
schedule should be documented in he operator’s IMP.  

• Implicit in this requirement is that the operator's evaluation determines the root cause of the 
condition. Clearly in most cases, it would not be practical to excavate all pipelines with similar 
coating and environmental characteristics. This suggests that the evaluation further refine the 
criteria by which other portions of the line will be investigated or excavated.  

o For example, if the root cause was poor disbonded coating, an ACVG or DCVG Survey 
might be planned to determine the extent of coating damage and investigate areas of poor 
coating. If the defect was discovered based on ECDA, the indirect assessment logs may 
need to be re-graded and further excavations performed. 

• Kiefner has developed the following flowchart for determining the adequacy of corrosion control - 
Supplemental Guidance Appendix H.06. Inspectors should also consider whether other unique 
circumstances (e.g., stray currents from power lines sharing right of way) need to be taken into 
account. 
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Corrosion Control Adequacy Test Flowchart
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H.07 Automatic Shut-Off Valves or Remote Control Valves 

Verify that the operator has a process to decide if automatic shut-off valves or remote control valves 
represent an efficient means of adding protection to potentially affected high consequence areas. 
[§192.935(c)] 

H.07.a. Verify that an adequate risk analysis-based process is used to determine if an automatic shut-off 
valve or remote control valve should be added. [§192.935(c)] 

i. Verify that, as a minimum, the following factors were considered: [§192.935(c)] 
1. swiftness of leak detection and pipe shutdown capabilities 
2. the type of gas being transported 
3. operating pressure 
4. the rate of potential release 
5. pipeline profile 
6. the potential for ignition 
7. location of nearest response personnel 

H.07.a. Supplemental Guidance: 
 

• Each operator’s IMP should include a risk analysis-based process describing methodology for 
determining if an automatic shut-off valve or remote control valve should be added. As a 
minimum, the following factors must be included in the process:  

o swiftness of leak detection and pipe shutdown capabilities 
o the type of gas being transported 
o operating pressure 
o the rate of potential release 
o pipeline profile 
o the potential for ignition 
o location of nearest response personnel 

• Inspectors should review examples of implementation of the process to determine the 
appropriateness of conclusions reached on the need for, or lack of need for, the installation of 
automatic shut-off valves or remote control valves. 

• FAQ-86 affirms the rule requirement that an operator is required to install an ASV or RCV if the 
operator determines that it would be an efficient means to protect an HCA in the event of a gas 
release. 

• Supplemental Guidance Appendix H.02, Use of Remote Controlled Main Line Valves, provides a 
summary of an industry report that analyzes the cost benefit of RCV installation (GRI-98/0076, 
Cost Benefit Study of Remote Controlled Main Line Valves - Reference: RCVCB). PHMSA 
anticipates that many operators will use this report as the technical justification for not adding 
additional valves. Inspectors should familiarize themselves with the report, which indicates that 
RCV installation may not be cost effective from a safety perspective since, in most cases, injury or 
death occurs so near to the time of pipeline rupture that RCVs may not respond quickly enough. 

• PHMSA Technical report, Remotely Controlled Valves on Interstate Natural Gas Pipelines, 
September 1999 (Reference: RCVF), is a feasibility study conducted by PHMSA regarding the 
potential need for requirements associated with the use of RCVs. This study concludes that RCVs 
operate reliably, provide some reduction in risk, and can be installed in a technically adequate 
way. The study also references the cost-benefit study by GRI (Supplemental Guidance Appendix 
H.02) as a reasonable basis for concluding that installation of RCVs is not cost effective. In some 
instances, the risk reduction gained may validate the need for RCVs. 

• Note that system-wide or generic studies for RCVs/ACVs may be used by an operator as long as 
the operator documents the reason why the study is applicable to the segment-specific conditions. 

• Operators may consider the addition of RCVs/ACVs in right-of-way areas with high voltage 
transmission lines due to the increased likelihood of ignition. 
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H.08 General Requirements (Implementation of Additional Measures) 

Verify that the operator has identified and implemented (or scheduled) additional measures beyond those 
already required by Part 192 to prevent a pipeline failure and to mitigate the consequences of a pipeline 
failure in a high consequence area: [§192.935(a)] 

H.08.a. Verify that a systematic, documented decision-making process is in place to decide which 
measures are to be implemented, involving input from relevant parts of the organization such as operations, 
maintenance, engineering, and corrosion control. [§192.935(a)] 

H.08.a. Supplemental Guidance: 

• The operator’s IMP should include a systematic, documented decision-making process to decide 
which measures are to be implemented. The process should include input from relevant parts of 
the organization such as operations, maintenance, engineering, and corrosion control. Preventive 
and mitigative measures that are proposed to reduce specific identified risks are best developed or 
specified by the parts of the organization that have the most knowledge of the areas under 
evaluation.  

• As an example, preventive and mitigative measures for pipelines that are susceptible to corrosion 
should be strongly influenced by the corrosion control technical staff, while decisions regarding 
EFRDs and Leak Detection would be strongly influenced by the controls technical staff and 
operations personnel.  

• Each operator is likely to have a different process for making decisions about the implementation 
of additional preventive and mitigative actions. Some operators may make use of a formalized 
"decision model" for their evaluation, while others may use a more informal process based on 
general considerations. 

o Whatever method is used, the use of a risk analysis is required, and should be reflected in 
the process that is used for evaluating potential preventive and mitigative measures.  

o Additionally, both the decision-making process and the basis for decisions must be 
documented as part of the operator’s IM plan. Decisions that must be documented 
include: 

 Selection of candidate P&M measures for consideration 
 Decisions about which candidate measures to implement (or not implement) 
 Reason(s) for decisions made, including the decision's anticipated affect on 

pipeline risk 
 Schedule for implementation and other implementation plans 

o It would be expected that certain core groups would be involved in the preventive and 
mitigative decision making process – Operations, Maintenance, Corrosion Control, 
Engineering, Planning, and Project Management. 

H.08.b. Verify that the decision-making process considers both the likelihood and consequences of pipeline 
failures. [§192.935(a)] 

H.08.b. Supplemental Guidance: 

• Inspection should review the operator’s IMP and verify that the decision-making process 
considers both the likelihood and consequences of pipeline failures. Clearly, segments and 
facilities that represent the highest risk are the most important candidates for additional preventive 
and mitigative actions. Therefore, the inspection team should determine if additional actions have 
been evaluated for the highest risk segments/facilities as indicated by the risk analysis.  

• "SHOULD REQUIREMENT: The risk drivers for each high risk segment should be considered 
in determining the most effective mitigation option. (Refer to ASME B31.8S-2004, Section 5.11.) 
[Re: Protocol L.03] Inspectors should verify that the operator understands the risk analysis results 
sufficiently to determine which factors affect risk the most (i.e., the "risk drivers") and select 
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preventive and mitigative measures that affect the dominant risk factors. The use of gross or 
overall risk scores for determining P&M measures, while important, may not contain enough 
information to identify the most effective candidate measures for reducing risk. 

• While the evaluation may or may not result in any actions being implemented, it is important to 
determine if the operator’s process gives priority to the highest risk portions of the pipeline. 

H.08.c. Verify that additional measures are identified and documented and have actually been 
implemented, or scheduled for implementation. [§192.935(a)] 

H.08.c. Supplemental Guidance: 

• Inspection should verify that additional measures are identified and documented and have actually 
been implemented, or scheduled for implementation. The preventive and mitigative actions 
decision process should also describe how actions that meet the criteria to be implemented are 
actually being accomplished in the field. It is expected that most operators will use existing 
company work processes to implement the additional actions. To implement a planned preventive 
and mitigative action may require coordination of Engineering, Maintenance, Operations, 
Planning and Budget, and Project Management, to name a few. 

• It is likely that some additional actions that are implemented will be non-hardware work 
process/procedural changes that might be implemented by a different company process than for 
physical changes/modifications. If possible, both physical and non-physical types of changes 
should be assessed to verify that the additional actions are actually implemented or scheduled for 
implementation. 

• In most cases, the non-hardware changes can be handled in a more direct manner than physical 
changes to the pipeline and its systems, and should be relatively straightforward to implement. In 
the case of hardware changes, however, modifications are often scheduled around budget cycles 
and/or operational constraints. In both cases, however, it is important to determine how the 
operator is planning and scheduling the additional actions. 

Protocol Area I. Performance Measures 

• I.01 General Performance Measures 
• I.02 Performance Measures Records Verification 
• I.03 Exceptional Performance Measurements 
• Table of Contents 

I.01 General Performance Measures 

Inspect the operator’s program to verify that, as a minimum, provisions exist for measuring integrity 
management program effectiveness in accordance with the four elements of ASME B31.8S-2004, Section 
9.4 and each identified threat in ASME B31.8S-2004, Appendix A. [§192.945(a) and ASME B31.8S-2004, 
Section 12(b)(5)] 

I.01 Supplemental Guidance: 

• Two types of performance measures are required of all operators. Both types of measures are to be 
taken by the operator on a semi-annual basis and the ending dates are the same for all operators: 
June 30th and December 31st:  

o The four overall program measures required by ASME B31.8S-2004, Section 9.4 (see 
Protocol I.01.a); and 

o Threat-specific metrics as given in ASME B31.8S-2004, Appendix A.  
• Program documentation should specify that the measures are to be taken and should identify the 

specific dates the measures should cover.  
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• The first set of measures is specifically called out by the standard. Measures from the second set 
will only apply if the operator has determined that the threat of concern applies to their pipeline.  

• Evidence should exist that demonstrates the operator has taken action to determine which of the 
ASME B31.8S-2004, Appendix A threats apply to its pipeline.  

• Threat-specific program measures are NOT required to be reported to PHMSA or the applicable 
Interstate Agent. 

• FAQ-136 states that the terms leaks, failures, and incidents are defined in ASME B31.8S-2004, 
Section 13. Operators should apply the definitions in the standard when reporting their 
performance measures.  

• FAQ-137 clarifies that operators should report the number of events (e.g., miles of pipe inspected, 
scheduled repairs completed) occurring within each six month reporting period. 

• FAQ-159 clarifies that incidents are as defined for incident reporting in 49 CFR 191.3. PHMSA 
expects, however, that operators deviating from the requirements of prescriptive programs on the 
basis of "exceptional performance" under 192.913(b) will evaluate events that involve 
unintentional release of gas but which do not reach the reporting threshold. 

• FAQ-186 provides guidance on how the use of prior assessments and the associated HCA segment 
mileage can be included in semi-annual performance measure submittals. 

I.01.a. Verify that performance is measured semi-annually (completed through June 30th and December 
31st of each year) for each of the following: [ASME B31.8S-2004, Section 9.4] 

• Number of miles of pipeline inspected versus program requirements 
• Number of immediate repairs completed as a result of the integrity management inspection 

program 
• Number of scheduled repairs completed as a result of the integrity management program 
• Number of leaks, failures and incidents (classified by cause). 

I.01.a. Supplemental Guidance: 

• The four overall performance measures required by ASME B31.8S-2004, Section 9.4 are as 
follow: 

o Number of miles of pipeline inspected versus program requirements. 
o Number of immediate repairs completed as a result of the integrity management 

inspection program. 
o Number of scheduled repairs completed as a result of the integrity management program. 
o Number of leaks, failures and incidents (classified by cause). 

• The operator’s program documentation should identify that these measures are to be taken semi-
annually, with the data periods being: 

o January 1 through June 30, and 
o July 1 through December 31 of each year.  

• The fourth of these metrics indicates that leaks, failures, and incidents measured are to be 
classified by their attributed cause. 

• Evidence should be available that these four metrics have been taken, with the first period ending 
as of June 30, 2004. Failure to have these measurements on hand could be considered a violation. 

• Each operator of gas transmission pipelines must submit performance metrics semi-annually 
whether they had any covered segments or not.  This is so PHMSA is aware the operator is still 
looking for new HCAs and has not found any.  PHMSA cannot assume that old information is still 
valid, since population growth or land use changes could result in new HCAs.  Therefore, 
operators have to make a report each reporting period, even if they have no covered segments. 
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I.01.b. Verify that performance is measured semi-annually in accordance with the threat-specific metrics of 
ASME B31.8S-2004, Appendix A (See ASME B31.8S-2004, Table 9 for a summary listing). 

I.01.b. Supplemental Guidance: 

• Threat-specific measures are identified in ASME B31.8S-2004, Appendix A and the following 
table. The operator's program procedures or framework documentation should indicate the need 
for determining applicable threats and use of the applicable metrics from this table. Note that these 
metrics should be considered to be the minimum required set.  

Threat-Specific Measures as Identified in ASME B31.8S-2004, Appendix A: 

External Corrosion Threats 
ASME B31.8S-2004, Appendix A, 
Section A1.8 

(a) Number of hydrostatic test failures caused by external corrosion 
(b) Number of repair actions taken due to in-line inspection results, 
immediate and scheduled 
(c) Number of repair actions taken due to direct assessment results, 
immediate and scheduled 
(d) Number of external corrosion leaks (for low stress pipelines it may 
be beneficial to compile leaks by leak classification) 

Internal Corrosion Threats 
ASME B31.8S-2004, Appendix A, 
Section A2.8 

(a) Number of hydrostatic test failures caused by internal corrosion 
(b) Number of repair actions taken due to in-line inspection results, 
immediate and scheduled 
(c) Number of repair actions taken due to direct assessment results, 
immediate and scheduled 
(d) Number of internal corrosion leaks (for low stress pipelines it may 
be beneficial to compile leaks by leak grade) 

Stress Corrosion Cracking 
ASME B31.8S-2004, Appendix A, 
Section A3.6 

(a) Number of in-service leaks/failures due to SCC 
(b) Number of repair or replacements die to SCC 
(c) Number of hydrostatic test failures due to SCC 

Manufacturing 
ASME B31.8S-2004, Appendix A, 
Section A4.8 

(a) Number of hydrostatic test failures caused by manufacturing defects 
(b) Number of leaks due to manufacturing defects 

Construction 
ASME B31.8S-2004, Appendix A, 
Section A5.8 

(a) Number of leaks or failures due to construction defects 
(b) Number of girth welds/couplings reinforced/removed 
(c) Number of wrinkle bends removed 
(d) Number of wrinkle bend inspections 
(e) Number of fabrication welds repaired/removed 

Equipment 
ASME B31.8S-2004, Appendix A, 
Section A6.8 

(a) Number of regulator valve failures 
(b) Number of relief valve failures 
(c) Number of gasket or O-ring failures 

Third Party Damage 
ASME B31.8S-2004, Appendix A, 
Section A7.8 

(a) Number of leaks or failures caused by third party damage 
(b) Number of leaks or failures caused by previously damaged pipe 
(c) Number of leaks or failures caused by vandalism 
(d) Number of repairs implemented as a result of third party damage 
prior to a leak or failure 

Incorrect Operations 
ASME B31.8S-2004, Appendix A, 
Section A8.8 

(a) Number of leaks or failures caused by incorrect operations 
(b) Number of audits/reviews conducted 
(c) Number of findings per audit/review classified by severity 
(d) Number of changes to procedures due to audit/reviews 

Weather / Outside Force 
ASME B31.8S-2004, Appendix A, 
Section A9.8 

(a) Number of leaks that are weather related or due to outside force 
(b) Number of repair, replacement, or relocation actions due to weather 
related or outside force threats 
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• The periodicity for taking these measures is the same as for the four overall program measures 
cited in Protocol I.01.a with the same end dates of each June 30th and each December 31st.  

• Documentation must be available that the applicable metrics of this set have been determined and 
the appropriate measures taken, with the first period ending as of June 30, 2004. Failure to have 
these measurements on hand could be considered a violation. 

• It would also be expected that operators periodically review their threat listing to make sure that 
any new threats identified result in the appropriate expansion of the list of performance measures 
to be taken. 

I.02 Performance Measures Records Verification 

Inspect operator records to verify: [§192.945(a)] 

I.02 Supplemental Guidance: 

• Protocol I.02 is directed at the records generated by the operator during the performance 
measuring process. 

• Records should confirm that the specified set of performance measures are, in fact, being taken 
and reported in a timely manner. 

I.02.a The four overall performance measures of ASME B31.8S-2004, Section 9.4 have been submitted to 
PHMSA on a semi-annual basis in accordance with §192.951. Note: Initial report by August 31, 2004, 
semi-annual reports by February 28th (or 29th) and August 31st of each year thereafter. [§192.945(a)] 

I.02.a Supplemental Guidance: 

• The Rule requires submittal of the four overall performance measures in ASME B31.8S-2004, 
Section 9.4 within two months of completion of a measuring period.  

• Each operator of gas transmission pipelines must submit performance metrics semi-annually 
whether they had any covered segments or not.  This is so PHMSA is aware the operator is still 
looking for new HCAs and has not found any.  PHMSA cannot assume that old information is still 
valid, since population growth or land use changes could result in new HCAs.  Therefore, 
operators have to make a report each reporting period, even if they have no covered segments. 

• Both the measuring period completion dates and the reporting dates are specified and there are no 
exceptions provided by the Rule. Measuring period completion dates are June 30th and December 
31st of each year, making the reporting dates August 31st and February 28th (or 29th) for each 
respective period.  

o FAQ-137 clarifies that operators should report the number of events (e.g., miles of pipe 
inspected, scheduled repairs completed) occurring within each six month reporting 
period. The rule requires that the measures cover a six-month period, ending June 30 and 
December 31, and be reported within two months after those dates. 

o The operator is to have submitted their first report of program measurements by 
August 31, 2004. 

• There are three methods of acceptable reporting: 
o electronic - preferred method. See FAQ-194 
o fax, and 
o mail 
o The e-mail address, fax number and mailing address for performance measure reports are 

found in §192.951 of the Rule. 
• Operators are required by the Gas IM Rule to report performance metrics semi-annually, by the 

end of August and the end of February. It is preferred that the report be filed electronically through 
the Gas IM Public Website.  
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• Inspectors should review the reports submitted by the operator to verify the accuracy of the 
reported data and to question, investigate, or sample data to learn if they under-reported (i.e., 
failed to report all of the items they were required to report). 

• Instructional guidance to operators online. For convenience, it is shown in Supplemental Guidance 
Appendix I.01, Instructions for Semi-Annual Reporting of Performance Measures via the PHMSA 
Online Data Entry System. 

• The Rule requires the initial report of the four basic metrics from ASME B31.8S-2004, Section 
9.4 be submitted on August 31, 2004. This requirement was amended by Advisory Bulletin ADB-
04-02, Semi-annual Reporting of Performance Measures for Gas Transmission Pipeline Integrity 
Management, July 22, 2004 (Reference: ADB-0402). Since operators may not have had time to 
determine the full scope of applicable pipeline, required repairs, etc., the required date for the first 
report was deemed premature to some extent. Therefore, operators were allowed to instead report 
that they had begun assessment activities by June 17, 2004, in conformance with the Pipeline 
Safety Improvement Act of 2002. 

• Advisory Bulletin ADB-05-01 Semi-annual Reporting of Performance Measures for Gas 
Transmission Pipeline Integrity Management, January 21, 2005 (Reference: ADB-0501), was later 
issued to inform operators that sufficient time had passed by the due date of the second required 
performance measure report (February 28, 2005) so that quantitative information must be included 
in that report and in all subsequent reports. Further, this second report was expected to include all 
data covering calendar year 2004. 

• Operators are encouraged to report quantitative measures separately for each state. Current Rule 
requirements do not specify that operators must file separate reports for each state in which they 
operate gas transmission piping. However, state pipeline safety authorities will have significant 
involvement in oversight of the implementation of integrity management requirements for gas 
transmission pipelines and performance measure information for their state will be useful for 
prioritizing and managing this work. A rule modification is being contemplated to require 
performance measure reporting on a state-by-state basis. 

I.03 Exceptional Performance Measurements 

For operators that choose to demonstrate exceptional performance in order to deviate from certain 
requirements of the rule, verify the following. 

I.03 Supplemental Guidance: 

• Protocol I.03 provides inspection guidance for those operators using the Exceptional Performance 
provisions of the rule. If an operator desires to deviate from certain requirements of the Rule, it 
may do so by implementing a program that demonstrates exceptional performance as provided for 
by §192.913.  

• Part of the provisions of being designated an exceptionally performing program includes the 
development and implementation of program measures in addition to those normally required of 
all operators (i.e., those specified in ASME B31.8S-2004, Section 9.4 and ASME B31.8S-2004, 
Appendix A).  

• An operator must have defined these additional measures and be able to demonstrate the process 
by which these additional metrics determined and why they are useful. 

• The operator must be engaged in taking the measures and reporting them to PHMSA (or the 
applicable Interstate Agent or other local/state pipeline safety authority). 
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I.03.a. Additional performance measures beyond those required in §192.945 (see Protocol I.01) are part of 
the operator’s performance plan. [§192.913(b)(vii)] 

I.03.a. Supplemental Guidance: 

• There are no specific guidelines on what would constitute appropriate additional program 
measures for the exceptionally performing program. The operator who chooses to implement an 
exceptional program plan, must as part of that plan define the set of measures that provide useful 
information to their unique plan. It is only specified that these measures must go beyond those 
already required by ASME B31.8S-2004, Section 9.4 and the applicable threat specific measures 
of ASME B31.8S-2004, Appendix A.  

• If the operator uses ECDA, there will be a set of program measures specifically for that aspect of 
its program as well. Exceptional program measures would be in addition to the ECDA measures as 
well. 

• The measures are to be taken semi-annually. There is no specification that the exceptional 
measures be taken for the same period as the other required measures, i.e., taken every June 30th 
and taken every December 31st. 

I.03.b. All performance measures (all measures required by §192.945 and the additional performance 
measures) are submitted to PHMSA on a semi-annual frequency in accordance with §192.951. 
[§192.913(b)(vii)] 

I.03.b. Supplemental Guidance: 

• The reporting of exceptional program measures to PHMSA (or the Interstate Agent) is to be 
accomplished semi-annually, similar to reporting of the four overall program measures. However, 
the same deadlines for report filing are not specified in the rule.  

• There are three methods of acceptable reporting: 
o electronic - preferred method. See FAQ-194 
o fax, and 
o mail 
o The e-mail address, fax number and mailing address for performance measure reports are 

found in §192.951 of the Rule. 
• Operators are required by the Gas IM Rule to report performance metrics semi-annually, by the 

end of August and the end of February. It is preferred that the report be filed electronically through 
the Gas IM Public Website. Instructional guidance to operators is provided in Supplemental 
Guidance Appendix I.01, Instructions for Semi-Annual Reporting of Performance Measures via 
the PHMSA Online Data Entry System. 

• FAQ-209 clarifies that the rule requires semi-annual submission of only the four overall measures 
as specified by ASME B31.8S-2004, Section 9.4. Operators implementing performance-based 
programs, under §192.913, are required to submit the additional performance measures they define 
for their programs in addition to the ASME B31.8S-2004, Section 9.4 measures. 
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Protocol Area J. Record Keeping 

• J.01 Records to be Maintained by the Operator 
• Table of Contents 

J.01 Records to be Maintained by the Operator 

Verify that the following records, as a minimum, are maintained for the useful life of the pipeline: 
[§192.947, ASME B31.8S-2004, Section 12.1 and ASME B31.8S-2004, Section 12.2(b)(1)] 

J.01 Supplemental Guidance: 
Numerous records are generated as a result of Integrity Management Program Implementation. To the 
extent that these records demonstrate compliance with Rule requirements, they are to be maintained by the 
operator such that they are readily retrievable, protected from damage, and secured sufficiently to prevent 
unauthorized use. 

• Records to be retained are typically generated in accordance with procedure. When procedures are 
used to implement the Rule, a requirement should be included in the procedure to distribute the 
record being generated to the document management location within the operator’s facilities.  

• For records such as memoranda or notes, these documents should be retrievable from a central 
location to the extent practicable, as opposed to being retained exclusively by individuals without 
record storage responsibilities. Since many records must be retained for the life of the pipeline, 
this suggests that records be kept is some sort of formalized or structured record-keeping system, 
as opposed to individual working files. 

• As an alternative to each procedure specifying recordkeeping requirements, a single procedure that 
specifies all recordkeeping requirements would be considered sufficient programmatic control.  

• Records retained should be in good condition, legible, readily retrievable, properly secured, and 
properly completed (i.e., no missing signatures or dates when necessary to demonstrate 
compliance with the rule) 

• FAQ-165 states that information in an electronic database is considered satisfactory 
documentation. An operator should be prepared to discuss evidence demonstrating that the 
database was used as a contemporary record, rather than having been created after the fact. 
Procedures, historical printouts, and archived copies of the database are examples of means that 
can be used to demonstrate that the database is relevant documentation. 

J.01.a. i. A written integrity management program [§192.947(a)] 

ii. Threat identification and risk assessment documentation per §192.917 [§192.947(b)] 
iii. A written baseline assessment plan per §192.919 [§192.947(c)] 
iv. Documents to support any decision, analysis, and process developed and used to implement and 

evaluate each element of the baseline assessment plan and integrity management program. 
Documents include those developed and used in support of any identification, calculation, 
amendment, modification, justification, deviation and determination made, and any action taken to 
implement and evaluate any of the program elements [§192.947(d)] 

v. Training program documentation and training records per §192.915 [§192.947(e)] 
vi. Remediation schedule and technical basis documentation per §192.933 [§192.947(f)] 

vii. Direct assessment plan documentation per §192.923 through §192.929 [§192.947(g)] 
viii. Confirmatory assessment documentation per §192.931 [§192.947(h)] 

ix. Documentation of Notifications to PHMSA or State/Local Regulatory Agencies. [§192.947(i)] 
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J.01.a. Supplemental Guidance: 

• The operator’s integrity management program should exist in the form of a program description 
including reference to the appropriate set of implementing procedures.  

o FAQ-238 clarifies the level of detail expected in operator IM process descriptions. 
o FAQ-189 states that operators should exercise appropriate controls to ensure that their IM 

programs, and the procedures by which its elements are implemented, are approved for 
use. The level of management official responsible for that approval is up to each operator, 
but should be at a level sufficient to assure compliance. 

o Referenced procedures or any other documents the operator maintains as the overall 
description of their program should be retrievable, in good condition, legible, properly 
secured, and protected from damage.  

o Earlier revisions to the program should be included in document files as archived 
information. Evidence should be included as to why any program documents have been 
revised and the effective date of the revisions. 

o FAQ-32 states that operators should maintain, for the useful life of the pipeline, 
documents to support any decision, analysis and process developed and used to 
implement and evaluate each element of the baseline assessment plan and integrity 
management program. Copies of the evolving revisions of the baseline assessment plan, 
and of plans for periodic reassessments, should be included with the records maintained 
under this section. 

• The operator's procedures for the identification of threats and assessment of risk to covered 
pipeline segments should indicate the requirement to keep permanent records of the results of the 
identification and analysis process.  

o Any procedures or guidance for threat identification and risk assessment should be on 
hand, as well as the results of the process.  

o Periodic updates to risk assessment documentation would also be expected in program 
files, including documents that demonstrate integration of risk information, and include 
supporting records such as meeting minutes of subject matter expert reviews where 
conclusions are drawn. 

• The baseline assessment plan and all revisions should be available for inspection. The reason for 
any revisions to the plan should be clearly documented. 

o FAQ-32 requires that operators maintain, for the useful life of the pipeline, documents to 
support any decision, analysis and process developed and used to implement and evaluate 
each element of the baseline assessment plan and integrity management program. Copies 
of the evolving revisions of the baseline assessment plan, and of plans for periodic 
reassessments, should be included with the records maintained under this section. 

• The Rule requires that documents to support any decision, analysis, and process developed and 
used to implement and evaluate each element of the baseline assessment plan and integrity 
management program be maintained.  

o This set of documents includes those developed and used in support of any identification, 
calculation, amendment, modification, justification, deviation and determination made, 
and any action taken to implement and evaluate any of the program elements. 

o This set of documents is potentially very broad, but is intended to focus on those 
documents that provide a technical justification for decisions made concerning or 
affecting the integrity of the pipeline.  

o In the event that the operator cannot produce documentation that demonstrates this 
technical justification, the absence of a record of decision could be a violation of rule 
requirements. 

o FAQ-239 clarifies that justifications of decisions must include a technical rationale for 
the decision, and not simply record the decision that was made. 
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• Employee qualification requirements should be available in a form that resembles job descriptions 
or a job task analysis.  

o In addition, evidence should be available that demonstrates that the employees filling the 
jobs described meet the qualification requirements. This could include resumes, but 
might also include training rosters where additional training is necessary.  

o Evidence of mentoring should be documented where that approach is used to qualify an 
individual. 

o Vendor qualifications should be documented through contractual documentation. 
Accepted proposal documentation may serve as evidence that the vendor is providing the 
appropriately qualified personnel to assess ILI results. 

• Records for remediation activities are to be retained for the lifetime of the pipeline.  
o Records for remediation activities should include schedule information, including date of 

discovery of anomalies, and demonstrate repair (when appropriate) in accordance with 
the appropriate set of code requirements.  

o Records of pressure reductions should be available, including those which determine the 
revised operating pressure limits, as well as those that indicate the date by which the 
reduction occurred.  

o Operators should retain evidence that documents the decision of the proper approach for 
remediation. 

• Direct assessment records should be available for inspection.  
o Since direct assessment is an alternate approach to ILI, the same set of decision 

documentation as well as excavation documents should be retained.  
o All records should demonstrate the appropriate level of approval and record dating should 

support rule requirements. 
• Records associated with conducting confirmatory assessments should be retained by the operator.  

o Records associated with conducting confirmatory assessments include excavation 
documentation as well as decision documentation that identifies where confirmatory 
assessment is to be conducted.  

o Records should be comprehensive, and should show review and concurrence by affected 
parties. 

• Evidence that the appropriate regulatory authority has been notified in accordance with the various 
requirements of the Rule must be retained by the operator.  

o The date of notification and the method of notification should be apparent.  
o The use of electronic notification is preferred, therefore such records are acceptable 

evidence. 

Protocol Area K. Management of Change (MOC) 

• K.01 Documentation and Notification of Changes to the Integrity Management Program 
• K.02 Attributes of the Change Process 
• Table of Contents 

K.01 Documentation and Notification of Changes to the Integrity Management Program 

Verify that changes to the integrity management program have been handled in accordance with §192.909 
of the rule. 

K.01 Supplemental Guidance: 

• It is an acceptable practice for an operator to revise its integrity management program, however, 
changes must be accomplished in a controlled manner. The program documentation, framework, 
procedures, etc., must first be revised before the change can be implemented.  

• With each revision, the operator must identify and justify the need for the change. This may be 
done relatively simply with a revision log for the document.  
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o FAQ-201 clarifies that an operators’ management of change process should be 
implemented as soon as there is a program whose change needs to be managed.  

• After revisions are made to the program document, then it is appropriate for the operator to 
implement the change. The inspector may choose to determine if the change affects qualification 
and training requirements for those involved in implementing the integrity management program. 
If so, it may be confirmed that the affected personnel have received the appropriate qualification 
training. 

• PHMSA (and the Interstate Agent as applicable) is to be notified of significant program changes 
within 30 days after the change has been implemented.  

o FAQ-97 addresses the types of changes requiring notification. Only significant changes 
require notification. 

o FAQ-98 addresses the timing for submittal of required notifications. 
o FAQ-99 addresses the information that must be included in a notification. Notifications 

must provide enough information for PHMSA to understand the reason for the 
deviation/change from the actions specified in the rule. 

• It is not the intent that every program change be communicated in accordance with this 
requirement. Some judgment must be used in considering whether the change is "significant". 
Examples of significant changes are: 

o Merger of companies or major acquisition of pipeline. 
o Determination of susceptibility to SCC when previously considered unsusceptible. 
o Introduction of an assessment methodology not previously used. 
o Abandoning an assessment methodology previously planned for use. 
o FAQ-111 addresses what level of change satisfies the terms "significantly modify" or 

"substantially affect" as used under subpart 192.909(b)  
• Examples of changes that would not be considered significant and would not require notification 

are: 
o Addition of new HCA segments. 
o Reprioritization of remediation actions that do not result in noncompliance with the Rule. 
o Reprioritization of preventive or mitigative measures. 
o Reprioritization of assessments due to updated risk analysis. 
o Use of a different model for ICDA than the one referenced in the rule.  

 FAQ-153 clarifies that notification is not required if an operator uses a different 
model for ICDA than the one referenced in the rule. 

K.01.a. Verify that the reasons for program changes have been documented prior to implementation of the 
change(s). [§192.909(a)] 

K.01.a. Supplemental Guidance: 

• The Rule requires program revision before a change to the program is implemented. This 
demonstrates a properly controlled change and helps ensure affected personnel are properly 
notified.  

• The inspector should be able to locate program changes via a revision log or some other properly 
documented notification.  

o FAQ-201 clarifies that an operators’ management of change process should be 
implemented as soon as there is a program whose change needs to be managed. 

• If no documentation exists to describe and justify the change, then the change is not being 
properly managed.  

• Proper authorization should also be evident on the changed documentation. The operator should 
have program changes approved by the same authority that approved the original program. 
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K.01.b. Verify, that for significant changes to the program, program implementation, or schedules, 
PHMSA and the State or local pipeline safety authority, if applicable, has been notified within 30 days after 
the operator has adopted the change. [§192.909(b)] 

K.01.b. Supplemental Guidance: 

• PHMSA and appropriate state or local authority is to be notified in accordance with the provisions 
of §192.949 of the Rule any time it changes its integrity management program in a significant 
way.  

o FAQ-111 specifically addresses what constitutes significant changes.  
• PHMSA does not desire to receive numerous program revision notifications for minor or expected 

program revisions. The examples presented in Protocol K.01 may provide some insight on what is 
significant vs. insignificant. 

K.02 Attributes of the Change Process 

Verify that the integrity management program meets the requirements of ASME B31.8S-2004, Section 11 
for a management of change process. [§192.911(k)] 

K.02 Supplemental Guidance: 

• ASME B31.8S-2004, Section 11 contains the provisions for what constitutes an acceptable 
management of change process.  

• Operators may have a special set of procedures that describe change control as it applies to 
integrity management, or it may have an existing change control process that incorporates the 
aspects of integrity management. 

• The management of change process specified in ASME B31.8S-2004, Section 11 addresses both 
program changes and physical/design changes. It should be noted that changes in the integrity 
management program can drive physical changes to the pipeline, and changes to the pipeline can 
affect the integrity management program in areas like risk analysis and assessment methods. 

K.02.a. Verify the existence of procedures that consider impacts of changes to pipeline systems and their 
integrity. [ASME B31.8S-2004, Section 11(a)] 

K.02.a. Supplemental Guidance: 

• ASME B31.8S-2004, Section 11 requires procedures to be in place to control changes such that 
the affect on pipeline integrity is considered. This could be implemented by ensuring the 
appropriate review of proposed changes by pipeline integrity personnel. 

• Examples of changes that must be considered include, but are not limited to: 
o New gas streams coming online (for example, new wells) that increase the BTU heat 

value of the transported gas (change from lean to rich gas) 
o Pipeline reroutes that place the pipeline closer to identified sites 
o An increase in pipeline MAOP that results in a larger potential impact circle 
o Pipeline modifications affecting piping diameter that results in a larger potential impact 

circle  
o Corrections to erroneous pipeline center line data 
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K.02.b. Verify change procedures address technical, physical, procedural, and organizational changes. 
[ASME B31.8S-2004, Section 11(a)] 

K.02.b. Supplemental Guidance: 

• Procedures must ensure all aspects of change are considered, including technical, physical, 
procedural, and organizational changes.  

• "SHOULD" Requirement: The process should incorporate planning for each of these situations 
and consider the unique circumstances of each. Re: ASME B31.8S-2004, Section 11(a) and 
Protocol L.03] 

• Inspectors should consider if all relevant aspects of a particular change were addressed. 

K.02.c. Verify the following are provided for by the change procedures: [ASME B31.8S-2004, Section 
11(a)] 

i. Reason for change 
ii. Authority for approving changes 

iii. Analysis of implications 
iv. Acquisition of required work permits 
v. Documentation 

vi. Communication of the change to affected parties 
vii. Time limitations 

viii. Qualification of staff 

K.02.c. Supplemental Guidance: 

• The following eight considerations must be provided for by management of change procedures 
and exhibited on any changes reviewed: 

o Reason for change. 
o Authority for approval. 
o Analysis of implications. 
o Acquisition of required work permits. 
o Documentation of the change. 
o Communication of the change to affected parties. 
o Time limitations. 
o Qualification of staff involved in the change. 

K.02.d. Verify that integrity management system changes are properly reflected in the pipeline system and 
that pipeline system changes are properly reflected in the integrity management program. [ASME B31.8S-
2004, Section 11(b)] 

K.02.d. Supplemental Guidance: 

• Program changes, such as making decisions that impact preventive and mitigative measures can 
also affect physical attributes in the field.  

• Changes must be examined to confirm that field impacts were implemented along with program 
changes. The inverse is also true, namely, field changes can have impact on the integrity 
management program. Decisions to modify or replace piping can have a positive impact on risk 
ranking of HCA segments, but would also give higher priority to other segments. This two-way 
impact of a change should be considered by the inspector. 
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K.02.e. Verify that equipment or system changes have been identified and reviewed before implementation. 
[ASME B31.8S-2004, Section 11(d)] 

K.02.e. Supplemental Guidance: 

• It is a fundamental and sound requirement that any changes considered to either the program or to 
physical features be fully evaluated for impact prior to implementing the change.  

• Part of complying with this aspect of the Rule is ensuring that broad review of changes is 
accomplished by potentially affected parties.  

• Omission of an essential discipline in the review process could be evidence of a systemic problem 
and should be investigated. 

Protocol Area L. Quality Assurance 

• L.01 Program Requirements for the Quality Assurance Process 
• L.02 Personnel Qualification and Training Requirements 
• L.03 Invoking Non-Mandatory Statements in Standards 
• Table of Contents 

L.01 Program Requirements for the Quality Assurance Process 

Verify that a quality assurance process exists that meets the requirements of ASME B31.8S-2004, Section 
12. [§192.911(l)] 

L.01 Supplemental Guidance: 

• ASME B31.8S-2004, Section 12 states the provisions for an acceptable quality assurance process, 
also called a quality control plan.  

• Quality control is defined in the standard as "documented proof that the operator meets all the 
requirements of their integrity management program." 

• Some operators may already have a quality assurance process that meets ASME B31.8S-2004, 
Section 12 of the standard and therefore only need to incorporate the elements of their integrity 
management program into their existing program.  

• ASME B31.8S-2004, Section 12.2 identifies six activities that provide a broad perspective on the 
concept of applying quality to programs or processes. The operator’s QA program should embrace 
these activities and the operator should be able to demonstrate to the inspector how these activities 
are conducted within their documented approach. The following six elements are quoted from the 
standard as normally required for an effective QA process: 

o Identify the processes that will be included in the quality program. 
o Determine the sequence and interaction of these processes. 
o Determine the criteria and methods needed to ensure that both the operation and control 

of these processes are effective. 
o Provide the resources and information necessary to support the operation and monitoring 

of these processes. 
o Monitor, measure, and analyze these processes. 
o Implement actions necessary to achieve planned results and continued improvement of 

these processes. 
• Specific areas where the QA program should be visible are identified in the Protocol L.01.a 

through Protocol L.01.d.  
• Third-party reviews are identified in ASME B31.8S-2004, Section 12.2(b)(6), but these are only 

recommended activities and are therefore not listed below. 
• FAQ-76 describes the elements than must be included in an operator's IMP, one of which is a 

quality assurance program. 
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• "SHOULD" Requirement: Periodic internal audits of the integrity management program and its 
quality plan are recommended. An independent third-party review of the entire program may be 
useful. [Re: ASME B31.8S-2004, Section 12.2(b)(6) and Protocol L.03] 

L.01.a. Verify that responsibilities and authorities for the integrity management program have been 
formally defined. [ASME B31.8S-2004, Section 12.2(b)(2)] 

L.01.a. Supplemental Guidance: 

• Documented responsibilities and authorities must exist for the various elements of the integrity 
management plan, including those responsibilities and authorities for implementing the QA plan. 
These may be found in job descriptions for applicable personnel or in procedures or other program 
documentation, and should be clear and unambiguous. 

L.01.b. Verify that reviews of the integrity management program and the quality assurance program have 
been specified to be performed on regular intervals, making recommendations for improvement. [ASME 
B31.8S-2004, Section 12.2(b)(3)] 

L.01.b. Supplemental Guidance: 

• Regularly scheduled program reviews must be identifiable in program documentation and 
conducted by the operator.  

• These reviews must examine the effectiveness of the integrity management program and the 
effectiveness of the QA process with recommendations for improvement where necessary.  

• Overall goals for both processes should be defined, agreed to by management, and implemented 
through program processes. 

• Follow-through on program corrections should be examined by the inspector. 
• §192.907(a) requires that each operator make continual improvements to the program. This 

requirement is discussed further in Supplemental Guidance Appendix L.01, White Paper, 
Continuing Improvement. 

L.01.c. Verify that corrective actions to improve the integrity management program and the quality 
assurance process have been documented and are monitored for effectiveness. [ASME B31.8S-2004, 
Section 12.2(b)(7)] 

L.01.c. Supplemental Guidance: 

• A viable corrective action process is a fundamental element of an effective QA process and 
therefore is a required element.  

• Corrective actions must be documented and, after implementation, monitored for effectiveness in 
correcting the deficiency or area in need of improvement. 

• Although not explicitly required in the standard, an effective corrective action process should:  
o Promptly identify and correct deficiencies in the integrity management program, and 

identify/resolve any generic implications to other similar activities or features.  
o Require the investigation of the root cause of any significant condition adverse to quality 

or program deficiency, and specify the appropriate actions to prevent recurrence to 
address the root cause.  

o Engage in tracking to completion those activities that resolve the condition adverse to 
quality, with appropriate timeliness considerations included. 

L.01.d. Verify that when an operator chooses to use outside resources to conduct any process that affects 
the quality of the integrity management program, the operator ensures the quality of such processes and 
documents them within the quality program. [ASME B31.8S-2004, Section 12.2(c)] 
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L.01.d. Supplemental Guidance: 

• When an operator chooses to use outside resources to conduct any process, for example pigging, 
that affects the quality of the integrity management program, the operator shall ensure control of 
such processes and document them within the quality program. This type of control would be 
expected to be used through contractual vehicles, so an examination of the contract may be 
necessary during an IMP inspection.  

• Documentation of such processes may entail the use of tracking systems and issue resolution 
procedures set up between the operator and the contractor/vendor. Inspectors should review any 
such documents established as part of the operator's QA program. If the operator has not 
established this documentation, more detailed investigation may be needed in order to ascertain 
if/how the operator is ensuring the quality of processes implemented by outside resources.  

• Contractual language by itself will not demonstrate compliance by the outside resources. A review 
of contractor deliverables, work products, or other documents may be necessary to confirm that 
the vendor is implementing the requirements. 

L.02 Personnel Qualification and Training Requirements 

Verify that personnel involved in the integrity management program are qualified for their assigned 
responsibilities. [§192.911(l), §192.915 and ASME B31.8S-2004, Section 12(b)(4)] 

L.02 Supplemental Guidance: 

• Personnel qualification requirements must be identified for anyone who is involved in the integrity 
management program. The requirement to identify qualifications applies to both operator and 
vendor personnel.  

• An approved listing of what constitutes the minimum set of qualification requirements for the 
various functions to be performed in an integrity management program does not exist although 
some regulatory effort is being made to identify that set. Inspectors must rely on the list of 
qualification requirements provided by the operator, but should expect the operator to defend the 
list. Once the list is agreed upon, the inspector should examine personnel records to confirm that 
those filling a position having qualification requirements meet those requirements.  

• Resumes, training certificates, or class attendance rosters may all serve as acceptable 
demonstration that qualification requirements are met.  

• The inspector should be aware of any re-qualification requirements and ensure that the operator’s 
personnel are up-to-date with re-qualification. 

L.02.a. Verify that the Integrity Management Program requires supervisory personnel to have the 
appropriate training or experience for their assigned responsibilities. [§192.915(a)] 

L.02.a. Supplemental Guidance: 

• Personnel having supervisory authority that relates to the operator’s integrity management process 
must meet documented qualification requirements for the aspects of the IM program under their 
authority.  

• Tracking of qualification deficiencies and re-qualification requirements is essential to ensure that 
an aggressive approach is taken to fill positions with properly trained personnel. 

L.02.b. Verify the qualification of personnel that carry out assessments and who evaluate assessment 
results. [§192.915(b)] 

L.02.b. Supplemental Guidance: 
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• Personnel who carry out and evaluate assessment information must meet documented qualification 
requirements. This applies to both operator and vendor personnel.  

• The operator is responsible for ensuring that vendor personnel who are properly qualified fulfill 
essential tasks in performing or evaluating assessment.  

• Personnel who are not qualified may participate in the assessment activities, but only under the 
direct control and supervision of a qualified person as part of on-the-job-training (OJT). 

L.02.c. Verify the qualification of personnel who participate in implementing preventive and mitigative 
measures including: [§192.915(c)] 

i. Personnel who mark and locate buried structures. 
ii. Personnel who directly supervise excavation work. 

iii. Other personnel who participate in implementing preventive and mitigative measures as 
appropriate. [ASME B31.8S-2004, Section 12.2(b)(4)] 

L.02.c. Supplemental Guidance: 

• Personnel who implement preventive and mitigative measures include a wide range of job 
positions. This may include management and technical personnel, risk evaluators, operators, 
excavation crews, welders, pipeline safety engineers, etc. The focus of the inspector’s review in 
this area should be: 

o What role does this person play in implementing Preventive and Mitigative Measures? 
o What are the qualification requirements as they relate to this role? 
o Does the person in this position meet these requirements? 

L.02.d. Verify that the personnel who execute the activities within the integrity management program are 
competent and properly trained in accordance with the quality control plan. [ASME B31.8S-2004, Section 
11(a)(8) and ASME B31.8S-2004, Section 12.2(b)(4)] 

L.02.d. Supplemental Guidance: 

• Personnel, including vendors and subcontracted personnel, involved in the integrity management 
program are expected to be competent, aware of the program and all of its activities and are to be 
properly trained to execute the activities within the program. 

• Documentation of such competence, awareness and qualification, and the process for their 
achievement, is to be a part of the quality control plan. 

L.03 Invoking Non-Mandatory Statements in Standards 

Verify that non-mandatory requirements (e.g., "should" statements) from industry standards or other 
documents invoked by Subpart O (e.g., ASME B31.8S-2004 and NACE RP0502-2002) are addressed by 
one of the following approaches: [§192.7(a)] 

L.03 Supplemental Guidance: 

• Various sections of industry standard documents, most notably ASME B31.8S-2004 and NACE 
RP0502-2002, are directly invoked by the Gas IM Rule. Notable examples may be found in Rule 
sections 192.911(k), 192.911(l), and 192.911(m). Numerous statements made in these documents 
that employ words like "the operator should..." as opposed to more restrictive wording like "the 
operator shall..." or "the operator must...". 49 CFR 192.7, paragraph (a) specifies that referenced 
documents in §192 have the full effect of Rule requirements, just as if the words were explicitly 
cited in the Rule. The application of "shall" statements in referenced standards is therefore 
straightforward. The "should" statements, on the other hand, often represent best practices that 



Gas Integrity Management Protocols with Guidance, Revision 5, 1/1/2008 
 
 

Page 148 of 151 
 

may or may not apply to the way an operator conducts business. At other times, the "should" 
statements may represent a recommendation that the operator would be reasonably expected to 
incorporate in their Integrity Management Program. In either case, since the "should" language is 
invoked in the rule just as if it were set out in the rule in full, then the rule in effect states that 
operators SHOULD incorporate these recommendations into their integrity management 
programs. The intent is that the operator should read and be aware of the recommendations of a 
standard invoked by the Rule and implement them. If the operator decides not to implement the 
recommendation, then a documented basis for why the recommendation was not implemented is 
to be developed. This position is documented in FAQ-244. 

• An alternative approach to implementing the recommendation is acceptable, but the operator must 
be prepared to demonstrate equivalence of, or provide technical justification for, the alternative 
approach. 

• FAQ-155 states that where sections of consensus standards are incorporated by reference into a 
rule, those sections become binding requirements the same as if the language were repeated in the 
rule (Re: 192.7). This also means that if the referenced section of the standard contains internal 
references to other sections of a standard, then those other references are also binding. Again, it is 
the same as if the language were repeated in the rule. In this case, it is the same as if the internal 
references were repeated in the rule. For example, B31.8S, Section 5 is invoked in 192.917. 
Section 5 include references to several other sections including Sections 3, 4, 6, 7, 11, and 12. 

• FAQ-167 states that when standards are incorporated into a rule by reference, the requirements of 
the standard become requirements of the rule. Operators are required to implement "must" and 
"shall" statements in the standard. Where the standard provides an alternative, e.g., in the event an 
action that "must" be done cannot be accomplished, the alternative must be implemented with 
appropriate justification. 

• An example of regulatory intent for use of "should" statements or recommendations may be found 
in the Federal Register Notice for 49 CFR Part 195, dated April 2, 1999 [Docket No. RSPA-97-
2095-21; Amendment 195-66] for breakout tanks on hazardous liquid systems. A copy of this 
notice is located in the Gas IMDB File Library with appropriate sections highlighted (Reference: 
SHOULD). While this notice predates the Gas IM rule, it demonstrates the regulatory intent with 
respect to "should" statements, as well as in cases where engineering judgment is used to 
determine compliance. 

• FAQ-114 notes that appendices to Part 192 are guidance and do not contain requirements. Where 
"must" is used to provide guidance for what an operator must do to comply with a requirement in 
the body of Subpart O, then that action may be required as a result of the language in the rule 
body. Compliance with the Appendices is not required solely because of the use of "must" 
statements. 

• "Should" requirements from various locations in the referenced standards are highlighted 
throughout the protocols. After inspecting the previous protocols, inspectors may already have a 
good indication of the operator's approach to implementing "should" requirements. 

L.03.a. Incorporated into the operator’s plan and implemented as recommended in the standard; or 

L.03.a. Supplemental Guidance: 

• When a "should" statement or recommendation in the invoked Standard is directly implemented 
by the operator, documented program requirements must be available to demonstrate 
implementation.  

• Inspectors should inspect the records generated by the program requirements to confirm 
implementation. 

L.03.b. An equivalent alternative method for accomplishing the same objective is justified and 
implemented; or 

L.03.b. Supplemental Guidance: 
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• Operators may choose to implement an alternative approach in meeting the recommendations of 
invoked standards. When the operator has chosen an alternative approach, there should be 
evidence that the operator recognizes and understands the recommendations in the invoked 
standard and how the alternative approach fulfills the intent of the recommendation.  

• Program requirements for the alternative approach should be confirmed to exist in IM Program 
documents and records generated by the alternative approach. 

L.03.c. A documented justification is included in the plan that demonstrates the technical basis for not 
implementing recommendations from standards or other documents invoked by Subpart O. 

L.03.c. Supplemental Guidance: 

• Operators may choose to not implement a recommendation cited in an invoked standard. 
Inspectors should look for a documented basis for why the recommendation has not been 
implemented.  

• The inspector should be satisfied that the basis is reasonable and that not implementing the 
recommendation will not compromise pipeline integrity. 

Protocol Area M. Communications Plan 

• M.01 External and Internal Communication Requirements 
• M.02 Addressing Safety Concerns 
• Table of Contents 

M.01 External and Internal Communication Requirements 

Verify that an integrity management communication plan exists that meets the requirements of ASME 
B31.8S-2004, Section 10. [§192.911(m)] 

M.01 Supplemental Guidance: 

• ASME B31.8S-2004, Section 10 mandates the development of communication plan to keep an 
operator’s personnel, jurisdictional authorities, and the public aware of its integrity management 
efforts and results. Beyond the requirement that a plan be developed with that stated intent, the 
information in the standard regarding the methods and frequency of the communication plan is 
only recommended.  

• Periodic communication, rather than sporadic communication is recommended and the operator 
should be able to defend the frequency chosen.  

• Communications internal to the operator’s organization is aimed at building program support and 
to inform all participants in the progress and problems of the program. 

• FAQ-184 addresses the content/information that is to be communicated with the public/public 
officials about integrity management plan and activities related to IMP. 

M.01.a. Verify that the operator has submitted its API-1162 external communications plan to the PHMSA 
clearinghouse for approval.   

M.01.a. Supplemental Guidance: 

• * Operators' external communication programs are being reviewed by PHMSA as a separate 
activity.  Inspector knowledge that the program has been reviewed is satisfactory - detailed 
inspection of the API RP-1162 program is not expected. The operator should be expected to 
provide documentation demonstrating submittal of the communications program to PHMSA. 
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M.01.b. Verify provisions for operator internal organizational communication exist to establish 
understanding of and support for the integrity management program. [ASME B31.8S-2004, Section 10.3] 

M.01.b. Supplemental Guidance: 

• Operator management and other appropriate operator personnel must understand and support the 
integrity management program. This should be accomplished through the development and 
implementation of an internal communications aspect of the plan.  

• Performance measures reviewed on a periodic basis and resulting adjustments to the integrity 
management program should also be part of the internal communications plan.  

• Integrity management program information may be included along with other notifications 
provided to company personnel. 

M.02 Addressing Safety Concerns 

Verify that provisions exist to address safety concerns raised by: 

M.02 Supplemental Guidance: 

The operator must implement a process to address safety concerns raised by PHMSA or the Interstate 
Agent or other local or state pipeline safety authorities. This could be part of an existing corrective action 
process, however it should demonstrate interface with PHMSA or local/state pipeline safety authorities, as 
applicable. As with any safety concern, the appropriate response might include remedial corrective 
measures, a root cause determination, assessment of generic implications, and actions to prevent 
recurrence. Documentation should be reviewed to confirm that any corrective measures identified were 
performed as indicated in the response to PHMSA or the local/state safety authority, and on a schedule 
commensurate with the threat to safety. 

M.02.a. PHMSA and State or local pipeline safety authorities (when a covered segment is located in a State 
where PHMSA has an interstate agent agreement). [§192.911(m)(1) and §192.911(m)(2)]. 

M.02.a. Supplemental Guidance: 

• An interface with the appropriate PHMSA personnel should be proceduralized and conducted as 
part of the program to address safety concerns. If someone from PHMSA that is not on the 
inspection team had the safety concern, communication between the inspector and that individual 
may be necessary to ensure that the safety issues are being properly addressed. 

• An interface with the appropriate Interstate Agent (as applicable) or other local/state pipeline 
inspectors should be proceduralized and implemented as part of the program to address safety 
concerns. If a local/state inspector that is not on the inspection team had the safety concern, 
communication between the inspector and that individual may be necessary to ensure that the 
safety issues are being properly addressed. 
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Protocol Area N. Submittal of Program Documents 

• N.01 Integrity Management Program Document Submittal 
• Table of Contents 

N.01 Integrity Management Program Document Submittal 

Verify that the operator includes provisions in its program to submit, upon request, the operator’s risk 
analysis or integrity management program to: [§192.911(n)] 

N.01 Supplemental Guidance: 

• If PHMSA or a pipeline safety authority in the state where PHMSA has an Interstate Agent 
Agreement requests documents from the operator, these must be provided in a timely manner. 
There are three acceptable methods of providing this information: 

o e-mail 
o fax 
o regular mail. 

• It is not preferred to hand official copies to inspectors during inspections but instead these should 
be transmitted in a formal manner. This does not preclude or prevent communications during 
inspections or the exchange of unofficial copies for the purpose of the inspection, but rather is 
intended to ensure that formal requests are responded to in like manner. 

• If an inspector is aware of a formal request that has been made for IM Program or risk analysis 
documents, it would be reasonable to request the operator demonstrate their compliance with that 
request. Further, the operator's IM Program or framework documentation should have a 
requirement that instructs personnel to provide this information to PHMSA or the Interstate Agent 
when it is requested. 

N.01.a. PHMSA and State or local pipeline safety authorities, as applicable. [§192.911(n)] 

N.01.a. Supplemental Guidance: 

• Contact information for providing documents to PHMSA may be found in §192.951 of the Rule.  
• The inspector should be able to locate in the operator's program documentation requirements for 

submittal of documents to Interstate Agents or other local or state pipeline authorities when 
applicable. 
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A.1 Program Requirements - Verify that the methods defined in §192.903 High Consequence Area (1) 

and/or §192.903 High Consequence Area (2) are applied to each pipeline for the identification of high 

consequence areas. [§192.905(a)] 

Protocol A.1 establishes requirements for the application of Method 1 and Method 2 to identify pipeline 

segments that may impact an HCA. Protocol A.1.a, A.1.b, and A.1.c establish program requirements for 

HCA identification that should be included in an operator's IMP. A.1.d reflects the rule requirement that 

HCAs be identified by December 17, 2004. 

FAQ-14 clarifies that HCAs must be identified as part of an operator’s initial integrity management 

framework, which must be completed by December 17, 2004 and that PHMSA will expect to see the 

operator's process for identifying HCAs described in the initial framework. The rule allows operators to 

use existing data on the density of buildings intended for human occupancy near the pipelines, pro-rating 

any potential impact circles larger than 660 feet in radius, until December 17, 2006. FAQ-21 also clarifies 

that non-pipe elements of a pipeline system in HCAs (e.g., compressor stations) must be identified by 

December 17, 2004. The assessment requirements of 49 CFR 192 Subpart O are applicable to the entire 

pipeline, which is defined in 49 CFR 192.3 as all parts of those physical facilities through which gas 

moves in transportation. PHMSA expects operators to understand which compressor stations and other 

facilities meet criteria to be treated as covered segments in HCAs. Thus, operators must consider facilities 

when establishing potential impact circles (the diameter of the pipe into/out of the equipment should be 

used), and should include in their integrity management program processes for addressing these facilities. 

FAQ-150 addresses the requirements that must be met if an operator has no piping located in HCA, i.e., no covered 

segments.  As described therein, the operator must have completed an evaluation to determine that it has no piping 

in HCA.  The operator must have a process to periodically review this evaluation to determine that changes (e.g., 

new construction along the pipeline) have not introduced an HCA.  The process for performing this evaluation, and 

for reviewing/revising it periodically, is the same whether or not HCAs are present.  The lack of HCAs is the 

conclusion, but that conclusion cannot be reached without performing the evaluation.  Thus, this Protocol would 

apply to operators without piping in HCA in the same manner that it applies to those that do.  The documentation 

expected of operators without piping in HCA would be the same.  These operators need not have a written IM plan, 

and the remaining Protocols would not apply except H.03.b, which addresses requirements in §192.935(d) that are 

applicable to pipeline in class 3 and 4 areas that is not in an HCA.   

FAQ-84 clarifies the integrity assessment provisions of the rule. The rule only applies to line pipe, 

including pipe that may be within the boundaries of facilities (e.g., compressor stations, metering 

stations). The other provisions of the rule apply to the equipment in these facilities (e.g., compressors) if 

the locations meet the criteria to be designated HCAs. 

A.1.a Verify the operator’s integrity management program includes documented processes on how to 

implement methods (1) and (2) in order to identify high consequence areas. [§192.905(a)] 

It is important that operators know the specific characteristics of high consequence areas their pipelines 

traverse. The basis for this is provided in FAQ-22. Operators need to know the characteristics of HCAs 

along their pipeline to make decisions required by the integrity management rule. For example, the 

number of housing units or nature of identified site can affect the consequences of a leak or rupture, and 

thus affect the relative risk ranking of a segment or decisions regarding preventive and mitigative 

measures. 

The Gas Integrity Management Rule, Section 903 Definitions, establishes 2 methods that may be used for 

HCA identification. An operator may use either method, or both, for identification of HCAs. Note that 

FAQ-172 and FAQ-192 address a third allowable option. An operator may designate an entire segment, 
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or their entire pipeline, as covered by the rule. Operators will still need to gather information about the 

areas near their pipeline in order to consider differences in the consequences of pipeline accidents as part 

of their risk assessments and to identify appropriate preventive and mitigative measures. Operators’ 

integrity management programs should have documented descriptions of how HCA identification is 

implemented for their pipeline. Verification should be completed to assure that the operator has evaluated 

their entire gas pipeline system for the identification of HCAs. The operator’s integrity management 

program should include documented processes on how to implement HCA identification using methods 

(1) and (2). The program requirements for these methods are identified as follows: 

Method 1 - Class 3 Location Units; Class 4 Location Units; Class 1 or Class 2 Locations With 

PIR > 660ft and the PIC Contains 20 or More Buildings*; Any area in a Class 1 or Class 2 

Location where the potential impact circle contains an identified site 

Method 2 - Potential Impact Circle (PIC) Contains 20 or More Buildings*; PIC Contains an 

Identified Site 

It is expected that the integrity management program will describe how the HCA identification 

requirements are implemented, roles and responsibilities for program implementation, and provide 

assurance that all of the operator’s gas transmission pipeline system has been evaluated for HCA 

identification. 

* Building counts may be prorated until December 17, 2006. 

A.1.b Verify that the operator’s process requires that the method used for each portion of the pipeline 

system be documented. [§192.905(a)] 

HCA identification program requirements allow the operator to use Method 1, Method 2, or a 

combination of either method. Operator program documentation should be reviewed to assure it specifies 

which methods or combination of methods are used for HCA identification. Documentation should also 

specify which pipeline segments were evaluated by which method. 

A.1.c Verify that the operator’s integrity management program includes system maps or other suitably 

detailed means documenting the pipeline segment locations that are located in high consequence areas. 

[§192.905(a)]  

As part of the operator’s integrity management program, piping system maps or other suitably detailed 

documentation should be available that shows the pipeline segments that are located in high consequence 

areas. As a corollary, the operator’s documentation would also clearly demonstrate which pipeline 

segments are not in an HCA. 

It is expected that most large operators will utilize GIS or similar mapping software for segment 

identification. The operator should demonstrate its system and show graphically the overlay of HCAs 

with its pipeline system. Such systems should be able to output useful data about the intersecting 

segments, such as identification of segment HCA entry and exit points (e.g., latitude/longitude 

coordinates, milepost designations, etc). It could also provide total pipeline mileage that lies within an 

HCA boundary. It also could provide indication of which identification criteria qualified the location as 

an HCA (e.g., Method 1 – Class 3 location, Method 2 – 20 or more Buildings in PIC). 
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For operators that do not use GIS or similar mapping software, it will be necessary to have the operator 

describe and/or demonstrate how it performed its HCA segment identification. This will likely include a 

review of engineering drawings and "hard copy" maps. The operator should be able to demonstrate that 

its process ensures that all segments that intersect HCAs have been identified. Segment intersections with 

HCAs should be defined by specific entry and exit points (e.g., lat/long, mileposts). 
 

For both GIS-based, and non-GIS-based, HCA identification processes, the operator should address how 

tolerances will be dealt with regarding accuracy of distance measurements to structures and the location 

of the pipeline centerline. It is recognized that GPS measurements and maps have some limitations on 

accuracy. While it would be inappropriate for PHMSA to promote a specific tolerance or buffers on top of 

the calculated PIR, it is appropriate to expect operators to consider the potential ramifications of tolerance 

issues and justify that their program provides adequate conservatism and meaningful decisions on what 

portions of pipeline segments should be considered as impacting an HCA. FAQ-174 clarifies that 

operators must take the tolerances of their knowledge base or mapping systems into consideration when 

determining potential impact circles. 
 

 A.1.d Review HCA records to verify that the operator completed identification of pipeline segments in 

high consequence areas by December 17, 2004. [§192.907, §192.911(a)]  
 

Review of an operator’s gas integrity management program should include a review of records 

demonstrating that the operator completed identification of pipeline segments in high consequence areas 

by December 17, 2004.  
 

The documentation should meet all of the operator’s applicable QA program requirements and be readily 

retrievable for each segment. The documentation of segments should use a format that is directly usable 

in the operator’s segment identification analysis (e.g., the operator should not document segment 

endpoints using GPS coordinates if its analysis process requires milepost references). In some cases, an 

operator might not produce hard copy documentation for each segment. Electronic documentation is 

sufficient as long as the information is readily accessible and usable for inspection and for use by 

personnel for implementation of IM. 
 

A.2 Potential Impact Radius - Verify that the definition and use of potential impact radius for 

establishment of high consequence areas meets the requirements of §192.903. [§192.905(a)]  
 

Protocol A.2 establishes the requirements for determination of the Potential Impact Radius (PIR) 

surrounding an operator's pipeline. This protocol provides the formula for calculating the PIR and the 

requirement that the potential impact circle (PIC) extend axially along the length of the pipeline from the 

outermost edge of the first potential impact circle to the outermost edge of the last contiguous potential 

impact circle. These requirements should be verified as being a part of an operator's IMP. 

Refer to FAQ-15 for definition of covered segments and clarification on the axial extension of potential 

impact circles. 
 

A.2.a Verify that the operator’s formula for calculation of the potential impact radius is consistent with 

§192.903 requirements ( 269.0 pdr  ) and that the pressure used in the formula is based on 

maximum allowable operating pressure (MAOP). 
 

Section 903 of the rule states that Potential Impact Circles are circles of a radius equal to the Potential 

Impact Radius (PIR). For natural gas, the operator’s gas integrity management program should explicitly 

require that the PIR be determined by the formula 269.0 pdr   where “r” is the radius of a circular 

area in feet surrounding the point of failure, “p” is the maximum allowable operating pressure (MAOP, 

refer to FAQ-16 and FAQ-119) in the pipeline segment in pounds per square inch (PSI) and “d” is the 

nominal diameter of the pipeline in inches. The operator’s IMP should be reviewed to verify the use of 
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this formula. A range of potential impact radius values are provided in Table 1, Natural Gas Potential 

Impact Radius Rounded Up to the Nearest Foot.  
 

Pipelines that have components with different pressure ratings may use the most limiting (lowest) MAOP 

(i.e., the component that dictates the MAOP of the entire segment) in calculating the PIR for the entire 

segment. If the line is subsequently uprated, new PIRs would have to be calculated based on a higher 

MAOP. See FAQ-200. 
 

Table 1, Natural Gas Potential Impact Radius Rounded Up to the Nearest Foot 

Nominal Pipe Diameter (Inches) 
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 4 6 8 10 12 14 16 18 20 22 24 30 36 

50 20 30 40 49 59 69 79 88 98 108 118 147 176 

100 28 42 56 69 83 97 111 125 138 152 166 207 249 

150 34 51 68 85 102 119 136 153 170 186 203 254 305 

200 40 59 79 98 118 137 157 176 196 215 235 293 352 

250 44 66 88 110 131 153 175 197 219 241 262 328 393 

300 48 72 96 120 144 168 192 216 240 263 287 359 431 

350 52 78 104 130 155 181 207 233 259 284 310 388 465 

400 56 83 111 138 166 194 221 249 276 304 332 414 497 

450 59 88 118 147 176 205 235 264 293 323 352 440 527 

500 62 93 124 155 186 217 247 278 309 340 371 463 556 

550 65 98 130 162 195 227 259 292 324 357 389 486 583 

600 68 102 136 170 203 237 271 305 339 372 406 508 609 

650 71 106 141 176 212 247 282 317 352 388 423 528 634 

700 74 110 147 183 220 256 293 329 366 402 439 548 658 

720 75 112 149 186 223 260 297 334 371 408 445 556 667 

750 76 114 152 189 227 265 303 341 378 416 454 567 681 

800 79 118 157 196 235 274 313 352 391 430 469 586 703 

850 81 121 161 202 242 282 322 363 403 443 483 604 725 

900 83 125 166 207 249 290 332 373 414 456 497 621 746 

950 86 128 171 213 256 298 341 383 426 468 511 639 766 

1000 88 131 175 219 262 306 350 393 437 481 524 655 786 

1050 90 135 179 224 269 314 358 403 448 492 537 671 805 

1100 92 138 184 229 275 321 367 412 458 504 550 687 824 

1150 94 141 188 234 281 328 375 422 468 515 562 702 843 

1200 96 144 192 240 287 335 383 431 479 526 574 718 861 

1250 98 147 196 244 293 342 391 440 488 537 586 732 879 

1300 100 150 200 249 299 349 399 448 498 548 598 747 896 

1350 102 153 203 254 305 355 406 457 508 558 609 761 913 

1400 104 155 207 259 310 362 414 465 517 568 620 775 930 

1440 105 158 210 262 315 367 419 472 524 577 629 786 943 
1450 106 158 211 263 316 368 421 473 526 579 631 789 946 
1480 107 160 213 266 319 372 425 478 531 584 638 797 956 
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A.2.a.i For gases other than natural gas, verify that the operator has documented processes for the use 

of Section 3.2 of ASME B31.8S-2004 to calculate the impact radius formula [§192.903 Potential Impact 

Radius, §192.905(a)] 

For flammable gases other than natural gas, ASME B31.8S-2004, Supplement to B31.8 on Managing 

System Integrity of Gas Pipelines, section 3.2 provides guidance on development of formulas for 

determining Potential Impact Radius (PIR). The equation on page 8 of ASME B31.8S-2004 (equation A 

in Exhibit 1), from which equation 1 of ASME B31.8S-2004 (equation B in Exhibit 1) is derived, is based 

on solving equations 2.2 and 2.4 of GRI-00/0189. The derivation of the equation on page 8 of ASME 

B31.8S-2004 is dependent on the use of variables given in specific units of measurement, and certain 

assumed constants. For gases other than natural gas, the basic equations in GRI-00/0189 can be used in 

their more general form to make adjustments to such factors as the release rate decay factor. A Baker 

report, TTO-13, Potential Impact Radius Formulae for Flammable Gases Other than Natural Gas, 

(http://primis.phma.dot.gov/gasimp/FilGet.gim?&fil=7) establishes the PIR and basis for several other 

flammable gases. See FAQ-208. Also note that “rich gas” is considered to be a gas with a gross heat value 

of 1100 BTU/cubic feet or greater. This assumption is documented in TTO-13, Potential Impact Radius 

Formulae for Flammable Gases Other than Natural Gas, Section 7.0 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=7 ). Formulas developed by TTO-13 are as follows: 

Summary of Potential Impact Radius Formula 

Product   PIR Formula   

Ethylene   21.04r pd  

Hydrogen   20.47r pd  

Natural Gas (Lean) 269.0 pdr   

Natural Gas (Rich) 20.73r pd  

Syngas   20.49r pd  

Note that minor inputs of gas with a gross heat value greater than 1100 BTU/cubic foot may not need to 

use the rich gas formula if operators demonstrate that it is blended quickly such that the blended gas 

stream has a gross heat value less than 1100 BTU/cubic foot or if inputs of gas having a gross heat value 

greater than 1100 BTU/cubic foot are short lived or are a low volume.  Inspectors should also be aware of 

instances where operators may use LNG feeds, which likely will be rich gas. LNG gas feeds may be used 

as temporary supply taps to a municipality when a pipeline segment is removed from operation due to 

testing or maintenance needs. Note also that INGAA has questioned the need to use the rich gas formula.  They 

contend that rich gas is still “natural gas” and that the rule specifies use of 0.69 as the factor for natural gas in 

the PIR equation.  PHMSA has concluded that it cannot require operators to use a different formula for rich gas 

given the language in the rule.  Inspectors should inform operators that rich gas creates a larger impact circle 

and suggest that they use a different factor, but no enforcement action should be taken if the operator uses 0.69 

until the rule is changed. 

Note that if nonflammable gases are transported by the operator, then the use of PIR concepts do not 

apply. In this circumstance, an alternative method for identification of pipeline segments potentially 

affecting HCAs must be used. FAQ-3 states that operators of transmission pipelines transporting other 

gases must adjust the formula for determining potential impact circles to reflect the constant appropriate 

for the gas transported.FAQ-144 also has been developed to address this circumstance. The FAQ clarifies 

that the potential impact circle concept is only applicable for flammable gases. Operators of pipelines 

carrying non-flammable gases must consider their entire pipelines as if they were in high consequence 

areas, or they may apply for a waiver to use another method that they may propose for defining HCAs. It 

http://primis.rspa.dot.gov/gasimp/FilGet.gim?&fil=7
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=7
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is not appropriate for an operator to solely rely on the use of Class Locations for identifying HCAs as this 

would not meet Rule requirements (the Rule does not contemplate non-flammable gases). Non-flammable 

gases can form toxic clouds that drift long distances from the pipeline and are not necessarily contained to 

the immediate vicinity of the pipeline. Note that a Baker report, TTO-14, Derivation of Potential Impact 

Radius Formulae for Hazardous and/or Toxic Gases without Ignition 

(http://primis.phma.dot.gov/gasimp/FilGet.gim?&fil=43), establishes the PIR for several other 

nonflammable gases.  Use of this approach by an operator would require submittal of a waiver and 

PHMSA review. 

A.2.b In cases where potential impact circles are used to identify high consequence areas, verify that 

the program requires that high consequence areas include the area extending axially along the length of 

the pipeline from the outermost edge of the first potential impact circle to the outermost edge of the last 

contiguous potential impact circle for those potential impact circles that contain either an identified site 

or 20 or more buildings intended for human occupancy. [§192.903 High Consequence Area (3)]  

Examples of how the area around a pipeline may be determined to be a HCA are provided in Exhibit 2 to 

demonstrate how the PIR is to extend axially along the length of the pipeline. Using the PIR formula 

discussed earlier, the PIR is calculated. The PIR defines the Potential Impact Circle of concern. If any PIC 

includes any portion of the identified site (or 20 or more buildings intended for human occupancy) within 

its area, then the postulated point of failure of the “C-FER Circle” should be moved farther along both 

directions of the line until it does not intersect or touch the identified site. The HCA is then defined by the 

extension of the PIR axially in each direction along the pipeline. From outside edge to outside edge of the 

Potential Impact Circles defines the pipeline segment that is in an HCA. This segment would be referred 

to as a Covered Segment. Refer to FAQ-164. FAQ-162 provides additional discussion regarding 

situations where only a small portion of a building meeting the HCA criteria is within the potential impact 

circle. Note that some operators may use a different, but equivalent, method of using PICs to define 

HCAs. The operator may draw the PIR from an identified site. Once the outer most PIC intersects with 

the pipeline are identified, then the PIR is extended down the pipeline from the outer most intersects for 

an addition distance equal to the PIR. This approach was observed at only one operator in the initial round 

of inspections but is likely to be seen again. This approach was used to facilitate their GIS computer 

model used for calculation of HCAs. The last two examples in Exhibit 2 show this approach. This 

approach may also be applied when using the criteria of 20 or more dwellings intended for human 

occupancy. In that case, the HCA would be defined by 20 or more overlapping PIC intersections with the 

pipeline combined with the axial extension of the PIR from each end of the outer PIC intersections. This 

approach is equivalent to the method where the PIR is drawn out from the pipe. 

A.3 Identification of High Consequence Area, Identified Sites - Verify that the operator’s 

identification of identified sites includes the sources listed in §192.905(b) for those buildings or outside 

areas meeting the criteria specified by 192.903, and that the source of information selected is 

documented. [§192.903 Identified Sites, §192.905(b) and §192 Appendix E, I(c)] 

Protocol A.3 establishes the requirements for locating identified sites surrounding an operator's pipeline. 

Identified sites may be thought of as area where people tend to congregate. As such, identified sites 

require additional consideration as a high consequence area (HCA). These requirements should be 

verified as being a part of an operator's IMP. 

A.3.a Identified sites must include the following: [§192.903 Identified Sites, §192.905(b)] 

i. Outside areas or open structures occupied by 20 or more people on at least 50 days in any 12 

month period (days need not be consecutive), 

http://primis.rspa.dot.gov/gasimp/FilGet.gim?&fil=43
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ii. Buildings occupied by 20 or more people on at least 5 days a week for 10 weeks in any 12 

month period (days and weeks need not be consecutive), and 

iii. Facilities occupied by persons who are confined, have impaired mobility, or would be 

difficult to evacuate. 

Inclusion of identified sites is intended to pick up isolated population areas where people tend to gather 

which are not picked up through the Class location or PIC building count process. These could include 

isolated nursing homes, schools, campgrounds, off-shore platforms, or an operator’s facilities (see 

FAQ-121, FAQ-151, FAQ-162 and FAQ-163) that may be close enough to the pipeline to be at risk 

should there be a pipeline failure. High consequence areas for gas transmission pipelines are defined to 

include certain buildings and outside areas, not located within Class 3 or 4 locations, but which 

nonetheless contain people who could be at risk in the event of a pipeline failure. These areas, known as 

‘‘identified sites.’’ It should be noted that the length of an HCA is proportional to the distance an 

identified site is from the pipeline. When an identified site is close to the pipeline, more of the pipeline is 

within the radius of potential effects – refer to FAQ-163. 

Verify that the operator’s IMP includes the following criteria defining identified sites: (i) Outside areas or 

open structures occupied by 20 or more people on at least 50 days in any 12 month period (days need not 

be consecutive), (ii) Buildings occupied by 20 or more people on at least 5 days a week for 10 weeks in 

any 12 month period (days and weeks need not be consecutive), and (iii) Facilities occupied by persons 

who are confined, have impaired mobility, or would be difficult to evacuate. Refer to FAQ-17. 

FAQ-182 and FAQ-211 address time period considerations when determining if a site qualifies as 

having 20 or more people present. FAQ-143 and FAQ-145 address transient of fluctuating conditions 

such as roadways and parking lots. A location that 20 or more people passed through in a day would not 

be "occupied" by 20 or more persons. Twenty or more persons must be present at one time for the 

building/outside area/open structure to be defined as an identified site. If 20 or more persons occupy an 

outside area, open structure, or building otherwise meeting the criteria for an "identified site", at the same 

time, then the location is considered an identified site. The duration of occupation is not a criterion for 

making an "identified site" determination. 

Protocol A.3.b discusses the application of these defining criteria. Examples of sites meeting these criteria 

are provided in the following: 1) Areas / Open Structures with ≥20 People for 50 Days in 12 Month 

Period – Beaches, Playgrounds, Recreational Facilities, Camp Grounds, Stadiums; 2) Building with ≥20 

People for 5 Days / Week for 10 Weeks in 12 Month Period - Churches, Office Buildings, Community 

Centers, Stores, Skating Rinks 3) Facility with the Confined, Impaired Mobility, or Difficult to Evacuate - 

Hospitals, Prisons, Schools, Day-care Facilities, Retirement Homes. 

FAQ-176 clarifies that a single home housing a disabled person is not considered an identified site. The 

rule defines identified sites as including "a facility" occupied by persons who are confined, of impaired 

mobility or would be difficult to evacuate. The rule also provides that operators seek information about 

these facilities from public safety officials in order to provide a reasonable bound on the efforts that 

operators must expend to identify such sites. Generally, the focus should be on facilities that are licensed 

or registered as a care provider, and where multiple disabled individuals would be expected. 

An operator’s program should consider each commercial and industrial building that is occupied when 

determining HCAs. If 20 or more persons occupy a building, it may qualify as an identified site. In 

buildings with multiple offices/businesses, operators may assume that 20 or more people "occupy" the 

building 5 days/week and at least 10 weeks/year or they may count the occupants. Commercial buildings 

that the operator concludes are not occupied by 20 or more people should be considered in counting the 
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number of "buildings" intended for human occupancy. Each structure/office/unit that is occupied in such 

a building should be counted in the analysis of 20 or more buildings within the impact circle. Refer to 

FAQ-146. As a corollary, an auxiliary building, not meeting the 20 or more people criteria but lying 

within a PIC, would not dictate the establishment of a covered segment even if other adjacent buildings 

(e.g., building connected by way of a covered walkway) outside of the PIC meet the 20 or more people 

criteria.  

It is expected that roadways, parking lots, and other areas with transient or fluctuating use by people will 

be addressed by the operator. The PHMSA position on how such areas are to be handled is under 

development. Current the position is defined by FAQ-145 which states: Where parking lots are used for 

other purposes (e.g., an antique car club that meets on weekends, regular social gatherings), these uses 

must be considered on their own merits. Identified sites are defined as areas that are occupied by more 

than 20 persons for specified periods. While it is possible that sufficient people might be in a parking lot 

near a pipeline that more than 20 persons are in proximity to the pipeline at one time, these persons 

cannot truly be said to "occupy" the parking lot. The definition of identified sites is intended to provide 

additional protection for areas where people stay for more than a few seconds or minutes. 

FAQ-143 also addresses standing traffic on roads/expressways and the categorization of these areas as 

identified sites. This FAQ gives the following guidance: Identified sites are defined as areas that are 

"occupied" by more than 20 persons for specified periods. While roads and expressways near pipelines 

could well carry enough traffic that more than 20 persons are in proximity to the pipeline at one time, 

these travelers can not be said to "occupy" that location. The definition of identified sites is intended to 

provide additional protection for areas where people stay for more than a few seconds or minutes. Most 

roads and expressways need not be considered as potential "outside areas" that could qualify as identified 

sites. Roads that are regularly congested, such that traffic stands for many minutes within a potential 

impact circle should be considered. Traffic jams present a congregation of people, the presence of 

multiple ignition sources, and difficulty in evacuating the area. PHMSA expects that such areas will 

usually occur within developed areas where the pipeline would already be defined as a high consequence 

area, and that HCAs identified solely due to the proximity of traffic choke points will be rare. Buildings 

and open areas along roads (e.g., an open-air flea market) must be considered on their own merits. 

A.3.b Identified sites must be identified using the following sources of information: [§192.905(b)]] 

i. Information from routine operation and maintenance activities and input from public officials 

with safety or emergency response or planning responsibilities 

ii. In the absence of public official input, the operator must use one of the following in order to 

identify an identified site: 

1. Visible markings such as signs, or 

2. Facility licensing or registration data on file with Federal, State, or local government 

agencies, or 

3. Lists or maps maintained by or available from a Federal, State, or local government 

agency and available to the general public. 

PHMSA will expect operators to conduct a reasonable or good faith effort at identifying identified sites. 

Refer to FAQ-18 and FAQ-170. Obviously this is a subjective requirement – but PHMSA inspectors 

should look in detail at the process operators used in their search and will make a determination of the 

level of compliance with the objectives of this requirement. The operator’s IMP should include 

documentation describing the responsibilities for identifying identified sites and the methods used. 

Review of the documentation supporting identification of identified sites should be available and support 

conclusions by the inspector that a reasonable or good faith effort at identifying identified sites has been 

made. Guidance has been developed by PHMSA for clarifying the expectations for the identification of 
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identified sites in the July 17, 2003 Advisory Bulletin, Identified Sites as Part of High Consequence Areas 

for Gas Integrity Management Program. The guidance from this Bulletin has been updated to reflect the 

final Gas Integrity Management Rule and is provided in the following discussion. 

The Rule is not intended to require an operator to perform an exhaustive search of every possible source 

for such sites, only a good faith one. Obviously, an operator will already know of many sites that meet the 

criteria of Protocol A.3.a through the operation and maintenance activities on the pipeline right-of-way, 

including patrolling, the operator conducts on a routine basis. An operator would, of course, include these 

sites as identified sites. It should be expected that the operator’s IMP would include processes, such as 

procedures or data collection forms, to collect information from routine operations and maintenance 

activities. Information that should be collected includes construction of homes that could exceed the 

criteria for qualifying a location as an HCA or construction of facilities or change in service of existing 

facilities that could qualify the facility as an identified site.  

However, there will be sites which may not be known through routine operation and maintenance 

activities. Operators are required to consult the entities responsible for safety and emergency response in 

the vicinity of the pipeline. This consultation should result in a listing of potential identified sites to be 

further evaluated to determine if they lie within a pipeline segment’s potential impact circle. The 

appropriate public officials are those with safety or emergency response or planning responsibilities who 

indicate to the operator that they know the location of sites that meet the criteria of Protocol A.3.a. These 

public officials may be local fire chief, Native American tribal officials, or the local emergency planning 

commission.  

Consultation with public officials having safety or emergency response or planning responsibilities may 

result in an end of the search for identified sites. FAQ-120 specifies expectations for determination of the 

appropriate safety authority. If, however, an operator consults public officials with safety or emergency 

response or planning responsibilities and these officials inform the operator that they do not have the 

needed information, then an operator must do more. In the absence of public official input, the operator 

must use ONE of the following sources (as required in section 192.905(b)(2)) in order to identify an 

identified site: 1) Visible markings such as signs, or 2) Facility licensing or registration data on file with 

Federal, State, or local government agencies, or 3) Lists or maps maintained by or available from a 

Federal, State, or local government agency and available to the general public. FAQ-195 describes how 

PHMSA has engaged in a cooperative program with the National Association of State Fire Marshals 

(NASFM) to help prepare fire service officials to work with other local safety and planning officials to 

locate "identified sites." The initial round of inspections has revealed that most operators are not receiving 

useful information from public official on identified sites. Operators may be able to improve on this 

source of information by providing the officials with copies of their system maps and / or by meeting face 

to face with the officials in an effort to improve communications and the understanding of what 

information is desired. 

The task of locating identified sites is not endless. Inspection should accept as adequate the operator’s use 

of one of these other means so long as the operator documents a rationale for the choice that demonstrates 

that the operator is truly trying to locate the identified sites. For example, if public officials with safety or 

emergency response or planning responsibilities indicate that they believe that they know about all of the 

areas except for assisted-living facilities, an operator might decide that the most fruitful alternative source 

of information would be a county or State licensing authority. As another example, if public officials with 

safety or emergency response or planning responsibilities indicate little knowledge about the location of 

outside recreation facilities, the operator might decide that county and State websites that listed 

recreational activities in the county would be the best source. Operators should not be expected to review 

all possible sources.  
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A similar rule of reasonableness applies with regard to an operator’s use of the means spelled out in 

section 192.905(b)(2); namely, ‘‘Is on a list or map maintained by or available from a Federal, State, or 

local agency or a publicly or commercially available database.’’ Although it is possible to read this 

language as requiring an operator to perform an exhaustive search of every on-line map or database, this 

is not what is intended. It is expected that an operator should consult those lists or maps that are readily 

known to the operator and readily available to the public at large. Good examples for information 

available about assisted-living, nursing, and elder care facilities and schools would be the Federal 

Government’s official Web portal (http://www.Firstgov.gov) and telephone directories. Official State 

Web sites would also be appropriate. An operator might find sources such as Geographic Data 

Technology or MapQuest helpful in locating particular sites. Inspectors should pay particular attention to 

situations where an operator has used the “Harris Directory” as one of its data sources in the search for 

identified sites. It is apparent that the locations in the Harris directory are often not accurate.  If an exact 

address was not known, the Harris directory returns a geo-spatial location at the geographic center of the 

zip code, which is often many miles from the actual location of the facility. 

 A.4 Identification Using Class Locations (Method 1) - If the operator’s integrity management 

program relies on §192.903 High Consequence Area definition (1) for identification of high consequence 

areas, verify compliance with the following: 

Protocol A.4 establishes the requirements for the use of Method 1, as defined by Section 192.903, to 

identify pipeline segments that potentially impact HCAs. Method 1 primarily relies on the use of existing 

Class Location unit data in conjunction with the identification of identified sites. Section 192.903 

specifically defines the following as high consequence areas when using Method 1: Class 3 or 4 locations 

as defined by Section 192.5. Class 3 and 4 locations are considered to be HCAs only when Method 1 is 

used for HCA identification. If Method 2 is used, Class 3 or 4 locations may not meet HCA criteria. 

Requirements that are imposed on pipeline that operates at 80% SMYS under a waiver typically require 

that the entire pipeline subject to the waiver be treated as an HCA and assessed using ILI. 

 

FAQ-16 and FAQ-149 addresses whether or not an operator must treat all of its class 3 and 4 areas as 

high consequence areas. Section 192.905 requires that an operator use either method (1) or method (2) 

from the definition in 192.903, not both. If an operator elects to use method (1) on a pipeline segment, 

then all of the class 3 and 4 areas associated with that segment will be considered HCAs. If, on the other 

hand, an operator chooses to use method (2) on a pipeline segment, then potential impact circles would be 

drawn and some areas that are class 3 might not be determined to be HCAs. An operator can select one 

method to use for its entire pipeline or can apply either method to individual segments of its pipeline. 

 

A.4.a Verify the integrity management program includes Class 3 and Class 4 piping locations as high 

consequence areas consistent with the criteria of §192.5(b)(3) and §192.5(b)(4), and §192.5(c). 

[§192.903 High Consequence Area (1)(i) and (ii)] [P, I] 

When an operator uses Method 1, one element of the HCA identification process is that all Class 3 and 4 

Locations are considered to be HCA segment. Current Class Location data is to be used by the operator. 

Inspection should verify that the operator has in fact included all Class 3 and 4 Locations as HCA 

segments. Changes that may occur in Class Locations should be considered under Protocol A.6. 
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A.4.b For Class 1 and Class 2 locations with the potential impact radius greater than 660 feet, verify 

the integrity management program includes piping locations as high consequence areas if the area within 

the associated potential impact circle contains 20 or more buildings intended for human occupancy. 

[§192.903 High Consequence Area (1)(iii)] [P, I] 

i. As an option for PIRs greater than 660 feet, the definition of high consequence area may be 

based on a prorated building count for buildings intended for human occupancy within a 

distance of 660 feet (200 meters) from the centerline of the pipeline as calculated using the 

following formula: [§192.903 High Consequence Area (4)] 

Building Count within 660 feet = 20 x [660 (ft) /PIR (ft)]
 2 

or  

Building Count within 200 meters = 20 x [200 (m) / PIR (m)]
 2
 

1. If the option for use of a prorated number of buildings has been used for identification of 

high consequence areas, verify that the program acknowledges that use of the prorated 

allowance is only available to operators until December 17, 2006. [§192.903 High 

Consequence Area (4)] 

When an operator uses Method 1 for HCA segment identification, Class 1 and 2 Location Units must be 

evaluated to identify HCA segments. This requirement would only apply for those Class 1 and 2 

Locations with a PIR greater than 660 feet. For those piping segments meeting these criteria, the operator 

is required to review to identify where the PIR encompasses 20 or more buildings intended for human 

occupancy. Protocol A.2.b provides guidance on how the potential impact circle is to be applied to 

identify pipeline segments with the HCA. 

Inspectors should recognize that operators may not have building count data for large PIRs (i.e., those 

greater than 660 feet). The Rule allows use of more stringent criteria using building counts for area within 

radius of 660 feet. Prorating may be used under both Method 1 and Method 2 for identification of HCAs. 

Operators in the past have collected building count and density data in support of Class Location unit 

designation. However, the data collected only included areas within 660 feet of the pipeline. In 

recognition of this, operators may chose to use more stringent criteria using building count data for areas 

within the 660 foot radius. The option for prorating may only be used until December 17, 2006 – after this 

date operators are required to collect actual building count data when the Potential Impact Radius is 

greater than 660 feet. The advantage of using the prorated criterion is that existing building density 

information can be used. For a large PIR (i.e., PIR greater than 660 feet), this means that the building 

density for HCA applicability is reduced proportionally based on the ratio of the area of the PIC to that of 

the area of a PIC equal to 660 feet. Refer to the following for examples of how building counts may be 

prorated for differing PIRs: 

 PIR (ft.) Prorated Criterion for Buildings within 660ft 

 700    18 

 800   14 

 900   11 

 1000   9 

 1200   6 

An example of prorating building count is included in Exhibit 2. 

A.4.c Verify the program includes as a high consequence area, any area in Class 1 and Class 2 piping 

locations where the potential impact circle contains an identified site. [§192.903 High Consequence Area 

(1)(iv)] [P, I] 
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When an operator uses Method 1, one element of the HCA identification process is to identify identified 

sites that lie within the potential impact circle of potential failures in Class 1 and 2 pipelines. This 

position is clarified in FAQ-191. To implement this requirement, it is expected that the operator has 

documentation reflecting what portions of their pipelines are within Class 1 and 2 locations. Protocol 

A.3.a and A.3.b provide guidance on identified sites and the process and level of effort required in the 

identification process. Protocol A.6 provides guidance on changes to Class Location Units. 

A.5 Identification Using Potential Impact Radius (Method 2) - If the operator’s integrity management 

program relies on §192.903 High Consequence Area definition (2) for identification of high consequence 

areas, verify compliance with the following: 

Protocol A.5 establishes the requirements for the use of Method 2, as defined by Section 192.903, to 

identify pipeline segments that potentially impact HCAs. Method 2 does not make use of Class Location 

data. This methodology relies on identification of potential impact circles containing either 20 or more 

buildings intended for human occupancy or an Identified Site. Prorating of building counts is allowed 

until December 17, 2006. 

Note that some operators are using a software program called “Classworks” which does not display PICs.  

Inspectors may need to review several records to verify correct HCA identification when this program is 

used since its use might result in more error prone results.  The “Class works” software is an old 

application developed for purposes of implementing Class Location requirements. 

Note that for operators of pipelines operating below 30% SMYS and who use method (2) should 

recognize that there are some requirements in section 192.935(d) that apply to class 3 and 4 pipelines that 

are not in HCAs. Requirements that are imposed on pipeline that operates at 80% SMYS under a waiver 

typically require that the entire pipeline subject to the waiver be treated as an HCA and assessed using 

ILI. 

A.5.a Verify the integrity management program includes piping locations as high consequence areas if 

the area within a potential impact circle contains 20 or more buildings intended for human occupancy:  

[§192.903 High Consequence Area (2)(i)] [P, I] 

i. As an option for PIRs greater than 660 feet, the definition of high consequence area may be 

based on a prorated building count for buildings intended for human occupancy within a 

distance of 660 feet (200 meters) from the centerline of the pipeline as calculated using the 

following formula: [§192.903 High Consequence Area (4)] 

Building Count within 660 feet = 20 x [660 (ft) /PIR (ft)] 
2
 or  

Building Count within 200 meters = 20 x [200 (m) / PIR (m)] 
2 

1. If the option for use of a prorated number of buildings has been used for identification of 

high consequence areas, verify that the program acknowledges that use of the prorated 

allowance is only available to operators until December 17, 2006. [§192.903 High 

Consequence Area (4)]  

When an operator uses Method 2 for HCA segment identification, the PIR for the entire pipeline must be 

evaluated to identify HCA segments. Segments should be identified as HCAs when the PIR 

encompasses 20 or more buildings intended for human occupancy. Protocol A.2.b provides guidance on 

how the potential impact circle is to be applied to identify pipeline segments with the HCA. 

When Method 2 is used, multiple adjacent HCAs may be merged to create a single segment. Where only 

short segments of non-HCA pipeline separate HCAs, operators may find it more efficient to combine the 

areas and will have the flexibility to do so. Treating a significant amount of non-HCA pipeline as covered 
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segments can, however, distort risk prioritizations and may detract from appropriate attention to true 

HCAs. When an operator uses this approach, inspection should look for instances in which the inclusion 

of non-HCA mileage appears to have resulted in meeting the requirement for 50% of HCA mileage to be 

assessed by December 12, 2007, even though less than half of actual HCA mileage has been tested. Refer 

to FAQ-171. 

Inspectors should recognize that operators may not have building count data for large PIRs (i.e., those 

greater than 660 feet). The Rule allows use of more stringent criteria using building counts for area within 

radius of 660 feet. Prorating may be used under both Method 1 and Method 2 for identification of HCAs. 

Operators in the past have collected building count and density data in support of Class Location unit 

designation. However, the data collected only included areas within 660 feet of the pipeline. In 

recognition of this, operators may chose to use more stringent criteria using building count data for areas 

within the 660 foot radius. The option for prorating may only be used until December 17, 2006 – after this 

date operators are required to collect actual building count data when the Potential Impact Radius is 

greater than 660 feet. The advantage of using the prorated criterion is that existing building density 

information can be used. For a large PIR (i.e., PIR greater than 660 feet), this means that the building 

density for HCA applicability is reduced proportionally based on the ratio of the area of the PIC to that of 

the area of a PIC equal to 660 feet. Refer to the following for examples of how building counts may be 

prorated for differing PIRs: 

 PIR (ft.) Prorated Criterion for Buildings within 660ft 

 700    18 

 800   14 

 900   11 

 1000   9 

 1200   6 

An example of prorating building count is included in Exhibit 2. 

A.5.b Verify the program includes piping locations as high consequence areas if the area within the 

potential impact circle contains an identified site. [§192.903 High Consequence Area (2)(ii)] [P, I] 

When an operator uses Method 2, an element of the HCA identification process is to identify identified 

sites that lie within the potential impact circle of potential failures (regardless of the PIR size or pipeline 

Class location). To implement this requirement, it is expected that the operator has documentation 

reflecting the PIR for their pipeline segments. Protocol A.3.a and A.3.b provide guidance on identified 

sites and the process and level of effort required in the identification process. Protocol A.6 provides 

guidance on how changes to pipelines and adjacent facilities affecting HCA are to be addressed. 

A.6 Identification and Assessment of Newly Identified HCAs, Program Requirements - Review the 

operator’s integrity management program to verify processes are in place for evaluation of new 

information that may show that a pipeline segment impacts a high consequence area. [§192.905(c)] 

Protocol A.6 establishes the requirements for identification of new or revised HCA segments that result 

from changing pipeline conditions or changes in habitat conditions in the vicinity of a pipeline. 

Operators are expected to remain cognizant of changes along their pipeline. Over time, new HCAs may 

be identified as population distributions change, or new locations develop where people congregate. 

Operators must consider such changes to determine whether new HCAs have been created. A newly-

identified HCA must be incorporated into the integrity management program (including the baseline 
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assessment plan) within one year of its identification. When new information indicates an area could meet 

HCA criteria, then the pipeline segment must be evaluated using either Method 1 or 2. Operators may 

obtain this new information through Class Location changes, routine operations and maintenance 

activities, and periodic reviews of the pipeline. Refer to FAQ-19 and FAQ-20. 

An operator need not develop an integrity management program if there are no HCAs on its system. The 

operator must have completed an evaluation to determine that no high consequence areas exist, and this 

evaluation must be maintained available for inspection. An operator must have a process to periodically 

evaluate its pipeline to determine if new HCAs have been created. If the periodic evaluation identifies that 

a new HCA exists, then the operator must prepare an integrity management plan and meet all the 

requirements of subpart O. Refer to FAQ-150 and FAQ-179. 

FAQ-183 clarifies that a change in HCA identification methodology does not in itself constitute a change 

requiring notification under §192.909(b). If the change results in a significant change in the amount of 

system mileage that is determined to be HCA (e.g., 25% change), a notification should be submitted. 

FAQ-233 clarifies how the growth of an existing HCA, which introduces new length of pipeline segment 

into the HCA, is to be considered. Growth of a pipeline segment already in the IM program, as a result of 

growth of the related HCA, does not constitute a newly-identified HCA, and no requirements of the rule 

applicable to newly-identified HCAs are triggered by such growth. Operators must assure, however, that 

the pipe newly covered under the IM program is appropriately assessed at the next scheduled assessment 

for the covered segment. Operators must also consider any unique issues, e.g., relative to preventive and 

mitigative measures decisions, that may be introduced by including the new pipe as part of the HCA. 

A.6.a Verify the operator’s integrity management program includes documented processes for how new 

information that shows a pipeline segment impacts a high consequence area is identified and integrated 

with the integrity management program. The program is to identify and analyze changes for impacts on 

pipeline segments potentially affecting high consequence areas. Issues the program must consider include 

but are not limited to: [§192.905(c)] 

 i. Changes in pipeline maximum allowable operating pressure (MAOP), 

 ii. Pipeline modifications affecting piping diameter,  

 iii. Changes in the commodity transported in the pipeline, 

 iv. Identification of new construction in the vicinity of the pipeline that results in additional 

buildings intended for human occupancy or additional identified sites, 

 v. Change in the use of existing buildings (e.g., hotel or house converted to nursing home), 

 vi. Installation of new pipeline, 

 vii. Change in pipeline class location (e.g., class 2 to 3) or class location boundary, 

 viii. Pipeline reroutes 

ix. Corrections to erroneous pipeline center line data.  [§192.905(c)] 

New and changing HCAs should be identified by the operator using additional information that can be 

obtained about HCAs, such as local knowledge of HCAs by its field personnel, verification during aerial 

patrols, aerial photographs, one-call data, etc. This information should be used to accurately identify all 

HCAs, including changes to HCAs. Additional guidance is provided by FAQ-19 which clarifies that 

operators must continually monitor conditions along their pipeline. When they become aware of 

population or usage changes that create or change an HCA (e.g., population expands to encompass more 

of the area near the pipeline right-of-way), this information should be factored, at least once per calendar 

year, into their integrity assessment planning, risk analysis, and consideration of the need for additional 

preventive and mitigative risk controls. 
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Operators are expected to exercise reasonable diligence on an ongoing basis to ensure that new or revised 

HCAs are promptly identified and incorporated into their segment identification and baseline assessment 

processes. Operators are responsible for monitoring conditions near their pipelines and identifying new 

HCAs. Routine activities such as ROW surveillance including aerial patrols, cathodic protection surveys, 

maintenance, etc., should be programmatically reviewed to identify new HCAs. The operator should 

explain how information obtained from such routine activities is captured in its HCA identification maps 

or system. 

Changes along the operator’s pipeline right-of-way such as road construction, storm sewer projects, 

addition of tile, significant grading or reshaping of the local terrain, etc., could be indicative of changes to 

HCA boundaries, especially populated areas. These types of changes are often related to construction 

associated with new residential or commercial development. The operator’s IM process should include a 

means to promptly identify local changes that signal new or expanded HCAs, including changes in Class 

Location Units. Inspection should verify that the operator has processes in place that are implemented to 

routinely identify changes. Operators must be constantly on the alert for changes in class locations. An 

operator has 18 months from the time a change in class location occurs to complete the confirmation or 

revision of Class Location. 

The operator’s process for identifying segments that can impact HCAs should include provisions for 

periodic review and updating of the segment boundary definitions and to ascertain if there are new HCAs 

or expansion of existing HCAs. The operator’s segment identification process should include measures 

to: 1) Periodically review pipelines and surrounding facilities and recreation areas for identification of 

identified sites, 2) Periodically monitor population expansion (e.g., Class Location changes), 3) 

Periodically monitor new information on environmental resources, and 4) Ensure that new HCA 

information is used to update the identification of segments that could affect HCAs.  

While the rule does not specify a frequency for updating data used to identify HCAs, FAQ-117 does 

address timeframes as indicated in the following discussion. The rule does state that operators must 

complete an evaluation when they have information that the area around a segment not previously 

identified as an HCA has changed so that it might now be one. Operators are expected to assure that their 

HCA definitions are current. In an area in which there is rapid growth or change in the use of buildings 

near the pipeline, that may require frequent updating. In an area where less growth is occurring, updates 

could occur more infrequently. In any event, PHMSA would expect that operators would evaluate 

conditions along their pipelines at least annually to determine if they have changed – see FAQ-20 and 

FAQ-117. 

The operator’s management of change process should be reviewed to ensure that changes in pipeline 

operation and design are evaluated for potential impact to HCA identification. Changes could either 

expand the segment boundaries of HCA segments previously identified or create new HCA segments. 

These changes should be incorporated in the baseline assessment plan consistent with the expectations of 

Protocol B.4. MAOP and pipeline diameter changes directly change a pipeline’s potential impact radius 

and require evaluation to determine how the changes may impact the identification of HCAs (e.g., 

building counts intended for human occupancy and identified site locations within PICs). In a like 

manner, changes in building use adjacent to a pipeline must be routinely monitored for the potential 

impact on HCA segment definition. The construction of a new housing development could either change 

the Class Location of a pipeline or increase the number of buildings intended for human occupancy to a 

number greater than 20.  
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 (based on report GRI-00/189
1
 and ASME B31.8S-2004

1
) 

ASME B31.8S 2001, Supplement to B31.8 on Managing System Integrity of Gas Pipelines, section 3.2 

provides guidance on development of formulas for determining Potential Impact Radius (PIR). The 

equation on page 8 of ASME B31.8S-2004 (equation A below), from which equation 1 of ASME B31.8S-

2004 (equation B below) is derived, is based on solving equations 2.2 and 2.4 of GRI-00/0189. The 

derivation of the equation on page 8 is dependent on the use of variables given in specific units of 

measurement, and certain assumed constants. For gases other than natural gas, the basic equations in GRI-

00/0189 can be used in their more general form to make adjustments to such factors as the emissivity 

factor, release rate decay factor, and combustion efficiency factor.  A Baker report, TTO-13, Potential 

Impact Radius Formulae for Flammable Gases Other than Natural Gas, establishes the PIR and basis for 

several other flammable gases. 

Variable 

/ 

Constant 

Methane Factor Description 

oa  1449.136 ft/sec sonic velocity
1
 (ft/sec) mgRT /  

dC  0.62 discharge coefficient (dimensionless) 

d   Pipeline segment nominal diameter (inches) 

g  32.2 lbm-ft/lbf-sec
2
 

gravitational acceleration constant (lbm-ft/lbf-

sec
2
) 

cH  21528 BTU/lbm heat of combustion (BTU/lbm) 

thI 2
 5000 BTU/hr-ft

2
 threshold heat flux (Btu/hr-ft

2
) 

m  16.0425 lbm/lb-mole molecular mass (lbm/lb-mole) 

p   
Pipeline segment Maximum Allowable 

Operating Pressure (MAOP) (lbs/inch
2
) 

r   Potential Impact Radius (PIR) (feet) 

R  1545.349 ft-lbf/lb-mole-°R universal gas constant (ft-lbf/lb-mole-°R) 

T  518.4 °R gas temperature (°R) 

gX  0.2 emissivity factor (dimensionless) 

  1.306 specific heat ratio (dimensionless) 

 3
 0.33 release rate decay factor (dimensionless) 

  0.35 combustion efficiency factor (dimensionless) 

  0.7638 flow factor
4
   12

1

1

2 






















 (dimensionless) 

                                                      

1 Equation 2.3C of GRI-00/0189. 

2 GRI-00-0189 sets 5000 BTU/hr-ft2 as the threshold heat intensity for the purpose of sizing high consequence areas. 

3 Conservative value of 0.33 assumed in GRI-00/0189. 

4 Equation 2.3B of GRI-00/0189. 
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GRI eq 2.4 
o

dmeff
a

p
d

CQQ



4

22
2

  GRI eq 2.2 
24 r

HQX
I

ceffg




   OR  

cg

eff
HX

rI
Q



 24
  

Substituting 
o

d

cg a
p

d
C

HX

rI 






4
2

4 22

   

Solving for r  
Ia

HCXpd

aI

HXpdC
r

o

cdg

o

cgd

844

2 22

2








  OR 

Ia

pdHCX
r

o

cdg

8

2
  

Simplifying units – the factors  andHCX cdg ,,,,,   represent dimensionless factors in the equation. 

IapdHCXr ocdg 82  

  



































2

2

2
8
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Btu
I

s

ft
aind

in

lbf
p

lbm

Btu
HCXr ocdg    

 and since shr 36001   and 
2

2.321
s

ftlbm
lbf


  

  























































hr

s

lbfs

ftlbm

fthr

Btu
I

s

ft
aind

in

lbf
p

lbm

Btu
HCXr ocdg 36002.328

22

2

2
  

Equation A IaftpdHCXr ocdg 8115920 22   

SOLVING FOR R FOR METHANE 

IaftpdHCXr ocdg 8115920 22  

   5000136.14498215287638.062.033.02.035.0115920 22  ftpdr  

  22 471.0 ftpdr   

Equation B ftpdr 269.0  
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B.1 Verify that the operator’s Baseline Assessment Plan (BAP) specifies an assessment method(s) for 
each covered segment that is best suited for identifying anomalies associated with specific threats 
identified for the segment. [§192.919(b), §192.921(a), §192.921(c), and §192.921(h)] 
 
An assessment is the use of testing techniques as allowed in subpart 192 to ascertain the condition of a 
covered pipeline segment. 
 
It is important to note that some of the integrity assessment methods discussed in this guidance only 
provide indications of defects. Examination using visual inspection and a variety of NDE (Nondestructive 
Examination) techniques is required followed by evaluation of these inspection results in order to 
characterize the defect. The operator may choose to go directly to examination and evaluation for the 
entire length of the pipeline segment being assessed in lieu of conducting inspections. For example, the 
operator may wish to conduct visual examination of above ground piping for the external corrosion threat. 
Since the pipe is accessible for this technique and external corrosion can be readily evaluated, performing 
in-line inspection is not necessary. 
 
Supplemental Guidance Appendix B.03 contains an overview of the ILI tool types that are commonly 
used for integrity assessments. The information may be useful in verifying that the operator made an 
appropriate tool selection for the assessment of segments that could affect HCAs. In addition, summary 
information on the risk factors that operators should review is provided. The operator should also take 
into consideration the strengths and weaknesses of each tool type in making its selection. 
 
The risk analysis results for the segments included in the BAP should be reviewed to identify the specific 
risk factors associated with the segments. It is suggested that this review concentrate on the segments that 
are designated as the highest risk. The selection of segments to review should be integrated with the 
review of risk analysis results in Protocol C in order to identify any segments whose risks are incorrectly 
designated and to ensure that all significant and relevant risk contributors have been considered. This 
review should not simply identify the risk ranking, but should also identify the detailed components of the 
risk analysis to understand the most significant risk contributors. Verify that the assessment methods 
chosen are appropriate to identify anomalies associated with the risk factors present in the segments being 
assessed. For instance, if the precursors to internal corrosion are present indicating a risk of internal 
corrosion, a high resolution MFL tool should typically be selected rather than a standard MFL tool. An 
operator should assure that the correct tool(s) is used to identify the types of defects related to the 
significant risk factors associated with the line section being assessed, and document the basis for the 
specific tool selection(s) that was made.  
 
Several segments should be examined with a view toward (1) identifying specific risk factors for a given 
segment for verification, and (2) identifying programmatic breakdowns related to any particular type of 
risk that the operator does not adequately address in its Baseline Assessment Plan. 
 
In reality, every threat cannot be assessed by means of examining the material condition of the pipeline. 
Threats can generally be grouped into the following two categories with respect to their need to be 
addressed in the baseline assessment or reassessment plan. 
 

• Threats that, if present, manifest themselves as defects in the pipeline itself.  
o It is these types of defects that can be assessed using pipeline integrity assessment techniques 

such as ILI, hydrostatic pressure test, or DA. 
o Examples of such threats include internal corrosion, external corrosion, SCC, residual dents 

from TPD, and residual pipe deformation from past ground movement. 
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• Threats that represent possible future events and therefore are not detectable by identifying 
existing changes in the pipe material. 
o Examples of such threats include earthquake, soil movement, operator error, and future TPD 

events. 
o These are either time independent threats that will result in prompt failures (e.g., many future 

TPD events) or threats that might produce future residual defects that can be detected by a 
pipeline assessment. 

o In order for such a threat to be detectable by a pipeline integrity assessment, the event must 
have occurred prior to the assessment and resulted in residual damage to the material 
condition of the pipeline. 

  
Although not explicitly stated in the rule, it is obvious that threats due to possible future events that have 
not yet resulted in detectable changes in the pipe cannot be addressed by means of an assessment of the 
pipeline itself. Instead, these threats must be addressed by preventive and mitigative actions. A pipeline 
integrity assessment is only useful if data integration and risk assessment reveal credible evidence that 
such an event has occurred in the past and that there is a reasonable likelihood that pipeline damage has 
been caused by the past events resulting in residual defects. 
 
B.1.a  Verify that the operator followed ASME B31.8S-2004, Section 6 and that the assessment method 
selected for each covered segment addresses all of the threats identified for the segment. More than one 
assessment tool may be necessary to address all applicable threats to a covered segment. [§192.919(b), 
§192.921(a), §192.921(c), and §192.921(h)] 
 
More than one method and/or tool may be required to address all the threats in a pipeline segment. For 
instance, the selection of Magnetic Flux Leakage (MFL) technology for the metal loss tool should be 
based on the segment specific risk factors and should document that the MFL tool (standard or high 
resolution) is capable of reliably detecting anomalies associated with those risk factors. Risk factors such 
as axial defects that cannot be detected by standard MFL technology should be low contributors to risk on 
that segment. 
 
Based on the priorities determined by risk assessment, the operator shall conduct integrity assessments 
using the appropriate integrity assessment method(s). The primary integrity assessment methods that can 
be used are in-line inspection, pressure testing, direct assessment or other methodologies provided in 
Section 6.5 of ASME B31.8S-2004. The integrity assessment method is based on the threats to which the 
segment is susceptible. Some specific examples of risk factors along with their implications regarding 
tool selection are noted in Supplemental Guidance Appendix B.02. (This is not intended to be an 
exhaustive list of circumstances that indicate the use of other tools, but is provided as examples of 
detailed risk factors to be aware of during the detailed review of the Risk Analysis results in order to 
identify risk factors not reliably detected by standard deformation and MFL tools.) 
 
 
This guidance follows ASME B31.8S-2004 and provides a listing of threats by three groups: time 
dependent, stable, and time independent.  
 

• Time dependent threats can typically be addressed by utilizing any one of the integrity assessment 
methods discussed in this section.  

• Stable threats, such as defects that occurred during manufacturing, can typically be addressed by 
pressure testing while construction and equipment threats can typically be addressed by 
examination and evaluation of the specific piece of equipment, component or pipe joint.  
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• Random threats typically cannot be addressed through use of any of the integrity assessment 
methods discussed in this section but are subject to the prevention measures discussed in 
Protocol H. 

 
Use of a particular integrity assessment method may find indications of threats other than those for which 
the assessment was intended to address. For example, the third party damage threat is usually best 
addressed by implementation of prevention activities, however an in-line inspection tool may show a dent 
in the top half of the pipe. Examination of the dent may be an appropriate action in order to determine if 
the pipe was damaged due to third party activity.  
 
B.1.b  If internal inspection tools are selected, verify that the operator followed ASME B31.8S-2004, 
Section 6.2 in selecting the appropriate internal inspection tool for the covered segment. 
[§192.921(a)(1)] 
 
A comprehensive ILI assessment program will typically consist of multiple tool runs designed to assess 
potential risks to pipeline segments. This may involve using geometry (deformation) tools, metal loss 
tools and, if indicated by crack history or significant risk factors associated with cracks or crack-like 
defects, crack tools. In some cases, an operator may choose to run ILI tools in combination with a 
hydrostatic test to identify crack problems. The use of deformation tools in combination with MFL metal 
loss tools is commonplace and widely accepted as a standard inspection for many lines.  
 
Inspectors should examine the operator’s processes and implementation of ILI data validation and 
verification, the need for verification digs (including when they might not be needed), plotting unity 
graphs to compare actual vs. called and proper action by operator in response to discrepancies between 
called and actual defects.  A situation has been observed where the ILI was seriously undercalling defects, 
and the operator was having log regraded.  It had been over a year since original final report and 
regrading was not complete.  If logs require regrading, then the regrading must be complete within 180 
days of the completion of the assessment (the 180-day discovery clock still applies, the operator must 
obtain sufficient information to discover within 180-days). 
 
It is an PHMSA position that assessments conducted using only MFL metal loss tools require that all 
indications of mechanical damage in the pipeline segment be excavated. Technical justification of the 
adequacy of the MFL metal loss tool used in the assessment to find all mechanical damage that requires 
repair must also be provided. Some circumstances, such as small line sizes, short line segments (e.g., 
laterals to facilities), or internal irregularities due to valves or diameter variations, may dictate the use of 
other tools or inspection methods. 
 
In-line inspection (ILI) is an integrity assessment method used to locate and preliminarily characterize 
indications in a pipeline. The effectiveness of the ILI tool used depends on the condition of the specific 
pipeline section to be inspected and how well the tool matches the requirements set by the inspection 
objectives. The following sections discuss the use of ILI tools for certain threats. 
 
Metal Loss Tools for the Internal and External Corrosion Threat 
 
For these threats, the following tools can be used. Their effectiveness is limited by the technology the tool 
employs.  
 

• Magnetic Flux Leakage, Standard Resolution Tool: Better suited for detection of metal loss than 
sizing. Sizing accuracy is limited by sensor size. It is sensitive to certain metallurgical defects, 
such as scabs and slivers. Not reliable for detection or sizing of most defects other than metal 
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loss. Not reliable for detection or sizing of axially aligned metal-loss defects. High inspection 
speeds degrade sizing accuracy.  

• Magnetic Flux Leakage, High Resolution Tool: Provides better sizing accuracy than standard 
resolution tools. Sizing accuracy best for geometrically simple defect shapes. Sizing accuracy 
degrades where pits are present or defect geometry becomes complex. Some ability to detect 
defects other than metal loss, but ability varies with defect geometries and characteristics. Not 
generally reliable for axially aligned defects. High inspection speeds degrade sizing accuracy.  

• Ultrasonic, Compression Wave Tool: Usually requires a liquid couplant. Provides no detection or 
sizing capability where return signals are lost, which can occur in defects with rapidly changing 
profiles, some bends, and when a defect is shielded by a lamination. Sensitive to debris and 
deposits on the inside pipe wall. High speeds degrade axial sizing resolution. 

• Ultrasonic, Shear Wave Tool: Requires a liquid couplant or a wheel-coupled system. Sizing 
accuracy limited by the number of sensors and the complexity of the defect. Sizing accuracy 
degraded by the presence of inclusions and impurities in the pipe wall. High speeds degrade 
sizing resolution. 

• Transverse Flux Tool: More sensitive to axially aligned metal-loss defects than Standard and 
High Resolution MFL Tools. May also be sensitive to other axially aligned defects. Less sensitive 
than Standard and High Resolution MFL Tools to circumferentially aligned defects. Generally 
provides less sizing accuracy than High Resolution MFL Tools for most defect geometries. High 
speeds can degrade sizing accuracy. 

 
Crack Detection Tools for the Stress Corrosion Cracking Threat 
 
Verify that the operator has considered the susceptibility of its pipe to stress corrosion cracking (SCC). If 
the pipelines have a history of SCC or risk factors indicating susceptibility to SCC, the operator should 
select an in-line inspection method. If not, the operator should provide adequate justification for not 
assessing the line pipe for SCC. Some factors that the operator must evaluate to determine the need for a 
baseline assessment for SCC are: 
 

• Age of pipeline 
• Known existing SCC colonies 
• Type of coating 
• Cathodic protection system conditions and levels 
• Soil stresses 
• Drainage type 
• Number and degree of pressure cycles 

 
The operator should make use of fracture-mechanics models along with crack growth rate calculations to 
assess the need and timing of inspection if the pipeline has confirmed SCC or has a high risk for SCC. 
More information on types of SCC and detection tools is provided in Supplemental Guidance 
Appendix B.02, along with specific parameters that, if present, may result in an increased susceptibility of 
the pipeline to high pH or low-near neutral pH SCC. 
 
For this threat, the following tools can be used. Their effectiveness is limited by the technology the tool 
employs: 
 

• Ultrasonic, Shear Wave Tool: Requires a liquid couplant or with a wheel-coupled system. Sizing 
accuracy limited by the number of sensors and the complexity of the crack colony. Sizing 
accuracy degraded by the presence of inclusions and impurities in the pipe wall. High inspection 
speeds degrade sizing accuracy and resolution. 
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• Transverse Flux Tool: Able to detect some axially aligned cracks, not including SCC, but not 
considered accurate for sizing. High inspection speeds can degrade sizing accuracy. 

 
PHMSA issued Advisory Bulletin (ADB–03–05) regarding the SCC threat to gas and hazardous 
Liquid Pipelines. The purpose of the advisory was to advise owners and operators of natural gas and 
hazardous liquid pipeline systems to consider stress corrosion cracking as a possible safety risk on their 
pipeline systems and to include SCC assessment and remediation measures in their Integrity Management 
Plans. 
 
Metal Loss and Caliper Tools for Third Party Damage and Mechanical Damage Threat  
 
Dents and areas of metal loss are the only aspect of these threats for which ILI tools can be effectively 
used for detection and sizing. 
 
Deformation or geometry tools are most often used for detecting damage to the line involving 
deformation of the pipe cross section. Such damage can be caused by construction damage, dents caused 
by the pipe settling onto rocks, third-party damage, and wrinkles or buckles caused by compressive 
loading or uneven settlement of the pipeline. 
 
The lowest resolution geometry tool is the gaging pig or single-channel caliper-type tool. This type of tool 
is adequate for identifying and locating severe deformation of the pipe cross section. A higher resolution 
is provided by standard caliper tools that record a channel of data for each caliper arm, typically 10 or 12 
spaced around the circumference. This type of tool can be used to discern deformation severity and 
overall shape aspects of the deformation. With some effort, it is possible to identify sharpness or estimate 
strains associated with the deformation using the standard caliper tool output. High-resolution tools 
provide the most detailed information about the deformation. Some also indicate slope or change in slope, 
which can be useful for identifying bending or settlement of the pipeline. Third party damage that has 
rerounded under the influence of internal pressure in the pipe can still challenge the lower limits of 
reliable detection of both the standard and high-resolution tools. There has been limited success 
identifying third-party damage using magnetic-flux leakage tools, MFL tools are not useful for sizing 
deformations. 
 
Operators may have pipe in their system that is low toughness steel and is in an area of soil movement. In 
some cases, these pipes have failed due to outside force loading. For this threat, PHMSA believes the 
preferred method to assess for this is high resolution deformation tools (looking for ovalities). 
 
Third Party Damage 
 
To determine if there is a need to assess for TPD, the operator must evaluate whether evidence exists that 
a covered pipeline segment contains one or more residual TPD defects. In seeking evidence of one or 
more residual TPD defects, the operator must perform a thorough analysis and data integration including 
consideration of recent available assessment results. If an operator uses an ILI tool, the operator needs to 
explicitly require the ILI contractor to call out all observed indications of denting in grading the ILI.  
 
If the operator identifies a location containing evidence of the presence of residual damage from TPD (for 
example using high resolution MFL data that indicates the possibility of a dent, or through data 
integration of ECDA results with ROW data), then the operator must perform an assessment using (a) an 
ILI tool capable of characterizing dents, or (b) pressure testing, or (c) excavation and direct physical 
examination.  
 
Refer to Supplemental Guidance Appendix B.06, White Paper, Assessing for Third Party Damage. 
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All Other Threats 
 
In-line Inspection is typically not the appropriate inspection method to use for other threats.  
 
B.1.b.i  Verify that the operator has evaluated the general reliability of any in-line assessment method 
selected by looking at factors including but not limited to: detection sensitivity; anomaly classification; 
sizing accuracy; location accuracy; requirements for direct examination; history of tool; ability to inspect 
full length and full circumference of the section; and ability to indicate the presence of multiple cause 
anomalies. Refer to ASME B31.8S-2004, Section 6.2.5. [§192.921(a)(1)] 
 
A number of factors should influence the operator's ILI tool selection. Not only the tool capabilities and 
risk factors to be assessed, but system configuration, pipeline condition, repair history, tool size, 
operational factors, etc. should influence the operator’s selection of the appropriate ILI tool. Table B.3-1 
(Supplemental Guidance Appendix B.03) lists some of the factors that an operator should evaluate in 
order to make a proper tool selection, along with an indication of the type of tool(s) suited for each factor. 
This is a very generalized summary for convenient reference only.  
 
All detection capability is dependent on the defect being larger than the minimum detectable size 
specifications. Sizing capabilities are dependent on tool tolerance specifications. Operators should assure 
that an appropriate tool is used to identify the types of defects related to the significant risk factors 
associated with the line section being pigged. 
Requirements for direct examination should be considered including techniques such as visual inspection, 
inspection using NDE equipment, and taking measurements in order to characterize the defect in 
confirmatory bellholes where anomalies are detected. 
 
The following shall also be considered when selecting the appropriate tool: 
 

• Detection sensitivity: the minimum defect size specified for the ILI tool should be smaller than 
the size of the defect sought to be detected. 

• Classification: differentiation between types of anomalies 
• Sizing accuracy: enable prioritization and is a key to a successful integrity management plan 
• Location accuracy: enables locating anomalies by excavation 
• Requirements for defect assessment: results of ILI have to be adequate for the specific operator's 

defect assessment program. 
 
Typically pipeline operators provide answers to a questionnaire provided by the ILI vendor that should 
list all the significant parameters and characteristics of the pipeline section to be inspected. Some of the 
more important issues that should be considered are: 
 

• Pipeline questionnaire: review of pipe characteristics such as steel grade, type of welds, length, 
diameter, wall thickness, elevation profiles, etc. Also, identification of any restrictions, bends, 
known ovalities, valves, unbarred tees, couplings and chill rings the ILI tool may need to 
negotiate. 

• Launchers and receivers: should be reviewed for suitability since ILI tools vary in overall length, 
complexity, geometry, and maneuverability. 

• Pipe cleanliness: can significantly affect data collection. 
• Type of fluid: gas or liquid, affecting the possible choice of technologies. 
• Flow rate, pressure and temperature: the flow rate of the gas will influence the speed of the ILI 

tool inspection. If speeds are outside of the normal ranges, resolution can be compromised. Total 
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time of inspection is dictated by inspection speed, but is limited by the total capacity of batteries 
and data storage available on the tool. High temperatures can affect tool operation quality and 
should be considered. 

• Product bypass/supplement: reduction of gas flow and speed reduction capability on the ILI tool 
may be a consideration in higher velocity lines. Conversely, the availability of supplementary gas 
where the flow rate is too low shall be considered. 

 
The operator shall assess the general reliability of the ILI method by looking at the following: 
 

• Confidence level of the ILI method such as probability of detecting, classifying and sizing the 
anomalies. 

• History of the ILI method/tool.  
• Success rate/failed surveys.  
• Ability of the tool to inspect the full length and full circumference of the section.  
• Ability to indicate the presence of multiple cause anomalies 

 
Generally, representatives from the pipeline operator and the ILI service vendor should analyze the goal 
and objective of the inspection and match significant factors known about the pipeline and expected 
anomalies with the capabilities and performances of the tool. Choice of the tool will depend on the 
specifics of the pipeline section and the goal set for the inspection. The operator shall outline the process 
used in the integrity management plan for the selection and implementation of the ILI inspections. 
 
Refer to the following FAQs regarding ILI tools: 
 

• FAQ-46, which states that ILI tools, pressure testing, and direct assessment are acceptable 
methods. 

• FAQ-48, which refers to the ASME B31.8S-2004 standard for selecting tools for internal 
inspection. 

• FAQ-55, which states that a pressure reduction is not an assessment method. 
 
B.1.c If a pressure test is specified, verify that the test is required to be conducted in accordance with 
Part 192, Subpart J requirements. Verify that the operator followed ASME B31.8S-2004, Section 6.3 in 
selecting the pressure test as the appropriate assessment method. [§192.921(a)(2)] 
 
Pressure test conducted in accordance with subpart J of this part. An operator must use the test pressures 
specified in Table 3 of section 5 of ASME B31.8S-2004, to justify an extended reassessment interval in 
accordance with §192.939 (refer to Protocol F). 
 
Pressure testing has long been an industry-accepted method for validating the integrity of pipelines. This 
integrity assessment method can be both a strength test and a leak test. Selection of this method shall be 
appropriate for the threats being assessed.  
 
Subpart J of 192 contains details on conducting pressure tests. If an operator selects hydrostatic pressure 
testing as its assessment method, as allowed by the rule, the process, plans, and procedures should be 
reviewed to the extent necessary to determine that the pressure test did/will conform to Subpart J. The 
pressure test must effectively assess the integrity of the line pipe, based on the operator's system specific 
conditions and operating experience for all of the risk factors associated with the pipe. Also Supplemental 
Guidance Appendix B.05 provides more detailed information on hydrostatic testing. 
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Since hydrostatic pressure testing does not identify defects that have not yet reached the size that results 
in a failure, this technique offers limited capability to track sub-critical defect growth, identify and 
mitigate defects before they result in a failure, or identify risk factors that might be revealed by 
identifying the nature, extent and location of defects. It is this reason that a sound corrosion control 
program must be in place to limit the potential for future growth of anomalies that could result in failures 
subsequent to completion of successful hydrostatic pressure testing. All analysis of defects depends on the 
inference that no defects large enough to cause failure at the hydrostatic test pressure exist. If test failures 
occur, then subsequent metallurgical examination of the failed material can provide more information 
about the material condition of the pipe. 
 
Time Dependent Threats 
 
Pressure testing is appropriate for use when addressing time dependent threats. Time dependent threats 
are external corrosion, internal corrosion and stress corrosion cracking and other environmentally assisted 
corrosion mechanisms. Lines that are assessed using hydrostatic pressure testing could have active 
corrosion that did not result in failure during the test. This could represent a risk of failure in the future 
prior to the next assessment. Therefore, the operator should be requested to provide its CP protection data 
for IM review. (This is not intended to replace a normal inspection of corrosion control programs for 
compliance with other parts of 49 CFR 195. However, the IM inspection should review enough 
information to verify that the operator has a corrosion control program in place and that any negative 
trends that could represent an integrity risk are identified.) It is desired that the operator will have CP 
protection survey data available in a graphic format such that trends could be easily noted. (Not all 
operators will have this level of reporting, however.) Even if the CP protection complies with all 
regulatory requirements, negative trends or unexplained changes in data could be a leading indicator of 
integrity risks.  
 
For Low Frequency ERW pipe, review of corrosion control programs is especially important since 
corrosion attacks the brittle heat affected zone (HAZ) of the longitudinal seam weld and operators tend to 
pressure test LFERW pipe to the lowest possible test pressure. If a review of corrosion monitoring 
indicates some possible issue, it may be appropriate to request Close Interval Survey (CIS) information 
on the suspect segment of pipe. 
 
Age of pipe is a risk factor also. In particular, older LFERW pipe that is coated with tar and felt coatings 
represent a higher risk. The coating tends to lose adhesion after 20+ years in service, thus providing 
opportunity for aggressive corrosion growth. Therefore, the operator should be asked about the age and 
coating type of any pipe that is hydrostatically tested. 
 
Manufacturing and Related Defect Threats 
 
Pressure testing is appropriate for use when addressing the pipe seam aspect of the manufacturing threat. 
Pressure testing shall comply with the requirements of Subpart J. Seam issues have been known to exist 
for pipe with a joint factor of less than 1.0 (lap welded pipe, hammer welded pipe, butt welded pipe) or if 
the pipeline is comprised of low-frequency welded ERW (Electric Resistance Welded) pipe or flash-
welded pipe. Refer to B.1.e below for more information regarding low-frequency welded ERW pipe. 
 
For steel pipe seam concerns, when raising the MAOP of a pipeline, or when raising the operating 
pressure above the historical operating pressure (highest pressure recorded in past 5 years), pressure 
testing must be performed to address the seam issue. Pressure testing shall be in accordance with 
Subpart J. 
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All Other Threats 
 
Pressure testing is typically not the appropriate integrity assessment method to use for other threats. 
 
Refer to the following FAQs regarding pressure tests: 
 

• FAQ-49, which refers to Subpart J as the acceptable pressure test. 
• FAQ-53, which states that any pressure test that meets or exceeds the requirements of Subpart J is 

acceptable. 
• FAQ-109, which states that where the language in the rule and B31.8S conflict, the rule takes 

precedence. 
• FAQ-141, which states that use of a spike test alone would constitute "other technology." 
• FAQ-219, which states that the use of a pressure test is sufficient to reveal manufacturing and 

construction defects. 
 
B.1.d  If the operator specifies the use of "other technology," verify that notification to PHMSA is 
required in accordance with Part 192.949, 180 days before conducting the assessment. Also, verify that 
notification to a State or local pipeline safety authority is required when either a covered segment is 
located in a State where PHMSA has an interstate agent agreement, or an intrastate covered segment is 
regulated by that State. [§192.921(a)(4)] 
 
Other proven integrity assessment methods may exist for use in managing the integrity of pipelines (refer 
to Protocol D for a discussion on Direct Assessment). If other technologies or methods are specified in the 
BAP, the operator is required to submit a notification to PHMSA at least 180 days prior to conducting the 
assessment. An operator must also notify a State or local pipeline safety authority when either a covered 
segment is located in a State where PHMSA has an interstate agent agreement, or an intrastate covered 
segment is regulated by that State. 
 
In these cases, review copies of the operator’s notification, along with the scheduled (or actual) 
assessment date shown in the BAP to verify that the 180 day requirement was met. If the BAP schedule 
specifies using other technology in the future, and a notification has not yet been submitted to PHMSA, 
verify that the BAP schedule or IM Program specifies that the required notification be submitted to 
PHMSA at least 180 days before conducting the assessment. In this case, make a note in the inspection 
documentation so PHMSA can track the expected notification and follow up in future inspections if not 
received. 
 
For other technology, verify that the other technology is capable of detecting corrosion and deformation 
anomalies, including dents, gouges, and grooves, based on the operator's system specific conditions and 
operating experience. Verify that the notice provides adequate justification for use of other technology. 
All operators should have a process or procedural description that specifies the 180-day notice 
requirements contained in §192.921(a)(4), even if the operator's current plans do not include the use of 
other technology. Future technology may become available and the operator has an ongoing responsibility 
to notify PHMSA whenever the operator desires to use other technology. 
 
For prescriptive based integrity management programs, the alternative integrity assessment shall be an 
industry-recognized methodology and be approved and published by an industry consensus standards 
organization.  
 
For performance based integrity management programs, techniques other than those published by 
consensus standards organization may be utilized, however the operator shall follow the performance 
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requirements required by 192.913 and ASME B31.8S-2004 and shall be diligent in confirming and 
documenting the validity of this approach to confirm that a higher level of integrity or integrity assurance 
was achieved. 
 
Examples of "other technology" are: 
 

• If an operator plans to use ICDA to assess a system transporting gas with an electrolyte nominally 
present in the gas stream, such a use of ICDA would be considered "other technology." The 
ICDA process described in NACE RP-0502-2002 is for dry-gas systems. The rule requires that 
operators who plan to use ICDA for systems transporting gas containing an electrolyte develop a 
plan (192.927(b)).  

• If an operator plans to perform a visual inspection on a section of pipe as the sole assessment 
method (i.e., not part of Direct Assessment). 

• Generally, if a spike test is done in conjunction with a Subpart J test, such that the complete test 
meets or exceeds Subpart J requirements, then the spike test is not "other" technology. However, 
if the spike test is of shorter duration and does not meet Subpart J, then it would be an "other" 
technology. 

• Long range guided ultrasound (unless it is one of multiple tools selected in a Direct Assessment 
program that meets NACE RP0502-2002). Refer to FAQ-198. 

• Also refer to FAQ-204 which clarifies that close interval survey/overline survey does not qualify 
as "other technology." 

 
Refer to FAQ-55 which states that a pressure reduction is not an assessment method. 
 
Refer to the Guided Wave Checklist, for guidance on the implementation of guided wave technology 
(Reference: Checklist). 
 
B.1.e  If a covered pipeline segment contains low frequency electric resistance welded pipe (ERW) or 
lap welded pipe that satisfies the conditions specified in ASME B31.8S-2004, Appendix A4.3 and A4.4, 
and any covered or non-covered segment in the pipeline system with such pipe has experienced seam 
failure, or operating pressure on the covered segment has increased over the maximum operating 
pressure experienced during the preceding five years verify that the selected assessment method(s) are 
proven to be capable of assessing seam integrity and detecting seam corrosion anomalies. 
[§192.917(e)(4)] 
 
The PHMSA position on Gas IM Rule requirements for addressing the threat of manufacturing and 
construction defects is summarized below: 
 

• All pipelines are considered to contain manufacturing and construction defects since there is no 
practical way to guarantee a defect-free pipe. 

• A successful Subpart J pressure test is sufficient to reveal any manufacturing and construction 
defects that could jeopardize pipeline integrity at operating pressures less than or equal to MAOP, 
as of the date of the pressure test. Refer to FAQ-219 which states that the use of a pressure test is 
sufficient to reveal manufacturing and construction defects and FAQ-220 which states that 
assessments may be required if operating conditions change. 

• Pipelines that have experienced failures due to seam defects or other manufacturing and 
construction defects since its last Subpart J pressure test are considered to be susceptible to these 
threats. 

• Seam defects or other manufacturing and construction defects are considered to be stable if:  
o The pipeline has been pressure tested in accordance with Subpart J; AND 
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o The pipeline is not subject to other interacting threats that could cause defect growth or 
failure. 

• For pipeline segments that have ever been pressure tested in accordance with Subpart J, 
manufacturing and construction defects are initially considered to be stable as of the date of HCA 
identification. 

• For pipeline segments that have never been pressure tested in accordance with Subpart J, 
manufacturing and construction defects continue to be considered to be stable if: 
o The segment continues to be operated at pressures at or below the maximum operating 

pressure experienced during the five years immediately preceding HCA identification (any 
amount of pressure increase is considered to potentially result in defect instability)1; AND 

o MAOP is not increased; AND 
o Stresses leading to cyclic fatigue do not increase; AND 
o The pipeline is not subject to other interacting threats that could cause defect growth or 

failure. 
 
For pipeline segments that have never been pressure tested in accordance with Subpart J, and that do not 
meet all of these criteria, the segment is considered to be susceptible to threats from manufacturing and 
construction defects. 
 
If there are any low-frequency ERW or lap-welded pipe segments susceptible to longitudinal seam failure 
included in the operator’s BAP, verify that those segments are uniquely identified. A sampling of older 
pipe that is not designated as LFERW or LW should be reviewed and verified relative to its type of 
construction to verify that the operator has correctly identified all such pipe. This is especially important 
if the operator has not identified any of its pipe as LFERW or LW pipe. 
 
For LFERW and LW pipe, the operator must select a method(s) that can effectively detect corrosion and 
deformation anomalies, including dents, gouges, and grooves, based on the operator's system specific 
conditions and operating experience. In addition, the operator must select a method(s) that can effectively 
assess longitudinal seam integrity. Verify that the BAP documents that the methods used to assess 
LFERW and LW pipe are capable of detecting these anomalies and the justification for this assertion. 
 
Pressure tests in accordance with 192 Subpart J are considered satisfactory to meet this requirement. 
FAQ-141 suggests that operators might consider supplementing a Subpart J hydrostatic pressure test with 
a spike test as well, although this is not a requirement of the rule. Therefore, an operator need not justify 
the selection of hydrostatic pressure testing in order to comply with the rule.  
 
If internal inspection methods are specified for these types of pipe, a tool that is capable of detecting 
longitudinal seam cracks and axial anomalies is required in addition to any other tools deemed necessary 
such as standard MFL or caliper geometry/deformation tools. Tools the operator might consider to 
specifically detect longitudinal seam cracks and axial corrosion anomalies include Transverse MFL and 
Shear Wave UT (although Shear Wave UT is promoted more as a specialty tool for assessment of SCC). 
 
More detailed information related to assessment of piping susceptible to seam failures is contained in 
Supplemental Guidance Appendix B.04. 
 
Refer to reports “Integrity Characteristics of Vintage Pipelines” and “Evaluating the Stability of 
Manufacturing and Construction Defects in Natural Gas Pipelines” for information regarding the potential 
                                                      
1 See Supplemental Guidance Appendix B.8, Section III.D, White Paper, Manufacturing and Construction Defects, 
for specific examples of applying the “look back” comparison to benchmark five-year maximum operating pressure 
history. 
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for anomalies from manufacturing and construction related practices. These reports provide several 
conclusions regarding the characteristic defects in vintage pipeline systems and their possible impact on 
pipeline integrity: 
 

• The most significant anomalies are inconsistent weld seam quality and hard spots. 
• Anomalies due to historic fabrication and construction practices are generally associated with 

certain girth weld practices and wrinklebends. 
• Mitigation practices, including pressure testing, ILI, and improved operational controls can be 

effective in limiting growth of many historic anomalies. 
• Use of pressure testing serves to expose critical or near-critical defects and so can limit their 

significance. 
• Experience shows that a test pressure to operating pressure ratio of 1.25 provides adequate 

assurance of stability for the conceivable life of most gas pipelines. 
• For pipelines that have not been tested to such levels or for pipelines that have been tested to such 

levels but have experienced subsequent in-service pressure excursions exceeding the MAOP 
established by the test, assurance of stability may still exist but the circumstances of each 
individual case need to be taken into account in judging whether or not confidence in the stability 
of manufacturing and construction defects is justified. 

 
Refer to the followings FAQs: 
 

• FAQ-141, which suggests that operators might consider supplementing a Subpart J hydrostatic 
pressure test with a spike test. 

• FAQ-219, which states that the use of a pressure test is sufficient to reveal manufacturing and 
construction defects. 

• FAQ-220, which states that assessments may be required if operating conditions change. 
 
B.1.f  If the threat analysis required in §192.917(d) on a plastic transmission pipeline indicates that a 
covered segment is susceptible to failure from causes other than third-party damage, verify that the 
operator documents an acceptable justification for the use of an alternative assessment method that will 
address the identified threats to the covered segment. [§192.921(h)] 
 
The assessment method selected should address the threat identified. Inspectors should use the guidance 
in ASME B31.8S-2004, Section 6 to verify that the selected assessment method is appropriate. Inspectors 
should consider information in Advisory Bulletin ADB-99-02 (http://ops.dot.gov/regs/adv/adb9902.htm), 
which informs operators of the potential vulnerability of older plastic gas pipelines to brittle-like 
cracking. 
 
B.2 Prioritized Schedule - Verify that the BAP contains a schedule for completing the assessment 
activities for all covered segments; and that the BAP appropriately considered the applicable risk factors 
in the prioritization of the schedule. [§192.917(c), §192.919(c), §192.921] 
 
Separate operating companies may have separate BAPs. In addition to having separate BAPs for different 
operating companies, operators may choose to develop separate BAPs for each threat where the 
assessment methods would be different. (Refer to FAQ-38) This would allow operators to focus 
assessment resources on the threats with the highest risk. For example, an operator may determine that 
segments A, B, and C have the highest risk for external corrosion but have the lowest risk for SCC. 
Segments D, E, and F however have high risks for SCC and low risk for external corrosion. The operator 
may develop a BAP for the ILI assessments to address external corrosion …where segments A, B, and C 
would be rank high; and a separate BAP for the hydrostatic tests to address SCC…where segments D, E, 

http://ops.dot.gov/regs/adv/adb9902.htm
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and F would be ranked high. Refer to FAQ-78 which states that an operator must have a process that is 
consistently and uniformly applied across all of its covered segments, considers all factors that affect the 
likelihood and consequences of pipeline failure, and that produces a risk ranking of HCA pipeline 
segments. 
 
Refer to the following FAQs: 
 

• FAQ-38 which states that operators with multiple operating companies may have one BAP for 
each operating company or separate legal entity.  

• FAQ-72, which states that BAP and the framework both must be prepared by December 17, 2004. 
• FAQ-73, which states that PHMSA will not develop a template for BAPs or IM program 

frameworks. 
• FAQ-78, which states that PHMSA expects HCA segments to be risk ranked using a process that 

is consistently and uniformly applied across all of its covered segments. 
• FAQ-140, which states that PHMSA expects the level of detail in the framework to vary 

depending on the level of maturity of each program element. 
 
B.2.a Verify that the BAP schedule includes all covered segments not already assessed. [§192.921(a)] 
 
Each segment of pipeline that could affect an HCA must have a documented date for when its baseline 
assessment was or will be performed. Verify that the operator's schedule provides dates for each segment 
scheduled for assessment in the near term, and does not consolidate the segments into large groups for 
scheduling purposes. Segments scheduled in out-years may be listed in the BAP by quarters. 
 
A sound schedule that reflects use of an engineered planning and scheduling process should include the 
following parameters. 
 
For In-Line Inspections: 
 

• Scheduled tool launch dates (coordinated among different tools when multiple tools are used), 
• Actual tool launch dates, 
• Scheduled preliminary report date, 
• Actual preliminary report date, 
• Actual time required from tool run completion to receipt of preliminary report, 
• Scheduled final report date, 
• Actual final report date, 
• Actual time required from tool run completion to receipt of final report, 
• Vendor Identification, and 
• Evidence of Vendor Commitment to Schedules shown in the BAP. 

 
For hydrostatic pressure test: 
 

• Scheduled date to start the test, 
• Scheduled test duration (defined by Subpart J), 
• Actual test start date, 
• Actual test completion date, 
• Scheduled date for test analysis and final report, and 
• Actual date for test analysis and final report. 
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The schedule for repairs and remediation may be integrated into the same scheduling system.  
The adequacy of schedule information will be a matter of subjective judgment since the rule does not 
provide specifics on the amount and type of information that must be included in an operator’s schedule. 
However, sketchy information or schedules that do not provide evidence of a bona fide effort on the part 
of the operator to assure that assessments are completed by the compliance deadlines should be 
specifically noted for possible follow-up inspection. 
 
Schedule Contingencies 
 
The schedule should accommodate contingencies necessary to deal with occasional problems encountered 
during the assessment. For instance, hydrostatic tests that find many defects through multiple test failures 
may take longer to complete than normal. ILI assessments may experience problems with the tool (e.g., 
power failure, sensor damage, etc.) such that the tool run does not collect data, or only collects partial 
data, or the data is of questionable quality. The operator’s schedule and planning should accommodate 
these types of circumstances without jeopardizing the compliance and progress deadlines for completion 
of assessments. 
 
Assessment Completion 
 
The date on which an assessment is considered complete will be the date on which the last ILI tool is 
removed from the pipe or for hydro-tests when final field activities related to that assessment are 
performed, not including repair activities. That will be when a hydrostatic test is completed, or the date on 
which "other technology" for which an operator has provided timely notification is conducted. Evaluation 
of the assessment results, integration of other information, and repair of anomalies must still be performed 
in accordance with the requirements established for these activities in the rule. These activities are 
considered to occur after the completion of the "assessment."  
 
Refer to the following FAQs regarding the BAP: 
 

• FAQ-6, which states that certain sections of the rule apply to pipelines as defined in 192.3. This 
includes compressors, valves, metering stations, etc. 

• FAQ-7 which states that operators must meet all of the rule requirements for their in-service pipe 
(i.e., that contains gas). 

• FAQ-9 which states that the rule only applies to transmission lines. 
• FAQ-10, which states that the regulatory deadlines for assessments continue to apply when 

ownership of a pipeline is transferred. 
• FAQ-34 which states that the date an assessment is considered complete is the date on which final 

field activities related to that assessment are complete (not including repairs). 
• FAQ-36, which states that the 50% requirement applies to all pipeline covered under the rule, 

including interstate and intrastate, and thus both categories should be included in a single BAP. 
• FAQ-39 which states that PHMSA expects to see a viable, active planning and scheduling 

process in the BAP with the degree of specificity dependent on how far in the future the 
assessments are planned. 

 
B.2.b Verify that the BAP schedule prioritizes the covered segments based on potential threats and 
applicable risk analysis, and that the risk ranking is appropriate. [§192.917(c), §192.921(b)] 
 
The operator must properly account for all risk factors that reflect the risk conditions on the pipeline 
segment. Review the risk analysis results to determine if the operator did not consider any applicable risk 
factors in establishing the schedule priority for baseline assessment. This review may have been 
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accomplished as part of Protocol C. The risk analysis results should be reviewed to identify any other risk 
factors associated with the segments. The BAP should then be reviewed to verify that all of the risk 
factors associated with the segments were appropriately considered. 
 
Verify that business and economic factors do not inappropriately influence the prioritizations of covered 
segments in the BAP. 
 
Refer to the following FAQs regarding BAP schedules: 
 

• FAQ-28, which states that the risk posed by each pipeline segment must be considered in 
scheduling baseline assessments  

• FAQ-33, which states that operators should count only covered segment miles in meeting the 
50% requirement. 

• FAQ-35, which states that operators must concentrate the highest risk pipe in the top 50% but 
some segments not among the highest risk pipe may be scheduled in the top 50%. 

• FAQ-39, which states that PHMSA expects to see a viable, active planning and scheduling 
process in the BAP with the degree of specificity dependent on how far in the future the 
assessments are planned. 

• FAQ-78 which states that PHMSA expects HCA segments to be risk ranked using a process that 
is consistently and uniformly applied across all of its covered segments. 

• FAQ-125 which states that the risk ranking should be by covered segment, not piggable 
segments. 

 
B.2.c Verify that covered segments meeting the following conditions are prioritized as high-risk 
segments. 

i. Segments that contain low frequency resistance welded (ERW) pipe or lap welded pipe that 
satisfy the conditions specified in ASME B31.8S-2004, Appendix A4.3 and A4.4, and any 
covered or non-covered segment in the pipeline system with such pipe has experienced seam 
failure, or operating pressure on the covered segment has increased over the maximum 
operating pressure experienced during the preceding five years. [§192.917(e)(4)] 

ii. Covered segments that have manufacturing or construction defects (including seam defects) 
where any of the following changes occurred in the covered segment: operating pressure 
increases above the maximum operating pressure experienced during the preceding five 
years; MAOP increases; or the stresses leading to cyclic fatigue increase. [§192.917(e)(3)]  

 
The output of the risk assessment process (Protocol C) should identify specific risk with respect to ERW 
or LW pipe, as well as segments that have manufacturing or construction defects. The rule requires that 
segments with certain threats shall be considered “high risk” based on having solely the vulnerabilities 
specified. High risk means with respect to all covered segments in the operator’s system. 
 
The inspector should review the risk analysis results to determine if any of these conditions were 
identified as a concern in any covered segments. Covered segments that have these risk concerns should 
be identified as high risk and scheduled for assessment early in the BAP. This requirement is not intended 
to artificially lower the relative risk of segments that may have other significant risks other than the type 
described here. The inspector should use his/her judgment as to whether the operator placed sufficient 
priority on segments that contain ERW/LW pipe or manufacturing/construction defects relative to other 
high-risk segments. Refer to FAQ-219, which states that the use of a pressure test is sufficient to reveal 
manufacturing and construction defects; and FAQ-220 which states that assessments may be required if 
operating conditions change. 
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If a covered pipeline segment contains low frequency electric resistance welded pipe (ERW), lap welded 
pipe or other pipe that satisfies the conditions specified in ASME B31.8 S-2001, Appendices A4.3 and 
A4.4, and any covered or non covered segment in the pipeline system with such pipe has experienced 
seam failure, or operating pressure on the covered segment has increased over the maximum operating 
pressure experienced during the preceding five years, an operator must select an assessment technology or 
technologies with a proven application capable of assessing seam integrity and seam corrosion anomalies. 
The operator must prioritize the covered segment as a high-risk segment for the baseline assessment or a 
subsequent reassessment. 
 
If an operator identifies the threat of manufacturing and construction defects (including seam defects) in 
the covered segment, an operator must analyze the covered segment to determine the risk of failure from 
these defects. The analysis must consider the results of prior assessments on the covered segment. An 
operator may consider manufacturing and construction related defects to be stable defects if the operating 
pressure on the covered segment has not increased over the maximum operating pressure experienced 
during the five years preceding identification of the high consequence area. If any of the following 
changes occur in the covered segment, an operator must prioritize the covered segment as a high-risk 
segment for the baseline assessment or a subsequent reassessment: 
 

• Operating pressure increases above the maximum operating pressure experienced during the 
preceding five years; 

• MAOP increases; or 
• The stresses leading to cyclic fatigue increase. 

 
Refer to the following FAQs regarding high-risk segments: 
 

• FAQ-35, which states that operators must concentrate the highest risk pipe in the top 50% but 
some segments not among the highest risk pipe may be scheduled in the top 50%. 

• FAQ-169, which states that PHMSA expects the "high risk" segments to be given special 
consideration in developing an assessment schedule. 

• FAQ-219, which states that the use of a pressure test is sufficient to reveal manufacturing and 
construction defects. 

• FAQ-220, which states that assessments may be required if operating conditions change 
• FAQ-221, which states that, relative to 192.917(e)(3)(i), any pressure increase, regardless of 

amount, will require that the segment to be prioritized as high risk. 
 
B.2.d Verify that the BAP schedule requires 50% of the covered segments, beginning with the highest 
risk segments, to be assessed by December 17, 2007; and that baseline assessments shall be completed 
for all covered segments by December 17, 2012. [§192.921(d)] 
 
Verify that the schedule complies with the progress requirement that at least 50% of the covered pipe, 
beginning with the highest risk pipe, be assessed prior to December 17, 2007. Each segment of pipeline 
that could affect an HCA is required to have a documented risk basis for its schedule priority (refer to 
Protocol C). The actual schedule document should contain either the risk assessment results on a segment-
by-segment basis for the sections of pipe being assessed, or a cross-reference to another document that 
documents the risk assessment.  
 
The progress requirement is not intended to mandate that each and every one of the top 50% of segments 
in terms of risk must be assessed in sequential order. Nor does it mean that all of the top 50% must be 
assessed by the compliance deadline. The schedule is allowed to accommodate necessary business factors 
in a way that makes sense. For instance, if some lower risk segments are located in the same piggable 
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section as a high-risk segment, it is acceptable to pig the lower risk segments at the same time and to take 
credit for the mileage in order to meet the 50% progress milestone. However, inspectors should be alert to 
potential abuse of this accommodation. The operator should focus on assessing a large majority of its 
highest 50% of riskiest pipe prior to December 17, 2007. The exact proportion that is appropriate may 
vary from one operator to another, but the resulting schedule should reflect a clear priority on the highest 
risk pipe segments. The rule makes no allowance for extending the compliance deadline, nor does it 
contain language allowing the operator to notify PHMSA of plans to extend its assessment schedule 
beyond the compliance deadline. 
 
Review the operator's tracking mechanism for ensuring that the 50% progress requirement is met. Assure 
that significant preference is given in the operator's BAP schedule to the highest risk segments. The 
possible advantages and disadvantages of each approach are addressed in the following discussion. 
 
Four basic approaches operators may take to meet the 50% progress milestone are prioritization based on: 
 

• Highest number of HCA miles, per section 
• Highest risk segments in a section 
• Highest risk total in a section 
• Total risk per mile in a section 

 
The first approach, to assess sections based on the highest number of HCA miles per section assessed, has 
the advantage that it obtains a lot of data on HCA impact in early ILI runs. However, this approach does 
not take segment risk into account and may not start with the highest risk segment.  
 
The second approach, to assess sections containing the highest risk segments, simply schedules the 
sections containing the highest risk segments or the largest number of top 50% segments first. It has the 
advantage of directly addressing the rule requirement, while requiring the operator to have a risk score for 
each segment affecting a HCA. The disadvantage with this approach is that it may require more ILI runs 
to meet the 50% requirement.  
 
The third approach, to assess sections with the highest total risk, sums the risk scores of each pipeline 
segment contained in the assessment section. The order of assessment would start with the section of 
pipeline to be assessed with the highest risk total. This approach has the advantage that it assesses the 
most risk in the shortest amount of time, but may not result in the highest risk segments being addressed 
first.  
  
The fourth approach, to assess sections based on total risk per mile, divides the total risk score of the 
section to be assessed by the total number of miles in the section and schedules the highest risk/mile first. 
Some operators may view this as an advantage in getting the most "bang for the buck" out of the ILI run, 
but consideration of the need for more ILI runs being required to meet the 50% milestone may outweigh 
the perceived advantage due to limitations on how many assessments can be conducted per year.  
 
It is unlikely that any operator will set assessment priorities solely by only one of the above methods. It is 
expected that an operator will use some combination of risk-based priorities, practical convenience, and 
subjective preference in developing an assessment schedule. In light of this, the following should be 
evident in an operator’s BAP: 
 

• The schedule should ensure that all of the highest tier of sections (top 10%, ranked according to 
risk) are assessed in the early years of the schedule and are not deferred to the out-years. 
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• The higher-risk sections should be adequately represented in the early years of the assessment 
schedule. Although it is hard to set precise criteria, a guideline might be to question the adequacy 
of an operator’s schedule if more than 30% of the mileage in the top half of the risk ranking is 
deferred beyond the applicable 50% milestone date. 

• Any particularly high-risk "could affect" segments should be included in the early year 
assessments. Some operators may not have their risk scoring tied to specific could affect 
segments, but they should be aware of any HCAs that seem particularly vulnerable, and the 
segments that impose those risks should be included among the early assessments. For example, 
one operator’s BAP may not have a method to track the consolidation of the could affect 
segments into BAP "Risk Screening" sections, making it difficult for a quality verification that all 
could affect segments were, in fact, included in the BAP. 

• The following items might indicate that the operator has, or may have, problems in meeting the 
schedule set forth in the BAP and thus have problems achieving compliance with regulatory 
deadlines: 

• If the schedule shows a much heavier planned rate of assessment activity in the future than has 
been achieved to date, then this may be a sign that the schedule may not be achievable. The 
operator should be questioned closely on the achievability of the schedule and the importance of 
meeting regulatory deadlines should be stressed. 

• If the schedule shows any indication of persistent or significant slippage, then the operator should 
obtain assurance that the deadlines will be met. For example, some slippage in one operator’s 
schedule was noted, which was partly attributed to unsuccessful tool launches. 

 
In summary, whatever approach an operator chooses, it should focus on assessing a large majority of its 
highest 50% of riskiest pipe prior to the compliance deadline for the category of pipe being assessed. The 
exact proportion that is appropriate may vary from one operator to another, but the resulting schedule 
should reflect a clear priority on the highest risk pipe segments.  
 
Review the baseline assessment schedule for all pipeline segments and verify that the remaining segments 
are scheduled for completion prior to the applicable compliance deadline, December 17, 2012.  
 
Evaluate the schedule to determine if the schedule is realistic or if it exists just to demonstrate 
compliance. The schedule should make realistic, regular, incremental progress toward achieving 
compliance with the deadlines. An egregious example would be a schedule that simply shows every 
segment scheduled to be assessed by the applicable compliance deadlines. Although this may be 
appropriate for operators where the only HCAs lie within one assessment section of pipe, it is an 
unacceptable schedule for most operators and demonstrates that the operator has not developed a bona 
fide schedule for completing the baseline assessments. 
 
A baseline assessment is not considered complete until the field work has been completed, assessment 
data has been collected, and (in the case of ILI) an internal inspection tool has been determined to have 
resulted in a good run. The operator's scheduling should reflect contingencies to accommodate occasional 
needs to re-run ILI tools. 
 
PHMSA recognizes that all of the mileage in a segment may not be completed by a particular integrity 
assessment. For instance, a segment may be non-piggable and is assessed by ECDA. However, if the 
segment has a casing, that casing may not be assessed until a later time by other assessment techniques 
(e.g., guided wave). The operator would be allowed to credit the mileage of that portion of the segment 
that had a completed and valid ECDA.  
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The schedule should be integrated into the operator’s management systems used to actually budget and 
schedule work. Identify the management systems and processes by which items on the BAP schedule are 
identified in the operator’s work authorization system. Observe examples in which baseline assessments 
are actually designated on work schedules, authorized, and budgeted. 
 
Refer to the following FAQs regarding the 50% schedule: 
 

• FAQ-26, which states that baseline assessments must be complete by December 17, 2012; and 
50% of HCA mileage completed by December 17, 2007. 

• FAQ-33, which states that operators should count only covered segment miles in meeting the 
50% requirement. 

• FAQ-35, which states that operators must concentrate the highest risk pipe in the top 50% but 
some segments not among the highest risk pipe may be scheduled in the top 50%. 

• FAQ-36, which states that the 50% requirement applies to all pipeline covered under the rule, 
including interstate and intrastate, and thus both categories should be included in a single BAP. 

• FAQ-169, which states that PHMSA expects the "high risk" segments to be given special 
consideration in developing an assessment schedule. 

 
B.2.e Review the operator’s implementation progress to date and verify that: [§192.921] 

i. Assessments scheduled for completion by the date of the inspection were in fact completed. 
ii. Assessment methods used for completed assessments were as described in the plan. 

iii. The date assessment field activities were completed is recorded [so the operator understands 
the time frame allowable for compliance with the provisions of §192.933]. 

 
In addition to checking process documents, inspectors will review the specific baseline schedule to 
determine the status of progress made at the time of the inspection. Assessment results will be reviewed to 
ensure that the assessment methods specified in the BAP were in fact the methods actually used. 
Furthermore, the inspectors will verify that assessments were completed within the specified schedule. 
 
Any changes to the original BAP schedule should be formally approved and documented. 
Finally, the inspector will verify that the operator has properly recorded the time of assessment 
completion. This time is important because it represents the beginning of the “discovery” clock for 
reviewing assessment results. Refer to FAQ-34 which states that the date an assessment is considered 
complete is the date on which final field activities related to that assessment are complete (not including 
repairs). 
 
Also, verify that baseline activities started by June 7, 2004. Refer to Advisory Bulletin ADB-03-07 for 
guidance (http://primis.phmsa.dot.gov/gasimp/docs/FRN_Baseline_Begins_111703.pdf). 
 
B.3 Use of Prior Assessments - If prior assessments are used in the BAP, verify that the assessment 
methods used meet the requirements of §192.921(a) and that remedial actions have been carried out to 
address conditions listed in §192.933. Prior assessments are those that were completed prior to 
December 17, 2002. [§192.921(e)]  
 
There is no specified limit regarding how far back in time prior assessments may be considered as 
baseline assessments. However, the re-assessment schedule requirements limit how far back a prior 
assessment can be realistically credited as a baseline assessment since a very old prior assessment will 
have been required to have a re-assessment within the timeframes specified in Table 3 of ASME B31.8S-
2004. These older assessments may be used to meet the performance based program requirements 
described in 192.913(b)(2). 



 

 B.01-20  

 
If a single assessment method was used during the prior assessment that addressed a single threat, the 
operator may take credit for addressing that threat with respect to its baseline assessment. However, if 
other threats exist for that segment and those threats require different assessment methods, then those 
assessment methods will still need to be performed on the segment. 
 
Refer to the following FAQs regarding the use of prior assessments: 
 

• FAQ-27, which states that assessments conducted before December 17, 2003,can be used as 
baseline assessments provided they meet the criteria established by the rule. 

• FAQ-29, which states that prior assessments can be counted toward meeting the 50% 
requirement. 

• FAQ-65, which states that a prior assessment is only candidate for use as a baseline assessment 
until all anomalies requiring repair under 192.933 are repaired.  

• FAQ-152, which states that prior assessments must address all applicable threats. 
• FAQ-161, which states that prior assessments can be relied upon to meet the requirement that 

operators begin assessment activities by June 17, 2004. 
 
B.3.a Verify that threats to these pipeline sections were identified as required under §192.919(a). 
 
For older prior assessments, the operator should provide more detailed and specific justification for using 
the prior assessment. It is possible that the recent risk analysis may identify threats or issues that could not 
be detected through the assessment method used in the prior assessment. Review the risk analysis results 
for the segments in question. Ensure that segments being credited with prior assessments were not 
omitted from the risk analysis process. 
The operator should take reasonable steps to validate the quality, accuracy, and applicability of older data. 
In addition, since the data will have been collected for purposes other than compliance with this rule, the 
operator should document that the use of the older assessment information is appropriate for the intended 
purpose of performing a baseline assessment. The quality of older data should be factors into the Risk 
Analysis. 
 
B.3.b Verify that the methods used for these prior assessments were appropriate for the threats per 
ANSI B31.8S-2004 as required under §192.919(b) and §192.919(d). 
 
Prior assessments may not have used methods that address all risk factors associated with the line. For 
instance, some older ILI inspections may not have used both MFL and geometry tools. In general, both 
are required to address most pipeline risks. Refer to paragraph B.2 of this section for guidance regarding 
selection of the appropriate assessment method. 
 
Furthermore, if a single assessment method was used during the prior assessment that addressed a single 
threat, the operator may take credit for addressing that threat with respect to its baseline assessment. 
However, if other threats exist for that segment and those threats require different assessment methods, 
then those assessment methods will still need to be performed on the segment. 
 
B.3.c Verify that anomalies satisfying the requirements of §192.933 were repaired.  
 
Another issue with prior assessments is the application of the remediation and repair criteria contained in 
the rule. Older data may not be comprehensive enough to determine if indications meet repair criteria. 
The prior assessment data must support the performance of remaining strength calculations and be 
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accurate enough to distinguish immediate repair and other defects in accordance with 192.933. Refer to 
Protocol E for guidance regarding remediation criteria under this rule. 
 
B.4 Newly Identified HCAs/Newly Installed Pipe - Verify that the operator updates the baseline 
assessment plan for newly identified HCAs and newly installed pipe. [§192.905(c), §192.921(f), 
§192.921(g)] 
 
Inspectors should review process documents to ensure that requirements exist to maintain the BAP up-to-
date with respect to new HCA identifications and installation of new pipe. The gas IM rule contains 
requirements to update the BAP if new HCA affecting segments are identified or newly installed. If the 
operator identifies a new HCA affecting segment, the operator must complete the threat analysis, identify 
the appropriate assessment method, and incorporate the segment into the Baseline Assessment Plan. If a 
new pipe is installed and that pipe segment affects an HCA, then the same requirements would apply.  
 
Refer to the following FAQs: 
 

• FAQ-30, which states that changes to a baseline assessment schedule does not require a waiver. 
• FAQ-31, which states that only changes to the program that substantially affect the program's 

implementation or may significantly modify the program or schedule require notifications to 
PHMSA. 

• FAQ-124, which states that any HCAs on the newly installed pipe must be identified and 
included in the baseline assessment plan within one year. 

• FAQ-161, which states that prior assessments can be relied upon to meet the requirement that an 
operator begin assessment activities by June 17, 2004. 

• FAQ-233, which clarifies that the growth of a pipeline segment already in the IM program, as a 
result of growth of the related HCA, does not constitute a newly-identified HCA, and no 
requirements of the rule applicable to newly-identified HCAs are triggered by such growth. 

 
B.4.a If new HCAs have been identified or new pipe has been installed that is covered by this subpart, 
verify that applicable segment(s) have been incorporated into the operator’s baseline assessment plan 
within one year from the date the area or pipe is identified and assessments have been appropriately 
scheduled and/or completed. [§192.905(c)] 
 
The IM Program should require that the operator incorporate any new HCAs into its BAP within one year 
from the date the HCA is identified. Evaluate the program procedures and processes to determine if 
requirements exist to adequately identify and evaluate newly identified high consequence areas in which 
the operator's pipelines are located (refer to Protocol P). The process should require that newly-issued 
Census Bureau Maps or revisions to the PHMSA NPMS be periodically reviewed to promptly identify 
new population areas. Verify that the operator’s IM Program requires that the continual process of 
performing information analysis include steps to promptly identify new HCAs and incorporate the new 
HCAs into the BAP and the integrity assessment process. 
 
Using the results of the review of the HCA identification analysis, verify that the operator’s BAP has been 
properly updated to reflect the impact of new HCAs. The rule also requires that the BAP be updated 
within one year of identification. Therefore, both the HCA identification analysis must be updated and the 
results of the revised HCA identification analysis must be reflected in the BAP within one year from 
identification of the new HCAs. The BAP must also have identified the assessment methods (including 
risk basis for selection of the methods) and the assessment schedule (including risk basis for the schedule) 
required to assess the new segments. These aspects of the BAP rely upon the pre-requisite completion of 
the Risk Analysis. Therefore, for a new HCA, the Segment Identification, Risk Analysis (or an 
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appropriate risk screening), and the Baseline Assessment Plan must all be revised within one year from 
the date of identification. 
 
The configuration and use of an operator’s pipeline systems as they may affect HCAs and, subsequently, 
the BAP are not static considerations. Operators may, for a variety of reasons place pipelines in an idle 
status in anticipation of future use, abandon the lines to preclude future use, or change the products that 
are transported through the lines. Operators may sell existing pipelines to other operators or acquire 
ownership of existing lines from other operators. Recently, many pipeline operations have merged to 
become single, larger companies; in some cases, companies previously formed such mergers have broken 
apart to once again form different, individual companies.  
 
Idle Pipe 
 
Note that the regulations do not define idle pipe. Pipe is considered either active or abandoned. All idle 
pipe that could affect an HCA is subject to the requirements of §192.921 and must be included in the 
BAP. PHMSA understands idle pipe as pipe not currently being used to move hazardous product but that 
could be put back in service at a future date. This may include in service pipe (i.e., contains hazardous 
product but is currently static or unused) or out of service pipe (i.e., effectively isolated from active pipe 
and containing water or inert gas). Idle but in service pipe represents a potential hazard to public health 
and the environment. Leakage from such pipe may go undetected since it may not be covered by the 
operator's SCADA system. Therefore, operators must meet all requirements of the rule for idle pipe 
containing hazardous materials. This includes prioritizing the pipe for assessment within the BAP and 
conducting the assessment according to the schedule. 
 
Out-of-service pipe represents less of a hazard. While degradation of such pipe can still occur, it is not 
likely to result in adverse effects to public health or the environment. Out-of-service line segments that 
can affect HCAs must also be included in the BAP. However, PHMSA will accept deferral of certain 
activities required for such pipe. Operators must, at a minimum, identify whether out-of-service lines are 
subject to the rule by determining whether any portions of the lines intersect HCAs. Operators can defer 
determination of whether segments of an out-of-service line that are located outside HCAs could impact 
an HCA until the line is returned to service. Additionally, operators may defer scheduled baseline 
assessments or re-assessments if the line remains out-of-service at the time of the scheduled assessment. 
All deferred assessments must be completed as a part of returning that line to service. 
 
Newly Constructed or Acquired Pipeline 
 
Note that construction of new pipeline must be accompanied by the identification of impacted HCAs. 
Newly constructed segments that are determined to be covered by this rule must be incorporated into the 
BAP with one year from when the date of their installation. 
 
Acquisition of a pipeline by an operator includes accepting all the obligations attendant upon that pipeline 
as a result of regulatory requirements. For purposes of integrity management, an operator acquiring a 
pipeline would be expected to integrate that pipeline into its integrity management program; multiple, 
independent integrity management programs are neither desirable nor required. This may result in 
realigning schedules for future assessments based on the relative risk of the acquired pipeline and the 
operator's existing pipeline.  
 
Additionally, the identification of new HCAs may cause the list of segments that could affect an HCA to 
change. New HCAs may be identified via revisions to NPMS or by the operator directly.  
The operator should have a documented process whereby pipeline and HCA changes are controlled and 
documented and the organization responsible for developing and maintaining the Baseline Assessment 
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Plan is notified and the changes appropriately reflected in the BAP. Any modifications or changes to the 
BAP, and the reasons for the modifications, must be documented before they are implemented.  
 
Refer to the following FAQs: 
 

• FAQ-7, which states that in-service pipe that contains gas is covered by the rule. 
• FAQ-10, which states that regulatory deadlines for assessments continue to apply after a pipeline 

has transferred ownership; and  
• FAQ-11, which states that compliance responsibilities will have to be determined on a case-by-

case basis and is contingent on the terms of contracts, operating agreements, and other relevant 
correspondence between involved parties. 

• FAQ-25, which states that a BAP must be changed whenever there are changes to the pipelines in 
HCAs. 

• FAQ-110, which states that if a new covered segment is identified it has a ten year assessment 
schedule and reprioritizing the BAP is not required. 

 
B.4.b For new HCAs, verify that the operator completes a baseline assessment for the applicable 
segment(s) within ten (10) years from the date the area is identified. [§192.921(f)] 
 
Verify that the operator’s IM Program requires that a baseline assessment of new HCAs be completed 
within ten (10) years from the date the area is identified. Any changes to existing HCA boundaries should 
be treated like new HCAs. This requirement applies to any geographical area that was previously not 
contained within an HCA boundary, but that now is (or should be) contained within an HCA boundary. 
This, however, is not an acceptable opportunity for the operator to "game" the system by making small 
adjustments to HCAs in order to claim a new HCA has been identified in order to reschedule assessments 
out by ten (10) years. The segments that could affect HCAs must still be prioritized and scheduled for 
assessment according to the risk factors applicable to each segment that could affect the HCA. The ten 
(10) year limit is a maximum allowable time limit for conducting a new assessment that is added to the 
BAP by virtue of identifying a new HCA. Refer to FAQ-110, which states that if a new covered segment 
is identified it has a ten year assessment schedule and reprioritizing the BAP is not required. 
 
B.4.c For newly installed pipe that is covered by this subpart and impacts an HCA, verify that the 
operator completes a baseline assessment within ten (10) years from the date the pipe is installed. 
 
An operator must complete the baseline assessment of a newly- installed segment of pipe covered by this 
subpart within ten (10) years from the date the pipe is installed. An operator may conduct a pressure test 
in accordance with paragraph (a)(2) of 192.921, to satisfy the requirement for a baseline assessment. 
 
Refer to paragraph B.4.b above for guidance. Also refer to FAQ-110, which states that if a new covered 
segment is identified it has a ten year assessment schedule and reprioritizing the BAP is not required. 
 
B.4.d Verify that threats to these pipeline sections were identified as required under §192.919(a). 
[§192.921(b)] 
 
Refer to Protocol B.1 above and Protocol C additional for guidance. 
 
B.4.e Verify that the assessment methods used were appropriate for the threats per ASME B31.8S-2004 
as required under §192.919(b) and 192.919(d). 
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Refer to Protocol B.1 above for guidance. Also refer to FAQ-7 which states that in-service pipe that 
contains gas is covered by the rule. 
 
B.5 Consideration of Environmental and Safety Risks - Verify that the operator addresses 
requirements for conducting the baseline assessments in a manner that minimizes environmental and 
safety risks. [§192.919(e)] 
 
The gas IM rule contains a requirement that assessments be conducted in a manner that minimizes 
environmental and safety risks. A similar requirement also exists in Subpart J under section 192.515. In 
all likelihood, operators have already addressed these types of requirements in their everyday operations. 
Inspectors should review these procedures as well as evidence of implementation during assessments as 
part of the IM inspection. If existing safety procedures are adequate, those procedures can be referenced 
in the IMP program. However, those procedures should address special hazards that might be dealt with 
as a result of performing assessments or addressing assessment findings such as precautions for removing 
constrained dents.  
 
This protocol question pertains to both baseline assessments and reassessments evaluated in accordance 
with Protocol F. 
 
B.5.a Verify that precautions were implemented to protect workers, members of the public, and the 
environment from safety hazards (such as an accidental release of gas) during assessments. 
[§192.919(e)] 
 
Actions may include: 
 

• Minimizing byproducts from the assessment,  
• Special monitoring,  
• Keeping personnel at safe distances when pressurizing pipelines 
• Controlling ignition sources 
• Line de-pressurization, and  
• Use of protective clothing. 

 
B.6 Changes - Verify that the operator keeps the BAP up-to-date with respect to newly arising 
information. Also refer to Protocol K. [§192.911(k) & ASME B31.8S-2004, Section 11] 
 
Maintaining the BAP up-to-date is vital to ensuring that the highest risk segments are assessment early in 
the process and are assessed with the best assessment method. Given that BAP cycle is approximately 8 
years, much new information will be generated during this period that may shed light on previously 
unknown or uncharacterized threats. Additionally, new technology may emerge that will provide better 
assessment results for specific threats. 
 
B.6.a Verify that the operator’s process has requirements to keep the BAP up-to-date with respect to 
newly arising information, applicable threats, and risks that may require changes to the segment 
prioritization or assessment method. [§192.911(k) & ASME B31.8S-2004, Section 11] 
 
The operator's program and procedures should require that the Baseline Assessment Plan be revised and 
documented for any reason that affects the segments that could affect HCAs. These include such things 
as: 
 

• Revisions to existing HCA boundaries,  
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• New or modified pipeline installations,  
• Purchase or acquisition of pipeline systems,  
• Divestiture of pipeline systems, 
• Revisions to the impact analysis 
• Revisions to the risk analysis or integrated information analysis,  
• Results of completed assessments, and 
• Any other change that could affect the assessment method or schedule. 

 
If changes have been noted during the inspection of Segment Identification, Risk Analysis, or other 
program elements that affect the BAP, verify that the changes have been properly incorporated into the 
BAP. Verify that the BAP is consistent with the latest revision of the other program element 
documentation. Changes to these other program elements can affect tool selection, assessment schedule, 
segments that require assessment, and segment prioritization. 
Newly identified risk factors (identified after the issuance of the BAP but before a segment has been 
assessed) could affect the assessment method and/or schedule. For example, ROW or CP surveys could 
identify risk factors that affect the risk ranking. A segment that ranks significantly higher in risk than is 
reflected in the BAP should be considered for an increase in schedule priority. A risk factor that was not 
previously considered significant (e.g., a risk factor associated with SCC or internal corrosion), may 
require the selection of different or additional ILI tools. 
Completed assessments could identify previously unknown risk factors or could indicate defect growth 
rates higher than previously thought. In these cases, other lines that have similar risk factors may need to 
be re-ranked as a higher risk line based on the completed assessment of similar lines. The results of 
completed assessments should be reviewed for any needed adjustments to the Baseline Assessment Plan, 
including the selection of assessment methods and the assessment schedule priority. 
 
Refer to the following FAQs regarding changes to BAPs: 
 

• FAQ-25, which states that a BAP must be modified whenever there are changes to the pipeline in 
HCAs. 

• FAQ-31, which states that only changes that substantially affect the program's implementation or 
may significantly modify the program or schedule require PHMSA notification. 

• FAQ-32, which states that operators must maintain for the useful life of the pipeline documents to 
support decisions, analysis, processes developed, etc., including revisions to the BAP. 

 
B.6.b Verify that required BAP changes have been made and that for all changes, the following are 
documented: [ASME B31.8S-2004, Section 11(a)] 

i. Reason for change 
ii. Authority for approving change 
iii. Analysis of implications 
iv. Communication of change to affected parties 

 
If an operator’s BAP is still the original issuance at the time of the IM inspection, the inspection of these 
protocols will be limited to verifying that the operator's IM program has the necessary requirements to 
control and document future revisions to the BAP. 
 
Any assessment activities must be conducted as described in the BAP. Changes to (1) the segments 
included in the plan, (2) the assessment schedules, or (3) the assessment methods, must be documented in 
the plan prior to implementing the change. Following are some examples of potential BAP changes to 
review for compliance with this codified requirement: 
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• Removal of Segments: Review to verify that segments were not removed after their scheduled 
assessment (see below for additional inspection guidance on segments that have been removed 
from the BAP). 

• Changes to Assessment Schedule Dates: Any slippage of assessment schedule is considered to be 
a change to the BAP. If an operator fails to assess a segment as scheduled and then changes the 
BAP after the fact, this is considered to be implementation of a change prior to documenting and 
justifying the change in the BAP and is in violation of the Gas Integrity Management Rule. 

• Removal of Segments from the BAP after its Assessment: This situation should be inspected 
carefully to determine if the operator is attempting to avoid repair or remediation without 
adequate technical justification. 

• Assessment Conducted (or Planned) Using Different Methods than Documented in the BAP: Any 
change in assessment method must be documented and justified based on the risk analysis 
applicable to the segment being assessed prior to conducting the assessment. 

 
All of the above changes could be legitimate changes to make. Any new or changed information in the 
BAP must meet the same standards and requirements as the original BAP information, including 
justification and documentation of schedules and assessment methods based on risk factors associated 
with the applicable segments. 
 
Determine if any segments have been deleted from the BAP (or reduced in size) since its initial issuance. 
These deletions and boundary reductions (due to segment endpoint changes) should be carefully reviewed 
to verify that they are appropriate and adequately justified. Carefully review the results of any revised 
segment identification analysis to verify that the revised or deleted segments in the BAP accurately reflect 
the latest segment identification analysis. The change should have been made to the BAP prior to the 
originally scheduled baseline assessment. 
In addition, review the history of the segment, especially its failure history, repair history, prior pigging 
results, and integrity assessment history, to determine if the segment was removed for inappropriate 
reasons without adequate technical justification. In this case, the segment identification analysis should be 
carefully reviewed for inconsistencies or inadequate or non-conservative assumptions that indicate the 
operator was conducting the segment identification analysis with the pre-conceived result of eliminating a 
problem segment from the BAP. 
 
Coordinate the verification of this item with Protocol K, Management of Change. The rule requires that 
changes to the IM program be addressed through a formal management of change process. This protocol 
lists four (4) areas to specifically review when inspecting the BAP. 
Changes to the BAP may be frequent, but that fact should not prohibit the consideration of factors such as 
the implications of the change. Changes documented after the fact should not be considered acceptable 
nor in compliance with the management of change process. 
 
An operator must notify PHMSA, in accordance with §192.949, of any change to the program that may 
substantially affect the program’s implementation or may significantly modify the program or schedule 
for carrying out the program elements. Operators need not notify PHMSA of insignificant changes to their 
assessment schedules. An operator must also notify a State or local pipeline safety authority when either a 
covered segment is located in a State where PHMSA has an interstate agent agreement, or an intrastate 
covered segment is regulated by that State. An operator must provide the notification within 30 days after 
adopting this type of change into its program. 
 
BAP changes should be documented and the operator should maintain copies of evolving revisions to the 
BAP. The revisions should be made available to inspectors during IM inspections. Only changes that may 
“substantially” affect the IM program implementation or may “significantly” modify the IM program or 
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schedule for carrying out the program elements require PHMSA notification. Operators need not notify 
PHMSA of insignificant changes to their assessment schedules. 
 
Refer to the following FAQs: 
 
• FAQ-30, which states that waivers are not required for changes to the BAP. 
• FAQ-31, which states that only changes that substantially affect the program's implementation or may 

significantly modify the program or schedule require PHMSA notification. 
• FAQ-32, which states that operators must maintain for the useful life of the pipeline documents to 

support decisions, analysis, processes developed, etc., including revisions to the BAP. 
• FAQ-97, which describes the notifications required by the rule. 
• FAQ-98, which states that notifications regarding substantial changes to the program must be 

submitted to PHMSA no less than 30 days after the change is made. 
• FAQ-111, which states that changes requiring PHMSA notification would include significant 

revisions to the BAP such as significant delays in segment assessments or changes that affect the 
overall manner in which an operator is conducting its IM program. 
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B.2.01 General Metal Loss Considerations 

 

All operators should select an assessment method to inspect for metal loss defects, including both external 

and internal corrosion, during the baseline assessment.  If not, the Baseline Assessment Plan (BAP) 

should provide adequate justification for not assessing the line pipe for corrosion and other metal loss 

defects.  

 

Some of the risk factors that the operator must evaluate in its risk analysis to determine the schedule for a 

baseline assessment inspection for external corrosion are:  

 

 External corrosion,  

 Internal corrosion,  

 Stress corrosion cracking;  

 Manufacturing-related defects, including the use of low frequency electric resistance welded 

(ERW) pipe, lap welded pipe, flash welded pipe, or other pipe potentially susceptible to 

manufacturing defects [§192.917(e)(4), ASME B31.8S-2004 Appendix A4.3];  

 Welding- or fabrication-related defects,  

 Equipment failures;  

 Third party/mechanical damage [§192.917(e)(1)],  

 Incorrect operations (including human error),  

 Weather-related and outside force damage,  

 Cyclic fatigue or other loading condition [§192.917(e)(2)],  

 All other potential threats. 

 

Note that standard resolution MFL tools are generally considered acceptable to detect external corrosion.  

Also, pipeline risers in wet-soil conditions are prone to external corrosion due to lack of coating integrity 

at the soil/air interface.   

 

B.2.02 Internal Corrosion 

 

Internal corrosion can be caused by impurities in the pipeline such as standing water, or biological which 

is discussed in more detail later in this appendix.  The operator should be aware of the presence of 

precursors to internal corrosion and take any of the following steps to prevent it or monitor its growth.   

 

 Internal Monitoring:  The operator can monitor the internal condition of the pipeline through the 

use of a probe that transmits electrical measurements indicating corrosion potential; the use of a 

coupon which is designed to corrode and can be removed periodically for assessment by the 

operator; or the use of a spool piece which can be removed for examination. 

 Inhibitor Injection:  Corrosion inhibitors including oxygen scavenging chemicals or biocides can 

be injected into the pipeline to prevent corrosion.  It is important that the operator fully 

understand the nature of the corrosion threat to ensure that the proper inhibitor choices can be 

made.  It is also frequently necessary to supplement inhibitor use with regular cleaning of the 

pipeline through the use of a cleaning pig. 

 Cleaning Pigs:  Pigs can be used to remove the non-product corrosion threats from the pipeline.  

For a pigging program to be effective they must be run on a regular basis.  The operator must 

http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=31
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=28
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=29
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determine how often the pigs should be used.  An important side benefit of cleaning pigs is that 

the material removed from the pipeline can be analyzed to ascertain the exact characteristics of 

the corrosion and allow the operator to choose among the other internal corrosion 

prevention/mitigation techniques to prevent or remove corrosion. 

 Operational Measures:  The operator can choose to install filters (to remove corrosive materials) 

or choose operating parameters that discourage or prevent corrosion.   

 

Operators should select a method for inspecting internal corrosion based on risk factors of the pipeline 

segments.  Some of the risk factors that the operator should evaluate in its risk analysis to determine the 

need for a baseline assessment inspection for internal corrosion are:  

 

 Age of the pipeline;  

 Wall thickness;  

 Nature of product (esp. presence of water, water salinity, CO2, H2S, bacteria, or sediment);  

 Status of products recovered when cleaning pigs have been run;  

 Flow rate (esp. low flow conditions and idle periods);  

 The use or non-use of inhibitors or biocides (for prevention of mic); and  

 Leak history. 

 

If an operator should inspect for both internal and external corrosion, a standard resolution MFL tool is 

not appropriate.  High resolution MFL and Compression Wave UT tools are capable of discriminating 

between internal and external corrosion. 

 

B.2.03 General Deformation Considerations 

 

If third party damage is a viable threat, the operator should select an in-line inspection method to inspect 

for deformation anomalies, including dents, gouges, grooves, wrinkles, ovalities or buckles during the 

baseline assessment.  If not, the BAP should provide adequate justification for not assessing the line pipe 

for these defects.  Some of the risk factors that the operator must evaluate in its risk analysis to determine 

the schedule priority for a baseline assessment inspection for dents, gouges, grooves, wrinkles, ovalities, 

or buckles are:  

 

 Age of the pipeline,  

 Toughness of the pipe 

 Backfill conditions,  

 The diameter-to-wall-thickness ratio,  

 Wall thickness,  

 Range and number of thermal cycles applied to the pipeline, if applicable, 

 Range and number of service pressure cycles applied to the pipeline, and  

 Leak history. 

 

Geometry tools that can determine the location, orientation, or depth of each dent are acceptable tools for 

detecting pipe deformation.  MFL tools are able to detect some mechanical defects, but are not considered 

adequately reliable for this use for integrity assessment purposes. Compression UT can adequately detect 

and size dents, but not other types of mechanical damage. 
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B.2.04 General Cracking Considerations 

 

The operator should select an in-line inspection method to inspect for longitudinal cracks, circumferential 

cracks, stress corrosion cracking (SCC), hydrogen induced cracking (HIC), hook cracks, weld defects, 

seam defects, seam corrosion, and other crack-like defects, during the baseline assessment.  If not, the 

BAP should provide adequate justification for not assessing the line pipe for longitudinal cracks, seam 

defects, and seam corrosion.  Some of the risk factors that the operator must evaluate in its risk analysis to 

determine the need for a baseline assessment inspection for cracks are:  

 

 Age of the pipeline;  

 Metallurgy; 

 Mechanical properties;  

 The type of longitudinal seam; 

 Range and number of pressure cycles  (the operator should make use of fracture-mechanics 

models to assess the effects of pressure-cycle-induced fatigue on the growth of longitudinal 

cracks, as appropriate); 

 The pressure levels of previous hydrostatic tests and times of the tests; 

 Previous ILI inspection results; 

 SCC risk factors; 

 Hydrogen induced cracking (HIC) risk factors; 

 The type of coating; and  

 Leak history.   

 

UT technology is best able to reliably detect cracks and crack-like defects. 

 

B.2.05 Stress Corrosion Cracking (SCC) 

 

If pipelines have a history of SCC or risk factors indicating susceptibility to SCC, the operator should 

select an in-line inspection method to inspect for SCC during the baseline assessment.  If not, the BAP 

should provide adequate justification for not assessing the line pipe for SCC.  Some of the factors that the 

operator must evaluate to determine the need for a baseline assessment inspection for SCC are:  

 

 Age of the pipeline,  

 Known existing SCC colonies, 

 Type of coating,  

 Cathodic protection system conditions and levels,  

 Temperature 

 Soil stresses,  

 Drainage type, and  

 Degree of pressure cycles.   

 

The operator should make use of fracture-mechanics models along with crack growth rate to assess the 

need and timing of inspection if the pipeline has SCC.  The following paragraphs provide some basic 

information on the two major types of SCC.  Currently, Shear Wave UT is the only tool capable of 

reliably detecting SCC. 
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B.2.06 High pH Stress Corrosion Cracking [Intergranular Stress Corrosion Cracking (IGSCC)] 

 

IGSCC is a phenomenon associated with high pH levels and often accompanies halide contamination of 

stainless steel.  (It is sometimes referred to as High pH SCC).  Potential risk indicators for IGSCC are 

summarized below.  IGSCC is generally observed on pipelines that have coal tar or asphalt coating, and 

occurs where the coating has failed.  CP levels in the region of B750 mV, stresses in excess of 60 percent 

SMYS and operating temperatures higher than 60 C indicate that the pipeline is a candidate for IGSCC, 

and are useful guidelines for initial screening and tool selection.  However, it should be noted that IGSCC 

has occurred in less onerous conditions, such as lower temperatures or when CP levels are higher than 

B750 mV.  Excavation data is always necessary when attempting to confirm the existence of IGSCC in a 

pipeline.  Segments that use tar or asphalt for cathodic protection coating should be assessed using tools 

capable of detecting SCC, especially if the segments are also susceptible to third party damage or are 

operated at > 60 degrees C or at > 60% SMYS.  Currently, Shear Wave UT is the only tool capable of 

reliably detecting SCC. 

 

High pH (Classical) SCC Potential Risk Indicators 

 

 Known SCC history (failure, non-failure, in service, and during testing) 

 Pipeline and Coating Characteristics 

- Steel grades X-52, X-60, X-65, X-70, and possibly X-42 

- Age >= 10 years 

- Operating stress > 60% smys 

 Pipe temperature >60 deg C (140 deg. F) (typically < 20 miles d/s of compression) 

 Damaged pipe coating 

 Soil Characteristics 

- Soil pH range: 8.5 to 11 

- Alkaline carbonate/bicarbonate soil 

 Elevated soil temperature contributing to elevated pipe temperature 

 Polarized cathodic potential range: -600 to -750 mV, Cu/CuSO4 

 

B.2.07 Near-Neutral Stress Corrosion Cracking [Transgranular Stress Corrosion Cracking 

(TGSCC)] 

 

Potential risk indicators for TGSCC are summarized below.  Shielding of cathodic protection or free 

corrosion potential must exist for the formation of TGSCC (sometimes referred to as Near-neutral pH 

SCC).  This is typically limited to tape-coated systems, but has been noted in asphalt and coal tar systems 

with shielding.  Additional indicators include the presence of extensive corrosion and high cyclic loading.  

The typical SCC colonies of cracks are initiated and accelerated by cyclic loading.  The presence of a 

threshold level for the initiation of SCC has not been established; however, cracks have been observed at 

stress levels as low as 50% SMYS.  Some studies also suggest that certain aspects of soil and drainage 

encourage TGSCC.  Reaction with CO2, with a pH between 6 and 7 in the soil, results in a dilute carbonic 

acid environment that could encourage TGSCC.  Segments that use tape for cathodic protection coating, 

or tar/asphalt with shielding, may need to be inspected with a crack tool capable of detecting SCC.  This 

is especially true for pipes susceptible to significant corrosion and high cyclic loading.  Operators should 

be cautious to not limit ILI to metal loss tools simply because the line is susceptible to corrosion.  TGSCC 

often accompanies metal loss corrosion and further weakens a corroded pipe due to cracking not detected 

by MFL.  Currently, Shear Wave UT is the only tool capable of reliably detecting SCC. 
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Low or Near-Neutral pH (non-Classical) SCC Potential Risk Indicators 

 

 Known SCC history (failure, non-failure, in service, and during testing) 

 Pipeline and Coating Characteristics 

- Steel grades X-52, X-60, X-65, X-70, and possibly X-42 

- Age >= 10 years 

- Frequently associated with metallurgical features, such as mechanical damage, longitudinal 

seams, etc. 

- Protective coatings that may be susceptible to disbondment 

• Any coating other than correctly applied fusion bonded epoxy, field applied epoxies, 

or coal tar urethane . . .  

• Coal tar 

  • Asphalt enamels 

  • Tapes 

• Others 

 Soil Characteristics 

- Soil pH range: 4 to 8 

- Dissolved CO2 and carbonate chemicals present in soil  

• Organic decay 

• Soil leaching (in rice fields, for example) 

 “Normal” cathodic protection readings (dis-bonded coating shields the pipe from cp current) 

 

B.2.08 Low Frequency ERW or Lap Welded Pipe 

 

ERW/Lap Welded piping is discussed in Detail in Appendix B.04.  Currently, Transverse MFL or Shear 

Wave UT are the only tools capable of reliably detecting longitudinal seam defects. 

 

B.2.09 Long Narrow Axial Defects 

 

Certain types of defects are oriented in the axial direction and do not present a significant obstruction to 

the smooth flow of magnetic flux in the pipe wall.  Narrow Axial External Corrosion (NAEC) is an 

example of corrosion that is not readily detected by standard MFL inspections.  Such corrosion can occur 

in certain situations such as the use of tape coating cathodic protection systems on pipe with an axial seam 

weld.  Sometimes tape failure (lack of adhesion) tends to Atent@ the tape over the weld bead that runs 

along the axis of the pipe, allowing moisture to accumulate and promote corrosion underneath the tape.  

Other types of axial defects include gouging, scrapes,, seam weld faults, coating problems, and 6 o=clock 

channeling in lines.  Operators should consider using tools capable of detecting axial defects when 

appropriate.  Currently, Transverse MFL or Shear Wave UT are the only tools capable of reliably 

detecting long narrow axial defects. 

 

B.2.10 Hydrogen Induced Cracking (HIC) 

 

SCC has been observed and studied for over 20 years.  A relatively new phenomenon that affects pipeline 

integrity is HIC.  Dissimilar metal welds are used extensively in the petrochemical industry.  Numerous 

instances of cracking along the dissimilar metal fusion boundary have been reported, particularly in 

applications where a corrosion resistant austenitic alloy is applied to a ferritic structural steel.  Often this 

cracking has been described as a form of hydrogen-induced cracking.  Hydrogen absorption from the 

environment or the commodity is one possible cause of HIC.  However, in 1999, the American Welding 

Society published research on this phenomenon.  This type of cracking has been reproduced in the 
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laboratory by exposing austenitic cladding to hydrogen, either in an autoclave or by cathodic charging.  In 

practice, however, this form of cracking has often occurred during fabrication, prior to exposure to a 

hydrogen environment.  The fact that disbonding can occur without prolonged exposure to hydrogen in 

service suggests that hydrogen absorbed during welding can cause cracking near the dissimilar metal 

fusion boundary.  

 

Figure B.2-1, Schaeffler Constitution Diagram 

 
 
A major complication in austenitic/ferritic welds is the dramatic transition in composition and 

microstructure that occurs adjacent to the fusion boundary.  This transition can be illustrated using the 

Schaeffler Constitution Diagram (Figure B.2-1).  If a tie line is drawn on this diagram from a ferritic steel 

base metal to an austenitic stainless steel filler metal (such as Type 308 or 309LSi) or a nickel-based filler 

metal (such as ERNiCr- 3), it can be seen that intermediate compositions along the tie line between the 

end points will promote martensitic, and austenitic plus martensitic, microstructures.  In practice this 

transition occurs over a very short distance (less than 1 mm) from the fusion boundary into the weld 

metal, and results in a localized martensitic band along the fusion boundary.  Metallography performed as 

part of the AWS research revealed that cracking was always confined to these short regions containing 

martensite and that the cracking was a function of the minimum dilution to form martensite on the 

Schaeffler diagram.  (The filler metal dilution is given by the area of base metal melted divided by the 

nugget area.)  Of the filler material tested, ER308 had the lowest minimum dilution to form martensite 

and the most severe cracking, while ERNiCr-3 had the highest minimum dilution to form martensite and 

the least severe cracking.  Hydrogen is introduced during welding using certain welding techniques such 

as Gas Tungsten Arc Welding (GTAW) that uses an Argon-Hydrogen shielding gas.  The implications of 

this information regarding tool selection are: 

 

 Pipe constructed of dissimilar metals using welding techniques that could introduce hydrogen 

during the welding process, should be assessed using tools capable of detecting HIC, and  
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 Pipe that transports commodity that has a high content of hydrogen such as H2S in sour crude, 

should be assessed using tools capable of detecting HIC. 

 

Currently, Shear Wave UT is the only type of commercially available tool that has been shown to detect 

HIC with reasonable reliability. 

 

B.2.11 Microbiologically Induced Corrosion (MIC) 

 

MIC is not caused by a single microbe, but is attributed to many different microbes.  These are often 

categorized by common characteristics such as by-products or compounds they affect (i.e., sulfur 

oxidizing).  In a general sense, they all fall into one of two groups based upon their oxygen requirements; 

one being aerobic (requires oxygen) such as sulfur oxidizing bacteria, and the other being anaerobic, 

(requires little or no oxygen), such as sulfate reducing bacteria.  Sulfide-rich effluents, a warm, humid 

environment and long retention times create the perfect conditions for MIC.  MIC can be a significant 

cause of corrosion in a line that is conducive to the metabolization of elemental sulfur oxidized from H2S.  

This produces sulfuric acid as a waste product which then attacks the substrate.  One of the features of 

this type of attack are the elongated pits which tunnel into the base metal, often in an irregular manner.  

Circumstances surrounding sour crude lines should be reviewed for risk of MIC due to the H2S 

constituent of sour crude.  Idle lines that transported sour crude and are placed back in service could have 

occurrences of MIC that developed when the line was idle (static).  If these risk factors are present, the 

tool selected should be capable of detecting MIC.  High resolution MFL tools are recommended over 

standard resolution tools for detection of MIC, since microbes can attack a relatively small surface area of 

pipe. 
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B.3.01 Magnetic Flux Leakage (MFL): Standard Resolution and High Resolution  

 

B.3.01.01 Description 
 

An MFL tool is an electronic, in-line pipeline inspection (ILI) tool that identifies and measures metal loss 

(corrosion, gouges, etc.) through the use of a temporarily applied magnetic field.  The ILI tool (pig) is 

inserted into the pipeline and propelled through the line with either the shipped product or water.  In most 

pipelines, a pig can be run while the pipeline is operating.  It does not require significant pipeline 

downtime and its use is generally accepted industry-wide.   

 

Basically, as it passes through the pipe the MFL tool induces a magnetic flux into the pipe wall between 

the north and south magnetic poles of onboard magnets.  A homogeneous steel wall (i.e., no defects) 

creates a homogeneous distribution of magnetic flux.  Anomalies (i.e., metal loss (or gain) associated with 

the steel wall) result in a change in the distribution of the magnetic flux, which, in a magnetically 

saturated pipe wall, leaks out of the pipe wall.  Sensors onboard the ILI tool detect and measure the 

amount and distribution of the flux leakage.  The magnitude and distribution of the measured flux leakage 

is used to characterize the size and shape of the area of metal loss.  The flux leakage signals are processed 

and the resulting data is stored onboard the ILI tool for later analysis and reporting.  
 

B.3.01.02 General Characteristics 
 

The general characteristics of an MFL tool are: 

 

 Indirect measurement, 

 Limited quantification, requiring complex interpretation techniques, 

 Can distinguish between internal and external defects (additional sensors required), 

 Limited maximum wall thickness (due to need to magnetically saturate the pipe and the size of 

magnet required to saturate the mass of thick walled pipe), 

 Signal depends on length-to-width ratio of defect (narrow axial anomalies not reliably detected), 

 Results may be affected by pipe wall stress, 

 Results may be affected by pipe steel characteristics and history, and 

 Tools not available for very small pipe (less than 3 to 4 inches in diameter). 
 

B.3.01.03 Measurement 
 

MFL tools are used predominantly to detect metal loss. In addition, casing, valves, taps, and dents are 

found.  The following features can be reliably detected by MFL: 

 External metal loss 

 Internal metal loss 

 Welds (girth, longitudinal, spiral, coil, thermite) if ferromagnetic material is present in the weld 

 Cold Working 

 Dents 

 Bends 

 Patches 

 Spalling (if accompanied by significant metal loss) 

 Excess metal 
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B.3.01.04 Limitations and considerations affecting MFL tools 

 

 Pipe diameter 

 Lack of launching/receiving capabilities 

 Internal diameter line restrictions (e.g., sharp bends, heavy-wall fittings) 

 Travel speed 

 Damaged ILI tools 

 Line debris 

 Weld type 

 

B.3.01.05 Results Reported 

 

MFL tools are generally well suited to characterize and predict pipe wall thickness and metal loss 

anomalies resulting from corrosion and other causes. In addition valves, taps, buckles, and dents can be 

characterized and predicted using an MFL tool.  An MFL tool is generally not well suited to detect cracks, 

although it occasionally can detect circumferential cracks.  An MFL tool is also not well suited to identify 

metallurgical anomalies such as hard spots, inclusions, slivers, scabs, laminations, and weld porosity.  

Although such indications are occasionally identified, MFL tools do not reliably identify these anomalies.  

However, new generation MFL tools are reporting more success at detecting some metallurgical 

anomalies such as hard spots (see section B.3.06.05). 

 

Flux leakage signals from mechanical damage defects are small when compared to signals from other 

metal loss defects.  Many electromagnetic noise sources are associated with in-line inspections of pipeline 

that could obscure the signal from mechanical damage defects.  Noise sources include: 

 

 Data recording system noise from sensors, cabling and amplifiers, and data storage (either on 

analog tape or digital recording system); 

 Sensor lift-off noise (i.e., variation in the separation between the pipe and the sensor); and 

 Noise due to magnetic property variations in the pipe steel. 

 

PHMSA is supporting research in the improvement of MFL technology for use as a mechanical damage 

tool. 

 

B.3.01.06 Detection Accuracy 

 

MFL tools can characterize both the depth and length of anomalies.  Since the means of detection 

indirectly measures metal loss, the ability to detect anomalies of a certain size depends upon both the 

depth and surface dimensions of the anomalies. A typical detection threshold for an MFL tool might look 

like Figure B.3-1.  Note that the minimum detectable depth asymptotically approaches a lower limit, 

typically 20% of WT with 10-15% accuracy, regardless of the dimensions of the defect.  Newer 

generation high resolution tools may be able to reliably detect metal loss as low as 10% WT with 10-15% 

accuracy.  Extra high-resolution tools can detect lower levels of corrosion to less than 10%. 
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Figure: B.3-1, Typical Detection Threshold Curve for MFL Tool 

 
 

Figure B.3-2 shows several curves of defects that fail at different pressures.  The bottom curve is for 

defects that fail at 100 percent of the yield pressure; the middle curve is for defects that fail at 95 percent 

of the yield pressure, and the top curve is for defects that fail at 90 percent of the yield pressure.  Defect 

length measurement accuracy is important when an error in length measurement causes a significant error 

in calculating the severity (reduced failure pressure) of an anomaly.  Using the example shown in Figure 

B.3-1, for a 30-percent WT deep 14-inch long defect, a two-inch error in the measured defect length does 

not appreciably change the corresponding failure pressure of the pipe.  Thus, an error in measuring defect 

length will not significantly affect the calculated severity of the defect.  For deeper defects, errors in 

measuring defect length become increasingly more important.  For a 60-percent WT deep, 4-inch long 

defect, an error of two inches in measuring the defect length leads to a much larger error in the severity of 

the defect.  Thus, measuring the defect length accurately is more important for short, deep defects than for 

long, shallow defects.  Most modern ILI tools have good accuracy in reporting the length of individual 

defects.  Difficulties arise, however, when several defects are in close proximity.   

 

In reporting the results of in-line inspections, many ILI tool vendors will "group" individual defects 

together as a composite defect; that is, two or more defects are reported as a single defect.  This practice 

can be very conservative, especially when several deep defects are grouped.  Most methods for 

calculating the remaining strength of pipe allow corrosion pits (short deep defects) to be treated as 

individual pits when their separation is quite small.  The pits can be treated as individual defects when the 

separation is greater than, for example, three times the wall thickness or one inch.  Clearly, reporting four 

2-inch long deep defects as one 8-inch long defect can cause serious errors in calculating the severity of 

the anomalies.  Defect depth accuracy is important when an error in measuring defect depth can cause a 

significant error in calculating defect severity.  For the two defects shown in Figure B.3-1 above, the 
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effect of an error in reported depth measurement is similar. That is, a 10-percent error in reported depth 

causes an error of up to 5 percent in the calculated severity of each defect (depending on the calculational 

method).  So, while measuring length accurately is most important for short, deep defects, measuring 

depth accurately is important for all defects.  

 

The importance of characterizing defects accurately is also a function of the number of defect indications 

found on a line.  On a line with few indications, a pipeline operator can investigate all indications.  Here, 

detection may be of paramount importance, while defect characterization is less important.  However, on 

a line with many defect indications, characterizing defects accurately is more important.  Similarly, 

characterizing defects accurately can be critical if an indication cannot be easily or independently 

investigated. 

 

Figure B.3-2, Residual Strength Sensitivity to Inspection Errors 

 

 
 

The significance of the above discussion relates to ILI tool accuracy.  The shorter the defect, the more 

important measuring defect length accurately becomes.  The operator=s BAP should account for ILI tool 

anomaly length measurement tolerance.  This is especially important for shorter anomalies (6" or less). 

The affect of measuring defect depth accurately is relatively insensitive to defect length (i.e., it is just as 

important to accurately characterize defect for depth for both short and long defects). 
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Analyses to determine the maximum safe operating pressure of a pipeline require accurate information on 

the depth, length, and shape of metal-loss regions.  As a result, defect characterization accuracy plays a 

strong role in an MFL tool's ability to provide results that can be used to estimate maximum safe 

operating pressures.  The ability of an MFL tool to characterize the depth, shape, and length of a metal-

loss region depends on the size and number of the sensors and the sophistication of the data analysis 

system. Conventional MFL tools have a limited potential for characterizing defects because they typically 

use large sensors and manual (non-computerized) analysis systems.  Advanced or high-resolution MFL 

tools, with a larger number of small sensors and computerized analysis systems, have the potential for 

more accurate defect characterization.  The characterization accuracy of most MFL tools is highly 

variable.  Most vendors report sufficiently high accuracy on depth and length predictions of individual 

defects to make accurate serviceability calculations.  However, the confidence level of the measurement 

can mean a significant number of defects will not be properly characterized.  For example, many vendors 

state a depth accuracy of  10 percent of wall thickness and a length accuracy of  0.5 inches (12mm) 

with a confidence of 80 percent.  That is to say that one out of every 5 defects will be characterized 

incorrectly.  This lack of confidence is due to the inherent problems associated with the prediction of 

defect geometry.  Complex shapes, long and narrow grooves, multiple pits, and inspection variables 

present analysis problems for either the inspector or computer analyzing the log.  As a result, it is difficult 

for pipeline operators to estimate the maximum safe operating pressure of a pipeline solely on the basis of 

current MFL inspection reports.  For groups of defects or defects within other defects, it is unlikely that 

an accurate ranking of defect severity can be made using present technology.  Improved characterization 

accuracy of MFL tools would allow pipeline operators to better understand the likely severity of reported 

anomalies. However, there will be an ultimate limit to characterization accuracy.  

 

Typical MFL instrumentation capabilities are shown in the following table (B.3-1).  (This information is 

not related to any particular brand of tool.)  MFL tools are not appropriate in applications that require 

more accurate detection and sizing than indicated below.  If an operator is using MFL tool results in 

applications where the sensitivity and tolerance is questionable or may not identify integrity-reducing 

anomalies, the operator should consider other tools.  The operator should take the tolerance and detection 

limits into account when evaluating the integrity of the pipeline and making tool selections.  
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Table B.3-1, Typical Tool Instrumentation Capabilities 

 
 

B.3.01.07 Limitations of Standard Resolution MFL Tools 

 

 No discrimination between ID and OD metal loss; 

 Estimates of corrosion severity are approximations; 

 Excavations needed to establish references for calibration; 

 Limited detection capability in areas immediately upstream and downstream of girth welds, due 

to Ashadowing@; 

 Clustered defects may not be individually identified; 

 Difficulty in detecting narrow axial metal loss and small, deep pits; 

 The pipeline must be relatively clean; 

 Has a tendency to magnetize the carrier pipe which creates maintenance welding problems and 

could also affect subsequent MFL inspections; 

 Not effective if wall thickness is >0.50" (loses ability to magnetically saturate wall); 

 Insensitive to laminations; 

 More rigid (may not be able to negotiate bends); 

 Less able to provide reliable results for pipe with ID changes; 

 Can be attenuated and understate severity of indications in or around casings; 

 Axial MFL sensors affected by acceleration; and 

 High velocity reduces data resolution. 
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B.3.01.08 MFL Tool Varieties 

 

MFL tools are classified as Standard Resolution (or Low Resolution), High Resolution, and Extra-High 

Resolution.  They employ the same techniques, but the higher resolution tools use more sensors and 

higher magnetization levels.  The size and orientation of the sensors can also differ.  Because of the 

greater amount of data collected, data processing is more complex.   

 

In addition, specific MFL tool models are designed to best identify certain kinds of defects at the expense 

of reliably detecting other kinds of defects or at the expense of utility in some lines due to design 

restrictions.  For example, stronger magnets are able to better size corrosion metal loss, but result in loss 

of sensitivity to mechanical damage.  Collapsible, tight bend models are able to inspect some previously 

un-inspectable lines, but sacrifice sizing accuracy.  Models with speed control features provide higher 

accuracy, but are longer and may not fit in some receivers/launchers.  Smaller sensors and dual magnets 

are features that provide better detection and sizing capability, but increase the tool=s complexity, making 

successful tool runs more difficult.  Operators should assure that the correct tool is used to most reliably 

identify the types of defects related to the significant risk factors associated with the line section being 

inspected  

 

B.3.02 Transverse MFL (TMFL) or Transverse Flux Inspection (TFI) 

 

B.3.02.01 Description 

 

A Transverse MFL/Transverse Flux Inspection tool (hereafter referred to as TFI) identifies and measures 

metal loss through the use of a temporarily applied magnetic field that is oriented circumferentially, 

wrapping completely around the circumference of the pipe.  It uses that same principal as other MFL tools 

(i.e., magnetic flux leakage) except that the orientation of the magnetic field is different (turned by 90 

degrees).  

 

B.3.02.02 Measurement 

 

The Transverse MFL tool is used to determine the location of and extent of longitudinally oriented 

corrosion.  Cracks and other defects can be detected also, though not with the same level of reliability. 

 

B.3.02.03 Results Reported 

 

A Transverse MFL tool may be able to detect axial pipe wall defects (cracks, lack of fusion in the 

longitudinal weld seam, and SCC) that are not detectable with conventional MFL and Ultrasonic tools.  

Typical instrumentation capabilities are shown in the following table.  (This information is not related to 

any particular brand of tool.)  



Gas Integrity Management Protocols Supplementary Guidance --- DRAFT 

Program Element B – Baseline Assessment Plan 

Supplemental Guidance Appendix B.03 – ILI Tool Characteristics and Attributes 

 

 B.03-8  

Table B.3-2, Transverse Tool Instrumentation Capabilities 

 

 

 
 

B.3.02.04 Limitations 

 

Transverse MFL tools are specifically designed to detect Axial (longitudinal) Seam Corrosion, although it 

can detect other types of defects as well.  Its defect characterization and sizing accuracy is similar to 

traditional MFL tools although the tools have difficulty discriminating between internal and external 

anomalies.  Precise defect depth measurements are not yet possible, but the locations of defects allow 

follow-up detailed assessments to be performed.  Analysis of results is time consuming.  Industry 

experience shows a lot of Afalse@ indications. 
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B.3.03 Compression Wave Ultrasonic Testing (UT) 
 

B.3.03.01 Description 
 

UT ILI tools measure pipe wall thickness and metal loss.  The first commercial application of UT 

technology in ILI tools used compression waves.  These tools are equipped with transducers that emit 

ultrasonic signals perpendicular to the surface of the pipe.  An echo is received from both the internal and 

external surfaces of the pipe and, by timing these return signals and comparing them to the speed of 

ultrasound in pipe steel, the wall thickness can be determined.  Of particular importance to successful 

deployment of a UT tool is pipe cleanliness.  The use of a cleaning pig is recommended prior to use of UT 

tools.  The cleaning pig results should be reviewed, including a characterization of the material removed 

from the line with the cleaning pig in order to understand the likelihood of getting reliable UT tool results.  

Also, the operator should specifically inspect the condition of UT sensors after the tool run to identify 

sensor damage or paraffin buildup on the sensors that indicate possible unreliable results from the data 

collected during the UT tool run. 
 

B.3.03.02 General Characteristics 
 

The characteristics of UT tools are: 
 

 Direct and linear wall thickness measurement allows reliable depth sizing; 

 Can discriminate between internal, mid-wall, and external defects; 

 Sensitive to a larger number of features than MFL; 

 No upper limits to inspectable pipe wall thickness (as in MFL); 

 There is a minimum pipe wall thickness limit, below which the tool will not reliably measure 

thickness; 

 Does not depend on changes in material property; 

 Requires a higher degree of cleanliness than MFL tools; 

 Accuracy of data supports highly accurate MOP calculations; 

 More easily interpreted results than MFL; and 

 Cannot be run in pipe small diameter (typically less than 6 inches). 
 

B.3.03.03 Measurement 
 

Compression wave UT is predominantly used to measure pipe wall thickness and metal loss.  In addition, 

compression wave UT can be used to find valves, taps, and dents.  The following features are detectable 

by compression wave UT: 
 

 External metal loss, 

 Internal metal loss, 

 Welds (girth, longitudinal, spiral, coil), 

 Bends, 

 Welded attachments and sleeves, 

 Welds associated with many types of repairs, 

 Laminations, 

 Sloping laminations, 

 Hydrogen induced cracking (HIC) and induced laminations, 

 Blisters, 

 Inclusions, 

 Longitudinal channeling, and 

 Wall thickness variations in seamless pipe. 
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B.3.03.04 Results Reported 

 

Typical instrumentation capabilities are shown in the following table.  (This information is not related to 

any particular brand of tool.) 

 

Table B.3-3, Compression Wave UT Tool Instrumentation Capabilities 
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B.3.03.05 Limitations 

 

 Cannot be run in all pipelines (typically six inch diameter and smaller); 

 Is not effective for thin walled pipe (t <0.188") and is marginally effective for pipe less than 

0.250" (0.188"<t <0.250"); 

 The pipeline must be extremely clean;  

 Significant general corrosion can result in ultrasonic signal loss; 

 The inspection tool can only be run in liquid due to its need for an sonic Acoupling@ to the pipe 

wall; 

 Regular launching and receiving traps are usually not long enough to accommodate inspection 

tools and must be lengthened;  

 Turn around time on data analysis may be excessive; 

 Cannot detect casings; and 

 Repairs not welded to pipe are not reliably detected. 

 

B.3.04 Shear Wave Ultrasonic Testing (UT) 

 

B.3.04.01 Description 
 

The nondestructive examination (NDE) technique that most reliably detects longitudinal cracks, 

longitudinal weld defects, and crack like defects (such as SCC) is Shear Wave UT (also known as 

Circumferential Ultrasonic testing, or C-UT).  Because most crack-like defects are perpendicular to the 

main stress component (i.e., the hoop stress), the UT pulses are injected in a circumferential direction to 

obtain maximum acoustic response.  Shear Wave UT is categorized as a liquid coupled tool.  It uses shear 

waves generated in the pipe wall by the angular transmission of the UT pulses through a liquid coupling 

medium (oil, water, etc).  The angle of incidence is adjusted such that a propagation angle of 45 degrees is 

obtained in pipeline steel.  This technique is appropriate for longitudinal crack inspection. 

 

B.3.04.02 General Characteristics 
 

The characteristics of shear wave UT are: 

 

 Only effective in liquid environments (usage in gas lines requires a special liquid filled wheel to 

act as a coupler); 

 Full pipe body coverage; 

 Defect-type discrimination; 

 Capable of discriminating between internal, external, and mid-wall defects; and 

 Actual wall thickness is measured.  

 

B.3.04.03 Measurement 

 

Shear wave UT can detect and measure longitudinally oriented cracks and crack-like defects, including: 

 

Cracks 

 

 Stress Corrosion Cracks 

 Fatigue Cracks 

 Toe Cracks 

 Hook Cracks 
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Crack-like defects 

 

 Notches 

 Grooves 

 Scratches 

 Lack of fusion 

 Longitudinal weld irregularities 

 

Geometry related features 

 

 Welds 

 Dents 

 Mid-wall defects 

 Inclusions 

 Laminations 

 

B.3.04.04 Results Reported 

 

Shear wave UT can detect pipe wall thickness and metal loss.  In addition, casing, valves, taps, and dents 

can be found.  Typical instrumentation capabilities are shown in the following table.  (This information is 

not related to any particular brand of tool.) 
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Table B.3-4, Shear Wave UT Tool Instrumentation Capabilities 

 

 
 

B.3.04.05 Shear Wave UT Limitations 

 

 Cannot be run in all pipelines (typically six inch diameter and smaller); 

 Is not effective for thin walled pipe (t <0.188") and is marginally effective for pipe less than 

0.250" (0.188"<t <0.250"); 

 The pipeline must be extremely clean; 

 Mechanical damage can be detected, but cannot discriminate the length and depth as well as a 

geometry tool; 

 Significant general corrosion can result in ultrasonic signal loss; 

 Weld seam corrosion occurring in the HAZ of the longitudinal weld is detectable, but not 

reliably; 

 The inspection tool can only be run in liquid due to its need for an sonic Acoupling@ to the pipe 

wall; 
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 Regular launching and receiving traps are usually not long enough to accommodate inspection 

tools and must be lengthened;   

 Turn around time on data analysis may be excessive; 

 Cannot detect casings; and 

 Repairs not welded to pipe are not reliably detected. 

 

B.3.05  Geometry (Caliper) Tool (Deformation Tool) 

 

B.3.05.01 Description 

 

Geometry tools use mechanical arms or electro-mechanical means to measure the bore of pipe.  In doing 

so, it can identify dents, deformations, and other ovality changes.  It can also sense girth welds and wall 

thickness changes.  In some cases, they can also detect bends in pipelines.  One operator experienced 

failure of low toughness steel pipe in an area of soil movement.  The preferred method for assessing the 

ovalities resulting from outside force threats is a high resolution deformation tool. 

 

B.3.05.02 General Performance 

 

 Tolerates moderate debris in pipeline 

 Full pipeline coverage 

 

B.3.05.03 Measurement 

 

The pig locates: 

 

 Dents 

 Wrinkles 

 Field welds 

 Bend radius 

 Areas of pipe ovality 

 

B.3.05.04 Results Reported 

 

Areas located that might prevent an ILI tool from passing safely through the pipeline.  Identification of 

dents and, with some tools, limited sizing, dent locations, and dent depth can be determined. 

 

B.3.05.05 Limitations 

 

Cannot be run in small pipelines (4@ diameter and smaller). 

 

B.3.05.06 Tool Varieties 

 

Some geometry tools measure only the largest dent at a particular location.  These are most useful to 

ascertain that a smart pig can successfully negotiate a length of pipe without getting damaged or stuck.  

These however are not suitable for identifying integrity anomalies.  Some operators have run gauging 

plates prior to running an MFL tool and have assumed that this meets the requirement to detect 

deformation anomalies.  PHMSA’s position is that a gauging plate is not sensitive enough to meet the 

requirements of the IM rule for detecting geometry defects. 
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Others provide location, orientation, and depth measurement for each dent.  Because the remediation 

criteria in depend on both the depth and orientation of dents, geometry tools that are used to detect 

deformation anomalies, such as dents, should be the type that provides both the orientation and depth 

measurement of each dent.  

 

B.3.06 Other Tools 

 

The following tools play a relatively minor role in ILI at this time, but are in various stages of 

development and could be seen in more frequent use in the foreseeable future. 

 

B.3.06.01 Wheel Coupled UT Tools 

 

These are primarily utilized in natural gas pipelines, where there is no liquid coupling, and are not 

addressed in detail in this guidance. 

 

B.3.06.02 MFL Mechanical Damage Tools 

 

PHMSA is sponsoring research into improving MFL technology to reliably detect mechanical damage.  

These tools are not yet commercially available. 

 

B.3.06.03 Eddy Current Tools 

 

Eddy current is limited to inspection of internal wall cracks due to limited through-wall penetrations of 

eddy currents.  

 

B.3.06.04 Electromagnetic Acoustic Transducer (EMAT) 

 

EMAT uses a coil in a magnetic field at the internal surface of the pipe wall.  An AC current is placed 

through the coil to induce a current in the pipe wall, causing Lorentz forces (forces acting on moving 

charges in magnetic fields), that in turn generate ultrasound.  The theoretical advantage over UT is that 

EMAT does not need a coupling medium. 

 

B.3.06.05 Hard Spot Tools 

 

Hard spots, metallurgical imperfections created during pipe fabrication, can contribute to gas pipeline 

accidents, particularly when located where they interact with other imperfections.  Hard spots increase the 

susceptibility of pipe to hydrogen-induced cracking.  ILI tools can be used to search for the presence of 

hard spots.  PHMSA has required operators to run these tools when incidents involving hard spots have 

occurred.  Operators typically are not expected to look for hard spots as part of their IM programs unless 

they have evidence that such problems do exist on their pipelines. 

 

Hard spot tools use MFL technology.  Additional/different signal processing is required.  Some vendors 

(e.g., PII) represent that their standard MFL tools can detect hard spots.  As vendors modify their tools 

and processes to include hard spot capability in MFL tools typically used to detect metal loss, operators 

should take advantage of this additional capability to identify other potential problem areas on their 

pipelines. 
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Baker has summarized several ILI NDT technologies, showing the media the technology is designed for, 

the minimum crack width, crack length and crack depth that can be reliably measured by the technology, 

if appropriate, and the types of threats that can be evaluated with the technology.  Table B.3-5 [taken from 

Table 5.1, Page 46, of TTO-05, Low Frequency ERW and Lap Welded Longitudinal Seam Evaluation, 

Final Report, Michael Baker Jr., Inc., April 2004 

(http://primis.phmsa.dot.gov/iim/pdfs/TTO5_LowFrequencyERW_FinalReport_Rev3_April2004.pdf)] 

provides the summary information. 

 

Table B.3-5, NDT Methodology and Threats to the Integrity of Pipelines (PII, and NACE 2000) 

 

 
 

 

 

 

 

http://primis.phmsa.dot.gov/iim/pdfs/TTO5_LowFrequencyERW_FinalReport_Rev3_April2004.pdf
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Appendix B.04 – Typical Tool Selection Factors 

Table B.4-1, Typical Tool Selection Factors 

Tool Selection Factor MFL Compression  

Wave UT 
Shear Wave UT Transverse MFL 

Metal Loss Detection and Sizing Capability 

General/Localized 

Metal Loss  
General areas of 

heavy corrosion 

favor the use of 

MFL to avoid UT 

signal loss. 

 

Frequent repair 

history favors more 

accurate detection of 

those repairs by UT. 

May experience 

signal loss with 

heavily corroded 

pipe. 

  

Pitting Corrosion 
    

Narrow Axial Metal 

Loss (e.g., Narrow 

Axial External 

Corrosion (NAEC), 

seam corrosion) 

High Resolution 

MFL can possibly 

detect axial seam 

corrosion, but the 

confidence level is 

much less than 

Transverse MFL 

and is not 

considered 

acceptably reliable 

 

 

 

 

 

 

ERW Seam Weld 

Defects 

  
  

Gouges 
  

  

Narrow Axial Gouges   
  

Detect Casings  
 

Can be attenuated & 

understate severity 

of indications in 

casings.  Computer 

modeling software 

is improving so 

detection & sizing 

are more accurate. 
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Table B.4-1, Typical Tool Selection Factors 

Tool Selection Factor MFL Compression  

Wave UT 
Shear Wave UT Transverse MFL 

Discriminate Between 

ID and OD Metal Loss  

Only High 

Resolution MFL 

 
  

Support B31G Calcs 
 

  

(more accurate) 

  

(more accurate) 
 

Support Modified 

B31G Calcs 


Only High 

Resolution MFL 

   

Deformation and Metallurgical Detection Capability  

(No Tools Available to Reliably Size Deformation at This Time) 

Detect Plain Dents 

(Including Wrinkle 

Bends and Buckles) 

Unreliable. 

Possible Detection 

by loss of contact 

with ID. 

 

 

 Unreliable. 

Possible Detection 

by loss of contact 

with ID. 

Detect Dents w/Cracks No single tool able to reliably detect dents with cracks at this time. 

The use of multiple tools may be able to detect dents with cracking. 

Detect Dents 

w/Corrosion 

 
 

  

 

Metallurgical 

Anomalies (e.g., 

laminations, inclusions) 

High Resolution 

MFL can possibly 

detect, but the 

confidence level is 

not considered 

acceptably reliable 

  
Possible detection, 

but the confidence 

level is not 

considered 

acceptably reliable 

Mill Related Defects Possible detection, 

but the confidence 

level is not 

considered 

acceptably reliable 

  
Possible detection, 

but the confidence 

level is not 

considered 

acceptably reliable 

Bends, Ovalities     

Crack Detection and Sizing Capability 

Seam Weld Defects & 

Axial (Longitudinal) 

Cracking 

  
 


Less reliable than 

Shear Wave UT 

Stress Corrosion 

Cracking 
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Table B.4-1, Typical Tool Selection Factors 

Tool Selection Factor MFL Compression  

Wave UT 
Shear Wave UT Transverse MFL 

Circumferential 

Cracking (e.g., Girth 

weld cracks) 

 

High Resolution 

Only 

 

 


Sizing w/ Shear 

Wave UT Requires 

Tool Setup Using  

Transducers Rotated 

90  From Typical 

Configuration 

 

Toe Cracks   
  

Inadequate (or Lack of) 

Fusion 

  
  

Fatigue Cracking   
  

Hydrogen Induced 

Cracking 

  

   

Design Factors 

Suitable For Cracks in 

Thin Wall Pipe (< 

0.188") 

 
Not suitable due to 

difficulty in 

distinguishing 

between echos from 

the ID and OD.  Its 

use in pipe between 

0.188"<t<0.250" is 

marginal. 

Not suitable due to 

difficulty in 

distinguishing 

between echos from 

the ID and OD.  Its 

use in pipe between 

0.188"<t<0.250" is 

marginal. 

 

Suitable For Cracks in 

Thick Wall Pipe (> 

0.500") 

Not suitable due to 

difficulty in 

magnetically 

saturating the pipe 

wall. 

  
Not suitable due to 

difficulty in 

magnetically 

saturating the pipe 

wall. 

Pipe Diameter  

(Depends on Vendor) 

>4" typ. >6" typ. >6" typ. >6" typ. 

Minimum Bend Radius More Rigid  

(Less able to 

negotiate tight bends 

than UT tools) 

More Flexible 

(Better able to 

negotiate tight bends 

than MFL tools) 

More Flexible 

 (Better able to 

negotiate tight bends 

than MFL tools) 

More Rigid 

(Less able to 

negotiate tight bends 

than UT tools) 

Pipeline Diameter 

Transitions 

Less Accurate More Accurate More Accurate Less Accurate 
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Table B.4-1, Typical Tool Selection Factors 

Tool Selection Factor MFL Compression  

Wave UT 
Shear Wave UT Transverse MFL 

Operational Factors 

ID Cleanliness Requires Clean ID Requires Extremely 

Clean ID 

Requires Extremely 

Clean ID 

Requires Clean ID 

Pig Velocity and 

Acceleration 

Sensors affected by 

acceleration. High 

velocity reduces 

data resolution. 

  Sensors affected by 

acceleration. High 

velocity reduces 

data resolution. 

AGM Locations More easily 

distinguished from 

background due to 

large magnetic field.  

Accurate placement 

is crucial to locating 

anomalies. 

Uses low freq. radio 

transmitter that is 

vulnerable to 

ambient noise. 

 

Uses low freq. radio 

transmitter that is 

vulnerable to 

ambient noise. 

More easily 

distinguished from 

background due to 

large magnetic field.  

Accurate placement 

is crucial to locating 

anomalies. 

Metal in Close 

Proximity 

MFL can be 

adversely affected 

by nearby metal 

such as welding 

rods, debris, and 

other pipelines. 

UT cannot detect 

metal not attached 

to the pipe.  

UT cannot detect 

metal not attached to 

the pipe.  

Transverse MFL can 

be adversely 

affected by nearby 

metal such as 

welding rods, debris, 

and other pipelines. 

Past Repairs 
Can detect steel 

sleeves and patches.  

Other repairs only 

with use of ferrous 

markers. Metal near 

the pipe OD can 

affect the magnetic 

flux and cause false 

MFL readings or 

mask defects.  

Can detect welds 

associated with 

many repairs. 

Repairs not welded 

to the pipe are not 

reliably detected. 

Can detect welds 

associated with 

many repairs. 

Repairs not welded 

to the pipe are not 

reliably detected. 

Can detect steel 

sleeves & patches. 

Other repairs only 

with use of ferrous 

markers. Metal near 

the pipe OD can 

affect the magnetic 

flux & cause false 

transverse MFL 

readings or mask 

defects.  

Tool 

Size/Configuration 

Must fit launcher & 

receiver stations 

Must fit launcher & 

receiver stations 

Must fit launcher & 

receiver stations 

Must fit launcher & 

receiver stations 

Availability More Availability Limited Availability Limited Availability Limited Availability 

Cost Less Expensive More Expensive. In 

some cases, UT may 

provide more cost 

effective inspection 

through acquisition 

of more accurate 

data that could 

result in fewer digs. 

More Expensive.  More Expensive.  
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B.5.01 Background Discussion for LFERW or LW Pipe 
 
The rule provides for consideration of low frequency electric resistance welded (LFERW) pipe and lap 
welded (LW) pipe that is susceptible to longitudinal seam failure.  There are several latent factors 
associated with this type of pipe that result in its vulnerability to longitudinal seam failure.  Some of those 
factors are summarized below: 
 

• The manufacturing processes resulted in a narrow bondline and associated local heat-affected 
zone. 

• In some instances in the past, the bond line/heat-affected-zone region was not subjected to a post-
weld heat treatment to eliminate zones of excessive hardness from the initial welding process.  
Such zones could be susceptible to various forms of environmental cracking. 

• The quality of ERW pipe (or lack thereof) is not solely a function of the manufacturer.  Some 
operators have found that manufacturer’s of their pipe had used LFERW techniques after 1970.  
Both good and poor quality lots have been made by most of the manufacturers in the time period 
of interest. 

• Momentary reductions or loss of current could and often did result in isolated or repeated areas of 
non-bonding called Acold welds.@  A significant number of cold welds in close proximity could 
sufficiently reduce the strength of the bondline such that a rupture would occur when the pipe was 
subjected to pressurization.  Improvements in materials and manufacturing techniques, especially 
the use of high frequency electric resistance welders (which minimize vulnerability to cold welds 
caused by power fluctuations) have largely eliminated cold welds from modern ERW pipe).   

• Prior to 1960, many sizes and grades of ERW pipe were tested by the manufacturer to levels of 
only about 75% SMYS, and prior to 1970, it was typical for liquid pipelines to be tested to no 
more than 1.1 times their maximum operating pressure (MOP).  This is the basis for considering 
pre-1970 pipe to be especially susceptible to seam failure.  After 1970, pipelines were tested to 
90% SMYS, which is considered satisfactory proof of suitability for service.  

• Low heat affected zone toughness. 
• Hook cracks. 
• Grooving corrosion.   

 
Note: Because of the metallurgical mechanisms at work, when corrosion (external or internal) occurs in 

an area that includes the weld bondline, the corrosion rate will be higher in the bondline region 
than in the parent metal.  The frequent result of such corrosion is the creation of a long, sharp V-
notch along and centered on the bondline.  Such corrosion should not be treated or evaluated as 
pitting corrosion in the parent pipe.  The resulting anomaly is equivalent to a sharp crack in a 
relatively brittle material with a depth of penetration that is difficult if not impossible to 
accurately measure. 

 
As a result, all low-frequency and d.c.-welded ERW materials possess bondline regions that are prone to 
low toughness and brittle-fracture behavior.  
 
B.5.02 Susceptibility to Longitudinal Seam Failure 
 
Some operators have advanced the notion that, despite the rule assertion of susceptibility, some LF-ERW 
pipe is not especially susceptible to longitudinal seam failure, any more so than more modern ERW pipe.  
This can make a difference in the assessment method selected.  If such pipe is demonstrated to not be 
susceptible to longitudinal seam failure, then the segment can be treated as any other segment in terms of 
selecting the assessment methods.  Because the special ILI tools (Transverse MFL or Shear Wave UT) 
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that can detect longitudinal seam defects are expensive and reportedly problematic (due to overcalls and 
slow report turnaround), there is much financial incentive for an operator with a substantial amount of 
LF-ERW pipe to attempt to demonstrate that it is not susceptible to longitudinal seam failure, and 
therefore, avoid the application of these special requirements in the rule.  An alternative is to perform a 
hydrostatic pressure test in accordance with '192 Subpart J, but that is also an expensive and problematic 
assessment method.  As a result, it is anticipated that some operators will present an evaluation that 
attempts to justify the assertion that its pre-1970 ERW pipe is not susceptible to longitudinal seam failure.  
Note that the use of term Apre-1970" is commonplace.  However, some low frequency ERW pipe was 
manufactured as late as 1978.  Therefore, an operator=s claim that its ERW pipe is not susceptible to seam 
failures solely because it was manufactured after 1970 may not, by itself, be conclusive. 
 
The following information is extracted the White paper “Manufacturing and 
Construction Defects” – see Supplemental Guidance Appendix B.08. 
 

I.  Introduction 
 
Manufacturing and construction defects (which include the specific cases of low frequency ERW, lap 
welded, and AO Smith pipe, because they are more susceptible to seam integrity issues than pipe 
manufactured using other techniques) were the subject of many industry comments, and the focus of 
discussion with TPSSC, during the rulemaking process.  In general, industry argued that 
manufacturing and construction defects are stable and not prone to failure.  The industry position 
depends on concluding that a successful Subpart J pressure test would have “cleared” any defect that 
could fail under operational pressures experienced during pipeline operations.  Further, for older lines 
that had never successfully passed a Subpart J pressure test, industry argued that long time operating 
pressure demonstrates that manufacturing and construction defects are stable and not prone to failure.  
In general, PHMSA was persuaded in the validity of these points. 
 
However, failures have occurred due to seam and other manufacturing and construction defects.  The 
rule acknowledges that manufacturing and construction defects can often be considered stable defects, 
for which an integrity assessment is not required.  The rule also requires that operators must 
determine if threats from these defects exist and assess pipeline integrity for these threats when 
needed.  The following discussion provides background information on the regulatory intent and basis 
for several specific requirements contained in 192.917(e)(3) and (4) which address these threats.   
 
II.  PHMSA Position 
 
The PHMSA position on Gas IM Rule requirements for addressing the threat of manufacturing and 
construction defects is summarized below: 

 
• All pipelines are considered to contain manufacturing and construction defects since there is no 

practical way to guarantee a defect-free pipe. 
• A successful Subpart J pressure test is sufficient to reveal any manufacturing and construction 

defects that could jeopardize pipeline integrity at operating pressures less than or equal to MAOP, 
as of the date of the pressure test. 

• Pipelines that have experienced failures due to seam defects or other manufacturing and 
construction defects since its last Subpart J pressure test are considered to be susceptible to these 
threats. 

• Seam defects or other manufacturing and construction defects are considered to be stable if:  
o The pipeline has been pressure tested in accordance with Subpart J; AND 



Gas Integrity Management Protocols Supplementary Guidance --- DRAFT 
Program Element B – Baseline Assessment Plan 
Supplemental Guidance Appendix B.05 – ERW Piping 
 

 B.05-3  

o The pipeline is not subject to other interacting threats that could cause defect growth or 
failure. 

• For pipeline segments that have never been pressure tested in accordance with Subpart J, 
manufacturing and construction defects are initially considered to be stable as of the date of HCA 
identification. 

• For pipeline segments that have never been pressure tested in accordance with Subpart J, 
manufacturing and construction defects continue to be considered to be stable if: 

o The segment continues to be operated at pressures at or below the maximum operating 
pressure experienced during the five years immediately preceding HCA identification 
(any amount of pressure increase is considered to potentially result in defect instability)1; 
AND 

o MAOP is not increased; AND 
o Stresses leading to cyclic fatigue do not increase; AND 
o The pipeline is not subject to other interacting threats that could cause defect growth or 

failure. 
o For pipeline segments that have never been pressure tested in accordance with Subpart J, 

and that do not meet all of these criteria, the segment is considered to be susceptible to 
threats from manufacturing and construction defects. 

 
III.  The Basis of the PHMSA Position 
 
A.  Which Segments Can Be Considered “Not Susceptible” to Manufacturing and Construction 

Defects? 
 
PHMSA considers that a pressure test, conducted to Subpart J requirements, is sufficient to reveal 
material and construction defects that could jeopardize pipeline integrity.  Pipeline that has 
successfully passed such a pressure test is considered free of defects of concern, at the time the test 
was completed2.  As originally proposed, the integrity management rule for gas transmission 
pipelines would have required that all covered segments be subjected to a hydrostatic test, once in 
their lifetime, to provide assurance of safety against this threat.  Pipeline that was hydrostatically 
tested when installed would have met this criterion and would have required no additional action for 
the rest of its lifetime as a result of this threat.  Older pipeline, that was not pressure tested following 
installation, would have required additional testing. 
 
Industry comments on the proposed rule identified the proposed requirement for once-in-lifetime 
hydrostatic testing as unreasonable.  Industry pointed out that pipeline installed before the 
requirements of Subpart J were enacted has operated successfully for many years.  Those years of 
operation provide assurance that any manufacturing defects that may be present are stable, at least 
under the conditions to which they have been subjected.  Requiring that all covered pipeline segments 
that had not been pressure tested be removed from service and subjected to such testing would have 
imposed significant burden.  PHMSA was persuaded that the safety benefit that would result from 
this burden was not sufficient to justify its imposition for most pipe, where years of successful 
operation provided assurance that any defects present are stable.   
 

                                                      
1 See Section III.D for specific examples of applying the “look back” comparison to benchmark five-year maximum 
operating pressure history. 
2 Subpart J was originally promulgated in 1970.  All pipeline newly installed since that time has been subjected to 
the necessary pressure test.  The issues discussed in Sections III.B through III.D of this paper therefore affect only 
pipeline installed prior to 1970 and which has never been tested to Subpart J for other reasons. 
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The rule language that reflects this position is found in 917(e)(3): 
 

“The analysis must consider the results of prior assessments on the covered segments.” 
 

This language allows operators to consider that threats due to manufacturing and construction defects 
are not significant if the line has successfully passed a Subpart J pressure test.  (However, operators 
must also consider the interactive nature of threats as discussed in Section III.E, below, for all 
pipelines with M&C defects, including those that have been successfully pressure tested to Subpart J 
requirements.) 
 
The question then became one of defining criteria that would identify the limited scope of covered 
segments for which this threat is a potential concern and for which testing should be required.  It is 
this criteria that defines the limited scope of segments for which 917(e)(3)&(4) applies that is 
addressed in the rule.   
 
The following sections clarify some of those requirements.  However, one should keep in mind that 
all of the discussions in the ensuing sections III.B through III.D only apply to lines or segments that 
have never successfully passed a Subpart J pressure test. 
 
B.  For Lines That Have Never Been Subpart J Pressure Tested, What Criteria Is Used to 

Determine if a Segment is Susceptible to M&C Defects? 
 
The rule has explicit language for identifying if a line must be considered to have a threat due to 
M&C defects. 

 
“An operator may consider manufacturing and construction related defects to be stable defects if 
the operating pressure on the covered segment has not increased over the maximum operating 
pressure experienced during the five years preceding identification of the high consequence area.” 
 
Since it is impossible for this condition to ever be false as of the date of HCA identification (in other 
words it is impossible that the operating pressure actually experienced during the preceding five years 
was ever greater than the maximum operating pressure experienced during the same five year period), 
, then all M&C defects are by definition initially considered to be stable as of the date of HCA 
identification.  This, in effect, “grandfathers” all lines, such that all covered segments are initially 
considered to be free from M&C threats as of the date of HCA identification. 
 
If any one or more of the following conditions occur after HCA identification (on pipelines that have 
never been pressure tested in accordance with Subpart J), then the affected covered segments must be 
considered to be susceptible to the threat of M&C defects and must be treated as a high risk segment 
for baseline or reassessment purposes: 

 
(i) Operating pressure increases above the maximum operating pressure experienced during the 

five years preceding identification of the HCA; 
(ii) MAOP increases; or 
(iii) The stresses leading to cyclic fatigue increase. 
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C.  How Much Pressure Increase is Sufficient to Require a Pressure Test? 
 
Section 192.917(e)(3) specifies requirements that operators must follow if they identify 
manufacturing and construction defects (including seam defects) as a threat potentially affecting their 
pipeline.  This section states, in part, “An operator may consider manufacturing and construction 
related defects to be stable defects if the operating pressure on the covered segment has not increased 
over the maximum operating pressure experienced during the five years preceding identification of 
the high consequence area.”  Section 192.917(e)(4) uses similar language, referring to pressure 
increases over the maximum experienced in a five-year historical period, as one of the criteria that 
would require assessment of low-frequency electric resistance welded pipe to be conducted with a 
method that can detect seam issues.  These provisions raise a question as to whether there is a 
threshold of pressure increase, below which there is no need for concern. 
 
Manufacturing and construction defects, or seam weaknesses, will result in pipeline failure when 
acted upon by other forces that cause the defect to grow or that stress the defected pipe beyond its 
capabilities.  Under normal circumstances, the major force acting on the pipe wall, and on any defects 
in it, is hoop stress resulting from the pressure of the fluid inside the pipe.  Operation for many years 
without failure provides some assurance that the hoop stresses are insufficient to cause failure of any 
defects that may have been present.  Increases in pressure, above those historically experienced, 
introduce increases in the stresses applied to any defects.  When those stresses are above those that 
the pipe has successfully experienced without failure, the fact that the pipe has not previously failed 
can no longer be relied upon, with the same level of confidence, as an indicator that the likelihood of 
future failure is small. 
 
A five-year period was chosen as the comparison basis for pressure increases, because it represents a 
reasonable period in which it can be assumed that the pipe was in a condition similar to that which it 
was in when the high consequence area was identified.  Other threats, e.g., corrosion, can degrade 
pipe strength over time.  Successful operation at higher pressures many years ago, in some cases 
decades previously, therefore cannot provide the same level of confidence that the pipe would be safe 
if operated at those pressures today. 
 
Momentary operation at a pressure above the highest experienced in the last five years, such as might 
be caused by an unexpected transient, does not create a need to assume that manufacturing and 
construction defects have become unstable.  Sustained operation at higher pressures, regardless of the 
magnitude of the pressure increase, do require this assumption, since recent operating experience no 
longer bounds the stress conditions in the pipe.  For this reason, any planned increase in operating 
pressure above the highest maximum operating pressure experienced in the reference period, no 
matter how small, must be treated as having the potential to result in failures from latent defects. 

 
In reality, a small pressure increase (e.g., a few psi) would be unlikely to cause an existing material 
and construction defect to become unstable.  How large an increase is needed to cause concern 
remains a question.  The PHMSA is initiating a scope of work for a technical assessment to try to 
determine a threshold level of pressure increase that should be of concern.  In the meantime, the rule 
requires that any increase in operating pressure, however small, trigger actions.  The historical period 
of concern, although always five years, varies slightly between the threats of concern: 
 
• For the specific case of manufacturing and construction defects, the period is five years prior to 

HCA identification.  Any defects present are generally considered stable, based on the long 
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history of successful operation.  The evaluation of the five years preceding HCA identification 
establishes a benchmark for comparison to future pressure increases (192.917(e)(3)). 

 
• For the specific case of low-frequency ERW pipe (a manufacturing “defect” separately called out 

in the rule) the period is five years prior to a pressure increase.  As for other defects, successful 
operation is assumed to demonstrate that ERW seam defects are stable.  If pressure is increased 
above the level of that demonstration, then the pipeline segment must be prioritized as a high-risk 
segment (192.917(e)(4)). 

 
D.  How is the Five-Year Operating Pressure History to be Applied in Determining if a Segment 

is Susceptible to M&C Threats? 
 
This provision of the rule was changed in the first correction rule.  The IM rule, as originally 
published referred to the maximum pressure experienced after 12/17/98 – five years before the 
integrity management rule was promulgated.  It was changed to five years preceding HCA 
identification in the April 2004 correction.  The reason for the change was industry concern that they 
would have to review operating logs for an unreasonable number of years for an HCA that was 
identified well into the future (e.g., 2015).   
 
Upon the identification of a new HCA susceptible to the threat of manufacturing and construction 
defects, the operating log should be reviewed to establish the highest operating pressure over the 
previous five years.  This serves as the operational pressure “limit” for the segment under this 
provision of the rule.Whenever the operating pressure is raised, the operator must determine if the 
new operating pressure exceeds this “limit”.  If it does, the segment must be assessed for the 
manufacturing and construction defect threat, and must be prioritized for assessment as a high-risk 
segment.  . 
 
E.  Interacting Threat Analysis 
 
Industry’s position that any latent manufacturing and construction defects are stable (as discussed in 
Sections III.A through III.D, above) implicitly assumes that the pipeline is not subjected to other 
threats or conditions that could adversely impact those defects.  In reality, nothing is ever unchanging.  
The rule language, in 917(e)(3) and (4), highlights operational conditions (pressure increases or cyclic 
loading) that could adversely affect M&C defects.  However, other threats could also adversely affect 
M&C defects.  PHMSA’s position is that operators must perform a credible threat analysis to justify 
that interacting threats are not deleterious to the stability of latent manufacturing and construction 
defects.  If this conclusion can be justified, then operators may not need to conduct integrity 
assessments for seam or other manufacturing and construction defects.  However, absent such 
justification, operators must perform assessments capable of identifying seam and/or manufacturing 
and construction defects to which the line is susceptible.  The need to analyze for these interacting 
threats is based on B31.8S, which is invoked by the rule.  Section 192.917(e)(1) states in part: 

 
“An operator must identify and evaluate all potential threats to each covered pipeline 
segment. Potential threats that an operator must consider include, but are not limited to, 
the threats listed in ASME/ANSI B31.8S (ibr, see § 192.7), section 2…” 
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ASME B31.8S, Section 2, further states that: 
 

“The interactive nature of threats (i.e., more than one threat occurring on a section of 
pipeline at the same time) shall also be considered.” 

 
These mandatory requirements to consider the interactive nature of threats are particularly important 
for seam and other manufacturing and construction defects, since operators may tend to assume that 
all M&C defects are inherently stable.  The PHMSA is in the process of assigning a task to a subject 
matter expert contractor to provide more specific and comprehensive information with respect to 
threats related to M&C defects.  However, the following table provides some examples of how other 
threats could adversely affect otherwise stable M&C defects. 
 
Defect Type Examples of 

Interacting 
Threats  

Nature of Interaction and Resulting Risk Impact 

Low Freq. ERW 
Seam, Lap Welded, 
AO Smith, or other 
Seam Fabrication 
Defect 

• Selective Seam 
Corrosion  

• General 
Corrosion 

• Earth Movement 

Selective seam corrosion or general corrosion could 
result in seam defects becoming unstable.  Low 
frequency ERW seams are characterized by brittle 
material in the heat affected zone.  Earth movement 
or other outside forces could result in sudden failure 
of the seam that would be survived by pipe 
manufactured using other techniques. 

Laminations • SCC  
• Corrosion 

Corrosion or cracks that are deep enough to expose 
the lamination could cause immediate failure at 
pressure below recent operating pressures or 
previous test pressures. 

Hook Cracks • SCC  
• Cyclic Fatigue 

SCC could interact with hook cracks to cause hook 
cracks to become unstable.  Otherwise stable cracks 
could become unstable by virtue of pressure cycles 
that are more aggressive than previously 
experienced.   This could lead to failures at pressure 
below recent operating pressures or previous test 
pressures 

Wrinkle Bend or 
Buckle 

• SCC  
• Corrosion 

Wrinkle bends or buckles have locations of wall 
thinning in the bends of the pipe material.  Less 
margin is available to accommodate corrosion metal 
loss or SCC threats. 

All  • Operator Error Errors in operation that result in pressure excursions 
that exceed MAOP could result in failures of defects 
that would otherwise be stable under normal 
operating pressures. 

 
 
 [End of White Paper discussion] 
 
PHMSA will require an extremely convincing and thoughtful technical justification to accept an argument 
that pre-1970 ERW may be treated in the same way as modern ERW pipe.  Kiefner presented a paper on 
this topic at the February 2002 ASME Engineering Technology Conference on Energy.  Operators that 
take this strategy are expected to model their justifications after the process outlined in Keifner=s paper.  
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Baker has updated and expanded on the Kiefner information in a report performed for PHMSA and 
submitted in October 2003.   
 
Following is a discussion on some of the points emphasized in Kiefner=s paper and Baker’s report.  The 
points Keifner and Baker make are summarized in the paragraphs following the underlined headings.  
Cautions and other considerations that relate to inspecting operators that advance those points (to justify 
the conclusion that its pipe is not susceptible to seam failures) follow each paragraph in the section with 
italicized headings.  
 
[Note: The items Keifner and Baker describe are appropriate factors to analyze in order to determine if a 
pipeline is susceptible to seam integrity failures.  However, it should be noted that many of the points 
discussed in Kiefner=s paper are made in qualitative terms without detailed narrative on the analytical 
techniques required to produce credible results upon which a sound integrity management decision can be 
made.  Baker goes further in describing the techniques for evaluating failure stress levels of defects, while 
cautioning that the primary use of such techniques should be limited to predicting the need for seam-
integrity assessment and the return interval for re-assessment rather than evaluating the failure pressures 
of specific defects.  Operators using these approaches will be expected to produce quantitative 
engineering or technical analyses to support their conclusions that an LFERW or LW pipe is not 
susceptible to seam failure.] 
 
Sub-critical Crack Growth and Pressure Reversals 
 
A significant issue with hydrostatic pressure tests relates to crack growth that is caused by the pressure 
test itself.  Defects that are not large enough to result in a failure can grow in size during the pressure test.  
APressure reversal@ is a term that refers to the phenomenon observed in which defect growth occurs during 
pressure testing such that, even though the defect does not fail during the test, it could fail at lower 
pressures during subsequent system pressurizations.  This is due to the fact that sub-critical cracks grow 
during pressurization.  When they are in an active state of growth at the end of the test, the cracks can 
continue to grow even when the test pressure is being reduced.  This continued growth is due to 
compressive strain in the crack region.  This compressive strain induced crack growth can continue at 
lower pressures such that the crack grows to a size that would fail at lower pressures than the peak 
hydrostatic pressure during the next pressure cycle.  In other word crack growth continues to grow during 
de-pressurization, but does not grow enough to Acatch up@ to the declining pressure such that it fails 
during the hydrostatic test.  This defect can now fail the next time the pipe is pressurized, either during 
subsequent hydrostatic tests or in-service.  Pressure reversals can also occur in systems that experience 
frequent operational pressure cycles. 
 
For this reason, some form of Aspike test@ may be appropriate.  Although an exact definition of 
pressure/hold time parameters has not been standardized for a Aspike test,@ the idea is to elevate the 
pressure significantly above the pressure required for the Subpart J hydrostatic pressure test for a shorter 
period of time (say 2   hour) and then reduce pressure to the Subpart J hydrostatic test pressure to complete 
the required 8 hour test.  Baker suggests that a spike test be conducted at the highest possible pressure, 
frequently 139% of the MAOP of the line based on the ratio of 100% of SMYS to 72% of SMYS 
(maximum hoop stress).  This approach can clear smaller defects than would be cleared with the Subpart J 
test alone, while at the same time, providing a means to clear cracks that grow during the pressure decline 
from spike test levels to the Subpart J test pressure.  This procedure minimizes the occurrence of pressure 
reversals. 
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For operators that select hydrostatic pressure testing as its assessment method, the operator=s IM program 
and test procedures should adequately consider and evaluate the pressure reversal phenomenon.  A 
hydrostatic test may not be considered successful just because no failures occurred, absent an analysis that 
addresses possible pressure reversals.  A more detailed discussion of the analysis of pressure reversals is 
provided in Protocol E regarding the review of assessment results. 
 
Other Limitations 
 
Hydrostatic testing is not effective at identifying plain dents or metal loss without cracking.  In addition, 
the pressure of a hydrostatic test relates to hoop stress from pressure.  Some amount of longitudinal stress 
is created in a pipeline by internal pressure, but the longitudinal stress created by internal pressure is 
never more than one half of the hoop stress created by the same internal pressure.  For this reason, 
hydrostatic testing is not considered to be particularly useful for assessing pipeline integrity from the 
standpoint of circumferentially oriented defects such as girth weld defects.  Pipelines that have risk 
factors associated with circumferentially oriented defects may need to have further analysis, additional 
preventive or mitigative actions, or supplemental analysis that demonstrates pipeline integrity in addition 
to a hydrostatic pressure test. 
 
Leak and Rupture History 
 
A categorization of historical leaks and spills on the lines or systems being evaluated should catalog the 
failures by type and failure mode.  If failures that are attributed to fatigue or seam corrosion have 
occurred after the segment had been pressure tested to 90% SMYS, then a seam integrity baseline 
assessment is indicated.  To be excluded from a seam-integrity-assessment plan, a segment must either 
have no recorded seam-related service failure, or any seam-related service failure must be entirely 
explainable as a non-time-dependent event (e.g., the failure occurred because the pipeline was 
accidentally over-pressurized by an amount exceeding 90% SMYS).  
 
Inspection Considerations, Cautions, and Limitations 
 

• The time since the last successful test (without leaks) is also an important consideration since 
defect growth could be considerable if it has been several years since the line was last tested.   

• Any leaks or ruptures of the line along the seam are indicative of latent defects, with the possible 
exception of catastrophic external damage.  The characterization of any failure mechanism of a 
prior leak or rupture along the seam must be accompanied by a credible metallurgical 
examination, fracture mechanics analysis, and technical report that convincingly demonstrates 
that the failure mechanism was not a time dependent seam integrity defect.  Non-mechanistic 
failure causes are not acceptable justification for determining that a line is not experiencing time 
dependent seam defect growth phenomenon.  Any previous failure contributed to other causes 
that are not time dependent, should be verified by metallurgical examination reports without 
reliance on opinion.  An example, is a failure attributed to lack of weld fusion.  If the line had 
been previously tested to pressure at least as high as the pressure at which the line failed, then the 
failure cause is not lack of fusion because it is a type of defect that is not subject to time-
dependent growth.  In such cases, incorrect conclusions regarding failure cause could invalidate 
the analysis of susceptibility. 

• A LFERW or LW pipe that has experienced any in-service leaks, ruptures, or other in-service 
seam failures is not considered a candidate for exclusion from the special requirements to assess 
seam integrity.  PHMSA should conduct an extremely careful review of any operator analysis that 
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concludes that any low frequency ERW or LW pipe is not susceptible to seam failure if it has 
experienced any in-service seam failures in the past. 

 
Service Pressure History 
 
Keifner categorizes the aggressiveness of service history pressure cycles based on the pressure range (as a 
percentage of SMYS) and number of annual pressure cycles.  The four categories are designated very 
aggressive, aggressive, moderate, and light.  If service pressure cycles are categorized as very aggressive 
or aggressive, then a seam integrity assessment may be indicated.  Conversely if the pressure cycles are 
categorized as moderate or light, then a seam integrity assessment may not be indicated.  In addition, 
Keifner concludes this point by stating that a segment=s pressure cycle aggressiveness must be shown by 
analysis to be incapable of causing the margin of safety demonstrated by its last hydrostatic test to be 
eroded within twice the expected life of the pipeline in order to justify exclusion from seam integrity 
assessment.  
 
Inspection Considerations, Cautions, and Limitations 
 

• Operators that use this analysis conclusion as part of an argument that a line is not susceptible to 
seam failure, must assure that the line will continue to operate inside parameters within which it 
is known that the pipeline can be safely operated.  For instance, in the example cited by Keifner, 
an increase in operating pressure of 10% SMYS (one pressure range in Kiefner=s chart) with the 
same number of annual cycles, places the pipe in the next higher Aaggressiveness@ category.  A 
line could quickly go from a moderate category to an aggressive category.  Operators would, as a 
minimum, have to commit to close monitoring and recording of all operational and test pressure 
cycles for the life of the pipeline, in order to ensure that the line is always operated in a pressure 
cycle service that is categorized as moderate, or below.   

 
• Any analysis that attempts to demonstrate that pressure cycle aggressiveness is incapable of 

reducing the margin of safety, must be a quantitative engineering analysis.  Any analysis that uses 
assumed defect characteristics that are inferred from lack of failure should be carefully reviewed 
to assure that all inherent assumptions are valid.  Therefore, an analysis that concludes that a 
margin of safety will not be reduced in the future (i.e., over twice the expected life of the pipe) 
can not be quantitatively determined with certainty.  Such an analysis may prove problematic 
since (a) any defect growth assumptions can only be inferred from lack of failure, and (b) the 
actual material condition of the pipe is not characterized.   

 
• It can be anticipated that some operators performing an analysis to show that a future event 

(safety margin reduction) can not occur in the future (twice the expected life of the pipe) would 
be based on statistical or probabilistic methods.  Such methods produce a likelihood or 
probability value that describes some chance or frequency of event occurrence, but which chance 
is unlikely enough to justify accepting the risk.  By implication, the suggested criterion for an 
acceptable likelihood of the event (i.e., safety margin reduction) is 0.5 per expected lifetime.  This 
may not be an acceptable likelihood to justify exclusion from seam integrity assessment 
requirements.  The acceptable value for such a likelihood analysis depends in part on the 
consequences associated with the failure of the segment in question.  If the consequences of a 
failure could be grave or catastrophic, then the acceptable likelihood must be very, very low.  If 
the consequences are small, then a larger likelihood of occurrence may be acceptable.  However, 
as a rule of thumb, any likelihood greater than 0.1 per expected lifetime is not considered an 
acceptable basis to exclude pipelines from seam integrity assessment requirements.  The technical 
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basis for the conclusion of such an analysis and what the results mean in terms of the likelihood 
of experiencing safety margin reductions, should be well understood and provide a convincing 
proof that the risk is acceptably small. 

 
Test Pressure History 
 
Kiefner describes an evaluation of test failure history based on the causes of failures, the pressure at 
which the failures occurred, and the number of failures.  Large numbers of failures often lead to Apressure 
reversals@ in which defects fail at lower pressures than they were exposed to during a previous 
pressurization.  If enough pressure reversals occur, the likelihood of a reversal of a given size can be 
predicted.  Kiefner suggests that a seam integrity assessment may not be necessary if the segment has 
exhibited no test breaks when tested at 90% SMYS or if breaks have occurred when tested above 90% 
SMYS if large pressure reversals are extremely unlikely. 
 
Inspection Considerations, Cautions, and Limitations 
 

• This is similar to evaluating in-service failures.  See the guidance above.  Again, an LFERW or 
LW pipe that has experienced any leaks, ruptures, or other seam failures is not considered a 
candidate for exclusion from the special requirements to assess seam integrity.  Justifications to 
exclude these lines from seam integrity assessments must be accompanied by metallurgical and 
fracture mechanics analysis to definitively characterize the failures experienced, which shows the 
failures to not be time dependent seam defect growth mechanisms.  Non-mechanistic failure 
modes are not adequate.   

• The likelihood of pressure reversals must be based on sound engineering and technical analysis 
and should quantitatively show that the likelihood of pressure reversals is very low in order to 
meet the Aextremely unlikely@ criterion..  Also, note that the use of this approach depends on the 
operator having experienced enough actual pressure reversals to provide enough data to perform a 
meaningful analysis.  (This also assumes that the operator has adequate records to document the 
pressure reversals in enough detail to provide valid data for analysis.)  No guidance is available 
on how much empirical data is required to provide a valid analytical basis.  An initial rule of 
thumb is that lines that have experienced fewer than 20 pressure reversals may not have enough 
empirical data to perform such an analysis. 

 
Age of Pipeline 
 
Kiefner suggests that age of pipeline only be considered in conjunction with an evaluation of other factors 
such as pressure cycle aggressiveness or corrosion-caused metal loss.  The age of the pipeline alone 
should not be used to determine if seam integrity assessment is indicated. 
 
Inspection Considerations, Cautions, and Limitations 
 
Other additional information should be known about the pipeline, in addition to its age, and incorporated 
into any engineering analysis intended to demonstrate that low frequency ERW or LW pipe is not 
susceptible to seam failures.  These include, but are not limited to: 
 
 

• Manufacturing information, including time and place of manufacture,  
• Mechanical properties such as fracture toughness,  
• Manufacturing process, including heat treating, post-fabrication inspection,  
• Testing, including date and test pressure of the mill hydro test, 



Gas Integrity Management Protocols Supplementary Guidance --- DRAFT 
Program Element B – Baseline Assessment Plan 
Supplemental Guidance Appendix B.05 – ERW Piping 
 

 B.05-12  

• Quality Control measures used in the steel-making process, and  
• Other factors pertinent to seam quality and seam properties. 

 
Corrosion 
 
Keifner suggests that any corrosion detected by traditional means such as MFL would mandate a seam 
integrity assessment only if shown to be oriented in such as way as to affect the seam.  Kiefner further 
suggests that evaluations could be conducted to determine if metal loss tool results are indicative of 
corrosion near the seam (although Kiefner did not describe these evaluation or provide examples).  
Responses to metal loss detection anomalies, such as excavations, could also provide a high degree of 
certainty that no selective seam corrosion is occurring. 
 
Inspection Considerations, Cautions, and Limitations 
 
Standard MFL tools can not reliably detect narrow, axial defects.  The approach described will not detect 
selective seam corrosion if there is no other significant corrosion in the immediate vicinity.  An example 
of this is axial corrosion along a seam caused by tape coating losing adherence and Atenting@ across the 
weld allowing moisture to accumulate along the seam.  Operators must effectively demonstrate that any 
corrosion detected by standard MFL tools on a low frequency ERW or lap welded pipe is not on or near 
the seam. 
 
Conclusion 
 
Kiefner concludes: AIt appears possible to separate ERW pipe segments into three categories based on 
attributes of the segments and the findings of integrity assessments for metal loss.  The categories are: 
 

• Clear-cut evidence exists that shows that time-dependent deterioration of seam anomalies is 
occurring.  Category-1 segments will require a special seam-integrity-assessment plan.   

• No direct evidence of ERW seam deterioration exists, but conditions of operation and attributes 
of the segment suggest that seam deterioration is likely. For pipeline segments in this category, 
studies of the attributes, the operations, and the results of other integrity assessments should be 
made to determine whether or not a special seam-integrity assessment plan is necessary. 

• On the basis of the attributes of the segment, the operating conditions, the history of the segment, 
and all evidence generated by other integrity assessments, it is reasonably clear with a high 
degree of certainty that no time-dependent seam deterioration is occurring.  No special seam-
integrity assessment plan is needed for segments in this category.@ 

 
Inspection Considerations 
 
Qualitative conclusions can be problematic.  Quantitative analytical conclusions to justify exclusion from 
seam integrity assessments required by the rule are preferred.  The PHMSA standard for these 
conclusions is that quantitative engineering analysis of all factors must demonstrate that it is convincingly 
clear with at least a 95% certainty that no time-dependent seam deterioration mechanism is occurring.  
 
Baker has expanded on the material developed by Kiefner and has developed a decision tree that has been 
used by operators to determine what “susceptibility” means.  The decision tree is reproduced at the end of 
this Appendix.  A description of the considerations that need to go into that determination is presented in 
the following paragraphs. 
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Data that may be needed by the operator of the pipeline to determine its susceptibility include the grade of 
the material, the diameter and wall thickness of the pipe, the type of seam, the manufacturer of the pipe, 
the age of the pipe, the history of seam failures, the causes of the failures, the operating stress level, the 
hydrostatic test history (original acceptance test, as well as other subsequent tests), the causes of test 
failures, the inherent fracture toughness of the material, the fatigue crack-growth-rate characteristics of 
the material in its environment, the type and condition of the coating, the quality of cathodic protection on 
the pipeline, the likely range of corrosion rates on the pipeline, and the nature of operational pressure 
cycles on the pipeline. In cases where insufficient data are provided, conservative assumptions may 
suffice. 
 
It is assumed that the causes of seam failures that could necessitate a seam-integrity assessment are 
pressure-cycle-induced fatigue and selective (grooving) corrosion of the bondline region of the seam.  
The four factors that govern the possible growth of seam defects by pressure-cycle-induced fatigue are the 
pressure cycles, the presence of a family of initial flaws, an environmentally affected crack-growth rate, 
and the toughness of the pipe. These factors are evaluated to determine the likelihood that the pipeline is 
susceptible to failures from this cause.  Selective seam corrosion is affected primarily by the degree of 
exposure to corrosive conditions (i.e., poor or absent coating and ineffective cathodic protection) and by 
the nature of non-metallic inclusions in the bondline region.  Because most of the older ERW materials 
have the types of inclusions that make the material susceptible, the susceptibility by this model in the 
absence of a history of selective seam corrosion failure is judged solely on the basis of the coating 
condition and the quality of the cathodic protection.  If experience shows that selective seam corrosion is 
a real threat, the operator will also need to consider the effective corrosion rate on the pipeline and the 
augmented corrosion rate in the vicinity of the seam. 
 
The examiner uses the data to “walk through” the tree to arrive at one of four possible outcomes: (1) the 
segment is not covered by the seam-failure susceptibility requirement, (2) the segment is not susceptible 
to seam failures, (3) a baseline assessment is needed because susceptibility or non-susceptibility has not 
been satisfactorily demonstrated by the information available at this time3, or (4) the segment is 
susceptible to seam failures. 
 
The following conclusions may be derived from the decision tree and other sections of Baker’s report: 
 

• Pre-79 LFERW pipe which has not experienced a seam related failure and has passed a 90% 
SMYS hydrostatic test with no seam failures is not considered susceptible to seam failures unless 
the pipe is experiencing aggressive pressure cycles.  The categorization of pressure cycles follows 
Kiefner’s work and has been described previously in this Appendix. 

• Pre-79 ERW pipe for which the hoop stress corresponding to the MOP is less than 30% SMYS is 
not susceptible to seam failures.  Furthermore pipe whose hoop stress at MOP is less than 40% 
SMYS is not susceptible to seam failure if it has been hydrostatically tested with a test pressure-
to-MOP ratio greater than 1.5. 

• For low toughness materials, hydrostatic testing is superior to ILI.  However, the report concludes 
that a single hydrostatic test will eliminate defects that may grow through cyclic fatigue.  The 

                                                      
3 A baseline assessment in the form of a hydrostatic test will demonstrate a level of serviceability consistent with the 
test-pressure-to-operating-pressure ratio the operator selects. Additional information may be derived from the 
examination of test leaks or breaks if any occur. Remaining life after the test can be assessed from the standpoint of 
pressure-cycle-induced fatigue. The results of the test are expected to provide sufficient information for the operator 
to decide whether or not the pipeline is susceptible to seam failure in the context of federal regulations pertaining to 
pipeline integrity management. 
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report does not specify a specific test pressure need to provide this assurance, but implies that 
typical acceptance test pressures should be sufficient.  

• Experience has shown no evidence of time-dependent seam failures of lap-welded pipe.  Thus, 
this type of pipe is generally not considered to be susceptible to seam failure.  The flow chart for 
determining seam susceptibility assumes lap welded pipe is not susceptible to seam failure if the 
line has not experienced such a failure and has been hydrostatically tested with a test-pressure-to-
MOP ratio greater than 1.25 and operates at an MOP less than 30% SMYS. 

 
Absent a definitive engineering analysis and conclusion as described above, the PHMSA position is that 
all low frequency ERW and lap welded pipe is susceptible to longitudinal seam failure and the special 
requirements of the rule apply. 
 

Figure B.5-1, Long Seam Susceptibility Criteria for Baseline Assessment 
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B.6.01 Inferred Defect Size 

 

If a pipeline successfully passes a hydrostatic pressure test without leaks, one can indirectly infer that it 

has no defects larger than a certain estimated size using Barlow=s formula.  [Note:  One cannot directly 

determine that defects of a certain size limit don=t exist using the ABarlow@ formula, except as the depth of 

a defect relates to minimum wall thickness.]  This is the design formula that relates operating pressure to 

hoop stress.  The design formula is: 

2t PD S  OR 2P St D  
 

Where: 

T = the required wall thickness, inch 

P = the operating pressure of the pipe 

D = the outside diameter of the pipe, inches 

S = the allowable hoop stress 

For a Class-1 design S = 0.72 SMYS 

 

The effects of various sizes of defects on the pressure-carrying capacity of a particular pipeline are shown 

in Figure B.6-1.  (This example pipeline is comprised of 24-inch-outside-diameter by 0.250-inch-wall-

thickness Grade X52 line pipe, but its characteristic shape is typical of any pipeline.)  Figure B.6-1 

presents nine different curves representing the effects of longitudinally oriented, rectangular defects of 

nine depth-to-thickness ratios as a function of length.  All nine curves converge on a maximum value of 

failure pressure as the lengths of the nine defects approach zero.  At zero length there is no defect, and the 

pipe fails at its ultimate pressure-carrying capacity (i.e., its unflawed burst pressure). 

 

Figure B.6-1, Pressure Carrying Capacity as a Function of Defect Size 
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The effects of the defects vary with both length and depth.  Deep defects (d/t = 0.7, 0.8, and 0.9 for 

example) have dramatic effects on pressure-carrying capacity if they are relatively long.  For very long 

defects, length has little influence and the failure pressure is mainly a function of d/t (depth-to-thickness 

ratio).  Note that the d/t = 0.1 curve levels out at a pressure level just under 1,200 psig corresponding to a 

10-percent reduction in burst pressure.  Similarly, the d/t = 0.2 curve levels out at a pressure level of 

around 1,070 psig corresponding to nearly a 20-percent reduction in burst pressure.  One could predict 

this from Barlow’s formula.  If you remove 10 percent of the wall thickness, you increase the hoop stress 

in the net thickness by 10 percent.  If you remove 20 percent of the wall thickness, you increase the hoop 

stress in the net thickness by 20 percent, and so on.  This is accurate for blunt defects in ductile materials.  

It would tend to over-predict failure stress levels for crack-like defects in “notch-sensitive” materials 

where significant crack growth would begin to take place at net thickness stress levels below the ultimate 

tensile strength of the material. 
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I. Introduction 

 

Third-party damage (TPD) is a significant threat to pipeline integrity.  TPD is actually shorthand for 

damage caused by any party excavating near the pipeline, including the operator, its contractors or an 

outside party.  Most leaks and ruptures caused by third-party damage occur immediately when the 

excavator impacts the pipeline.  Based on current data, approximately 10 percent of third-party damage 

accidents have resulted from residual defects – damage caused by third-party hits that did not rupture the 

pipeline immediately.  Absent an unusual loading condition (e.g., pressure cycling, bending stresses 

resulting from ground movement, accelerated corrosion) that would lead to failure of these residual 

defects, conducting assessments of all covered segments specifically to find residual third-party damage 

would thus not be an efficient use of operator resources.    The purpose of this paper is to present the 

current regulatory position on the requirements presented in the Gas IM Rule for addressing TPD, and to 

explain the regulatory basis of that position. 

 

II. PHMSA Position 
 

The PHMSA position on Gas IM Rule requirements for addressing the threat of TPD during pipeline 

integrity assessments is summarized below: 

 

 In identifying the actions required to address the threat of third party damage, the operator must 

make two determinations: first, is each segment covered by the Gas IM Rule susceptible to TPD; 

second, does evidence exist in any covered segment of the presence of residual damage from TPD 

that could lead to failure at some time in the future.  

 To make the first determination, the operator must conduct a credible threat identification and 

risk assessment process that will determine susceptibility of the covered pipeline segment to 

future TPD.  It is clear that virtually all pipeline segments, especially those in HCAs, are 

susceptible to the threat of future TPD.  The only way to address the threat of a future TPD event 

is to take effective preventive actions.  The rule requires the operator to implement these actions.  

[Note:  The rule requires that operators give special attention to the TPD threat during the threat 

identification/risk assessment activity (per Section 917) and in taking additional preventive 

measures (per Section 935), as discussed here.  Section 192.917(e)(1) of the rule requires that 

operators utilize their data integration process to determine the susceptibility of their covered 

pipeline segments to the threat of third-party damage.  Where a covered segment is found 

susceptible, that section further requires the operator to implement comprehensive additional 

preventive measures in accordance with section 192.935, and to monitor the effectiveness of the 

preventive measures.] 

 To make the second determination, the operator must evaluate whether evidence exists that a 

covered pipeline segment contains one or more residual TPD defects. 

 In seeking evidence of one or more residual TPD defects, the operator must perform a thorough 

analysis and data integration including consideration of recent available assessment results.  

[Note:  Section 192.917(e)(1) further requires an operator that uses an internal inspection tool or 

external corrosion direct assessment (ECDA) must integrate data from those assessments with 

data related to any encroachment or foreign line crossing to determine where, within covered 

segments, evidence exists of residual third-party damage.  An operator must then excavate and 

examine locations that are found to have evidence of residual third-party damage.  An operator 

must have procedures, as part of its integrity management program, describing this integration 

and the basis for decisions on actions that it will take as a result (192.917(e)(1)).] 

 If an operator uses an ILI tool, the operator needs to explicitly require the ILI contractor call out 

all observed indications of denting in grading the ILI. .  If an operator uses ECDA, it needs to 
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carry out its integration of data in advance of the above-ground examination step in ECDA, and 

provide locations where unmonitored excavation is suspected to the people carrying out the 

ECDA so they can pay particular attention to indications in suspect locations. 

 If the operator identifies a location containing evidence of the presence of residual damage from 

TPD (for example using high resolution MFL data that indicates the possibility of a dent, or 

through data integration of ECDA results with ROW data), then the operator must perform an 

assessment using (a) an ILI tool capable of characterizing dents, or (b) pressure testing, or (c) 

excavation and direct physical examination.  [Although not explicitly stated in the rule, it is clear 

that excavation, direct physical examination and nondestructive testing of pipeline locations 

where evidence exists of residual TPD is an acceptable assessment method as described in ASME 

B31.8S, Section 6.1.] 

 Damage identified and characterized by any of the assessment methods listed above must be 

repaired in accordance with Section 933. 

 

III. The Basis of the PHMSA Position 

 

Characterization of Third-Party Damage 

 

Third party damage (TPD) can manifest itself in three ways:  

 

1. Immediate Failure:  Among the failures attributed to TPD, the most frequently encountered 

situation is the immediate failure at the time the damage is inflicted.  This is truly a time 

independent threat.  While the fraction of third-party hits resulting in immediate failure of the 

pipeline is not well known, immediate failure represents approximately 90% of the failures 

attributed to TPD.  

 

2. Residual but Stable Defect:  Some fraction of third-party hits lead neither to immediate nor 

delayed failure.  In these cases, damage occurs that is minor and after which the pipeline may 

operate indefinitely without failure.  Such defects should be considered stable, and might be 

compared with certain fabrication defects such as laminations (a stable threat).  In these cases, 

failure would not be expected to occur unless the damage is worsened by other loadings such as 

pressure cycling, ground movement, or by continuing corrosion.  Again, the fraction of third-

party hits leading to stable defects is not well known, but by definition, these defects are not of 

great concern. 

 

3. Residual Unstable Defect: Some fraction of third-party hits does not result in immediate failure, 

but causes defects that are severe enough to result in failure at some time in the future due to 

defect growth over time.  Defect growth might result from loadings such as pressure cycling, 

ground movement or accelerated corrosion.  Such defects represent time dependent threats similar 

to corrosion and SCC.  Again, the fraction of third-party hits resulting in delayed failure of the 

pipeline is not well known, however delayed failure following TPD represents approximately 

10% of the failures attributed to TPD.   
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Compliance with Assessment Requirements for the TPD Threat 

 

There are two aspects of the assessment requirements that might serve to limit the scope of integrity 

assessments for TPD. 

 

Only Certain Threats are “Assessable”  

In reality, every threat cannot be assessed by means of examining the material condition of the pipeline.  

Threats can generally be grouped into the following two categories with respect to their need to be 

addressed in the baseline assessment or reassessment plan. 

 

 Threats that, if present, manifest themselves as defects in the pipeline itself.  

o It is these types of defects that can be assessed using pipeline integrity assessment 

techniques such as ILI, hydrostatic pressure test, or DA. 

o Examples of such threats include internal corrosion, external corrosion, SCC, residual 

dents from TPD, and residual pipe deformation from past ground movement. 

 Threats that represent possible future events and therefore are not detectable by identifying 

existing changes in the pipe material. 

o Examples of such threats include earthquake, soil movement, operator error, and future 

TPD events. 

o These are either time independent threats that will result in prompt failures (e.g., many 

future TPD events) or threats that might produce future residual defects that can be 

detected by a pipeline assessment. 

o In order for such a threat to be detectable by a pipeline integrity assessment, the event 

must have occurred prior to the assessment and resulted in residual damage to the 

material condition of the pipeline. 

 

Although not explicitly stated in the rule, it is obvious that threats due to possible future events that have 

not yet resulted in detectable changes in the pipe cannot be addressed by means of an assessment of the 

pipeline itself.  These threats must be addressed by preventive and mitigative actions which are applicable 

to readily identifiable threats to the pipeline such as fault lines.   

 

A pipeline integrity assessment is only useful if data integration and risk assessment reveal credible 

evidence that such an event has occurred in the past and that there is a reasonable likelihood that pipeline 

damage has been caused by the past events resulting in residual defects.  

 

The Threat Analysis may Reveal no Evidence of Residual TPD  

The threats that must be assessed during the baseline and subsequent reassessments are those to which the 

pipeline is “susceptible” as identified through the threat identification process.   

 

For instance, an operator’s threat analysis might identify a location on its pipeline that is susceptible to 

residual TPD for one or more of the following reasons: 

 

 Consideration of the failure history of the pipeline due to residual TPD,   

 CIS or other assessment identifies significant coating damage near areas of excavations, foreign 

line crossings, or encroachment, 

 MFL corrosion metal loss in-line inspection reveals indications of dents, 

 The operator’s data integration uncovers evidence of previously undetected encroachment or 

unmonitored excavations, 

 Areas of shallow cover, 
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 Hoop stresses and other loading conditions (e.g., pressure cycling, bending stresses resulting from 

ground movement, accelerated corrosion) that could lead to failure of known flaws at locations of 

residual TPD, or 

 Any other factor that might indicate susceptibility to failure of known locations with residual 

TPD defects. 

 

Based on this type of threat analysis, an operator may identify specific locations where the threat of 

residual TPD is significant.  However, if an operator has not identified residual TPD as a distinct threat 

(i.e., none of the reasons above applies to a covered segment), then the pipeline segment cannot be 

determined to be susceptible to the threat, and a pipeline integrity assessment to identify defects 

associated with these threats is not mandatory. 

 

Assessment Method for Residual TPD 

 

If a covered segment is determined to be susceptible to residual TPD, then an assessment must be 

conducted.  The rule specifies that ILI or Hydrostatic test is an acceptable primary assessment method. 

 

However, the threat of residual TPD is usually present as a highly localized defect associated with 

encroachment and excavations.  As a result, threats are often identified at specific locations and 

assessments can be made directly by excavating the suspected location of residual TPD.  Although not 

explicitly stated in the rule, it is clear that excavation and direct examination and testing of the pipeline 

(or portions thereof), is an acceptable assessment method for TPD. 

 

In cases where indications of deformation anomalies are revealed by MFL in-line inspection tools, 

operators are expected to address the anomalies in a prudent and conservative manner.  Since MFL ILI 

tools can find dents but not size them, PHMSA’s position is that all such dents in covered segments may 

meet the appropriate remediation criteria contained in Section 933, and therefore all such indications must 

be excavated and physically examined.  In these cases, operators must excavate and perform a direct 

examination and assessment of the damage.  If an operator can demonstrate that it can, with high 

reliability, categorize the severity of indications of residual TPD using MFL ILI without excavation, then 

PHMSA will accept less comprehensive excavations focusing on those that have been demonstrated to be 

the most severe. 

 

As-found damage that is verified to meet any criteria in Section 933 or B31.8S, as applicable, must be 

remediated accordingly.   

 

IV. Summary 

 

The gas IM rule is designed to focus on pipe segments whose failure could lead to the greatest 

consequences, and to require assessment of these segments for the presence of threats that could 

compromise their integrity.  Each requirement is carefully designed to focus new expenditures of 

resources to achieve the greatest benefit.  The vast majority of failures from TPD occur immediately 

when the damage is inflicted.  Prevention is the only way to deal with these immediate failures.  

However, for any covered segment that is considered susceptible to TPD, PHMSA considers integration 

of data from ILI and/or ECDA assessments with other information about the potential for third-party 

damage along the pipeline to satisfy the assessment requirement.  Locations found to have the potential 

for residual third-party damage must be excavated, physically examined and defects encountered must be 

repaired. 
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Susceptibility to (Stability of) M&C Defects  

And  

Pressure Increases that Challenge Stability 

 

I.  Introduction 

 

Manufacturing and construction defects (which include the specific cases of low frequency ERW, lap 

welded, and AO Smith pipe, because they are more susceptible to seam integrity issues than pipe 

manufactured using other techniques) were the subject of many industry comments, and the focus of 

discussion with TPSSC, during the rulemaking process.  In general, industry argued that manufacturing 

and construction defects are stable and not prone to failure.  The industry position depends on concluding 

that a successful Subpart J pressure test would have “cleared” any defect that could fail under operational 

pressures experienced during pipeline operations.  Further, for older lines that had never successfully 

passed a Subpart J pressure test, industry argued that long time operating pressure demonstrates that 

manufacturing and construction defects are stable and not prone to failure.  In general, PHMSA was 

persuaded in the validity of these points. 

 

However, failures have occurred due to seam and other manufacturing and construction defects.  The rule 

acknowledges that manufacturing and construction defects can often be considered stable defects, for 

which an integrity assessment is not required.  The rule also requires that operators must determine if 

threats from these defects exist and assess pipeline integrity for these threats when needed.  The following 

discussion provides background information on the regulatory intent and basis for several specific 

requirements contained in 192.917(e)(3) and (4) which address these threats.   

 

II.  PHMSA Position 

 

The PHMSA position on Gas IM Rule requirements for addressing the threat of manufacturing and 

construction defects is summarized below: 

 

 All pipelines are considered to contain manufacturing and construction defects since there is no 

practical way to guarantee a defect-free pipe. 

 A successful Subpart J pressure test is sufficient to reveal any manufacturing and construction 

defects that could jeopardize pipeline integrity at operating pressures less than or equal to MAOP, 

as of the date of the pressure test. 

 Pipelines that have experienced failures due to seam defects or other manufacturing and 

construction defects since its last Subpart J pressure test are considered to be susceptible to these 

threats. 

 Seam defects or other manufacturing and construction defects are considered to be stable if:  

o The pipeline has been pressure tested in accordance with Subpart J; AND 

o The pipeline is not subject to other interacting threats that could cause defect growth or 

failure. 

 For pipeline segments that have never been pressure tested in accordance with Subpart J, 

manufacturing and construction defects are initially considered to be stable as of the date of HCA 

identification. 

 For pipeline segments that have never been pressure tested in accordance with Subpart J, 

manufacturing and construction defects continue to be considered to be stable if: 

o The segment continues to be operated at pressures at or below the maximum operating 

pressure experienced during the five years immediately preceding HCA identification 
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(any amount of pressure increase is considered to potentially result in defect instability)
1
; 

AND 

o MAOP is not increased; AND 

o Stresses leading to cyclic fatigue do not increase; AND 

o The pipeline is not subject to other interacting threats that could cause defect growth or 

failure. 

o For pipeline segments that have never been pressure tested in accordance with Subpart J, 

and that do not meet all of these criteria, the segment is considered to be susceptible to 

threats from manufacturing and construction defects. 

 

III.  The Basis of the PHMSA Position 

 

A.  Which Segments Can Be Considered “Not Susceptible” to Manufacturing and Construction 

Defects? 

 

PHMSA considers that a pressure test, conducted to Subpart J requirements, is sufficient to reveal 

material and construction defects that could jeopardize pipeline integrity.  Pipeline that has successfully 

passed such a pressure test is considered free of defects of concern, at the time the test was completed
2
.  

As originally proposed, the integrity management rule for gas transmission pipelines would have required 

that all covered segments be subjected to a hydrostatic test, once in their lifetime, to provide assurance of 

safety against this threat.  Pipeline that was hydrostatically tested when installed would have met this 

criterion and would have required no additional action for the rest of its lifetime as a result of this threat.  

Older pipeline, that was not pressure tested following installation, would have required additional testing. 

 

Industry comments on the proposed rule identified the proposed requirement for once-in-lifetime 

hydrostatic testing as unreasonable.  Industry pointed out that pipeline installed before the requirements of 

Subpart J were enacted has operated successfully for many years.  Those years of operation provide 

assurance that any manufacturing defects that may be present are stable, at least under the conditions to 

which they have been subjected.  Requiring that all covered pipeline segments that had not been pressure 

tested be removed from service and subjected to such testing would have imposed significant burden.  

PHMSA was persuaded that the safety benefit that would result from this burden was not sufficient to 

justify its imposition for most pipe, where years of successful operation provided assurance that any 

defects present are stable.   

 

The rule language that reflects this position is found in 917(e)(3): 

 

“The analysis must consider the results of prior assessments on the covered segments.” 

 

This language allows operators to consider that threats due to manufacturing and construction defects are 

not significant if the line has successfully passed a Subpart J pressure test.  (However, operators must also 

consider the interactive nature of threats as discussed in Section III.E, below, for all pipelines with M&C 

defects, including those that have been successfully pressure tested to Subpart J requirements.) 

 

                                                 
1
 See Section III.D for specific examples of applying the “look back” comparison to benchmark five-year maximum 

operating pressure history. 
2
 Subpart J was originally promulgated in 1970.  All pipeline newly installed since that time has been subjected to 

the necessary pressure test.  The issues discussed in Sections III.B through III.D of this paper therefore affect only 

pipeline installed prior to 1970 and which has never been tested to Subpart J for other reasons. 
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The question then became one of defining criteria that would identify the limited scope of covered 

segments for which this threat is a potential concern and for which testing should be required.  It is this 

criteria that defines the limited scope of segments for which 917(e)(3)&(4) applies that is addressed in the 

rule.   

 

The following sections clarify some of those requirements.  However, one should keep in mind that all of 

the discussions in the ensuing sections III.B through III.D only apply to lines or segments that have never 

successfully passed a Subpart J pressure test. 

 

B.  For Lines That Have Never Been Subpart J Pressure Tested, What Criteria Is Used to 

Determine if a Segment is Susceptible to M&C Defects? 

 

The rule has explicit language for identifying if a line must be considered to have a threat due to M&C 

defects. 

 

“An operator may consider manufacturing and construction related defects to be stable defects if the 

operating pressure on the covered segment has not increased over the maximum operating pressure 

experienced during the five years preceding identification of the high consequence area.” 

 

Since it is impossible for this condition to ever be false as of the date of HCA identification (in other 

words it is impossible that the operating pressure actually experienced during the preceding five years 

was ever greater than the maximum operating pressure experienced during the same five year period), , 

then all M&C defects are by definition initially considered to be stable as of the date of HCA 

identification.  This, in effect, “grandfathers” all lines, such that all covered segments are initially 

considered to be free from M&C threats as of the date of HCA identification. 

 

If any one or more of the following conditions occur after HCA identification (on pipelines that have 

never been pressure tested in accordance with Subpart J), then the affected covered segments must be 

considered to be susceptible to the threat of M&C defects and must be treated as a high risk segment for 

baseline or reassessment purposes: 

 

(i) Operating pressure increases above the maximum operating pressure experienced during the 

five years preceding identification of the HCA; 

(ii) MAOP increases; or 

(iii) The stresses leading to cyclic fatigue increase. 

 

C.  How Much Pressure Increase is Sufficient to Require a Pressure Test? 

 

Section 192.917(e)(3) specifies requirements that operators must follow if they identify manufacturing 

and construction defects (including seam defects) as a threat potentially affecting their pipeline.  This 

section states, in part, “An operator may consider manufacturing and construction related defects to be 

stable defects if the operating pressure on the covered segment has not increased over the maximum 

operating pressure experienced during the five years preceding identification of the high consequence 

area.”  Section 192.917(e)(4) uses similar language, referring to pressure increases over the maximum 

experienced in a five-year historical period, as one of the criteria that would require assessment of low-

frequency electric resistance welded pipe to be conducted with a method that can detect seam issues.  

These provisions raise a question as to whether there is a threshold of pressure increase, below which 

there is no need for concern. 
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Manufacturing and construction defects, or seam weaknesses, will result in pipeline failure when acted 

upon by other forces that cause the defect to grow or that stress the defected pipe beyond its capabilities.  

Under normal circumstances, the major force acting on the pipe wall, and on any defects in it, is hoop 

stress resulting from the pressure of the fluid inside the pipe.  Operation for many years without failure 

provides some assurance that the hoop stresses are insufficient to cause failure of any defects that may 

have been present.  Increases in pressure, above those historically experienced, introduce increases in the 

stresses applied to any defects.  When those stresses are above those that the pipe has successfully 

experienced without failure, the fact that the pipe has not previously failed can no longer be relied upon, 

with the same level of confidence, as an indicator that the likelihood of future failure is small. 

 

A five-year period was chosen as the comparison basis for pressure increases, because it represents a 

reasonable period in which it can be assumed that the pipe was in a condition similar to that which it was 

in when the high consequence area was identified.  Other threats, e.g., corrosion, can degrade pipe 

strength over time.  Successful operation at higher pressures many years ago, in some cases decades 

previously, therefore cannot provide the same level of confidence that the pipe would be safe if operated 

at those pressures today. 

 

Momentary operation at a pressure above the highest experienced in the last five years, such as might be 

caused by an unexpected transient, does not create a need to assume that manufacturing and construction 

defects have become unstable.  Sustained operation at higher pressures, regardless of the magnitude of the 

pressure increase, do require this assumption, since recent operating experience no longer bounds the 

stress conditions in the pipe.  For this reason, any planned increase in operating pressure above the 

highest maximum operating pressure experienced in the reference period, no matter how small, must be 

treated as having the potential to result in failures from latent defects. 

 

In reality, a small pressure increase (e.g., a few psi) would be unlikely to cause an existing material and 

construction defect to become unstable.  How large an increase is needed to cause concern remains a 

question.  The PHMSA is initiating a scope of work for a technical assessment to try to determine a 

threshold level of pressure increase that should be of concern.  In the meantime, the rule requires that any 

increase in operating pressure, however small, trigger actions.  The historical period of concern, although 

always five years, varies slightly between the threats of concern: 

 

 For the specific case of manufacturing and construction defects, the period is five years prior to 

HCA identification.  Any defects present are generally considered stable, based on the long 

history of successful operation.  The evaluation of the five years preceding HCA identification 

establishes a benchmark for comparison to future pressure increases (192.917(e)(3)). 

 For the specific case of low-frequency ERW pipe (a manufacturing “defect” separately called out 

in the rule) the period is five years prior to a pressure increase.  As for other defects, successful 

operation is assumed to demonstrate that ERW seam defects are stable.  If pressure is increased 

above the level of that demonstration, then the pipeline segment must be prioritized as a high-risk 

segment (192.917(e)(4)). 

 

D.  How is the Five-Year Operating Pressure History to be Applied in Determining if a Segment is 

Susceptible to M&C Threats? 

 

This provision of the rule was changed in the first correction rule.  The IM rule, as originally published 

referred to the maximum pressure experienced after 12/17/98 – five years before the integrity 

management rule was promulgated.  It was changed to five years preceding HCA identification in the 

April 2004 correction.  The reason for the change was industry concern that they would have to review 
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operating logs for an unreasonable number of years for an HCA that was identified well into the future 

(e.g., 2015).   

 

Upon the identification of a new HCA susceptible to the threat of manufacturing and construction defects, 

the operating log should be reviewed to establish the highest operating pressure over the previous five 

years.  This serves as the operational pressure “limit” for the segment under this provision of the 

rule.Whenever the operating pressure is raised, the operator must determine if the new operating pressure 

exceeds this “limit”.  If it does, the segment must be assessed for the manufacturing and construction 

defect threat, and must be prioritized for assessment as a high-risk segment.  . 

 

E.  Interacting Threat Analysis 

 

Industry’s position that any latent manufacturing and construction defects are stable (as discussed in 

Sections III.A through III.D, above) implicitly assumes that the pipeline is not subjected to other threats 

or conditions that could adversely impact those defects.  In reality, nothing is ever unchanging.  The rule 

language, in 917(e)(3) and (4), highlights operational conditions (pressure increases or cyclic loading) 

that could adversely affect M&C defects.  However, other threats could also adversely affect M&C 

defects.  PHMSA’s position is that operators must perform a credible threat analysis to justify that 

interacting threats are not deleterious to the stability of latent manufacturing and construction defects.  If 

this conclusion can be justified, then operators may not need to conduct integrity assessments for seam or 

other manufacturing and construction defects.  However, absent such justification, operators must 

perform assessments capable of identifying seam and/or manufacturing and construction defects to which 

the line is susceptible.  The need to analyze for these interacting threats is based on B31.8S, which is 

invoked by the rule.  Section 192.917(e)(1) states in part: 

 

“An operator must identify and evaluate all potential threats to each covered pipeline 

segment. Potential threats that an operator must consider include, but are not limited to, 

the threats listed in ASME/ANSI B31.8S (ibr, see § 192.7), section 2…” 

 

ASME B31.8S, Section 2, further states that: 

 

“The interactive nature of threats (i.e., more than one threat occurring on a section of 

pipeline at the same time) shall also be considered.” 

 

These mandatory requirements to consider the interactive nature of threats are particularly important for 

seam and other manufacturing and construction defects, since operators may tend to assume that all M&C 

defects are inherently stable.  The PHMSA is in the process of assigning a task to a subject matter expert 

contractor to provide more specific and comprehensive information with respect to threats related to 

M&C defects.  However, the following table provides some examples of how other threats could 

adversely affect otherwise stable M&C defects. 

 



Gas Integrity Management Protocols Supplemental Guidance --- DRAFT 

Program Element B – Baseline Assessment Plan 

Supplemental Guidance Appendix B.08, White Paper, Manufacturing and Construction Defects 

 

 B.08-6  

Defect Type Examples of 

Interacting 

Threats  

Nature of Interaction and Resulting Risk Impact 

Low Freq. ERW 

Seam, Lap Welded, 

AOSmith, or other 

Seam Fabrication 

Defect 

 Selective 

Seam 

Corrosion  

 General 

Corrosion 

 Earth 

Movement 

Selective seam corrosion or general corrosion could result in 

seam defects becoming unstable.  Low frequency ERW seams 

are characterized by brittle material in the heat affected zone.  

Earth movement or other outside forces could result in sudden 

failure of the seam that would be survived by pipe 

manufactured using other techniques. 

Laminations  SCC  

 Corrosion 

Corrosion or cracks that are deep enough to expose the 

lamination could cause immediate failure at pressure below 

recent operating pressures or previous test pressures. 

Hook Cracks  SCC  

 Cyclic 

Fatigue 

SCC could interact with hook cracks to cause hook cracks to 

become unstable.  Otherwise stable cracks could become 

unstable by virtue of pressure cycles that are more aggressive 

than previously experienced.   This could lead to failures at 

pressure below recent operating pressures or previous test 

pressures 

Wrinkle Bend or 

Buckle 
 SCC  

 Corrosion 

Wrinkle bends or buckles have locations of wall thinning in 

the bends of the pipe material.  Less margin is available to 

accommodate corrosion metal loss or SCC threats. 

All   Operator 

Error 

Errors in operation that result in pressure excursions that 

exceed MAOP could result in failures of defects that would 

otherwise be stable under normal operating pressures. 
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C.01 Threats and Risk Factors 

 

Verify that the operator identifies and evaluates all potential threats to each covered 

pipeline segment. [§192.917(a)] 

 

The operator’s risk assessment should address those important factors that affect the probability of 

pipeline failure. To accomplish this, an adequately comprehensive approach would encompass all 

important categories of pipeline failure causes. The rule and ASME B31.8S-2004 list required threat 

categories that must be considered.  

 

Operators should add any additional threats related to segment-specific characteristics. Risk factors for a 

pipeline segment include operating characteristics of the segment and the surrounding area that affect the 

likelihood of failure due to these causes. For example, failure due to third-party damage is affected by 

such risk factors as the frequency of excavations, the extent and effectiveness of line marking, patrols, the 

nature of one-call programs, depth of cover, pipe strength, etc. Failure due to external corrosion is 

affected by location-specific soil corrosivity, type and condition of pipe coating, cathodic protection 

effectiveness, the time since internal inspection, close interval surveys, etc. The likelihood of failure due 

to natural forces is affected by susceptibility to landslide, flooding, earthquakes, etc. 

 

Inspectors should expect to see risk factors in all required threat categories represented in the operator’s 

analysis. If these threat categories are not addressed in the operator’s risk assessment, then documentation 

of a valid basis for their exclusion must be part of the operator’s documentation of its risk assessment 

process and results. 

 

The following documents can be used to aid in determining if an operator has adequately considered all 

threat categories: 

 

 External Corrosion Threat 

o ASME B31.8S-2004, Appendix A1 

o NACE RP0169-2002, Control of External Corrosion on Underground or Submerged 

Metallic Piping Systems, Reaffirmed 2002. 

o Advisory Bulletin ADB-03-06, Corrosion Threat to Newly Constructed Gas 

Transmission and Hazardous Liquid Pipelines. 

(http://ops.dot.gov/regs/adv/Adv_Corr_NewPL-101003.htm) 

 

 Internal Corrosion Threat 

o ASME B31.8S-2004, Appendix A2. 

o Advisory Bulletin ADB-00-02, Internal Corrosion in Gas Transmission Pipelines. 

(http://ops.dot.gov/regs/notice/advisoryinternalcorrosion082800.htm) 

 

 Stress Corrosion Cracking Threat 

o ASME B31.8S-2004, Appendix A3. 

o Advisory Bulletin ADB-03-05, Stress Corrosion Cracking (SCC) Threat to Gas and 

Hazardous Liquid Pipelines (http://primis.phmsa.dot.gov/gasimp/docs/scc_threat.pdf). 

o NACE Internal Publication 35100, External Stress Corrosion Cracking of Underground 

Pipelines, October 2003. 

http://ops.dot.gov/regs/adv/Adv_Corr_NewPL-101003.htm
http://ops.dot.gov/regs/notice/advisoryinternalcorrosion082800.htm
http://primis.phmsa.dot.gov/gasimp/docs/scc_threat.pdf
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o TTO-08, Stress Corrosion Cracking Study with Database, Final Report, Michael Baker 

Jr., Inc., January 2005 (http://primis.phmsa.dot.gov/iim/pdfs/SCC_Report-

Final_Report_with_Database.pdf) . 

 

 Manufacturing Threat 

o ASME B31.8S-2004, Appendix A4. 

o TTO-05, Low Frequency ERW and Lap Welded Longitudinal Seam Evaluation, Final 

Report, Michael Baker Jr., Inc., April 2004. 

(http://primis.phmsa.dot.gov/iim/pdfs/TTO5_LowFrequencyERW_FinalReport_Rev3_A

pril2004.pdf) 

o Integrity Characteristics of Vintage Pipelines, F-2002-50435, Prepared by Battelle 

Memorial Institute for INGAA, October 2004. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=42) 

o Final Report 05-12, Evaluating the Stability of Manufacturing and Construction Defects 

in Natural Gas Pipelines, John F. Kiefner, February 2005. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=45) 

o White Paper, White Paper, Manufacturing and Construction Defects. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=46) 

 

 Construction Threats 

o ASME B31.8S-2004, Appendix A5. 

o TTO-11, Pipe Wrinkle Study, Final Report, Michael Baker Jr., Inc., October 2004 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=23 ). 

o Integrity Characteristics of Vintage Pipelines, F-2002-50435, Prepared by Battelle 

Memorial Institute for INGAA, October 2004. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=42) 

o Final Report 05-12, Evaluating the Stability of Manufacturing and Construction Defects 

in Natural Gas Pipelines, John F. Kiefner, February 2005. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=45) 

o White Paper, White Paper, Manufacturing and Construction Defects. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=46) 

 

 Equipment Threat 

o ASME B31.8S-2004, Appendix A6. 

 

 Third Party Damage Threat 

o ASME B31.8S-2004, Appendix A7. 

o TTO-10, Dent Study, Final Report, Michael Baker Jr., Inc., November 2004. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=22) 

o White Paper, “Assessing for Third Party Damage”. 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=47) 

 

 Incorrect Operations Threat 

o ASME B31.8S-2004, Appendix A8. 

 

http://primis.phmsa.dot.gov/iim/pdfs/SCC_Report-Final_Report_with_Database.pdf
http://primis.phmsa.dot.gov/iim/pdfs/SCC_Report-Final_Report_with_Database.pdf
http://primis.phmsa.dot.gov/iim/pdfs/TTO5_LowFrequencyERW_FinalReport_Rev3_April2004.pdf
http://primis.phmsa.dot.gov/iim/pdfs/TTO5_LowFrequencyERW_FinalReport_Rev3_April2004.pdf
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=42
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=45
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=46
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=23
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=42
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=45
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=46
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=22
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=47
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 Weather Related and Outside Force Threat 

o ASME B31.8S-2004, Appendix A9. 

o Advisory Bulletin ADB-97-03, Potential Soil Subsidence on Pipeline Facilities. 

(http://ops.dot.gov/regs/adv/adb9703.htm) 

o Advisory Bulletin ADB-98-03, Damage Potential from Hurricane Georges. (Potential 

Issue after any Hurricane in Gulf of Mexico) (http://ops.dot.gov/regs/adv/adv1198.htm) 

o Advisory Bulletin ADB-04-04, Potential for Damage to Pipeline Facilities Caused by the 

Passage of Hurricane Ivan.  

(http://ops.dot.gov/regs/adv/Advisory_HurricaneIvan_091704.pdf) 

 

C.02 Data Gathering and Integration 

 

Verify that the operator gathers and integrates existing data and information on the 

entire pipeline that could be relevant to covered segments, and verify that the necessary 

pipeline data have been assembled and integrated.  [§192.917(b)] 

 

The inspection should review operator provisions for assuring the accuracy of input data from all data 

sources. Inspections should review operator processes for obtaining, verifying, applying, and updating 

data from different data sources to the risk assessment. The operator’s input data must be updated 

regularly to provide assurance that the risk results applied to integrity management decisions reflect the 

current pipeline condition. Operator data processes must be specified in the written IM risk assessment 

documentation. 

 

Both manual and automated processes for assembling data for input to models should be reviewed. Some 

operators may have developed “data bridges” that provide automated links between separate pipeline 

databases and a specific risk assessment input database. If so, the data provided by these links should be 

checked to assure that the appropriate information on pipeline segments is being accessed. 

 

C.02.a Pipeline Location Accuracy 

 

Verify that the operator has in place a comprehensive plan for collecting, reviewing, and 

analyzing the data. [ASME B31.8S-2004, Section 4.2 and ASME B31.8S-2004, 

Section 4.4] 

 

Operators are expected to have accurate knowledge of their pipeline location / centerline. Without 

knowing precisely where their pipe is located, the benefits of data integration cannot be realized. 

Operators should be able to demonstrate how they have verified pipeline location. 

 

C.02.c Treatment of Missing or Suspect Data 

 

Verify that the operator has utilized the data sources listed in ASME B31.8S-2004, 

Table 2, for initiation of the integrity management program. [ASME B31.8S-2004, 

Section 4.3] 

 

Use of Subjective Information 

 

The needed input information for risk assessment cannot always be obtained from databases. Information 

on some risk factors may require subjective evaluation of these factors by operator personnel. Often, 

personnel in field operating units are the best source of subjective input regarding local risk factors (e.g., 

http://ops.dot.gov/regs/adv/adb9703.htm
http://ops.dot.gov/regs/adv/adv1198.htm
http://ops.dot.gov/regs/adv/Advisory_HurricaneIvan_091704.pdf
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pipeline markers, coating condition, residential or commercial development near the pipeline). The 

operator risk assessment should draw on the best sources for subjective information on risk factors at 

specific pipeline locations, including field unit personnel. The documented risk assessment process 

should specify the sources for this information and which risk factors utilize the information. It should be 

possible to trace any value in the risk assessment back to a clearly documented source, whether it is to 

actual data or to justified, subjective inputs. 

 

The operator process for obtaining subjective information on pipeline risk factors should be structured so 

that similar pipeline conditions result in consistent evaluations by knowledgeable personnel. Structured 

surveys or interviews should be used to ensure that consistent information is provided for different 

segments. The characterization of risk factors that rely on subjective information should be based on well-

defined criteria that are clear to the individuals providing the information. If qualitative evaluations are 

used (e.g., “excellent” coating condition vs. “good” or “poor” coating condition), then precise criteria for 

the qualitative rating levels should be defined before the evaluations are begun. Training of different 

evaluation teams should be performed by a single individual or group to help further ensure consistency 

among the teams. Follow-up review of the input assessments by a common group would also be 

important in promoting quality and consistency. 

 

C.03.b Risk Assessment Methods 

 

Verify that the operator utilizes one or more of the following risk assessment approaches 

[ASME B31.8S-2004, Section 5.5]: 

 

   1. Subject matter experts (SMEs), 

   2. Relative assessment models, 

   3. Scenario-based models, or 

   4. Probabilistic models 

 

Two principal categories of methods may be used by operators to integrate information on risk factors to 

obtain results for application in IM program elements and other pipeline integrity decisions:  

 

1. “Subject Matter Expert” (SME) panel-based processes employ groups of knowledgeable individuals 

to look at the threat and risk factor information for each pipeline segment and perform the risk 

assessments. Expert group-based processes involve “manual” calculation of risk results based on 

group’s assessment of risk factors. Qualitative or quantitative results may be generated. Some kind of 

structured process is needed to integrate and balance the panel’s knowledge on risk factors. If 

operators employ this approach, the structured evaluation process must be thoroughly documented. 

This process documentation must address: 

 

 Membership of the panel 

 Ensuring consistency of results in the evaluations 

 How the evaluation group will translate information on threats and consequences into risk 

assessment results 

 Rules for resolving difference of opinion within the panel, reaching consensus, and “tie-

breaking” 

 

2. Processes employing risk models use some kind of algorithm to calculate risk measures based on the 

risk factor information. Models are employed to allow integration of information on the many risk 



Gas Integrity Management Protocols Supplemental Guidance --- DRAFT 

Program Element C - Identify Threats, Data Integration, and Risk Assessment 

Supplemental Guidance Appendix C.01 – Protocol Guidance for Identification of Threats, Data 

Integration, and Risk Assessment 

 

 C.01-5  

factors that affect pipeline segments. Models differ in many details, but each is characterized by a 

process of collecting input data on risk factors, organizing the data according to the structure of the 

models, and calculating some risk measure or measures. ASME B31.8S-2004 allows operators to 

employ three types of risk models: 

 

 Relative Assessment (Index) Models 

 Probabilistic Models 

 Scenario-based Models 

 

Models and expert panel-based approaches may be used in combination. For example, expert panels may 

be used to establish numerical weights for some model risk factors, to supplement data or where data is 

not available. Approaches that are purely based on expert opinion are difficult to implement for larger 

systems with many segments requiring risk assessment. Also, because of the large number of factors that 

can impact pipeline failures, however, it is difficult for a group to integrate all the required information 

and to balance the relative contribution of different risk factors without the systematic use of some kind of 

tool for calculation. Expert-based approaches require a great deal of simplification if no model at all is 

used. 

 

Methods to evaluate risk require a variety of input variables to characterize the physical condition of 

pipelines, the measures taken by the operator to protect the pipeline from damage, and the surrounding 

population and for which consequences are estimated. The purpose of these variables is to represent risk 

factors for each pipeline segment. Information on these variables is input and combined by the operator’s 

method (SME panel or risk model) to produce an estimate of the risk for a particular portion of pipe. For 

example, variables representing risk factors that would be intended to characterize the threat from 

external corrosion may include results from previous integrity assessments, corrosion control information 

(such as cathodic protection records), pipe diameter, wall thickness, operating pressure, etc. Inspectors 

should review the variables used in operator risk assessment models and processes to investigate whether 

these variable adequately represent all important risk factors. 

 

Risk Models 

 

Pipeline operators may employ a variety of risk assessment models to meet IM rule requirements. 

Although these models vary in significant degrees, all must have the following two features: 

 

 A database that includes information to characterize the different pipeline segments and the area 

around the segments; and 

 An algorithm that incorporates that data to develop a set of measures of the likelihood of pipeline 

failure, severity of consequences given a failure, and total risk along the segment. 

 

The types of pipeline risk assessment models that may be used by operators and applied in different 

integrity management program elements include relative assessment (index) models, probabilistic (risk 

estimation models), and scenario-based approaches. A report by Kiefner
1
 provides references to 

additional publications examining different pipeline risk models and algorithms. 

 

                                                      

1
Kiefner, J., GRI Guide for Locating and Using Pipeline Industry Research, Section 16, Risk Assessment, GRI-

00/0192.16, Gas Research Institute, Kiefner and Associates, March, 2001. 
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“Relative Assessment” (Index) Models 

 

Risk index models use variables to represent the major characteristics of pipeline segments and the 

surrounding area. These variables are assigned numeric scores that allow the relative quality of a pipeline 

characteristic or the severity of an aspect relating to consequences to be represented. Each variable is also 

assigned a numerical weight. These weights reflect a subjective assessment of the importance to the 

potential for a pipeline failure or to the relevant consequence measure of the characteristic accounted for 

by the variable. The weighted scores are then combined to calculate an index or score representing the 

risk presented by each segment. Often, a likelihood index and consequence index are calculated 

separately. They are then combined to obtain a total risk index. The most common method of combining a 

likelihood and consequence index to calculate a risk score is by multiplying them: 

 

   Risk Index Likelihood Index Consequence Index   

 

The index model algorithms combine likelihood variables according to categories representing major 

threats to pipeline integrity. For example, index model likelihood categories might include: 

 

 External Corrosion, 

 Internal Corrosion, 

 Third-Party Damage, 

 Design and Materials Defects, 

 Ground Movement/Outside Force, 

 Construction Defects, 

 Operations and Procedures, and 

 Stress Corrosion Cracking. 

 

Consequence variables in the models might include the following categories
2
: 

 

 Environmental Impacts, 

 Population Impacts, and 

 Business Impacts. 

 

The models typically include several variables in each of these categories. As noted above, each variable 

is assigned a numerical score based on the attributes of the pipeline segment or the area surrounding the 

section and is weighted according to its importance. The attribute information is stored in a pipeline risk 

database. Individual likelihood and consequence indexes can be calculated for each category, using only 

the scores and weights of variables included in the category. 

 

For example, a risk index algorithm used by one pipeline operator includes the variable “Construction 

Activity” under the category of “Third-Party Damage”. This variable has four possible severity levels, or 

attributes, corresponding to different levels of construction activity along a pipeline segment. A discrete 

score is associated with each attribute so that the variable can be assessed on a consistent basis from 

pipeline segment to pipeline segment. The variable attributes and their associated scores are as follows: 

                                                      
2
 Note: although the Gas IM rule requires consideration of risks to human health and safety impacts only, operators 

may choose to consider other types of consequences in the risk assessment, in order to provide a more complete 

measure of risk for supporting IM decisions. 
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Attribute Score 

High 10 

Medium 7 

Low (“typical”) 5 

Very Low or None 1 

 

The weight for this variable within the third party damage category is 13%. In this example algorithm, the 

attribute score for the “Construction Activity” variable is multiplied by this weight and summed with the 

weighted attribute scores for all other variables in the third-party damage category to calculate a 

likelihood index score for the relative probability of pipeline damage due to third-party damage. This 

cause-specific index score is weighted and summed with the weighted index scores developed for the 

other cause categories to obtain the total likelihood index. The likelihood index is multiplied by the 

consequence index to obtain the total risk score for the pipeline segment. 

 

Some operators use one of the “standard” risk-index models that have been developed by various industry 

consultants, while other operators have developed their own in-house index models. Two commonly used 

industry models are as follows: 

 

 The Integrity Assessment Program (IAP), originally developed by Bass-Trigon Software (BTS, 

now owned by American Innovations). 

 The Muhlbauer model, presented in the Muhlbauer Pipeline Risk Management Manual
3
. Recent 

updates to the manual have been published:  

o Enhanced Pipeline Risk Assessment Part 1 – Probability of Failure Assessments, 

Revision 2.1 (http://primis.phmsa.dot.gov/gasimp/FilGet.gim?fil=495),  and  

o Enhanced Pipeline Risk Assessment Part 2 – Assessments of Pipeline Failure 

Consequences, Revision 1 (http://primis.phmsa.dot.gov/gasimp/FilGet.gim?fil=496) 

 

Significant differences exist among index models with regard to the specific variables that are included in 

the measurements of likelihood and consequence; how scores are assigned to these variables; how the 

scores are weighted; and how the weighted scores are combined to provide an overall index. In the most 

common approach, the likelihood index and consequence index are calculated simply as a weighted sum 

of the variable scores. Each variable weight is multiplied by the corresponding variable score for a 

segment and the products of the variable weights and scores are summed to calculate the likelihood or 

consequence index. The IAP from American Innovations, formerly BTS, is an example of an index model 

algorithm calculating a risk index in this fashion, using an extensive set of variables. Updated versions of 

the IAP have been developed to serve as a tool for integrating all data regarding pipeline integrity. 

 

In the Muhlbauer approach an index model algorithm calculates the likelihood index as a weighted sum of 

variable scores. The Manual provides a set of nominal variable scores and weights that are intended to be 

starting points for the incorporation of segment-specific data. Additional variables can be defined by the 

operator. 

 

                                                      

3
Muhlbauer, W. Kent, Pipeline Risk Management Manual, Gulf Publishing Co., 1992. 

http://primis.phmsa.dot.gov/gasimp/FilGet.gim?fil=495
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?fil=496
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In-house models developed by operators tend to be similar in nature to these two models. In some models, 

the algorithm that translates the individual variable scores into the likelihood and consequence indexes is 

more complex than a simple weighted sum. 

 

It should be emphasized that risk index models do not result in an actual estimate of risk. The likelihood 

and consequence indexes are not direct measures of probability and consequence. Instead, they are 

numerical indices that represent these quantities. In most cases, a higher index value is meant to indicate 

higher probability, consequence, or risk and a lower index value is meant to indicate lower likelihood, 

consequence, or risk
4
. Thus, the indexes provide a relative measure of risk that may be useful for 

comparison of risk between different segments or sections of the pipeline (e.g., for setting integrity 

assessment priorities). Index model risk results are not appropriate for applications requiring an absolute 

estimate of risk. 

 

“Probabilistic” (Risk Estimation) Models 

 

In the second category of risk model, the characteristics of segments of the pipeline and the surrounding 

area are used to derive an actual estimate of the risk for that segment. Likelihood is estimated as the 

expected probability of failure along the segment over a year’s time (or over some other relevant period). 

Actual expected levels of consequences in different categories (in terms of effects on human health and 

safety, the environment, or the potential for economic losses) are estimated. The various consequence 

measures may be combined using some common units, such as equivalent dollar cost. This requires 

consequences such as human deaths and injuries and adverse environmental impacts to be represented by 

dollars in the risk equation. The total risk for the segment is estimated as the product of the likelihood of 

failure and the expected consequences given failure. If the model calculates the likelihood of different 

pipeline failure modes (i.e., small leak, large leak, rupture), then the likelihood and consequences 

corresponding to each failure mode would be estimated as well. The total risk would be estimated as the 

sum of the product of the likelihood of failure in each failure mode and the expected consequences, given 

failure in that mode. 

 

Risk estimation models calculate the likelihood and consequences of a failure along each pipeline 

segment using the same types of information on pipeline segment characteristics and the surrounding area 

that index models use. Like index models, they use a combination of data and subjective inputs to 

evaluate a number of variables in categories corresponding to important failure causes and consequences. 

 

For example, risk estimation models might include the following general failure causes: 

 

 External metal loss corrosion, 

 Internal metal loss corrosion, 

 Stress corrosion cracking,  

 Manufacturing cracks (seam weld fatigue), 

 Equipment impact (mechanical damage), and 

 Geo-technical hazard (ground movement, etc.). 

 

The algorithm for a risk estimation model typically includes numerous complex calculations that translate 

pipeline segment characteristics into estimates of failure likelihood and consequences. In one model of 

                                                      

4
Some index models reverse this relationship, so that higher index values indicate lower probability, 

consequence, or risk. 
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this type, a nominal or base likelihood estimate is provided based on historical failure rates for the cause 

categories. This nominal failure rate is modified according to segment-specific characteristics to estimate 

a segment-specific failure rate (i.e., the expected number of failures for each of the different failure modes 

per year). The algorithm for modification of the base failure rate may be based on statistical analysis of 

incident data or on analytical models (e.g., fault tree models or structural reliability models). In addition, 

the estimate for likelihood of failure may be modified by assumptions about the inspection and 

maintenance history and practice along the segment. For example, segments that have had recent 

inspection and repair would typically have different failure likelihood estimates than other segments 

whose characteristics would otherwise be similar. See below for an example of the probability of failure 

algorithm used in one part of a risk estimation model. 

 

Consequences in some risk estimation models are estimated using analytical models to derive quantities 

such as economic loss and fatalities. 

 

The CFER PIRAMID model is an example of a risk estimation model that has been used by some gas 

pipeline operators. 

 

Another risk estimation model that some operators are beginning to implement is the American 

Innovations (AI, formerly Bass-Trigon) New Generation, or “NewGen” risk model. PHMSA has not had 

an opportunity for an in-depth review of this model as of the Fall of 2006. The new model appears to be a 

move towards, but not a complete shift to, a probabilistic risk approach.  Instead of ranking segments 

based on combinations of collective judgments about the importance of a threat/consequence, it seeks to 

calculate actual consequences in terms such as “failures per mile-year” or “fatalities per mile-year.”  

Threats are not treated individually, as in an index model, but rather can reflect interdependencies (e.g., a 

pipewall thinned by corrosion has less resistance to a third-party damage hit). The “NewGen” Algorithm 

evaluates 7 threats: 

Time Dependent Threats 

 External Corrosion 

 Internal Corrosion 

 Stress Corrosion Cracking 

 Fatigue 

Time Independent Threats  

 Third Party Damage 

 Incorrect Operations 

 Weather / Geotechnical 

Manufacturing, Construction, and Equipment are not considered threats as such, but do impact 

the pipes ability to resist failure. 

 

Further discussion on the NewGen risk model may be found in the 2006 International Pipeline 

Conference white paper IPC2006-10178, A New Generation of Pipeline Risk Algorithms 

(http://primis.phmsa.dot.gov/gasimp/FilGet.gim?fil=497). 

 

Because risk estimation models produce actual estimates of probability, consequences, and risk, they may 

potentially be applied appropriately to IM program areas requiring absolute measures of risk, as well as 

when relative measures are needed. 

 

http://primis.phmsa.dot.gov/gasimp/FilGet.gim?fil=497
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Scenario-Based Approaches 

 

Some pipeline operators employ scenario-based risk assessment approaches to support decision-making. 

These approaches make estimates of likelihood, consequences, and risks by building a scenario or 

succession of events that might occur following a postulated “initiating event,” such as a pipeline leak or 

rupture or tank failure. Probabilities are estimated for the initiating event and each of the successive 

events in the scenario to derive likelihood estimates for the scenario. Consequences are estimated 

according to the conditions created by the sequence of events in the scenario. 

 

Scenario-based approaches employ the same type of data to characterize pipeline segments and the area 

surrounding the pipeline as risk index or risk estimation models, but in the case of scenario-based 

methods, the data are used to support a group evaluation process, rather than a model algorithm. Under 

these approaches, the likelihood and consequences of failure are evaluated by group of knowledgeable 

experts on the pipeline. The group uses the data that have been assembled on the pipeline to guide its 

evaluation of likelihood, consequences, and risks. The only “algorithms” that are part of these approaches 

are event trees that depict the sequence of events in the scenarios, govern the calculation of the likelihood 

of the sequence of events, and define the consequences created by the sequence of events. The figure 

below depicts an example of an event tree for risk scenarios leading from a Third Party Hit initiating 

event. 

 

Scenario-based approaches are not dependent on the use of a specific algorithm for pipe failure likelihood 

and consequences and so can be used to evaluate and compare the risks of a wider portion of a pipeline 

system. For example, the approach can be used to evaluate the risks of compressor stations, storage 

facilities, and other facilities, as well as the risks of the pipeline itself. 

 

These approaches are most likely to be applied in the evaluation of preventive and mitigative measures 

(see Protocol H). Scenarios can be evaluated for the status quo (without the measure being implemented) 

and the expected risk conditions after the proposed measure is implemented. The difference in risk 

between these two scenarios constitutes the risk reduction afforded by the proposed measure and serves as 

a primary criterion for deciding whether to implement the proposed measure. 
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Scenario Frequency Calculation 

1. Impact does not lead to pipeline rupture, but 

does cause coating damage, resulting 

eventually in a corrosion-induced leak 
 x (1 – fR) x fCD x fCL 

2. Impact does not lead to pipeline rupture, but 

does cause coating damage; the damage does 

not result in a corrosion-induced leak in the 

pipe 

 x (1 – fR) x fCD x (1 - fCL) 

3. Impact does not lead to pipeline rupture or 

coating damage 
 x (1 – fR) x (1 - fCD) 

4. Impact causes a pipeline rupture and a fire 

results 
 x fR x fF 

5. Impact causes a pipeline rupture but a fire does 

not result 
 x fR x (1 – fF) 

 

Example Event Tree for Scenario-Based Risk Assessment 

 

 

Corrosion Leak 

No Corrosion 

Leak 

Fire 

No Fire 

Coating 

Damage 

No Coating Damage 

No Rupture 

(fraction fR) 

Rupture 

Third Party Hit 

On Line 

(initiating 

frequency “”) 

1 

2 

3 

4 

5 

(fraction 1 - fR) 

(fraction fCD) 

(fraction 1 - fCD) 

(fraction fCL) 

(fraction 1 - fCL) 

(fraction fF) 

(fraction 1 - fF) 

Scenario 
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Subject Matter Expert (SME) Evaluations 

 

Some operators will not apply formal models to evaluate risks. Instead, expert group evaluations will be 

used as the basis for estimates of the probability and consequences of pipeline failures. These expert 

panels are comprised of groups of knowledgeable individuals who look at the risk factor information for 

each pipeline segment and perform the risk evaluations. Expert group-based processes involve “manual” 

calculation of risk results based on the group’s assessment of risk factors.  

 

Operators utilizing risk assessment results based on expert group evaluations must have documentation of 

what risk information is considered by their group and how that information is used to derive risk results 

for each segment. In the absence of an automated algorithm, some kind of structured process is needed to 

integrate and balance the panel’s knowledge on risk factors. Successful application of this method 

requires a facilitated discussion to elicit the risk evaluations from the group members. The facilitator 

should be familiar with risk concepts and know how to interpret expert opinion in light of individual 

biases. The process should have documented rules for handling situations in which group consensus is not 

achieved and methods for examining uncertainties in risk results. 

 

If an operator risk assessment process relies on expert group evaluations, then the process must maintain a 

balanced consideration of likelihood, consequence, and risk. These processes may produce qualitative 

results (e.g., broad categories of likelihood, consequence, and risk level), but the evaluation that produces 

these results still must consider all important risk factors of a pipeline segment. An example of the 

representation of qualitative results is given in the figure below. In the matrix shown, the different shaded 

regions represent areas of equivalent risk based on different combinations of likelihood and consequence. 

 

Expert panels may be used to pre-process information and obtain intermediate results to be input to some 

kind of algorithm. Because of the large number of factors that can impact pipeline failures, it is difficult 

for a group to integrate all the required information without assistance from some kind of tool for 

calculation. These approaches require a great deal of simplification if no models at all are used. This 

simplification in turn may lead to some potential risk factors being excluded. A major problem 

encountered in inspections of (liquid pipeline operators) IM programs that have used a subject-matter 

expert approach has been the lack of adequate structure to guide the process. 

 

If a risk model is not used in an operator risk assessment, it is important that the risk assessment process 

have controls in place that provide assurance of consistent group evaluation of risk factors from one 

segment to another. Clear definitions must be provided for any qualitative categories that are evaluated 

(e.g., “High”, “Medium”, and “Low” risk). 

 

Above all, it is important that group evaluations consider both the likelihood and consequences of failures 

to obtain a complete and balanced characterization of risk. Examples were encountered during the 

program inspections of operators that neglected one of these risk elements without a valid reason for 

doing so. This can result in an unbalanced, incomplete evaluation of risk and potentially questionable 

results applied to integrity decisions. 
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Example Matrix for Qualitative Risk Measures 

 

 

 

Likelihood 

Consequence 

High 

Medium 

Low 

High Medium Low 

Qualitative Risk Scale 

High Medium Low 
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C.03.c Characteristics of Risk Assessment Methods 

 

Verify that the risk assessment explicitly accounts for factors that could affect the 

likelihood of a release and for factors that could affect the consequences of potential 

releases, and that these factors are combined in an appropriate manner to produce a risk 

value for each pipeline segment. [ASME B31.8S-2004, Sections 3.1, 3.3, 5.2, 5.3, 5.7(j)] 

Verify that the risk assessment approach includes the following characteristics: 

 

i. The risk assessment approach contains a defined logic and is structured to provide a 

complete, accurate, and objective analysis of risk [ASME B31.8S-2004, Section 

5.7(a)]; 

ii. The risk assessment considers the frequency and consequences of past events, using 

company and industry data [ASME B31.8S-2004, Section 5.7(c)]; 

iii. The risk assessment approach integrates the results of pipeline inspections in the 

development of risk estimates [ASME B31.8S-2004, Section 5.7(d)]; 

iv. The risk assessment process includes a structured set of weighting factors to indicate 

the relative level of influence of each risk assessment component [ASME B31.8S-

2004, Section 5.7(i)]; 

v. The risk assessment process incorporates sufficient resolution of pipeline segment 

size to analyze data as it exists along the pipeline [ASME B31.8S-2004, Section 

5.7(k)]. 

 

Numerical Weights 

 

Many risk models are quantified using risk factors that are represented by variables. These variables are, 

in turn, assigned weights to allow their relative significance to be taken into account. For the evaluation of 

the probability of pipeline failure, for example, the variables represent different causes of pipeline failures 

or threats. The weights act on these variables to quantify the relative importance of the different failure 

causes or threats to the overall probability of pipeline failure. 

 

In operator risk models, there should be a clearly defined and valid basis for the values that have been 

chosen for the numerical weights. For risk factors that relate to the likelihood of pipeline failures, the 

weights should reflect the relative frequency of failure causes in operator or industry pipeline failure 

experience. Some failure models use a weighting scheme that begins with the historical frequency of 

failure causes as a baseline and then modifies the weights according to specific conditions at different 

pipeline locations. 

 

For example, the nominal industry-wide or company-wide historical failure rate for failures caused by 

internal and external corrosion, third-party damage, ground movement, operational errors, and material 

defects may be used to develop baseline weights. Then these weights may be modified at pipeline 

locations where it is expected that pipeline characteristics may lead to higher than average failure rates 

from one or more of the causes. For example, locations with corrosive soils, poor coating condition, 

inadequate cathodic protection, no previous integrity assessment, or ILI results showing high indicated 

corrosion rates may be expected to have higher than average failure rates for external corrosion and 

assigned higher external corrosion weights in the risk model. Similarly, locations with unstable soils or 

high seismic activity may have higher weights assigned for ground movement failures. 

 

Liquid operator IM Inspections often found that risk model numerical weights are not well supported. In 

some cases, the weights that were applied were the nominal values suggested by the vendor of risk model 
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being used. These were not necessarily modified to reflect variations among the operator’s pipelines. In 

some cases, the basic variable values and weights were selected through a process of expert judgment. It 

was relatively common for this process to have been of an informal nature, such that it was difficult to 

track the justification for the values selected. 

 

The risk model weighting scheme should be reviewed by inspectors to make sure that weight adjustments 

of this type are based on valid variations in pipeline failure characteristics. Consideration of the specific 

pipeline features both supports a more objective assessment of the relative risk for the pipeline segments, 

and a more effective and integrated understanding of risk information on the part of the operators. Above 

all, it is important to ensure that the weights have not been contrived in a manner intended to produce a 

predetermined result in the relative risk evaluation of different pipeline locations. Inspectors should be 

aware of any instances of operators’ artificial manipulation of model weights and note them. Such 

manipulations can lead to distortions in risk results and erroneous decisions based on the results. This 

practice is contrary to IM rule requirements that operators base decisions primarily on risk considerations. 

 

The table below gives the weights for failure probability factors for two example models. In the table, 

Model 1 has adopted the approach of equal weights for corrosion, third-party damage, operations, and 

design factors. Corrosion has been divided into two portions representing internal and external corrosion, 

with weights based on a subjective assessment of the relative probability of failure due to each type of 

corrosion. Weighting schemes that assign equal weights to all failure causes are not consistent with 

industry historical data, which indicate a higher percentage of failures caused by third-party damage and 

corrosion, for example. If operators use an equal weighting method, then the basis for this approach must 

be given in the risk assessment process documentation. This basis should demonstrate to inspectors that 

the operator’s risk assessment method provides results reflecting an appropriate relative contribution from 

different failure causes that is consistent with the operator’s failure experience and the characteristics of 

different pipeline segments. 

 

In the table below, Model 2 has based the weighting of probability factors on an analysis of the historical 

breakdown of failures causes. If this approach is used by an operator, then the inspectors should ensure 

that the weights that are used are reflective of the operator’s experience and that the resulting segment-

specific risk results that are generated represent the segment risk appropriately. 

 

Probability Factor Category Model 1 Weight Model 2 Weight 

External Corrosion 0.16 0.13 

Internal Corrosion 0.09 0.05 

Third Party Damage 0.25 0.35 

Operations 0.25 NA 

Design & Materials 0.25 0.10 

Ground Movement NA 0.03 

Stress Corrosion Cracking NA 0.02 

Other NA 0.32 
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The following table gives a break down of PHMSA incident data for gas transmission pipelines by failure 

cause category for a recent two-year period. This is provided for comparison with operator risk model 

weighting schemes that may be encountered in IM inspections. 

 
Natural Gas Transmission Pipeline 

Incident Summary by Cause 

1/1/2002 - 12/31/2003  

Reported Cause 
Number of 

Incidents 

% of Total 

Incidents 

Property 

Damages 

% of Total 

Damages 
Fatalities Injuries 

Excavation Damage 32 17.8 $4,583,379 6.4 2 3 

Natural Force Damage 12 6.7 $8,278,011 11.5 0 0 

Other Outside Force 

Damage 
16 8.9 $4,688,717 6.5 0 3 

Corrosion 47 26.1 $31,426,473 43.6 0 0 

Equipment 12 6.7 $5,337,364 7.4 0 5 

Materials 35 19.4 $10,714,336 14.9 0 0 

Operation 6 3.3 $2,286,455 3.2 0 2 

Other 20 11.1 $4,773,647 6.6 0 0 

Total 180  $72,088,382  2 13 

 
 

Use of Operating and Failure History Data 

 

Information input to risk models and evaluation processes must reflect insights from operator failure 

experience, operator failure precursor experience, and applicable industry experience. Analysis of this 

information can provide indications of potential failure causes and consequences for the operator’s 

pipeline. A review of operating history should be part of the operator’s assembly of input information for 

risk assessment. Operators should review internal records of pipeline failures and other incidents that 

could be failure precursors (e.g., third-party excavation on the pipeline right-of-way without one-call). 

Applicable industry data sources include studies based on pipeline incident occurrence data submitted to. 

These sources should be used by operators to obtain information on events and trends that are applicable 

to the operator’s system. 

 

Risk assessment input data that are not based directly on operating experience, to the extent possible, 

should be compared to available data to check for consistency. Similarly, overall data on pipeline failures 

and other incidents should be used as a basis to judge the reasonableness of risk results. This is a sound 

practice regardless of whether the results reflect “absolute” risk estimates, or are relative, as in the cases 

when they are based on an index model or expert panel.   

 

Subdividing Pipelines for Risk Assessment 

 

To support integrity decisions, the operator’s risk assessment process must subdivide the pipeline system 

into separate units for which risk results are generated. Often, this is done by evaluating discrete, testable 

portions of pipelines. These testable portions are referred to as “sections”. A “section” is defined as a 
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portion of pipeline between a pig launcher and receiver (or between isolation valves) evaluated in a single 

integrity assessment, such as an ILI or hydrotest. As a practical matter, integrity assessments will be 

performed for these sections, rather than for individual covered segments. A section may include portions 

of one or more covered segments. The diagram below shows the relation between a section and covered 

segment. 

 

 

 
 

 

Relative Risks of Different Pipeline Sections 

 

The simplest way to assure that the pipeline sections defined for risk assessment provide results that are 

meaningful and that can be reasonably compared to the results for other sections is to define the sections 

to include pipeline segments with uniform risk characteristics. If a risk model is used, this means that the 

model variables have the same or very similar values for each unit. If this is the case, then a single risk 

measure or result representing the entire unit will be meaningful. 

 

Some risk models will calculate separate results automatically along sections of the pipeline if risk 

characteristics change. Others require users to manually define the boundaries of the sections. If this is the 

case, then the operator’s criteria for making these subdivisions should be reviewed at the inspection. If the 

sections are defined according to changing risk factors, then the risk results for that section will reflect a 

uniform risk level. 

 

If risk characteristics are diverse for a single pipeline section, then it is still possible to produce 

meaningful results for the subdivision. This will require, however, that some means of calculating a 

cumulative or average risk for the segments in that section must be available. Cumulative risk would be a 

measure of the sum of the different risk levels for each section of the pipeline. Average risk level would 

be the risk level per mile, which could be calculated by dividing the total risk for the subdivision by the 

number of miles covered by the subdivision. Whether an operator should use cumulative or average risk 

depends on how the risk results are to be used in the operator’s integrity decisions. For example, an 

operator may use the risk results to attempt to maximize risk reduction achieved by integrity assessments 

and associated remedial actions over the next year. If the operator is constrained by the number of 

integrity assessments that may be completed within a year’s time, then the maximum risk reduction is 

achieved by performing assessments on sections with subdivisions that realize the maximum total 

(cumulative) risk reduction according to the operator’s risk assessment results. If, however, the operator is 

constrained by the total mileage of pipe that can be assessed within a year’s time, then the maximum risk 

 

Launcher Receiver 
HCA 2 

HCA 1 
 

Segment 

 

Section 
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reduction is achieved by assessing sections with subdivisions that realize the maximum average (per mile) 

risk reduction. Techniques for combining the segment-specific scores into testable section scores included 

the following: 

 

 Assigning the highest segment-specific risk to be the risk of the entire testable section. In this 

approach the risk for the entire testable section is assumed to be that of the segment within that 

section that has the highest assessed risk. 

 Length-weight averaging of segment scores (operator weightings varied to emphasize differing 

aspects such as covered segment mileage). In this approach, a risk score would typically be 

calculated on a per-unit-length (e.g., per mile) basis for each covered segment in the section. 

The overall risk estimate is then obtained by summing the risk scores for each segment 

encountered on the entire section.  In some cases, this composite value would then be divided 

by the total section length. 

 Segment risk-averaging weighted toward higher section-specific risk scores. In this approach, 

segments with higher risk are subjectively weighted more heavily than are segments with lower 

risk when estimating an average risk for a section. 

 

Each of these approaches has advantages and disadvantages. In particular, in the case of using the 

segment with the highest risk within a section to characterize the entire segment, the primary advantage is 

that it helps to ensure that the individual segments with the highest risk are scheduled early in the baseline 

assessments. This may, however, skew the understanding of the relative risk for different pipeline 

sections. If a long section happens to include a single high-risk segment, while the remainder has few 

covered segments, the overall risk posed by a different section may actually be much higher. 

 

The other approaches generally provide a more balanced view of the risk for a section, especially when 

they account for multiple covered segments.  

 

Risk Assessment Uncertainties 

 

Risk assessment results are subject to uncertainties introduced in each step of the risk assessment process. 

Uncertainties can be related to data representing risk factors and to characteristics of a risk model. Risk 

assessment results should be applied with full perspective on the effect of these uncertainties. Operators 

are responsible for understanding the effect of uncertainties on results and demonstrating to inspectors 

that results are meaningful in light of uncertainties. They are further responsible for taking action to 

reduce uncertainties when they are found to be significant to the characterization of the risk of pipeline 

segments and associated integrity decisions. 

 

Risk index model evaluations are not precisely correlated with risk, because of the simplified algorithm 

utilized in the calculation of the index. This leads to uncertainties in using the risk index to represent the 

actual risk of the pipeline subdivision units. The operator’s documentation of risk assessment 

uncertainties and the effect of uncertainties on results must address the effect on the risk results and the 

supported decisions of using a risk index in place of an actual calculation of risk. 

 

Risk Assessment Input Data Uncertainties 

 

It is important that operators identify data weaknesses and understand and document the effect of data 

uncertainties on risk assessment results and the decisions they support. 
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Data needed for the evaluation of some variables in models may be missing for certain pipeline sections. 

Operators are required to treat this situation by assigning the “worst-case” (highest risk) variable score 

possible for these sections. This approach results in these segments potentially receiving an 

inappropriately high risk score, distorting the results based on the model, so operators are also required to 

evaluate the effect of uncertainties due to the missing data. If the data uncertainty has a significant effect 

on the results, then operators are required to obtain the missing data. 

 

Risk models are likely to employ subjective data as the basis for some risk variable scores. Subjective 

input has been observed to be used for variables such as company operating procedures, the effectiveness 

of one-call systems, and public education. Subjective data for model variables are also used in cases 

where pipeline characteristics are not recorded in databases, but can be obtained from knowledgeable 

field personnel. Subjective data can be the best available information and is often the only source 

available to evaluate some model variables. Subjectively-derived variable scores will have greater 

associated uncertainty, however, and the effects of this uncertainty should be understood by the operator. 

The effects of these uncertainties must be documented in the risk results. 

 

The documentation of the effects of uncertainties on the risk results should indicate how the results might 

change over the range of values that are possible for the variables that are uncertain due to data. One 

method of making this determination is to conduct sensitivity analysis, varying the values of risk model 

variables over a range and observing the effect on the results. 

 

Uncertainties in Numerical Parameters 

 

Risk models may include complex calculations relying on assumptions about the value of parameters 

within the model. These fixed parameters may be based on nationwide or industry-wide averages and may 

not be precisely applicable to the situation in a specific pipeline location. Operators should be aware of 

the effects of uncertainties in these parameters on the risk assessment results and the decisions that are 

supported by them. As with data uncertainties, operators should document the effects of these 

uncertainties. 

 

Uncertainties Due to Expert Opinion 

 

Risk assessments relying on expert opinion or group evaluations are subject to human bias that is avoided 

somewhat by the use of risk model calculations. If an operator’s risk assessment process relies on group 

evaluations to assess risk levels, then the operator documentation should address the effect of potential 

biases on the results. The operator’s process should include controls to minimize such biases and their 

effects. Consistently applied criteria for group risk evaluations and the use of a facilitated risk process 

involving an experienced specialist are two such controls. 

 

Reducing Uncertainties in Risk Assessment Results 

 

If the identification of uncertainties in the risk assessment shows significant effects on the risk assessment 

results and associated integrity decisions, then operators are required to reduce the level of uncertainty 

through additional data or analysis. The operator’s risk assessment process should provide steps for 

reducing the major uncertainties that have been identified. This could involve additional data assembly 

and analysis, risk modeling, engineering analysis, or expert surveys. 

 



Gas Integrity Management Protocols Supplemental Guidance --- DRAFT 

Program Element C - Identify Threats, Data Integration, and Risk Assessment 

Supplemental Guidance Appendix C.01 – Protocol Guidance for Identification of Threats, Data 

Integration, and Risk Assessment 

 

 C.01-20  

Example Risk Estimation Model 
 

This example model is a risk estimation model, in which the probabilities for different failure causes are 

developed using a combination of “adjusted failure rate” and “structural reliability algorithms.” In 

general, the adjusted failure rate algorithms require more subjective input data, but provide quicker, 

simple results, while the structural reliability approaches are based on more objective data on pipeline 

segment characteristics but require more complex calculations. 

 

As an example of the equations for failure cause probabilities under the adjusted failure rate method, the 

equation for the probability of failure due to external corrosion is provided: 

 

AF =  KEC [A/t (T +17.8)
2.28

] FSC FCP FCT FCC    

 Where AF = Adjusted Rate for Failure due to External Corrosion 

A = Pipeline Age 

t = Line pipe Wall Thickness 

T =  Line Operating Temperature 

FSC = Soil Corrosivity Factor 

FCP = Cathodic Protection Level Factor 

FCT = Coating Type Factor 

FCC = Coating Condition Factor 

KEC = Reference Pipeline Scaling Factor 

 

The values for the adjustment factors depend on the pipe characteristics along a segment, as represented 

by the variables given above. The range of values for the external corrosion factors in this example is as 

follows: 

Factor Range 

FSC (Soil Corrosivity Factor) 0.33 to 3.3 

FCP (Cathodic Protection Level Factor) 0.5 to 5.0 

FCT (Coating Type Factor) 0.5 to 2.0 

FCC (Coating Condition Factor) 0.5 to 2.0 

 

The model calculates the consequences of failure by an event tree evaluation calculating the probability of 

failure mode (small leak, large leak, or rupture) and release hazard. The model evaluates the probability 

of each failure mode according to historical data on the distribution of failure modes among the failure 

cause categories (e.g., external corrosion, ground movement, third-party damage). The model determines 

the release hazard according to historical occurrence data and characterizes the area of the hazard zone 

and the hazard intensity. The hazards modeled include fireball, jet fire, vapor cloud explosion, vapor 

cloud fire, vapor cloud, and no hazard. 

 

The model estimates consequences based on the hazard characterization calculations across all failure 

modes. The consequence of pipeline failure is estimated in three categories: 

1. Financial (loss of investment, property, or revenue), 

2. Safety related (potential effect on population), and 

3. Environmental (damage to natural resources).  
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I.  Introduction 

 

The integrity management rule requires (192.917(b)) that operators gather and evaluate data and consider 

specified information concerning covered segments and similar non-covered segments.  Sections 192.925, 

927, and 929, usually by reference to applicable standards, also require data gathering as part of the 

preassessment process for direct assessment.  These requirements reflect the importance that data 

gathering and integration plays in an integrity management program.  This paper describes PHMSA’s 

expectations for what operators will do to gather and integrate data. 

 

II.  PHMSA Position 
 

 Integrating data related to the integrity of pipelines is a key element of the integrity management 

rule. 

 Considering disparate data related to the same segment of pipeline can result in additional/firmer 

conclusions regarding integrity management issues (e.g., coating holiday detected by CIS 

combined with surveillance reports of construction in the area can lead to a conclusion of 

potential third-party damage with more certainty than either data element alone). 

 Operators are not required to generate new data (e.g., conduct excavations, perform new 

analyses) solely to provide information for their initial data integration. 

 Operators should learn from their data integration activities what additional, or more detailed, 

information would be useful in understanding pipeline integrity and should adjust their O&M 

procedures accordingly to improve data gathering at future opportunities. 

 Decisions to be supported by data integration include risk analysis/ranking, selection of 

assessment methods, identification of additional preventive and mitigative measures, and 

determination of reassessment intervals. 

 There are no particular requirements for how operators maintain their data (e.g., database, paper 

files), but operators must be able to demonstrate that they consider all data relevant to a particular 

covered segment in making decisions. 

 Integrated relational database/GIS systems, while not required, can be useful tools for operators 

with significant pipeline mileage. 

 Data organization and structure, alone, does not constitute data integration.  Data integration 

requires that knowledgeable personnel use the information to make decisions/conclusions 

considering the relevant data. 

 

III.  The Basis of the PHMSA Position 

 

A.  The Nature of Data Integration 

 

Integrity management begins with understanding the pipeline and its environment, through evaluation of 

data that was usually collected for other purposes.  In many cases, this data has been handled in isolation, 

and never seen by persons in other parts of the company, responsible for other aspects of pipeline 

operation.  Bringing together relevant information is the first step in establishing an integrity management 

program.  Integrating that data helps illuminate situations that may need attention, or conditions that are 

beneficial to safety and perhaps should be emulated on other portions of the pipeline.  Risk assessments 

and other models are tools that help facilitate integration of the data and creation of information that can 

be used as a basis for actions, or conclusions that no action is needed.  Knowledgeable pipeline 

professionals make decisions regarding the need for action using these tools.  This is the true integration 

of data.   
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B.  Data Gathering 

 

The tools are only as good, however, as the data that is input into them.  Without a thorough assemblage 

of data, the best risk model will not provide consistently useful information.  It is important, therefore, 

that operators have a thorough process for collecting data, and for making it available for use in risk 

models and in other ways in which integrity management decisions are made.   

 

Data is usually collected as a result of routine activities associated with operating and maintaining the 

pipeline.  Operating logs record pressures, indicative of stresses on the pipeline, and transients to which 

the pipeline may be subjected.  Exposed pipe reports record data about the condition of the pipeline that is 

gathered whenever the pipeline is exposed for other reasons.  Records of patrols and surveillance record 

construction activities near the pipeline that could be a threat and evidence of changes in local flora that 

may be indicative of changes in soil conditions.  Logs of in-line inspections provide information about 

pipe condition. 

 

Other than as necessary to assure that required integrity assessments are completed and documented, 

operators need not establish new data collection procedures as part of their integrity management 

programs.  IM programs should rely on the data that is generated for other purposes, often in accordance 

with the operator’s O&M manual.  Personnel making IM decisions regarding a pipeline should pay 

particular attention to instances in which more/different data, or more detailed data, would have been 

useful in making those decisions.  O&M procedures should be revised, as appropriate, to provide this 

additional/better data for future decisions. 

 

C. Feedback 

 

It is also important that operators periodically assess whether they are assembling the appropriate data and 

whether it can be done in ways that would improve its usefulness in the integrity management process.  

Operators should not establish a set of procedures to collect data and never re-visit them.  They should 

stand back, periodically, and consider how well their integrity management program is performing.  Are 

they able to predict integrity management issues before they become incidents and accidents?  Are they 

seeing surprises?  Must assessment and repair plans often be revised at the last minute due to unforeseen 

circumstances?  If problems are occurring, it could be a result of incomplete, inaccurate, or stale data 

being used to make decisions. 

 

Operators should evaluate problems identified in their integrity management programs to understand why 

the problems occur.  Where hindsight makes it possible for an operator to conclude that they could have 

predicted a problem if only some additional data were available, or had been combined in a different 

manner with other data, operators should look to adjust how that data is collected, assembled and 

integrated across their entire pipelines.  In this manner, their integrity management programs will improve 

and will provide for better pipeline safety, often at lower long-term costs. 

 

D. Data Management 

 

Managing large amounts of data can be a daunting task.  The integrity management rule imposes no 

particular requirements for how operators manage their pipeline data.  Operators will be expected to make 

decisions about how to manage their data on the basis of their own business needs.  All operators must be 

able to show that they can, and do, retrieve and use information relevant to a particular segment of their 

pipeline.  This is how integrated decisions must be made for integrity management purposes – by 

collecting and considering the relevant data pertinent to a particular pipeline segment.   
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Operators with significant gas transmission pipeline mileage could need to manage thousands, or even 

tens of thousand, individual pieces of data.  Operators with only a few miles of transmission pipeline will 

have proportionally less data with which to be concerned.   

 

For small operators, a paper filing system, properly indexed to pipeline location, may be more than 

adequate.  Operators with larger amounts of data will likely find some kind of computerized database 

useful.  Fully integrated database and GIS systems can provide a ready means to access information about 

a pipeline segment by “drilling down” from a graphical display of the pipeline location.  Such systems are 

expensive, but their costs often can be offset by reductions in labor costs associated with maintaining and 

retrieving information manually.  PHMSA does not require that any operators use such computerized 

systems, but it would be useful for inspectors to ask if they have been considered when inspections 

identify instances where the magnitude of data seems to have overwhelmed an operator’s ability to handle 

it. 
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I. Introduction 

 

The requirements of Subpart O, Integrity Management, generally apply to pipeline in high consequence 

areas (HCA), referred to as “covered segments”.  There are several provisions of these regulations, 

however, that require consideration of information regarding, or require that actions be taken on, non-

covered segments, i.e., pipeline that is not in HCAs.  These provisions that require operators to “look 

beyond” HCAs are of two principal types – integration of data from non-covered segments, and 

addressing integrity threats in non-covered segments. 

 

II. PHMSA Position 

 

 Operators should use all relevant information about their pipelines in evaluating and protecting 

the integrity of pipeline in high consequence areas. 

 Operators must apply lessons learned and data collected from assessments conducted in high 

consequence areas to other portions of their pipeline in several specific circumstances delineated 

by the rule (discussed below). 

 Pipeline anomalies that are discovered in non-covered segments as a result of integrity 

management activities must be addressed by operators in a manner and on a schedule consistent 

with their importance to pipeline integrity. 

 The schedules by which operators must respond to repair conditions highlighted in the integrity 

management rules do not apply to actions taken outside of HCAs in response to lessons learned 

and data collected from integrity management. 

 

III. Basis for the PHMSA Position 

 

A. Integration of Data from Non-covered Segments 

 

Data integration is a key element of the integrity management programs required by the rule.  It is 

important that operators consider all relevant data, not just data related to covered segments.  Four 

provisions of the rule explicitly require the integration of data concerning non-covered segments.   

 

 1. Data gathering and integration 

 

The basic requirements for gathering and integrating data under the integrity management requirements 

are found in two places: 

 

1. 192.917(b), which states: “To identify and evaluate the potential threats to a covered pipeline 

segment, an operator must gather and integrate existing data and information on the entire 

pipeline that could be relevant to the covered segment.  In performing this data gathering and 

integration, an operator must follow the requirements in ASME/ANSI B31.8S Section 4.  At a 

minimum, an operator must gather and evaluate the set of data specified in Appendix A to 

ASME/ANSI B31.8S and consider both on the covered segment and similar non-covered 

segments, past incident history, corrosion control records, continuing surveillance records, 

patrolling records, maintenance history, internal inspection records and all other conditions 

specific to each pipeline.” 

2. 192.937(b), which states: “An operator must conduct a periodic evaluation as frequently as 

needed to assure the integrity of each covered segment.  The periodic evaluation must be based 

on a data integration and risk assessment of the entire pipeline as specified in § 192.917. 
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These provisions represent the basic data integration and risk analysis requirements in this regulation.  

Data about the operator’s own pipeline is the most valuable information for evaluating potential threats 

and estimating the risk of the pipeline.   

 

Data from non-covered areas of the pipeline could provide information relevant to evaluating covered 

segments.  Non-covered pipe has generally been afforded the same treatment as covered pipe.  

Operational practices, corrosion control (e.g., cathodic protection), maintenance practices, and often pipe 

type are generally the same or similar.  To the extent that these practices could contribute to later integrity 

issues, those issues are just as likely to manifest themselves in non-covered segments as in covered.  

Where environmental conditions and outside factors are similar between non-covered and covered 

pipeline, the likelihood of an accident in either is similar.  The difference is in the potential consequences 

of an accident, and thus total risk.  The integrity management rule focuses on high consequence pipeline 

as a result of this higher total risk, not a greater likelihood of occurrence. 

 

Section 192.917(b) specifies that operators must gather “existing data and information.”  This means that 

operators need not conduct additional assessments or excavations, perform new analyses, or otherwise 

generate new information as they initially gather and integrate information to develop their integrity 

management programs.  Instead, they must assemble information that is already in-hand, but may not be 

known to people outside the company groups that work with it.  The limitation to existing data was 

included as a result of industry concerns, expressed during the rulemaking process, that a requirement to 

integrate “information” could be used to force operators into expensive processes to generate the 

information.  That, at least initially, is not the intent. 

 

The initial data gathering process will likely highlight weaknesses in the available information, and 

illuminate ways in which those weaknesses could be addressed.  Operators will be expected to address 

those weaknesses, and improve the information available to guide integrity management decisions, over 

time.  This can often be accomplished by revising O&M procedures to specify that data be gathered when 

opportunities present themselves, enabling additional and more complete information to be assembled at 

relatively little additional cost.  (These concepts are discussed further in the white paper on data 

gathering). 

 

 2. Stress Corrosion Cracking Direct Assessment (SCCDA) 
 

Section 192.929(b)(1) requires that an operator’s plan for SCCDA provide for a systematic process to 

collect and evaluate data and states, “This process must include gathering and evaluating data related to 

SCC at all sites an operator excavates during the conduct of its pipeline operations where the criteria in 

ASME/ANSI B31.8S…Appendix A3.3 indicate the potential for SCC.” 

 

This provision reflects the difficulty in identifying and addressing SCC.  For SCC, information from 

actual examinations of pipe in service are the most reliable indicator of problems and are the key data 

relied upon in the SCCDA method.  Again, no new excavations are required to gather information.  

Information from all pipe exposed for other reasons in areas where conditions for SCC may exist must be 

integrated in performing SCCDA.  Operators may not previously have gathered information relevant to 

SCC every time their pipeline was exposed.  In particular, magnetic particle non-destructive examination 

is vital to detecting stress corrosion cracking.  Operators planning to use SCCDA should revise their 

procedures to require such examinations, in addition to collecting data on soil and coating conditions, etc., 

whenever they expose pipes in areas where conditions could support SCC.  ASME B31.8S, Appendix 

A3.3 defines relevant criteria for susceptibility to high-pH SCC.  Operators who determine that their 

pipelines may be subject to near-neutral SCC will need to develop their own environmental criteria.   
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It is important to note here that the criteria in ASME B31.8S, Appendix A3.3 relate to classical, high-

temperature SCC.  There are presently no similar criteria defining areas of concern for near-neutral SCC.  

Operators whose threat identification process concludes that near-neutral SCC is a concern will need to 

define information collection requirements as part of developing an appropriate direct assessment 

methodology. 

 

B. Addressing Potential Integrity Threats in Non-Covered Segments 

 

There are several places in which the integrity management rule requires that operators address non-

covered segments in response to finding problems in covered segments.  These are:  

 

 1. Corrosion 

 

Section 192.917(e)(5) requires that operators finding corrosion on a covered segment “that could 

adversely affect the integrity of the line (conditions specified in § 192.933) …must evaluate and 

remediate, as necessary, all pipeline segments (both covered and non-covered) with similar material 

coating and environmental conditions.” 

 

Finding corrosion that significantly affects the integrity of a pipeline is an indication of potential 

problems.  It would be irresponsible not to consider whether that problem might also exist elsewhere, 

adversely affecting the safety of the pipeline and of people near it, simply because of the characterization 

of pipeline segments as non-HCAs.  This provision requires the responsible evaluation.  A question raised 

by this provision is whether an operator is required to perform assessments on similar non-covered 

segments.  Generally, the answer is no.   

 

Where in-line inspection has been performed, operators may have data for some non-covered segments 

that can be evaluated to determine if problems exist.  That data should be considered in evaluating the 

similar non-covered segments.  Where direct assessment was used, or where similar non-covered 

segments exist on portions of the pipeline system where in-line inspection has not yet, or not recently, 

been run, there may be limited data available describing directly the current condition of those non-

covered segments.    In these cases, operators will have to rely on their data integration process to 

evaluate similar non-covered segments to the degree possible. 

 

Operators should use all available information about the pipeline in evaluating the potential that similar 

problems may exist elsewhere.  Operators should also conduct root cause evaluations to determine what 

factors are important and should use the results to guide their consideration of non-HCA information.  

Information that should usually be considered would include in-line inspection data, where available.  It 

would also include, but is not limited to, past incident history, CP data, CIS data, knowledge of soil 

conditions and coating type, and data related to the quality of gas carried (in cases where internal 

corrosion is a concern).  In cases where the integration of this data identifies potential problems in non-

covered segments, operators may need to perform assessments or to excavate and repair/remediate.   

 

The magnitude of problems requiring evaluation is another question.  The rule provision refers to 

“conditions specified in § 192.933.”  The only corrosion condition specifically called out in 192.933(d) is 

an immediate repair condition in which a calculation of remaining strength shows a predicted failure 

pressure less than or equal to 1.1 times MAOP.  This would, indeed, be a significant corrosion finding 

that meets the test in 192.917(e)(5) that the condition “could adversely affect the integrity of the line,” 

and warrants evaluation to determine the extent of the condition.  Operators may conclude that other 
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corrosion conditions identified during assessments [less severe than the specific condition specified in 

192.933(d)(1)(i)] require immediate remediation in accordance with 192.933(d)(1)(iii).  Operators must 

consider these immediate conditions as conditions that could adversely affect the integrity of the line.  

Non-covered segments with the potential presence of similar corrosion conditions must be remediated as 

appropriate. 

 

 2. Internal Corrosion Direct Assessment (ICDA) 

 

Use of ICDA is another instance in which operators are required to take actions on non-covered segments.   

 

1. Section 192.927(c)(3)(iii) requires that operators who find internal corrosion during the direct 

examinations that are part of the ICDA process must, “[e]valuate the potential for internal 

corrosion in all pipeline segments (both covered and non-covered) in the operators pipeline 

system with similar characteristics to the ICDA region containing the covered segment in which 

the corrosion was found, and as appropriate, remediate the conditions the operator finds in 

accordance with § 192.933.”   

2. Similarly, section 192.927(c)(5)(iii) requires that operators’ ICDA plans include “provisions that 

analysis be carried out on the entire pipeline in which covered segments are present, except that 

application of the remediation criteria of § 192.933 may be limited to covered segments.” 

 

These provisions address both the planning and analysis component of ICDA, and response to findings.  

The analysis provision (192.927(c)(5)(iii)) reflects the manner in which ICDA is conducted.  The process 

identifies the endpoints of regions in which an electrolyte may have been present and internal corrosion 

may, therefore, have occurred.  These endpoints are locations at which liquid may be introduced to the 

line and the farthest downstream location to which the gas flow could have carried entrained liquid from 

that point.  These points may not occur in covered segments, even though covered segments exist between 

them and are thus subject to potential internal corrosion.  Once ICDA Regions are defined, operators 

“must identify a minimum of two locations for excavation within each ICDA Region within a covered 

segment” and perform direct examinations at each (192.927(c)(3)).  These examinations, therefore, may 

be limited to covered segments, but analysis of the broader Region (containing the covered segments) is 

necessary to identify covered segment locations most susceptible to potential internal corrosion 

 

Finding internal corrosion as a result of ICDA triggers a requirement to evaluate the potential for similar 

corrosion in other areas with similar conditions (192.927(c)(3)(iii)).  This provision, as the extended 

evaluation required by 192.917(e)(5) for external corrosion, must consider non-covered as well as 

covered segments.  The basis and applicability are similar for both extended evaluations.  As for the case 

of external corrosion, the repair schedule provisions of 192.933(d) do not apply. 

 

 3. Exceptional performance 

 

The final instance in which the rule requires that operators consider non-covered segments affects 

operators implementing a performance-based approach.  Section 192.913(b)(1)(iv) requires that these 

operators have a procedure for applying lessons learned from assessments of covered pipeline segments to 

non-covered segments.  Section 192.913(b)(2)(ii) further requires that exceptional performers 

“[r]emediate all anomalies identified in the more recent assessment [of two that must have been 

completed to implement a performance-based approach] according to the requirements in § 192.933.” 

This includes the specific anomalies called out in 192.933(d), but also the general requirement of 

192.933(a) that “[a]n operator must take prompt action to address all anomalous conditions that the 

operator discovers through the integrity assessment.”  For most operators, this applies to conditions found 
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in high consequence areas.  For operators implementing a performance-based approach, it is extended to 

all discovered anomalies, including those in non-covered segments.  Repair of all identified anomalies is 

not required, but all must be evaluated and repair/remediation must be accomplished as appropriate. 

 

These provisions reflect the “exceptional performance” required of operators using a performance-based 

approach.  Such operators are expected to have mature integrity management programs that apply lessons 

learned to their entire pipelines.  (See the white paper on Exceptional Performance for additional 

discussion) 

 

C. Addressing Actual Integrity Threats in Non-covered Segments 

 

Finally, there is the situation in which information about actual integrity problems may come to light as a 

result of integrity management activities.  This would occur, for example, if an in-line inspection is 

performed and defects are located in portions of the pipeline in non-covered segments.  For these, 

provisions of 192.933(a) apply.   

 

This section requires that “[a]n operator must take prompt action to address all anomalous conditions that 

the operator discovers through the integrity assessment.  In addressing all conditions, an operator must 

evaluate all anomalous conditions and remediate those that could reduce a pipeline’s integrity.”    

 

The special scheduling provisions and requirements to reduce pressure or take other action in 192.933(d) 

apply to covered segments, but the general requirement to address discovered anomalies applies to all 

conditions discovered.  In non-covered segments, operators are responsible for determining the 

appropriate criteria and schedule for remediating anomalies, consistent with the significance of the 

identified problem. 
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Monitoring and Assessment of Piping Subject to Manufacturing and Construction Defects 

 

Characteristics Test History Conditions Stability Assessment Required 

LFERW Pipe or 

Joint Factor < 1 

(lap-weld, 

hammer weld, 

butt weld) 

No Subpart J 

Test 

 MAOP increase, OR 

 5-yr historical MOP 

exceeded, OR 

 subject to cyclic fatigue or 

other interacting threats, OR 

 similar pipe in the system has 

experienced seam failure   

Non-stable 

 Must be prioritized as “high risk” 

 Perform integrity assessments capable 

of assessing seam integrity 

 No MAOP increase, AND 

 5-yr historical MOP not 

exceeded, AND 

 not subject to cyclic fatigue or 

other interacting threats, AND 

 no failure history of similar 

pipe 

Stable 

 Integrity assessments capable of 

assessing seam integrity not required  

 Monitor for MAOP increases, pressure 

increases exceeding 5-yr historical 

conditions, cyclic fatigue, seam 

failures elsewhere in the system, or 

other interacting threats  

Subpart J Test 

 Subject to cyclic fatigue or 

other interacting threats, OR 

 Similar pipe in the system has 

experienced seam failure   

Non-stable 

 Must be prioritized as “high risk” 

 Perform integrity assessments capable 

of assessing seam integrity 

 Not subject to cyclic fatigue 

or other interacting threats, 

AND  

 No similar pipe in the system 

has experienced seam failure 

Stable 

 Integrity assessments capable of 

assessing seam integrity not required  

 Monitor for MAOP increases or 

pressure excursions in excess of 

MAOP  

 

Cast Iron Pipe, 

Steel Pipe > 50 

Years, 

Mechanically 

Coupled Pipe, 

Acetylene Girth 

Weld Pipe 

NA - 

requirements 

from ASME 

B31.8S, App. 

A.4, §4.3 & 

§4.4 

 Pipe experiences low 

temperatures, OR  

 Pipe is subject to movement, 

OR 

 Pipe is subject to removal of 

supporting backfill 

NA - 

requirements 

from ASME 

B31.8S, App. 

A.4, §4.3 & 

§4.4 

 Examination of terrain 

 Monitor for movement with 

appropriate intervention 

 For cast iron pipe, assessment must 

specifically include evaluation of 

susceptibility to land movement or 

removal of support 

No Subpart J 

Test 

 MAOP increase, OR 

 5-yr historical MOP 

exceeded, OR 

 subject to cyclic fatigue or 

other interacting threats, OR 

 similar pipe in the system has 

experienced seam failure   

Non-stable 

 Must be prioritized as “high risk” 

 Perform integrity assessments capable 

of assessing seam integrity 

 No MAOP increase, AND 

 5-yr historical MOP not 

exceeded, AND 

 not subject to cyclic fatigue or 

other interacting threats, AND 

 no failure history of similar 

pipe 

Stable 

 Integrity assessments capable of 

assessing seam integrity not required  

 Monitor for MAOP increases, pressure 

increases exceeding 5-yr historical 

conditions, cyclic fatigue, seam 

failures elsewhere in the system, or 

other interacting threats  

Subpart J Test 

 Subject to cyclic fatigue or 

other interacting threats, OR 

 Similar pipe in the system has 

experienced seam failure   

Non-stable 

 Must be prioritized as “high risk” 

 Perform integrity assessments capable 

of assessing seam integrity 

 Not subject to cyclic fatigue 

or other interacting threats, 

AND  

 No similar pipe in the system 

has experienced seam failure 

Stable 

 Integrity assessments capable of 

assessing seam integrity not required  

 Monitor for MAOP increases or 

pressure excursions in excess of 

MAOP  
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The following guidance is provided in support of Protocol D.2.b: 

 

D.2.b Verify that the operator conducts an ECDA feasibility assessment by integrating and analyzing 

the data collected. [NACE RP0502-2002, Section 3.3]: 

 

ECDA might not be feasible where:  

1. Coatings are disbonded  

2. Backfill has significant rock content  

3. Ground surfaces have multi layered pavement or rebar  

4. Areas contain adjacent buried metallic structures,  

5. Areas contain stray current or DC railroads  

6. Casings 

7. Underwater crossings.  

Operators may be able to perform ECDA in problematic areas by implementing additional testing 

requirements, using additional indirect inspection tools, or utilizing different testing procedures. Some 

examples of these include the following: 

1. Where coatings are disbonded, macro techniques such as CIS and AC attenuation may not yield 

conclusive results. In those cases, only micro tools (such ACVG and DCVG) may be able to 

locate a possible holiday. Because the holiday will appear as small and insignificant in areas that 

are susceptible to disbondment, all indications should be classified severe and excavated. 

2. In areas with significant rock in the backfill or in rock ledges, cathodic protection currents can be 

shielded. Minor indications should be excavated immediately (these could yield immediate 

defects per ASME B31.8S-2004 and §192.922). To date no methods appear to totally overcome 

this problem. 

3. Where an ECDA region is in a paved area with multiple layers of paving, some indirect 

inspection tools may not be suitable unless a moist pathway to the soil under the pavement is 

available. This can be accomplished by boring through all of the layers or by using cracks that 

penetrate all the way to the soil. Some areas may have porous paving and checking the readings 

over the pavement vs. in the adjacent soil should provide guidance on the feasibility of using that 

tool without boring to the underlying soil. 

4. Areas that contain adjacent metallic structures can interfere with many of the indirect inspection 

tools. Such adjacent structures have to be isolated from the structure under study and an 

evaluation of the electrical pathways both through direct connections and grounding needs to 

undertaken. Special attention to grounding of the indirect inspection tools must be taken; such 

grounds need to be as far away as possible from the adjacent structure. Use of electric system 

neutrals as grounds can not be utilized because of unknown potential connections between the 

structures at remote locations. 

5. Areas that contain either AC or DC stray currents can result in inaccurate or difficult to obtain 

cathodic current readings. In addition, the subsurface structure may become anionic because of 

DC stray currents. Great care must be taken when obtaining readings in such locations and quality 

assurance checks on the readings and reproducibility must be assured. The use of DC tools in AC 
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stray areas can alleviate some of the problems and the inverse is also true (AC tools in DC stray 

areas). Many of the tool manufactures provide guidance on the use of their tools in such locations. 

Part of the reason for using complementary tools was to overcome the problem with stray current 

areas. 

6. Several research organizations and operators are working on procedures to address ECDA in 

casings. A screening process to determine the likelihood of problems in casings in under 

development. This process uses indirect inspection tools on each side of the casing to determine if 

there is either an electrical short (direct contact between the carrier pipe and the casing) or an 

electrolytic short (a coating holiday with electrolyte that provides a pathway between the carrier 

pipe and the casing). The indirect inspection tools that are being used are CIS, AC attenuation, 

ACVG, and DCVG. Each tool has limitations and the proposed procedures have not been 

validated. Again, these procedures are for screening purposes only and once a problem has been 

detected, other methods of examining the carrier pipe are necessary, such as guided wave or 

tethered MFL tools. The use of two indirect inspection tools and guided wave determination of 

defects may qualify as ECDA and operators may not have to submit a notification to PHMSA 

and/or state regulatory agency for “other technology”. 

Some operators are using guided wave directly on casings. This single tool does not qualify as 

ECDA and operators therefore must submit a notification to PHMSA and/or state regulatory 

agency for the use of this “other technology”. 

7. Water crossing can be assessed using ECDA providing the operator uses two water proof tools. 

Several tools have water proof versions and can be used either by divers or towed along the 

bottom of the crossing. Some of these tools are CIS cells, AC attenuation (for both depth of cover 

and attenuation over the crossing) and DCVG cells. For rivers and streams, great care must be 

taken to make sure that the towed tools remain above the pipe and are not moved away by 

currents. Many operators only do such crossing during low flow conditions. Tidal areas can be 

tested during slack tide and thus do not present as difficult a problem. 
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The following shows the process for selection of the number and type of ECDA excavations. 

Identify All
Indications and
Categorize by

Urgency

Immediate
Indications

Scheduled
Indications

Monitored
Indications

Dig ALL
Immediate

Indications in
Each Region

Dig the One (1)** Scheduled
Indication Considered to be the
MOST SEVERE in Each Region

Dig the Single (1)** MOST
SEVERE Monitored Indication
in the Region Considered the

MOST LIKELY to Have
Corrosion Based on the Pre-

Assessment

Dig One (1)** Location in the
Region and specific location

Considered the MOST LIKELY
to Have Corrosion Based on

the Pre-Assessment

Did Any Scheduled Dig
Reveal Metal Loss >

20%
?

Was it more Severe Than
Any Metal Loss Found at
an IMMEDIATE Indication

in that Region
?

Dig One (1)**
Additional
Scheduled

Indication in that
Region(s)

Scheduled
Indications

Action Required on a
PER REGION Basis

Action Required on a
PER SEGMENT Basis
(Which may contain

multiple regions)

LEGEND

** Two digs required
at this step on first

application of ECDA

YES

YES

NO YES

YES

NO

YES

NO

YES

VERIFICATION DIGS

1st
Application of

ECDA on
Segment?

One (1) Verification Dig
at a RANDOMLY

SELECTED LOCATION

Two (2) Verification Digs:
1. One dig at Randomly Selected Scheduled Indication (or
Monitored if there is no Scheduled Indication)
2. Second dig at Randomly Selected Location where there is
no indication.

YES
NO
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The following guidance is provided in support of Protocol D.7.b: 

 

D.7.b Verify that the operator collects, as a minimum, the following data and information: 

i. All data elements listed in ASME B31.8S-2004, Appendix A.2 [§192.927(c)(1)(i)] 

ii. Information needed to support use of a model to identify areas where internal corrosion is 

most likely, including locations of all 1) gas input and withdrawal points, 2) low points such 

as sags, drips, inclines, valves, manifolds, dead-legs, and traps, 3) elevation profile in 

sufficient detail for angles of inclination to be calculated, and 4) the range of expected gas 

velocities within the pipeline; [§192.927(c)(1)(ii)] 

iii. Operating experience data that would indicate historic upsets in gas conditions, locations 

where these upsets have occurred, and potential damage resulting from these upset 

conditions [§192.927(c)(1)(iii)] 

iv. Information where cleaning pigs may not have been used or where cleaning pigs may deposit 

electrolytes. [§192.927(c)(1)(iv)] 

 

The following are the minimum data sets that should be collected for each segment undergoing review for 

an internal corrosion threat analysis. This information is compiled from ASME B31.8S-2004, 

Section A2.2 

 

a. Year of installation 

b. Pipe inspection reports (bell hole and others) 

c. Leak history 

d. Wall thickness 

e. Diameter 

f. Past hydrostatic test information 

g. Gas, liquid, or solid analysis (particularly hydrogen sulfide, carbon dioxide, oxygen, free water, 

and chlorides) 

h. Bacteria culture test results 

i. Corrosion detection devices (coupons, probes, etc.) 

j. Operating parameters (particularly pressure and flow velocity and especially periods where there 

is no flow) 

k. Operating stress level (% SMYS) 

l. Corrosion inhibitor 

m. Upsets 

n. Type of dehydration 

o. Repair and/or maintenance data 

p. Location of leaks and/or failures 

q. Gas quality 

r. Existence and location of internal coatings 

 

Where an operator is missing data, conservative assumptions shall be used when performing risk 

assessment or alternatively the segment shall be placed in a higher priority. 
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The following chart from GRI 02-0057 provides some additional information on which data elements are 

essential to a successful ICDA. 

 

 

Data Required to Use ICDA Methodology 

 

CATEGORY  COMMENTS  

Operating History  Essential: change in direction, service, removed taps, etc.  

Defined Length  Essential: length between inputs/outputs  

Elevation  Essential: topography (pipeline location + USGS data),  

 assume constant depth of cover  

Features w/ Inclination  Essential: roads, rivers, drains, etc.  

Diameter  Essential: ID (or OD/wall thickness)  

Pressure  Essential: normal operating range  

Flow Rates  Essential: normal operating range  

Temperature  Essential: conservatively assume ambient  

Water Dewpoint  Essential: assume <7 lb/MMSCF  

Type of Inputs/Outputs  Essential: need to at least know all locations  

Upsets  Informational: nature, intermittent or chronic?  

Type of Dehydration  Informational: rules out glycol input  

Hydrotest Frequency  Informational: presence of water  

Location of Leaks/Failures  Informational: supports ICDA  

Other IC Data  Informational: supports ICDA  
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The following guidance is provided in support of Protocol D.7.c.i: 

 

D7.c.i Verify that the operator integrates the data collected and uses the integrated data analysis to 

evaluate and document the following:  

i. Feasibility of performing ICDA on its pipe segments [§192.927(c)(1)] 

 

The following are data sets that would preclude the use of DG ICDA on a segment undergoing 

assessment for internal corrosion. (Compiled from ASME B31.8S-2004) 

 

a. The pipeline normally contains liquids, including glycols 

b. The pipeline has been previously converted from a service for which ICDA is not applicable (e.g., 

crude oil, products) unless it is demonstrated that internal corrosion did not occur in the previous 

service  

c. The pipeline is inhibited; the use of corrosion inhibitor precludes application of ICDA 

d. The pipeline does have an internal coating that is intended to provide corrosion protection 

e. The maximum superficial gas velocity in the pipeline is greater than 25 ft/s (7.6 m/s)  (unless 

flow modeling has been performed outside of this range) 

f. Nominal pipe diameter is outside 4 and 48 inch (0.1 to 1.2 m) (unless flow modeling has been 

performed outside of this range) 

g. Pressures are not maintained within the range 500 to 1100 psi (3.4 to 7.6 MPa) (unless flow 

modeling has been performed outside of this range) 

h. There is not a relatively constant temperature over the pipe length 

i. If history indicates any internal corrosion on the top of the pipeline, ICDA is not applicable (for 

new pipelines the risk of top of the pipeline corrosion should be assessed by modeling or 

laboratory testing) 

j. Pigging affects where liquids could collect, which directly affects the distribution of internal 

corrosion in a way that is not predicted by ICDA. Thus, ICDA is not intended for pipelines that 

have been (or are currently) routinely pigged. Pipelines subjected to regular maintenance pigging 

(for example, annual or more frequent basis) should not be assessed using ICDA. The operator 

must provide technical justification whenever ICDA is applied to a pipeline that has any history 

of pigging 

k. Pipelines that contain accumulations of solids, sludge or scale should not be assessed using 

ICDA, unless the influence of those materials has been carefully evaluated. Based on information 

collected during the data collection step, operators must determine whether accumulations of 

solids are significant enough to influence the validity of the ICDA results through any of the 

mechanisms described below. The presence of solids, sludge and scale may affect the validity of 

this ICDA process by:  

 Increasing corrosion through retaining water inside of a porous matrix or under a solid 

layer.  

 Increasing corrosion by attracting water through hygroscopic properties and/or 

deliquescence.  

 Increasing corrosion through the formation of a concentration cell, i.e. under deposit 

corrosion. Decreasing corrosion through the formation of a protective layer.  

 

http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=67
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The following guidance is provided in support of Protocol D.7.c.i: 

 

D7.c.ii Verify that the operator integrates the data collected and uses the integrated data analysis to 

evaluate and document the following: 

  ii. Identification of all ICDA Regions and the location of each region. [§192.927(c)(1) & (2)] 

 

The figure below is an example of DG-ICDA region definitions for a given pipeline.  All historic outlets 

and inlets are shown (Location A, Location B, end and beginning of the line).  There was suspected 

backflow at the outlet at Location A between 1978 and 1988, so this location has also been used in the 

region definitions.  From this information, the pipeline operator defined three distinct DG-ICDA regions. 
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3
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3
/h ( 295 

MMscf/d) 
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No Gas Flow 
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Sm
3
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 REGION 1     REGION 2      REGION 3  

   

Figure B1: Illustration of ICDA Region Definitions 
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The following guidance is provided in support of Protocol D.7.e: 
 

D.7.e Verify the operator’s plan uses the model in GRI 02-0057 ICDA of Gas Transmission Pipelines- 

Methodology (or equivalent acceptable model) to define critical pipe angle of inclination above which 

water film cannot be transported by the gas, and that the model considers, as a minimum: 

[§192.927(c)(2)] 

 

i. Changes in pipe diameter, [§192.927(c)(2)] 

ii. Locations where gas enters a line, [§192.927(c)(2)] 

iii. Locations down stream of gas draw-offs. [§192.927(c)(2)] 

iv. Other conditions that may result in changes in gas velocity. [§192.927(c)(2) & GRI 02-0057]  
 

 

GRI Flow model 

 

A simple method to predict the critical inclination angle, θ utilizes a modified Froude number (which 

represents the ratio of gravitational force to inertial stress per unit area acting on a fluid) combines results 

of simulations in the following expression. 
 

 

 

Where: 

ρl   = liquid density; 

ρg  = gas density (determined by total pressure and temperature); 

  g      = acceleration due to gravity; 

  did    = internal diameter; 

Vg    = superficial gas velocity; and 

F      = critical Froude number 

= 0.35 (0.07 standard deviation) at θ < 0.5º 

= 0.56 (0.02 standard deviation) at θ > 2º      

= linearly interpolated in the range between 0.5º and 2º (turbulent to laminar 

transition zone) 
 

The operator shall consider a compressibility factor, Z, in these calculations.  The following expression 

represents this factor: 
 

 

 

Where: 

P  = pressure  

V = volume 

n  = moles 

R  = the gas constant 

T  = temperature 
 

For the range of typical ICDA gas conditions, a value of Z = 0.83 is suggested. 

 
 

In the ICDA steady-state flow modeling calculations, the operator shall use the highest superficial gas 

velocity to which the pipeline has been exposed over its operational history. In the absence of historical 

velocity data, the maximum design flow velocity shall be used. 
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http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=72
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=72
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=72
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=72
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=72
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NACE Flow Model 

 

A simple method to predict the critical inclination angle, θ utilizes a constant to eliminate the need to 

perform iterations to determine the correct angle. In addition, the NACE flow model has an improved 

range of pressures, 0 psi to 1100 psi. 
091.1

2

*
*675.0arcsin
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Where: 

ρl   = liquid density; 

ρg  = gas density (determined by total pressure and temperature); 

  g      = acceleration due to gravity; 

  did    = internal diameter; 

Vg    = superficial gas velocity 

 

The compressibility factor Z is calculated in the same manner as in the GRI model and a value of 0.83 is 

suggested. 

 

In the ICDA steady-state flow modeling calculations, the operator shall use the highest superficial gas 

velocity to which the pipeline has been exposed over its operational history. In the absence of historical 

velocity data, the maximum design flow velocity shall be used. The NACE RP also uses sub-regions to 

determine the hold up points under low flow conditions. 

 

Validation studies have been conducted on the NACE Flow model to show that it is equivalent to the GRI 

Flow model. Here is a graph of the both methods: 

 

The solid line represents the NACE flow model and doted line the GRI flow model. 
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Example of Determining the Critical Angle of Inclination 
 

Example Conditions 
 

 Flow   S  N 

10
3 
Nm

3
/h (MMscf/d) 

 Flow   N  S 

10
3 
Nm

3
/h (MMscf/d) 

Pressure  

MPa (psi) 

Temperature  

°C (°F) 

High 413 (370)  329 (295)  5.9 (850) 16 (61) 

Average 313 (280) 246 (220) 4.82 (700) 16 (61) 

Low 0 0 3.45 (500) 16 (61) 

 

 Calculation of gas density: 

 

g/cm3 0.0285 

 
K  289  mol/K)-/gm  Pa (8.314  0.83

mol-g/g 16  MPa 0.101325) (3.45

..

.

3










g

g

g
TRZ

MWP







 

 

 Calculation of gas velocity 

 

hmOPFlowRate

hm
OPFlowRate

TxP

PZxTxeSTPFlowRat
OPFlowRate

STP

STP

/10x4.10

 
K  273 MPa 0.101325) (3.45 

MPa 0.101325)x0.83xK 289x)/10x(413

33

33








   

 

Where metric standard conditions are P STP = 0.101325 MPa and TSTP = 273 K. 

Next, calculate superficial velocity, Vg as shown in Equation (A3): 

 

Vg = OP Flow Rate / Area  

 = OP Flow Rate / [ × (dID
2
/ 4)] 

 = 10.4 × 10
3
 m

3
/h × (1 h/3,600 s) / [( × [0.745 m]

 2
)/ 4] 

 = 6.6 m/s  

 

 

 Calculation of Critical Inclination Angle  

 
091.1

2

*
*675.0arcsin


















IDg

Vg

gl
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For 413 x 10
3
 Nm

3
/h (370 MMscf/d) the critical inclination angle is 6 degrees; the critical 

inclination angle for the south to north direction.  For the north to south direction, 329 x 

10
3
 N m

3
/h (295 MMscf/d), the critical inclination angle is 4 degrees. 
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Inclination Profile Calculation  

 
 

The operator shall calculate the inclination profile, or change in elevation over the defined length, using 

the collected pipeline data.  The inclination profile shall be composed of multiple sets of data points for 

each ICDA region examined and shall be calculated by the equation below:  
 

 

 

 

 

 

 

Example of Inclination Profile 
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Compiled from Proposed NACE RP 0104 
 
 

 

 
 

 

 
 

 

 
 

 

 
 

 

 
 

 

 
 

 

 
 

 

 
 

 

 
 

 
 

 

 

 

 

 
 

 

 
 

 

 
 

 

 
 

 

 
 

 

Note 1: If there are no downstream inclinations greater than critical inclination angle, select inclination 

angles from greatest to smallest. 

 

Note 2: If there are no downstream inclinations greater than inclination angles of previously examined 

sites, select the next downstream inclination with inclination greater than the critical inclination angle.  If 

no downstream inclinations greater than critical inclination angle, go to next step. 

 

Note 3: If corrosion is not found at any of the inclination angles examined, define Subregion ‘n’ = 0 as the 

length of pipe between 0 km (0 mi, or start of pipe) and the first inclination angle inspected (e.g., the first 

inclination angle greater than the critical inclination angle). 

  

Inspect the first site downstream from the 
start of the region (in the direction of flow) 

with inclination greater than critical 
inclination angle (See Note 1). 

Inspect the next location downstream the 
last site examined with inclination greater 

than critical inclination angle. 

Validation Site – Inspect one downstream 
location with inclination angle greater than 

inclination angles of previous sites inspected 
(See Note 2). 

Define Subregion ‘n’=0 as the distance 
between start of region and the first 

inclination angle at which corrosion is found 
(See Note 3). 

Select Subregion ‘n’ 
(From DG-ICDA subregions 

n=0,1…n) 

Define subregions 1…n for each length 
between corroded critical inclination 

angles. 

Inspect the next location downstream 
the last site examined with inclination 
greater than critical inclination angle. 

Inspect the next location downstream 
the last site examined with inclination 
greater than critical inclination angle. 
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SCC is a form of “environmentally assisted cracking” or EAC.  This generic term describes all types of 

cracking in pipelines where the surrounding environment, the pipe material and stress act together to 

reduce the strength or load-carrying capacity of a pipe. Other examples of EAC include corrosion fatigue, 

hydrogen induced cracking and hydrogen embrittlement.  

 

Three conditions are necessary for stress corrosion cracking to occur: 

 

 a potent environment must develop at the pipe surface, 

 the pipe steel must be susceptible to SCC, and  

 a tensile stress of sufficient magnitude must be present 

 

The key point is that all three conditions must be present in order for cracking to occur.  If any one of 

these three conditions is not present or reduced to a point where cracking will not occur, then SCC will 

not develop. 

 

 
 

 

It is now recognized that there are two forms of SCC on underground pipelines, high-pH SCC and near 

neutral pH SCC.  The pH is in reference to the electrolyte found beneath the disbonded coating where the 

cracking exists.  Near neutral pH SCC has been associated with terrain conditions (soil, topography and 

drainage) and other factors such as disbonded tape coating and stress level.  This information has formed 

the basis for models that are used to predict the likelihood of the occurrence of this form of SCC on 

pipeline systems. 

 

The majority of high-pH SCC failures have been associated with bituminous coatings (coal tar or 

asphalt); while the near-neutral-pH SCC failures have occurred most frequently on tape-coated pipelines 

(cases on asphalted lines have also been reported). No SCC has been found under fusion bonded epoxy 

coated lines, or under extruded polyethylene coated lines 

 

Additional discussion covering stress corrosion cracking can be found on the PHMSA SCC Fact Sheet - 

http://primis.phma.dot.gov/comm/FactSheets/FSStressCorrosion.htm.  

 

http://primis.rspa.dot.gov/comm/FactSheets/FSStressCorrosion.htm
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The following discussion is derived from TTO-08, Stress Corrosion Cracking Study, Michael Baker Jr. 

Inc., January 2005 and Recent NACE International Papers. This discussion is provided in support of 

Protocol D.12.c. 

 

 

High-pH SCC 

 

Crack growth falls into a 4 stage model: 

 

1. Stage 1 is the initiation time which represents the time for the coating to deteriorate and for the 

environmental conditions to build up. Backfill, coating condition and soils can all play a role in 

the time it takes to pass through this stage. 

2. Stage 2 represents the exponential decrease in crack growth rate and may only last a few days 

3. Stage 3 consists of the sporadic coalescing or cyclic softening of previously initiated cracks. 

4. Stage 4 occurs when the crack is so large that a small amount of growth reduces the remaining 

wall thickness sufficiently that the driving force overcomes the effect of work hardening. 

 

 
In each of the stages, there is no set time frame and in some cases the cracks can progress from one stage 

to another in a matter of days, not weeks. The initiation period can last years, typically 10 years or more. 

 

Near-Neutral pH 

 

There is no well accepted model for initiation of near-neutral SCC. Some investigators have found that 

less than 10% of cracks could be activated and that 80% of the growing cracks were near the edge of 

existing clusters. Some laboratory experiments have shown that near-neutral cracks can grow fairly 

quickly while other experiments have shown just the opposite.  One expert believes that in the real world, 



Gas Integrity Management Protocols Supplemental Guidance  ---  DRAFT 

Program Element D – Direct Assessment Plan 

Supplemental Guidance Appendix D.09 – Crack Growth Mechanisms and Models 

 

 D.09-2  

as environmental conditions change, such as with changing seasons, near-neutral and high pH SCC can 

co-exist and move from one form to the other. Both trans-granular and inter-granular cracking have been 

found in pipelines in Florida and Texas side by side, thus proving the postulated theory of both types of 

SCC occurring on the same pipeline. In a paper given at the recent NACE International Corrosion/2005 

Conference entitle “Recent Developments in Characterizing the Mechanism of Near-Neutral pH SCC”, 

the authors postulate that hydrogen is generated by the breakdown of bicarbonates and thus the 

mechanism for near-neutral pH SCC involves hydrogen cracking and embrittlement. Furthermore, under 

many conditions, the near-neutral SCC cracks will undergo normal external corrosion at the crack ends 

and this will cause a blunting effect that will dissipate the crack growth mechanism. Other factures in the 

cracking mechanism are both the frequency and the magnitude of cycling on the pipeline from cyclic 

fatigue. Because of this reason, it may become apparent that near-neutral SCC is more prevalent in liquid 

pipelines rather than gas pipelines.  

 

In summary, although the crack growth mechanism is fairly well understood for high pH SCC, 

considerable more research must be done to understand the near-neutral pH SCC mechanism.  

 

Additional information can be found in the Michael Baker Study, OPS TT08 – Stress Corrosion Cracking 

Study (http://primis.phmsa.dot.gov/iim/pdfs/SCC_Report-Final_Report_with_Database.pdf ).  

 

The following is an abstract from a NACE paper given at the Corrosion/2005 conference in Houston, TX. 

 

Recent Developments in Characterizing the Mechanism of Near-Neutral pH SCC  

 
 

 

 

  

http://primis.phmsa.dot.gov/iim/pdfs/SCC_Report-Final_Report_with_Database.pdf


 

 

 
 

Pipeline and Hazardous Materials Safety Administration 

Office of Pipeline Safety 

 

 

 

 

 

 

 

 

Gas Integrity Management  

Inspection Manual 

 

 

 

 

 

Protocol E 

Supplemental Guidance Appendix E.01 

White Paper 

Discovery of Condition Date  

 

July 1, 2005 

 



Gas Integrity Management Protocols Supplemental Guidance  ---  DRAFT 

Program Element E – Remediation 

Supplemental Guidance Appendix E.01, White Paper, Discovery of Condition Date 

 

 E.01-1  

Per 192.933(b) listed below, operators have 180 days to discover a condition.  

 

(b) Discovery of condition. Discovery of a condition occurs when an operator has 

adequate information about a condition to determine that the condition presents a 

potential threat to the integrity of the pipeline. A condition that presents a potential 

threat includes, but is not limited to, those conditions that require remediation or 

monitoring listed under paragraphs (d)(1) through (d)(3) of this section. An operator 

must promptly, but no later than 180 days after conducting an integrity assessment, 

obtain sufficient information about a condition to make that determination, unless the 

operator demonstrates that the 180-day period is impracticable. 

 

The phrase “…when an operator has adequate information about a condition…” is where much of the 

confusion is centered on the “Discovery of Condition” end point for the 180 clock. This clock determines 

how quickly an operator must address issues discovered during an assessment of a covered segment. 

 

To determine this important date, which can be different for each assessment method, one needs to review 

the assessment method to determine when information about potential conditions is sufficient to 

determine if it is a threat to the pipeline’s integrity. 

 

For pressure testing, because of the nature of the test, an operator will have sufficient information for 

discovery of a condition at the conclusion of the test, which is less than 24 hours after the start of the test. 

This is the simplest test and is basically a pass or fail. If the pipeline passes, then there is no condition to 

be determined. If the pipeline fails, then the pipeline is inoperable until the defect is found and 

remediated. Simple as that. 

 

The process starts to get confusing when we move into in line inspection (ILI). ILI can have several types 

of tools and each can give different results depending on what they are used to determine. Knowledge of a 

dent or a wrinkle bend can be obtained from a geometric tool, but what can not be determined is if there is 

corrosion or metal loss. Thus, there could be two discovery of condition dates, one for the geometric 

feature itself and the other for if there is metal damage or corrosion. 

 

A metal loss tool would give an estimate of the severity of the metal loss in any area along the pipeline. 

Typically when operators perform an ILI assessment of a pipeline for the first time, they do not have 

concrete information until they have completed one calibration excavation. This excavation takes either 

the preliminary or final report data and compares it to the actual metal loss found. Once this is completed, 

the tool is considered to be calibrated to that and similar pipelines. The date of this knowledge could be 

open to whether the vendor gives an accurate preliminary data set or whether the final report has the 

accurate data sets. On subsequent ILI inspections, if the ILI vendor provides a preliminary report (in some 

cases this will be at the conclusion of the tool run), that may be considered adequate information and the 

180 day clock would end at that period. The rationale is that some metal losses will remain from prior tool 

runs and they can be compared to calibrate the current run. 

 

The last and the most difficult to quantify discovery of condition date is with DA techniques. This method 

of assessing conditions typically looks either at antecedents or precursors of the condition. From the 

knowledge gained from these, assumptions are made about the probability of encountering a condition. 

Only when the pipeline is exposed for additional testing can it be concluded that a condition exists. As an 

operator gains experience, knowledge, and technical ability, it can be expected that they will be able to 

view the precursors and determine the likelihood of a condition occurring. 
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Now the basics are understood, here is a suggested guidance on when “Discovery of Condition” can occur 

and when the 180 day clock should have occurred. 

 

 
    

Discovery of Condition Date 
Method Pressure Testing In line Inspection Direct Assessment 

        

Initial Test       

Discovery Date At Conclusion of Test 
After first dig based on 

final report 

After all Direct 

Examination digs are 

completed 

        

Subsequent Tests       

Discovery Date At Conclusion of Test 
Upon receipt of preliminary 

or final report 

After completion of first 

Direct Examination dig 
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E.01 Introduction 

 

The operator=s IM program should document how previous assessments results are to be used in the 

review of baseline and continual assessment results. The operator=s review process should require that 

previous assessment results, if available, be used in conjunction with the current results.  This would 

allow the operator to identify trends in the overall condition of the pipeline.  It would also allow the 

operator to compare the severity of specific anomalies and determine defect growth rates.  This could help 

operators determine whether repair activities are needed in the short term or, as in the case of stable 

conditions, whether repair activities can be deferred.  This comparison of assessment results will require 

that the operator use a consistent mechanism for identifying (or overlaying) the results of applicable 

assessments.  It will also require that the comparison of results systematically consider tool sensitivity and 

accuracy for each set of results. 

 

A single assessment may be composed of multiple ILI tool runs, typically an MFL metal loss tool in 

conjunction with a geometry tool.  It is important that the review of tool data be integrated to consider the 

composite information that is made up of both the geometry tool data and the MFL tool data.  Sometimes, 

the picture of the defect and how it is being characterized becomes clearer when both sets of data are 

reviewed together, allowing better integrity decisions to be made.  For instance, an MFL indication of a 

dent with metal loss might be mistaken for internal corrosion metal loss, or its significance might not be 

understood.  The same MFL indication may be interpreted differently if analyzed together with geometry 

tool data that indicates a dent at the same location. 

 

The rule requires that operators integrate assessment results with other pertinent information about the 

risk-conditions of the pipeline to uncover integrity issues that might not be evident from the assessment 

data alone.  For example, internal corrosion could be masked by the presence of obvious external 

corrosion and obvious dents could mask the presence of cracks that were started by the same damage 

incident that caused the dent. 

 

Valid ILI results may be affected by the internal cleanliness of the assessed piping system. One operator 

that was inspected in the initial phase of IMP inspections had issues with an accumulation of “black 

power” (iron sulfide). This accumulation had to be chemically cleaned in order to obtain valid ILI results. 

 

Inspectors should examine the operator’s processes and implementation of ILI data validation and 

verification, the need for verification digs (including when they might not be needed), plotting unity 

graphs to compare actual vs. called and proper action by operator in response to discrepancies between 

called and actual defects.  A situation has been observed where the ILI was seriously undercalling defects, 

and the operator was having log regraded.  It had been over a year since original final report and 

regrading was not complete.  If logs require regrading, then the regrading must be complete within 180 

days of the completion of the assessment (the 180-day discovery clock still applies, the operator must 

obtain sufficient information to discover within 180-days). 

 

E.02 Integrity Assessment Results Review: ILI Vendor Specifications 

 

E.02.01 Completion of Final Vendor Report within 180 Days 

 

The services that are to be provided by the tool vendor should be specified and should be adequate to 

support all regulatory requirements.  Included in these specifications should be a requirement for the 

vendor to identify and report anomalies in a timely manner that supports the operator=s discovery of 

anomalous conditions within 180 days of completion of the assessment.  
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E.02.02 Use of Specified Tool 

 

The operator=s Baseline Assessment Plan and Continual Assessment Program must specify the type of 

tool based on the risk characteristics of the pipe to be assessed and the capability of the selected tool to 

identify anomalies associated with those risk characteristics.  The operator must ensure that the 

requirements imposed on the ILI tool vendor are adequate to identify and, as appropriate, accurately 

characterize anomalies associated with those risk factors.  In addition: 

 

 The type of tool should be the same as specified in the Baseline Assessment Plan. 

 The tool specifications for the detection of anomalies and the characterization of anomalies 

should be the same or better than the specifications assumed by the operator when the choice of 

tool was made.  This should include both detection and sizing tolerances (e.g., if high resolution 

tools are required by the baseline assessment plan, then the vendor specifications should ensure 

that high resolution (and not low resolution) tools are used. 

 Criteria for concluding that the tool run was a good run should be included and address criteria 

for missing data, number of sensors that are allowed to be inoperable, etc. 

 Specifications to the vendor should include sufficient major features such as valves, joints, etc. so 

that good correlation of data can be made by the vendor. 

 Specifications to the vendor should include terminology for assigning anomalies that is consistent 

with the Rule, in order to avoid miscategorization. 

 

E.02.03 Vendor Reporting of Immediate Repair Conditions or Other Serious Conditions 

 

The requirements placed by the operator on the tool vendor should include the need to provide 

preliminary information on potentially significant anomalies (i.e., AImmediate Repair@ conditions as 

defined in '192.933(d)) as quickly as practicable.  The operator might choose to impose additional prompt 

reporting requirements based on its knowledge of the pipeline conditions or pipeline risk.  The time frame 

to submit information about a significant anomaly by the tool vendor should be on the order of five days 

or less, following completion of the assessment.  Among some operator=s that have been inspected to 

date, a common practice is to report such immediate threat conditions the same day as the ILI tool run is 

completed, based on an initial review of the raw ILI data.  Prudent operators should also ensure that a 

means of accounting for tool tolerance is considered when identifying immediate repair conditions. 

 

E.02.04 Vendor Report Content 

 

The tool vendor report should contain enough information to allow the operator to identify, locate, 

validate, and evaluate all identified pipeline anomalies.   These terms may vary from one tool vendor to 

another.  Therefore, definitions of terms and data to be reported should be included in the tool vendor 

requirements.  Also, an operator may request only a subset of the available information.  The inspector 

should be able to determine that the information provided by the tool vendor to the operator is sufficient 

to properly characterize anomalies and analyze the integrity of the pipe.  Typical tool vendor reports may 

contain the following types of information: 

 

 Type of indication - The tool vendor should characterize each indication with terms such as: 

 Weld - Serves as a good reference point for measurements to locate anomalies, 

 Feature - A valve, tap or other appurtenance installed on the pipeline, 

 Defect - Identified point of corrosion or damage on a pipeline (Should include details on type of 

defect such as “Internal metal loss”, etc.) 
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 Anomaly - A possible deviation from sound pipe or weld. 

 Location - The location of the anomaly is given in terms that can be used to determine a physical 

location on the pipe such as a wheel count in feet and inches, or, if the operator has GPS 

information on the pipeline the location could be given in latitude and longitude values. 

 Joint Length - This provides the operator information to utilize welds to help locate anomalies 

and accurately identify dig locations.  It is important to note that joint lengths usually vary on any 

given pipeline. 

 Distance from weld - This information is also used to determine the location of an anomaly to be 

excavated.  Features in proximity to welds can be of particular importance. 

 Orientation - This information, usually stated in clock locations gives the operator an idea of the 

defect=s circumferential location.  This information may be important in the determination of an 

anomaly=s repair category. 

 Depth - The defect=s depth is usually given in terms of percentage of wall thickness.  This could 

be useful to help interpret uncertain data or to verify that the tool speed was properly maintained 

to assure quality tool results that meet tolerance and detectable size specifications. 

 Length and width - The defect depth and length are utilized to determine remaining strength of 

the pipe as determined considering that specific defect. 

 Speed - Usually given in mph, the speed of the tool at the time the defect was identified. 

 Remaining Strength - Expressed in a variety of ways from % of MAOP to various ratios 

(including MAOP to Yield).  The remaining strength calculation is, along with the defect depth 

and length, one of the important data points to be verified as part of the operator review, in order 

to properly categorize the defect in accordance with the repair criteria discussed in Protocol E.02.  

(See discussion on remaining strength calculations, Section E.08, below.) 

 Other - Other pertinent information may be reported, such as where a previous repair sleeve 

might be located, the suspected type of a feature like a valve or a tap, or the suspected source of a 

defect like third party damage or a manufacturing defect. 

 

The operator should have procedures or guidance by which the vendor=s ILI report containing the above 

information is reviewed and operator comments or issues are resolved.  This will typically involve some 

interaction with the vendor to explain the basis for calls or better interpret data.  This procedure need not 

be overly formalized but should be well enough defined to clearly delineate accountability for accurate 

conclusions regarding pipeline integrity based on the proper interpretation and review of ILI data. 

 

The vendor’s ILI report may contain information not taken directly from software or electronic data.  

There should be evidence that the operator has reviewed all vendor-provided input in order to make 

decisions regarding pipeline integrity.  This includes information that may have compromised the 

detection and sizing capabilities of the tool during the inspection run (electrical malfunctions and velocity 

profile) and/or other features that may reduce pipeline integrity, such as circumferential corrosion, dents, 

wrinkle bends, buckles, seam or girth weld defects, and cracks that may not have been the primary 

purpose of the inspection.  Note:  For additional information regarding wrinkle bends, see DTRS56-02-

D-70036 (TTO-04), Pipe Wrinkle Integrity Determination (Baker). 

 

Operators should specify the threshold for vendor reporting of anomalies.  For instance, one operator that 

was inspected in 2002 specified that the vendor should report all metal loss anomalies greater than 15% 

WT.  The threshold should be appropriate to screen out insignificant or trivial anomalies, while still 

ensuring that significant anomalies that represent integrity threats are reported.  The threshold values 

should include an allowance for tool tolerance. 
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The criteria should also address the identification of the type of anomaly.  For instance, in the case of high 

resolution MFL tools, metal loss anomalies should be characterized as either ID metal loss (internal 

corrosion) or OD metal loss (external corrosion).  Deformation anomalies should distinguish between 

ovality and dents.  The operator should also specify which types of Anon-anomalous@ indications should 

be called, such as welds, taps, etc. 

 

Operators should use rule-based definitions for anomalies identified during an assessment and should 

specify those definitions clearly enough to vendors to permit proper anomaly categorization.  

Miscategorizing anomalies due to differences in what they are termed should not occur.  Inspectors 

should confirm that definitions for Immediate, 1-year, and other conditions are called out in sufficient 

detail to prevent this miscategorization.  Particular attention should be given to those anomalies 

categorized as “other” conditions and to ensure that there are no anomalies in this grouping that should 

receive higher priority remediation.   

 

For additional information regarding responding to geometry-related anomalies, reference DTRS56-02-D-

70036 (TTO-07), Inspection Guidelines for Timely Response to Geometry Defects, Baker. 

 

E.03 Integrity Assessment Results Review: Validation of Assessment Results 

 

It is expected that the operator and vendor will work together to assure that the assessment data is valid 

(and calibrated if required).  The data analyzed has an important influence on the results of the analysis.  

If poor quality data, or if the tool calibration skews data significantly, then integrity defects could be 

missed during the analysis of assessment data.  The objective of this protocol is to determine that the 

operator has an effective means to assure data validity.  The traditional means by which tool data is 

validated and calibrated is via calibration excavations.  By this method, certain anomalies are picked out 

for excavation and physical inspection.  The actual anomaly characteristics (type and dimensions) are 

compared to the anomaly characteristics inferred from the tool data to calibrate the tool data to match 

known examples of detected anomalies.  These verifications should be selected to verify tool accuracy for 

various types of anomalies, including but not limited to, internal corrosion, external corrosion, dents, 

ovality, gouges, and other types of anomalies.  In the case of metal loss anomalies, an onsite UT tool 

should be used to determine the actual remaining wall thickness in order to verify or eliminate the 

possibility of internal corrosion. 

 

In some cases, operators and tool vendors may have such a large body of data and experience with a given 

tool, that calibration digs are not deemed necessary.  This may be acceptable.  However, actual anomaly 

characteristics from repairs should be compared to tool data to verify that the tool data characterized the 

anomalies within the published tolerance of the tool and that no calibration of data is required. 

 

The following detailed inspection topic supplemental guidance relates primarily to the performance of 

validation and calibration digs promptly after completion of the tool run, and prior to analyzing the data, 

in order to validate and calibrate the data.  If an operator does not perform this function, then Protocol 

E.04 can be used to inspect repair excavation procedures and records to determine that the operator will 

reliably identify circumstances in which the assessment data may be inaccurate enough to adversely affect 

the assessment results and/or integrity decisions.  Data obtained via repair excavations should also be 

used to verify tool accuracy Section E.11, below. 
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E.03.01 Selection of Verification/Calibration Digs 

 

If verification/calibration digs are performed, they are typically performed promptly upon completion of 

the assessment.  The tool data is reviewed initially to select locations to excavate.  In addition to 

information gathered in the first set of calibration digs, additional confirmatory digs may be required to 

validate the location and dimensions of indications or to calibrate the tool data.  The inspector should 

review how the operator determines the number, location, and type of anomalies to dig, in order to 

validate and calibrate the tool data.  The operator=s process should include close interaction with the tool 

vendor.  The operator=s process should also include, at a minimum the following considerations: 

 

 Experience with the tool vendor and the tool.  The results of an experienced, reputable tool 

vendor using a tool with a proven track record might require less validation than a tool vendor 

who is performing one of his first in-line inspection projects, or using a tool for the first time.  

(Indeed, as noted above, some tool runs may not require calibration digs.)  Previous tool 

experience with the operator also provides some assurance that the inspection results will be 

valid. 

 Results of previous integrity assessments compared to dig reports.  If the tool vendor has 

performed previous evaluations, did the operator=s dig/repair results match the indications called 

by the previous integrity assessment report? 

 Results of immediate repair or verification digs.  The operator=s procedure should provide a 

process based on number and severity of indicated anomalies.  If the dig information from 

confirmatory or immediate repair digs match up with the tool results, fewer additional validation 

digs might be necessary.   Dig reports should provide sufficient detail to allow the operator to 

assess whether or not more confirmatory digs will be required to validate tool vendor 

information.  The decision on where to perform verification/calibration digs should preferentially 

consider HCAs. 

 

After considering the above factors, the operator should have a sound approach to selecting anomalies for 

confirmatory digs.  For best calibration of data, the set of anomalies selected should reflect: 

 

 A minimum number of digs commensurate with the potential impact on pipeline safety margin;  

 Anomalies in the mid-range of detectable size limits (not anomalies near detectable limits); 

 Anomalies near the start of the tool run and anomalies near the end of the tool run (to identify 

adverse effects on the tool associated with sensor wear, tool damage, etc.); and 

 A minimum number of digs for each type of indicated anomaly (e.g., internal corrosion, external 

corrosion, dents, etc.). 

 

The operator=s documentation should contain evidence that each of the above factors was considered in 

the selection of confirmatory digs. 

  

E.03.02 Information Gathering Before and During Verification/Calibration Digs 

 

The operator=s excavation procedure should include specific information gathering instructions.  The 

collection of information during repair excavations is typically documented in existing 

repair/maintenance procedures.  The collection of the information is usually done by means of a form (dig 

sheet) that is filled out at the excavation site.  Inspectors should compare the data collection form against 

procedural requirements to verify that the form does implement the data collection process for all required 

information.  Procedures should also require that the form be filled out completely.  Information not 
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collected should be designated with AN/A@ or other notation explaining the reason for an incomplete form.  

During some of the initial inspections, some data collection forms were observed that were incomplete. 

 

Field Verification of Anomaly Location 

 

Operator should carefully verify the location of each anomaly selected for excavation and exercise 

perseverance to locate hard-to-find anomalies.  The most common cause of failure to expose the target 

anomaly is that the operator is simply digging in the wrong place.  Procedures should include instructions 

to use all available information, and measure from two or more known reference points, in order to help 

locate anomalies that are difficult to find.  

 

Two separate pieces of location information are provided by the tool vendor: axial location which 

describes the indication=s location along the pipeline; and orientation which describes the circumferential 

location of an indication. 

 

The tool vendor report will provide an axial location for each indication.  Tool vendors usually track 

location by providing a wheel-type counter (odometer) on the tool itself to track and record the distance 

from the starting point that the tool has moved through the line.  The tool vendor will often provide above 

ground markers at several known locations along the pipeline.  Sometimes the pipeline has Apig sigs@ that 

provide a means to record when the tool passes a particular known location.  This data can be used for 

providing accurate indication locations.  When a dig is performed, the operator=s procedure should require 

the use of all available location information on each indication to assure that each indication is located.  

The operator should not conclude that the tool indication was in error if the anomaly is not found 

immediately.  

 

The circumferential location is an important component to be considered in determining the repair 

category of an anomaly.  A defect located on or near the top of a pipe may indicate a greater risk than a 

defect towards the bottom of the pipe.  Orientation is typically reported using clock position.  The 

operator=s dig procedure should require verification of the exact clock position of the excavated anomaly.   

If the geometry tool used for a given assessment does not provide circumferential orientation data, the 

prudent operator would be expected to assume that called defects are located on top of the pipe.  This is 

especially important if previous assessment results did not identify a defect, which could indicate third 

party damage that has occurred since the last assessment.  The operator=s dig/repair procedures should 

take care to characterize and document the actual as-found condition and determine the root cause of the 

defect. 

 

Field Verification of Pipeline Data and Anomaly Characterization 

 

The following information is expected to be collected during an excavation.  This information should be 

reflected in the procedures and on the form (or other mechanism) used to record this information. 

 

 Comparison of pipe features such as taps, valves or sleeves to indications reported by the tool 

vendor.  This information will help validate the accuracy of tool data. 

 Actual pipe wall thickness at the anomaly site.  Some observations were made during the initial 

inspection that noted that remaining strength calculations were sometimes being performed based 

on nominal wall thickness, instead of actual wall thickness.  Actual pipe wall thickness is also 

important in order to verify or eliminate the possibility of internal corrosion.  Some operators may 

verify actual remaining wall by measuring the amount of external metal loss and subtracting it 
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from the nominal wall thickness.  However, this technique will not correctly identify the 

remaining wall thickness if internal corrosion metal loss is also present. 

 Pipe to soil potential readings (both before digging commences and after the pipe is uncovered). 

 Soil resistivity may be measured if Cathodic Protection personnel are available at the dig site.  

(This may not often be the case, however.)  This measurement will help establish if the cathodic 

protection voltage setting are adequate for the specific local soil conditions. 

 Photographs - The operator should take pictures to document the condition of the piping, coating, 

and soil. 

 Unique characteristics of the defect being excavated or its surroundings that may imply more 

significant concerns.  Such characteristics might include the presence of microbiologically 

induced corrosion (MIC), selective corrosion on a seam, the presence of generalized corrosion 

rather than highly localized corrosion anomalies, the presence of serious coating defects that may 

indicate other coating of similar characteristics and age may be suspect, or local cracking not 

detected by the ILI tool. 

 Accurate measurement of anomaly details-The type, depth, width, and length of each anomaly 

should be measured to compare with the pig data.  Topographical maps of corrosion may be 

necessary to assist with remaining strength calculations.  

 Repair activities - Specific details of repair activities must be recorded.   

 

In addition, the procedures should describe the care needed to protect both the pipe segment from damage 

during excavation or removal (and dig site itself), so as not to destroy or contaminate the available 

information to be collected and/or analyzed. 

 

Communication of Dig Information to Individuals Reviewing Assessment Data 

 

The description of anomalies, in particular accurate field measurement data, should be promptly 

communicated to the tool vendor for analysis.  The operator should have procedures in place that 

document the dig information and communicate the information in writing to assure that accountability in 

the transfer of information from the operator to the vendor. 

 

The operator and tool vendor will also need to communicate closely because the analyst may have 

questions with the excavation data or may need additional information to perform a quality analysis.  It is 

expected that the operator have clearly defined and open lines of communication with its tool vendor 

counterparts to assure that a timely and quality analysis and validation of tool data is performed. 

 

E.03.03 Means Used to Validate ILI Data with Field Data 

 

Having obtained physical measurements of anomalies, the operator should have a valid process by which 

the ILI results are compared to field data and validated (and/or calibrated if required).  Some operators 

may rely exclusively on the tool vendor to perform this function.  If so, the operator should have some 

means to assure that data is validated to be of adequate quality because integrity-related decisions will be 

made based upon the data. 

 

The depth of the defect (typically expressed as a percentage of wall thickness) is a particularly important 

parameter to validate.  Any physical defect measurement that does not agree with the ILI tool results 

within the specified tolerance of the tool should be carefully analyzed to ensure that the other data is 

calibrated and results adjusted accordingly.  For instance, if a metal loss tool indicates remaining wall 

thickness significantly less than the expected wall thickness based on the amount of observed external 

metal loss, care should be taken to determine if internal metal loss corrosion is also present. 
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The tool vendor=s final report should address how known anomaly dimensions (learned as a result of 

validation digs or repairs) compare with tool data and describe what if anything was done to calibrate or 

adjust the results analysis to compensate for any significant differences. 

 

The characteristics (type, length, width and depth) of the defects measured during these excavations are 

then compared to the characteristics indicated by the tool results, and the results are Acalibrated@ or 

Averified@ using the data derived from the excavations.   

 

Operators who have previously excavated defects, characterized them, and remediated their effects by re-

coating and covering them may choose to use these Awell understood@ defects as an aid in the calibration 

or verification process.  The operator may choose to use the results from this verification process together 

with the vendor=s statement on the accuracy of results to characterize uncertainty.  Another more rigorous 

approach to characterizing uncertainty of results would involve rigorous update of the tool vendor 

statement of uncertainty using comparison of the characteristics of each defect excavated with the 

anticipated characteristics as interpreted from the assessment data. 

 

The vendor=s report should, after the data is validated and calibrated, assure that the anomalies and 

indications provided to the operator are within the vendor=s published tool tolerance specifications.  If any 

confirmatory field data suggests that the tool results may not be within these specifications, the vendor 

should analyze the data to derive an adequate tolerance specification for the data contained in the report.  

See Section E.11 for a discussion on plotting actual vs. called anomaly sizes on unity graphs for analysis 

of tool accuracy and reliability. 

  

E.03.04 Justification for not Performing Verification Excavations 

 

Some operators do not validate/calibrate tool results, based on their experience with a particular tool and 

its system that gives the operator confidence in the accuracy of the tool data.  An operator would be 

expected to have documented justification to demonstrate that validation and/or calibration activities are 

not necessary for its circumstances.  Actual anomaly size should be compared to measured anomaly size 

obtained during repair activities to verify that the tool accuracy was within acceptable limits.  This will 

serve as an additional measure of confidence that verification excavations need not be performed for the 

next ILI assessment, assuming the same tool (or same tool vendor/model) is used.  This is an important 

verification, because even the same tool can yield variable results, based on the way the tool is set up and 

calibrated for a specific run. 

 

E.04 Integrity Assessment Results Review: Integration of Other Information with 

Assessment Results 

 

The rule requires that operators integrate assessment results with other pertinent information about the 

risk-conditions of the pipeline to uncover integrity issues that might not be evident from the assessment 

data alone.  For example, internal corrosion could be masked by the presence of obvious external 

corrosion and obvious dents could mask the presence of cracks that were started by the same damage 

incident that caused the dent. 

 

E.04.01 Process for Integrity Analyst to Use Other Data Sources  

 

The operator should integrate all available data in order to gain a more complete understanding of specific 

anomalies as well as the overall risk picture.  Rather than focusing on the individual data elements, this 
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aspect of the inspection should focus on evaluating the operator=s ability to assimilate multiple data 

sources in order to better understand the risk posed by specific anomalies.  The goal and focus of the 

operator should be to identify risks that would not otherwise have been identified through detailed 

Ainvestigation@ of anomalies.  The attitude and philosophy of the operator=s integration and analysis of 

data should be one of critical inquiry.  The examples in E.04.03, below, should serve to stimulate 

additional discussion with operators with regard to data integration, assimilation, and discovery of 

previously unidentified risk.  For instance, in liquid lines, internal corrosion may be relatively unusual.  

Most corrosion defects on liquid lines are external corrosion.  However, this fact leads to a tendency for 

operator personnel to discount the possibility of internal corrosion.  Care should be taken to identify the 

actual integrity threat through the analysis of all available information. 

 

E.04.02 Process to Collect and Disseminate Information that is to be Integrated with Assessment 

Results 

 

Operators should have procedures or guidance to collect and disseminate information that should be 

included in an integrated analysis of assessment data.  The objective of such procedures or guidance 

should be to ensure that the integrity analyst has ready access to all of the available information that could 

influence the proper understanding of pipeline integrity.  The discussion in E.04.03, below, is moot if the 

analyst does not know about, or have access to, the information necessary to gain a comprehensive 

understanding of pipeline integrity. 

 

E.04.03 Type of Information to be Integrated 

 

Section E.07 provides examples of the various kinds of information that would be expected to be used by 

the integrity analyst to perform an integrated information analysis of the integrity of a pipeline.  These 

could include: 

 

 Previous assessment results, 

 Surveillance, testing, and other monitoring data, 

 Historical maintenance and repair information, 

 Uncertainty of assessment results including tool tolerances 

 Any other information related to pipeline integrity, and 

 Information about how a failure would affect the high consequence area. 

 

The following discussions provide examples of the importance of performing an integrated analysis of 

data by illustrating how various types of information, when evaluated together, provide a clearer 

understanding of pipeline integrity than can be obtained from the analysis of a single assessment report. 

 

Integration of Data Indicative of Third Party Damage Risk 

 

Third party damage (TPD) may include damage to the external coating of the pipe, or dents, scrapes, cuts, 

or punctures directly into the pipeline itself. TPD damage often occurs when required One-Call 

notifications are not made prior to beginning excavation, digging, or plowing activities. When the 

location of underground facilities is not properly determined, the excavator may inadvertently – and 

sometimes unknowingly – damage the pipeline and its protective coating. Risk factor data related to TPD 

threats should be assembled and reviewed in conjunction with the assessment results.  This comparison of 

data with assessment results will require that the operator use a consistent mechanism for identifying (or 

overlaying) the TPD risk factor data along with results from the assessments being reviewed.  Data 

sources that should be integrated with assessment results may include, but are not limited to: 
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 Foreign line crossing data 

 One-call notifications 

 Excavation data from known construction projects 

 Aerial patrol reports of pipeline encroachment 

 ROW surveillance reports 

 

Assessment indications or anomalies located in areas where data integration indicates a higher risk of 

third party damage should be analyzed more critically.  Excavation decisions should consider that 

anomalies, that would not otherwise meet the repair criteria, could be indicators of third party damage 

when interpreted in conjunction with other TPD risk data. 

 

Other examples of why it is important to include the integration of this type of data are discussed in the 

following: 

 

Data from one-call notifications and or excavation data may establish evidence that a particular one call 

program or pipe location contractor is associated with an unusually large number of pipe hits. Review of 

the data may also indicate evidence that a particular excavation program carried out near the pipeline was 

exceptionally uncontrolled leading to numerous pipe hits. In a like manner, the overlay of foreign line 

crossing data may indicate additional risk. The need for additional excavation may become apparent from 

this data integration process. 

   

ROW surveys often identify construction or digging activities near the pipeline. Indications of small top-

side dents in areas where construction or digging has been noted may mean that additional excavations 

would be prudent. The need for additional excavation may become apparent from this data integration 

process. Even if no ILI indication meets any of the repair criteria, it may be prudent to excavate some of 

the most significant indications to determine if pipe re-rounding may have masked some significant 

damage. This may be especially pertinent in combination with an integrated analysis that includes other 

risk factors such as: 

 

•  The pipe is relatively thin walled (design data), 

•  The pipe is subject to re-rounding (design data), 

•  Shallow depth of coverage (construction data), or 

•  The pipe is subject to aggressive cyclic (pressure) loading (operational data) 

 

Integration of Information Obtained from Multiple ILI Tools 

 

Often, a single assessment is composed of multiple ILI tool runs, typically an MFL metal loss tool in 

conjunction with a geometry tool.  It is important that the review of tool data be integrated to consider the 

composite information that is made up of both the geometry tool data and the MFL tool data.  Sometimes, 

the picture of the defect and how it is being characterized becomes clearer when both sets of data are 

reviewed together, allowing better integrity decisions to be made.  For instance, an MFL indication of a 

dent with metal loss might be mistaken for internal corrosion metal loss, or its significance might not be 

understood.  The same MFL indication may be interpreted differently if analyzed together with geometry 

tool data that indicates a dent at the same location.  The Bellingham incident is a classic example of the 

result of failure to perform this type of basic tool data integration.  
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Integration of Design and Construction Data, Operational Data, CP Survey Data, and Previous Repair 

Information 

 

If corrosion anomalies are discovered on older pipe, a review of other information may be needed to 

determine a proper integrity response.  Some integrated analysis of data associated with the following risk 

factors may prove important and identify previously unrecognized risk: 

 

 Type of Pipe (design data): If the pipe is pre-1970 ERW pipe, it is susceptible to selective seam 

corrosion.  This requires a much more thorough analysis of all data than comparable corrosion on 

modern pipe.  It is important to determine if the corrosion is located along or near the seam.  

Excavations in excess of the rule requirements would certainly be prudent in such cases to 

identify possible selective seam corrosion. 

 Location of Seam Orientation (previous repair data): If the pre-1970 pipe has been previously 

repaired in the vicinity of the corrosion anomaly, the previous excavation records may have data 

that can be used to determine the orientation of the seam.  Comparing this data with the ILI tool 

data could help identify instances of active corrosion attacking a seam that is susceptible to brittle 

failure. 

 Previously Repaired Defect Type (previous repair data): Another example relates to identifying 

unusual types of defects.  For instance, if an operator has previously repaired an internal 

corrosion defect, subsequent defects identified under similar circumstances should be carefully 

reviewed to determine if another case of active internal corrosion is present, even though it is not 

obvious from the assessment data alone. 

 Cathodic Protection Integrity (CP Survey data): CP survey data could be reviewed to identify 

trends in the area of the corrosion anomalies.  The CP Survey data may indicate abnormalities 

that, by itself, would not indicate the need for corrective action.  However, in conjunction with 

the ILI tool data, an integrity threat may be identified. 

 Type of Commodity Transported (design/operational data): Most liquids transported do not 

promote internal corrosion.  However, certain commodities such as sour crude (which is high in 

H2S) have constituents that can promote internal corrosion. 
 

Out of Service History (operational data): An idle line that has been out of service (such as spare river 

crossings) may be more susceptible to some defects that an operational line.  For instance, an empty idle 

line (or an idle line laid up in nitrogen) could have experienced water condensation inside the pipe, 

resulting in standing water in the bottom of the pipe.  The fact, integrated with the assessment data, could 

identify possible internal corrosion defects that would not be evident otherwise.  For example, if a 

corrosion defect is called at or near the bottom of the pipe (6 o=clock position), and the pipe had a history 

of being idle, then the operator would have cause to suspect the possibility of internal corrosion and 

investigate accordingly. 
 

Integration with Integrity Management and Risk Analysis Data 

 

Any anomaly (especially a borderline anomaly with respect to the immediate repair criteria) should be 

evaluated in conjunction with the Integrity Management results and Risk Analysis performed for the 

segment of pipe.  Selection of response actions and repair decisions should adequately consider: 

 

 Type of HCA that could be affected; 

 The ranking of the risk factor associated with the anomaly type being evaluated; 

 Failure history of the line (both pressure test failures and in-service failures); 
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 Other risk factors that could be exacerbated by the initially identified anomaly (e.g., corrosion 

could cause the onset of latent hook crack or SCC crack) 
 

Additional Integrity Programs to Enhance Pressure Testing 
 

In addition, an operator that experiences failures from pressure testing might want to consider the addition 

or enhancement of periodic CP Surveys, Close Interval Surveys, or Direct Assessment to determine 

whether and where corrosion activity is present that may lead to future failures between pressure tests.  

The same operator might want to evaluate the potential that pressure cycling could lead to fatigue crack 

growth producing premature failure of defects not eliminated by the pressure test. 
 

E.04.04 Integration of New Information 

 

The operator=s process should be able to accommodate potential improvements or the need for program 

improvement coming from new information sources.  These new information sources could include (but 

are not limited to): 
 

 New assessment technology, 

 New integrity analysis techniques or methodologies,  

 New industry sponsored research findings,  

 New industry standards, or  

 New information gathered through improved maintenance and repair programs. 

 

An example of an approach to do this would be the regular review of industry literature, incident reports, 

or internal maintenance reports.  These reviews, combined with systematic analysis of the applicability to 

the operator’s pipeline, could produce insights worthy of consideration during the regular self assessments 

required for continuous improvement.  For example, a new industry standard is currently under 

development that addresses a direct assessment technique to identify internal corrosion defects. 

 

Upon receipt of the final assessment report, an operator=s use of analytical techniques such as AProbability 

of Exceedance@ (POE) analysis may result in new information that should influence decisions such as 

repair and mitigation decisions or reassessment intervals.  This is another example of new information 

that should be communicated for purposes of implementing other elements of Integrity Management.   

 

E.04.05 Identification of Integrity Issues 

 

One of the primary results of the operator=s assessment results review process and the integration of 

assessment results with other risk factor data will be the identification of significant integrity issues. 

 

Examples of integrity issues might include: (a) a particular type and vintage of pipe used extensively by 

the operator that has proven especially susceptible to fatigue cracking and crack growth under the 

loadings to which it is subjected, (b) evidence that a particular one call program or pipe location 

contractor is associated with an unusually large number of pipe hits, (c) evidence that a particular 

excavation program carried out near the pipeline was exceptionally uncontrolled leading to numerous 

pipe hits, (d) evidence that a long segment of pipe has been installed and covered with exceptionally 

rocky soil leading to shielding from cathodic protection and associated unexpected growth of corrosion, 

(e) evidence that pre-1970 ERW piping from a particular manufacturer is unusually susceptible to 

selective seam corrosion, (f) evidence that a spare river crossing that was activated was not in good 

condition because of unknown active internal corrosion that was occurring while the line was idle. 
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More complex examples of integrity issues might include: (a) the presence of piping with manufacturing 

or fabrication defects in which the defects have grown through cyclic fatigue to a size where failures were 

experienced in pressure testing, but some segments of the same pipe subject to similar loadings were 

assessed using ILI that was not capable of detecting fatigue cracking; (b) the presence of significant 

corrosion requiring early mitigation in segments of piping in HCAs, where pipe segments not in HCAs 

have been subject to the same corrosive conditions; (c) the presence of a significant number of small 

dents resulting from the piping having shallow depth of coverage in an area of agricultural activity, where 

the pervasive nature of the problem might prompt the operator to excavate segments in areas not subject 

to the rule, or increase the depth of coverage in broader areas; (d) the recognized presence of rocky soil 

surrounding piping leading to shielding of the pipe from cathodic protection, where ILI detected general 

corrosion too shallow to require excavation or mitigation immediately, but where the operator may wish 

to take mitigative action. 

 

The operator’s assessment results should be reviewed to ensure that it clearly identifies such integrity 

issues, to determine whether the operator has systematically looked for areas on the pipeline where the 

issues might be expected to have an impact, and to identify what if any action the operator has taken or 

planned.  An operator=s use of such an Ainvestigative@ approach is important to identify unusual or 

unexpected defects.  For liquid pipelines, by far the most common defects are external corrosion and 

topside dents.  For this reason, most liquid operators have effective cathodic protection systems and one-

call systems to avoid and identify third party damage.  However, because of the preponderance of these 

types of problems, operators may tend to overlook subtle clues that indicate other problems such as 

internal corrosion, cracks, MIC, or SCC. 

 

E.04.06 Identification of Trends in Pipeline Condition 

 

The operator=s IM program should incorporate practices in which the information discussed above is used 

to identify trends, both positive and negative, to support monitoring pipeline integrity performance over 

time.  The integrated analysis of assessment results with other data should be compared with historical 

data, as well as retained for comparison with future assessment results.  Trending information should be 

maintained to allow accurate forecasting of future pipeline conditions and provide a tool for long range 

integrity planning.  For instance, unusual defects such as internal corrosion, cracks, etc., should not be 

treated as one-time (random) defects, but should be carefully monitored and trended.  In general 

conditions that could cause internal corrosion, cracks, etc., at one location could exist elsewhere in the 

operator=s system to promote other occurrences of those same Aunusual@ defects.   

 

E.05 Integrity Assessment Results Review: Identifying and Categorizing Defects 

 

Upon discovery of a condition, the operator is required to determine if the condition meets any of the 

rule=s special requirements for scheduling remediation.  If so, repair or remediation must be scheduled for 

completion within the time frames established by the rule. 

 

E.05.01 Completion of Assessment Reviews Within 180 Days of the Discovery of Conditions 

 

The operator=s procedures should specifically mandate that all assessment results be reviewed and final 

decisions on identification of anomalous conditions (i.e., discovery of anomalous conditions) be finalized 

and documented within 180 days of the completion of the actual assessment. 

 

The operator=s process should contain interim milestones for completion of the various steps in the 

assessment procedure to assure timely completion of the review. The timing for each milestone should be 
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selected to allow for the time the operator will need to complete its review of the tool vendor assessment 

report prior to 180 days following completion of the assessment.  These milestones could include tool 

vendor report submittal dates, time-frames for completion of validation digs, draft report completion 

dates, review and comment incorporation, and final report development. 

 

The most critical of these interim steps is receipt of the tool vendor=s final assessment report.  The 

operator should demonstrate the means by which it maintains open lines of communications with the tool 

vendor.  The two should work closely together to provide information and other technical support, one to 

the other, in order to support the regulatory requirement to complete the review of assessment results and 

identify all anomalous conditions within 180 days of completion of the assessment.  In addition, available 

data that applies to the pipeline being assessed can be evaluated and much of the integration activity 

completed prior to receipt of the final vendor report.  Waiting until the vendor report is received to begin 

the data integration process is an indication that the operator may not be doing what it can to meet 

required dates for completion of discovery. 

 

The operator=s process should require that, if any of these interim milestones are not met, the final date 

should be evaluated and, if necessary, corrective action taken to assure the review is completed on 

schedule.  Decision points for notifying management and planning compensatory action should be 

included to assure appropriate response should it become apparent that the operator will not meet required 

review dates. 

 

The completion of the assessment begins when the tool run is completed and the initial data is 

downloaded from the tool and viewed.  Typically, this involves the vendor=s use of a laptop computer in 

the field to download the data and view it using the tool vendor=s software or other digital data processing 

technique.  The determination that the tool run was a Agood@ run (i.e., it contains no significant data gaps 

and the data appears to be consistent with a properly functioning tool) should be made immediately when 

the tool is extracted from the receiver station.  The 180 time limit begins upon declaration of a Agood@ run.  

If the run is not considered to be a good run, then the assessment is not considered to be completed and 

the assessment schedule (baseline assessment schedule or re-assessment schedule) is not considered to be 

met.  The pipe must be assessed with a Agood@ tool run in order for the operator to take credit for its 

completion in accordance with the schedule required by the rule and the operator=s IM program. In the 

event the operator performs multiple tool runs on a pipeline segment, the 180-day time limit begins with 

declaration of the first “good run”. If different types of tools are used to detect different types of 

anomalies, there may be separate 180-day start dates for each type of tool, based on when each tool has its 

first “good run”. 

 

E.05.02 Categorization of Anomalies per the Special Requirements for Scheduling Repairs 

  

The tool vendor report typically provides enough specific size and location information for the operator to 

categorize the anomaly. The categorization of defects in accordance with the repair criteria of the rule 

should not be viewed as the only criteria against which repair categorizations should be made.  Any other 

condition that could impair the integrity of the pipeline should be evaluated and scheduled for repair 

according to a schedule that is commensurate with risk. 

 

E.05.03 Defining the Discovery of an Anomaly 

 

In general, operators would be expected to have procedural or policy requirements that reinforce the 

concept that whenever a vendor report is received that identifies called anomalies that meet the repair 
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criteria of the rule, that those conditions are considered to be Adiscovered@ as of the date of receipt of the 

vendor report. 

 

The following are examples of when an operator might discover a condition: 

 

 Receipt of the preliminary internal inspection report 

 Gathering and integrating other inspection information 

 Receipt of the final internal inspection report. 

 

An operator=s IM program and procedures should clearly spell out the point (or points) in its process 

where discovery will occur.  Multiple points in the process could apply such that different circumstances 

are discovered at different points or at different times in the process.  For instance, upon receipt of a 

preliminary ILI report, any anomalies that meet any of the immediate repair criteria, or that pose an 

immediate integrity threat, should be considered discovered as soon as the anomaly is noted.  However, 

for lesser anomalies that do not pose an immediate integrity threat, it may be appropriate to perform 

additional integrated information analysis to consider other factors, or it may be appropriate to wait for 

the final ILI report, to declare that an anomaly has been discovered.  

 

Stated another way, all anomalies need not be considered to be discovered immediately upon the 

acquisition of the raw ILI data.  However, the raw data should be immediately screened to identify 

immediate integrity threats as soon as possible.  Procedures should adequately address each of these 

circumstances with respect to when discovery of a condition occurs.  Procedures should ensure that any 

anomaly that meets any of the immediate repair criteria are discovered immediately, as a matter of highest 

priority.  

 

Regardless of pre-identified points in the process at which anomalies would typically be discovered, an 

immediate repair condition should be reported immediately at any time it is identified, which may include 

immediately upon initial review of the tool data, or at any time thereafter during the course of analyzing 

the tool data. 

 

E.05.04 Action Required if Assessment Review Cannot Be Completed Within 180 Days  

 

The rule requires that, if the 180 day period following completion of the assessment for identification of a 

condition cannot be met, the operator must demonstrate that the 180 day requirement is impracticable.  

While the rule does not specifically require that the operator notify PHMSA when the schedule is not met, 

the operator=s documentation should describe both the reasons for not meeting the 180 day requirement 

and any other actions taken to ensure pipeline safety until the assessment review can be completed. 

An example of impracticality could be the tool vendor=s inability to report the assessment results on time.  

However, in this or any other case, the operator is expected to have program requirements in place to 

monitor progress toward meeting the 180 day completion time and have checks intended to identify 

problems in time to proactively respond to (and deal with) circumstances that might result in non-

compliance.  Failure to meet the 180 day requirement is expected to be infrequent. 

 

E.06 Integrity Assessment Results Review: Pressure Testing 

 

Pressure testing is one of the assessment technologies allowed by the rule.  Failures that can be 

experienced during pressure testing can be either leakage or ruptures.  Ruptures are easily recognized by 

dramatic pressure reduction in the line being tested, but small leaks require careful monitoring of the fluid 

input and line pressure to detect their presence and to evaluate their size and location.  The following 
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sections summarize specific aspects of the test, the documentation required, and the documentation and 

analysis of test failures that may be important in a given operators pressure test assessment.  Refer to 

Section E.09 (and its References 1, 2, and 4), for a more complete discussion of pressure test 

considerations. 

 

E.06.01 Documentation Test Records that Demonstrate Compliance with Subpart J 

 

Record keeping and analysis of test characteristics and data are key to the operator’s ability to identify 

leaks above the detection threshold, to differentiate between such leaks and the effect of temperature 

changes, elastic deformation, or limited plastic deformation of the pipeline, and to verify that existing 

leaks have been located and repaired.   

 

Test records should be sufficiently detailed to verify that test pressure, hold times, and other test 

parameters and conditions, complied with the requirements of Subpart J.  Records must be retained for the 

life of the pipe.  The minimum set of records is specified in 49 CFR 192.517 and summarized below: 

 

 The pressure recording charts, or other record of pressure readings; 

 The name of the operator, the name of the person responsible for making the test, and the name of 

the test company used, if any; 

 The  test pressure; 

 The test medium; 

 The test duration; 

 Leaks and failures noted and their disposition; and 

 Elevation variations, whenever significant for the particular test 

 

E.06.02 Procedures and Records that Demonstrate Test Validity 

 

Test records and procedures should be sufficiently detailed to document the basis for the validity of the 

pressure test and to document the basis for acceptance of the test.  Test records should be reviewed to 

identify any abnormalities, variances, or deviations from test procedures or accepted industry practices.  

Resolution of any such issues should be documented and the resolution or bases for acceptance must be 

technically sound.  A simple signature to approve test validity is, alone, insufficient documentation to 

approve test results that do not conform to the expected system response, test acceptance criteria (if 

applicable), the operator=s test procedures, or accepted industry practices.  See Section E.09 for additional 

guidance on pressure test validity and test acceptance. 

 

E.06.03 Documentation and Evaluation of Test Failures 

 

Upon successful completion of a Subpart J pressure test, the pipeline=s integrity has been demonstrated, 

for that point in time.  However, analysis of the test failures that occur provides valuable information 

about the condition of the pipe and the integrity threats to which the pipe is being subjected.  Such 

analyses are a source of data with which other integrity-related data can be integrated for further analysis.  

See Section E.09 for additional technical information.  

 

E.06.04 Metallurgical Evaluation of Test Failures 

 

Metallurgical examinations are often employed to provide information on the nature or cause of each 

failure experienced in pressure testing.  The results from these evaluations should be used to determine 
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whether the failures experienced provide insights into the threats applicable to this or similar pipe 

segments.   

 

The pressure test plan should include methods to preserve the fractured surfaces of failed specimens of 

pipe.  However, all operators do not always conduct a metallurgical examination of pressure test failures.  

If a failure occurs in an area of pipe with significant corrosion, then many operators will repair the pipe 

and continue with the pressure test.  However, sometimes corrosion, while the immediate cause of the 

failure, actually initiated another material failure mechanism. It is considered to be a best practice to 

always perform metallurgical examination of pressure test failures. 

 

While metallurgical examinations are not a substitute for comprehensive root cause analysis, they will 

provide a good indication of the immediate cause of a pressure test failure.  Depending on the nature of 

the material failure, the operator should investigate further to identify the root cause that led to the failure.  

Some examples are described below. 

 

Laminations 

 

Metal loss corrosion can open up a lamination.  In this case, a large area of pipe affected by the 

lamination, could have a sudden reduction in the effective wall thickness over a large area of pipe, 

resulting in failure.  While corrosion appeared to be the cause of the failure, in fact the corrosion alone 

may not have resulted in the failure.  The lamination (latent material defect) was the true cause of the 

failure.  Although improvements in materials and manufacturing techniques have virtually eliminated 

laminations in new pipe, older pipe is still in service that could have a lamination defect. 

 

Hook Cracks 

 

Likewise, onset of hook crack growth can be initiated by corrosion. 

 

SCC 

 

SCC is often found in areas of corrosion.  Metallurgical examination of failures can discover SCC to be 

the true defect that led to failure. 

 

Fatigue Failures 

 

Pressure cycle-induced fatigue failures could represent a common failure mechanism since the entire line 

will be subject to pressure cycles. 

 

Seam Failures 

 

Areas of general or circumferential corrosion that attack the seams of low frequency ERW or lap-welded 

pipe can initiate preferential seam corrosion  (See DTRS56-02-D-70036 (TTO-05), Low Frequency ERW 

and Lap Welded Longitudinal Seam Evaluation, Kiefner and Associates).  One item to question is the 

characterization of the cause of a seam failure as lack of fusion.  In these cases, past pressure test records, 

or mill test records, should be reviewed.  If the pipe has passed a previous pressure test at the same or 

higher pressure, then that seam failure is not due to lack of fusion.  Lack of fusion is not a type of defect 

that experiences time-dependent growth phenomenon.  In such cases, the most likely cause is preferential 

seam corrosion. 
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Internal Corrosion 

 

Often, obvious external corrosion can mask other defects such as the simultaneous presence of internal 

corrosion at a given location.  Careful examination of the failure is necessary to ensure that internal 

corrosion defects that lead to, or contribute to, pressure test failures are identified. 

 

E.06.05 Evidence of a Corrosion Control Program 

 

In order for the use of pressure testing to be considered a viable integrity assessment method, evidence 

should exist that demonstrates the operator has, and is effectively using, a corrosion control program.  

This evidence should be manifested in both program procedures and controls and records that indicate the 

program is being properly applied.  Elements of an effective corrosion control program can include: 

 

 Proper use of Cathodic Protection 

 Use of coupons or other means to identify internal corrosion 

 Use of corrosion inhibitors and cleaning methods 

 Analysis of dig data giving proper consideration to corrosion, and 

 Leak analysis and causal analysis that considers corrosion. 

 Controlling program procedures that address corrosion 

 Risk analysis using information related to internal/external corrosion threats 

 Preventive and mitigative measures taken to address corrosion when identified 

 Use of performance measures aimed at the threat of corrosion 

 

E.06.06 Analysis of Pressure Reversals 

 

A pressure reversal is the occurrence of a failure of a defect during pressure testing at a pressure level 

below that which the defect had previously survived.  Pressure reversals are believed to occur because 

sub-critical defects grow by ductile crack extension during a pressure test, and this crack growth is 

exacerbated by compressive strain when the pressure loading is relieved.  The presence of the pressure 

reversal phenomenon in a pipe segment leads to a diminishment in the operator’s confidence in the 

effectiveness of a pressure test.  In addition, the presence of pressure reversals is a strong indicator that 

the failures are due to a time-dependent flaw growth mechanism and not due to flaws that do not exhibit 

time-dependent growth such as lack of fusion.  See Section E.10 for additional details. 

 

E.07 Examples of Types of Integrated Information Analysis 

 

The operator=s IM program should document how previous assessments results are to be used in the 

review of baseline and continual assessment results. The operator=s review process should require that 

previous assessment results, if available, be used in conjunction with the current results.  This would 

allow the operator to identify trends in the overall condition of the pipeline.  It would also allow the 

operator to compare the severity of specific anomalies and determine defect growth rates.  This could help 

operators determine whether repair activities are needed in the short term or, as in the case of stable 

conditions, whether repair activities can be deferred.  This comparison of assessment results will require 

that the operator use a consistent mechanism for identifying (or overlaying) the results of applicable 

assessments.  It will also require that the comparison of results systematically consider tool sensitivity and 

accuracy for each set of results. 

 

Often, a single assessment is composed of multiple ILI tool runs, typically an MFL metal loss tool in 

conjunction with a geometry tool.  It is important that the review of tool data be integrated to consider the 
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composite information that is made up of both the geometry tool data and the MFL tool data.  Sometimes, 

the picture of the defect and how it is being characterized becomes clearer when both sets of data are 

reviewed together, allowing better integrity decisions to be made.  For instance, an MFL indication of a 

dent with metal loss might be mistaken for internal corrosion metal loss, or its significance might not be 

understood.  The same MFL indication may be interpreted differently if analyzed together with geometry 

tool data that indicates a dent at the same location.  The Bellingham incident is a classic example of the 

result of failure to perform this type of basic tool data integration.  

 

E.07.02 Integration of Surveillance, Testing, and Other Monitoring Data 

 

The operator should also make use of information from other monitoring programs such as cathodic 

protection, coupon monitoring, coating surveys, line surveillance, and other ongoing activities in 

conjunction with assessment results to assess pipeline conditions.  In particular, risk factor data related to 

each significant threat should be assembled and reviewed in conjunction with the assessment results.  This 

comparison of data with assessment results will require that the operator use a consistent mechanism for 

identifying (or overlaying) the risk factor data along with results from the assessments being reviewed.  

Examples where this comparison or overlay of data with assessment results could provide new insights 

into the condition of the pipeline are presented below. 

 

Cathodic Protection 

 

Cathodic protection information can provide a good indication of present pipeline condition and an early 

indicator of pending trouble.  The voltage readings between the pipeline and surrounding soil provide a 

good indication of the effectiveness of the cathodic protection in the area.  Where pipe to soil potentials 

are below the desired threshold, the effectiveness of the cathodic protection to prevent corrosion 

formation is compromised.  On the other hand, areas where the protective currents are significantly above 

the desired threshold, hydrogen formation may occur, potentially leading to material embrittlement, and 

decreased resistance to pressure or cyclic loadings.  Another indication of decreasing cathodic protection 

system effectiveness is the increase in the rectifier amperage required to maintain voltage at the desired 

level.  As part of the integration process, the operator should also identify conditions of the surrounding 

soil that could lead to shielding of the pipeline from CP protection.  For example, rocky soil can shield the 

pipe from CP protection leading to corrosion in areas that appear from above-ground surveys to be well 

protected. 

 

By considering corrosion indication from the assessment report along other sources of pipeline risk factor 

information, the operator can determine areas of potentially increasing corrosion activity.  This 

determination may then lead to mitigation activities, including possible cathodic protection repairs, which 

would keep the corrosion from growing worse. 

 

Coupon Monitoring 

 

If the operator has a program to monitor internal corrosion with coupons, the information from this 

program can help predict the rate of deterioration of pipeline condition.  Combined with information from 

the assessments these study results can help the operator focus mitigation decisions when internal 

corrosion risk conditions are identified.  As with other sources of information that are integrated with 

assessment results, the operator=s documentation should include a description of how coupon monitoring 

is used in the review process. 
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Coating Studies 

 

If the operator has a program to monitor the condition of pipeline coatings, the information from this 

program can also help to predict the rate of deterioration of pipeline condition.  Combined with 

information from the assessments these study results can help the operator focus mitigation decisions in 

areas where the potential damage is greatest. 

 

As with other sources of information that are integrated with assessment results, the operator=s 

documentation should include a description of how cathodic protection and coating information was used 

in the review process, including how the information was assembled by specific location. 

 

E.07.03 Integration of Historical Maintenance/Repair, As-built, and Other Available 

Information  

 

The tool vendor=s report will contain a number of indications which represent features or items which are 

built into or onto the pipeline.  When these features are identified in the report, the operator=s process 

should require comparison with as-built information or other sources of information to verify their type 

and location for use in validating the accuracy of the data.   The operator=s process should also require 

that any identified discrepancies be captured on a list for tracking until they are resolved by the tool 

vendor. 

 

The repair history of the pipeline can also help the operator assess present and anticipate future pipeline 

conditions.  If the piping has been extensively repaired and is still showing signs of corrosion, a decision 

might be made to replace some segments rather than make additional repairs.  Continuing development of 

corrosion sites could also be a sign of problems that should be investigated, such as the possible presence 

of pipeline shielding from the CP system. 

 

Sources of information the operator could use, in addition to details of the defects and the remaining 

strength of the pipeline, in making repair decisions include: 

 

 The tool vendors experience with the analysis tool.  If the tool vendor has a lot of experience with 

the tool and evaluation of the indications it identifies, it is more likely that analysis of an anomaly 

will be correct, and fewer confirmation digs may be required to verify the tool=s accuracy.  The 

inverse is also the case.  Having little or no experience with a tool, the operator should consider 

doing more confirmatory excavations as part of the results review. 

 Pipeline maintenance and repair records.  The repair history of the pipeline can also help the 

operator assess present and future pipeline conditions.  If the piping has been repaired extensively 

and is still showing signs of active corrosion damage, a decision might be made to replace some 

segments rather than make additional repairs.  The presence of newly identified active corrosion 

damage could also indicate problems (e.g., shielding of the pipe from the CP system, the presence 

of MIC) that should be investigated. 

 Risk analysis data.  Risk analysis is an important aspect of data integration.  The risk analysis 

performed on a pipeline segment may provide important information to influence repair 

decisions, including upgrading the repair category of a particular anomaly.  For example, if an 

anomaly indicates a 70% metal loss condition but is located near a school or other public 

building, the potential consequences of a failure at that location might lead the operator to treat 

this anomaly as an immediate repair condition, even though it does not meet the specific metal 

loss criterion for an immediate repair condition. 
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E.07.04 Consideration of ILI Tool Detection Uncertainties and Sizing Tolerances 

 

ILI tools have published tolerances and uncertainties associated with its results.  Typical tool 

specifications are provided in Protocol B, Appendix B.03.  Tool uncertainty is typically specified in terms 

of the size of defect a tool will detect at least 80% of the time.  Tool tolerance is generally specified in 

terms of how accurately a tool will size a defect that it detects. 

 

The operator=s documentation should provide an indication of how tool tolerance is treated: 

 

 in the tool vendor=s interpretation of results, and  

 in the operator=s overall integration of data from which overall integrity conclusions are reached. 

 

Information on tool tolerances should be used to assure that defects requiring early excavation and 

mitigative action are properly identified and characterized.  This does not necessarily mean simply adding 

the vendor-supplied tolerance value to reported depth of indications.  Several sources of data may be 

used, in conjunction with vendor-supplied tool tolerances, to characterize pipeline defects.  These include 

results of previous excavations, confirmation digs, results of concurrent inspections, and comparison to 

prior inspections.  The quality of this data should also be considered. 

 

In addition, the influence of tool tolerances on results may be addressed in a probabilistic or statistical 

analysis such as "Probability of Exceedance" (POE).  Pipeline operators have the flexibility to apply 

processes specific to the risks present by utilizing these techniques when evaluating specific pipeline 

defects.   

 

Tool tolerances are not the only uncertainty associated with assessment results, and are therefore not the 

only factor to be considered in evaluating the quality of internal inspection data and in making excavation 

timing and mitigation decisions.  Defect characterization should consider all relevant uncertainties to 

assure that defects posing a potential integrity threat, including those meeting the criteria in 192.933(d), 

are promptly identified. Important aspects of tool tolerance affect the following critical integrity 

management considerations: 

 

 Defect sizing data for determination of correct repair criteria categorization should be adjusted to 

account for the tool tolerance associated with the measurement, in the conservative direction 

(e.g., metal loss depth and length should be increased by the amount of the tool tolerance).  This 

is especially important for Aborderline@ anomalies.  

 Defect sizing data used as input into calculations to determine remaining strength of the pipe 

should be adjusted to account for the tool tolerance associated with the measurement, in the 

conservative direction (e.g., metal loss depth and length should be increased by the amount of the 

tool tolerance). 

 

This does not necessarily mean that the maximum tool tolerance should automatically be added to called 

anomaly dimensions.  However, it does mean, especially for borderline cases, that tool tolerance should 

be considered in such a way as to assure pipeline integrity.  This is important because a certain portion of 

anomalies that are called to be less than a certain repair criterion will in reality meet that repair criterion.  

(For example, out of all the anomalies that are called to be 70% WT, a certain number of them are 

expected to exceed the 80% WT criterion for an immediate repair condition, based on typical standard 

MFL tool tolerance of 15%.)  Defect characterization, repair decisions, and integrity analysis should 

account for this fact. 
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Typically, tool tolerances are applied to metal loss defects.  Tool tolerances can also be applied to 

deformation depth and to orientation.  For example, ILI vendors specify the accuracy of their tool in 

predicting the circumferential location of a defect.  A 6% dent of the top of the pipe (between 8 and 4 

o’clock) is a one year condition; whereas, a 6% dent on the bottom of the pipe (between 4 and 8 o’clock) 

is a monitored condition.  Defects located near the 4 and 8 o’clock positions should be evaluated to see if 

they should be included in the more conservative repair condition. 

 
 

E.07.04.01 ILI Tool Vendor Consideration of Tool Tolerance in Interpretation of Data 
 

The tool vendor=s report and analysis of the data is based on the data and indications provided by the tool.  

Detection uncertainties are not a major part of interpreting data because all data means that some physical 

condition was detected that caused a change in signal that was recorded by the tool.  Therefore, detection 

uncertainty is less a factor in data interpretation than is measurement tolerance.  All tools used in 

assessing pipeline integrity have tolerances associated with their results.  Typically these tolerances do 

not represent biases in the results (i.e., they do not lead to significant imbalance in the number of 

indications for which the significance of related defects is either overstated or understated).  However, 

each operator needs to work with the tool vendors to assure that reported results are not biased due to tool 

tolerances and that the reported results conservatively account for tool tolerances.  An operator could 

choose to have the tool vendor deal with tool tolerances in a number of ways: 
 

 Not consider tool tolerances (if this is the case, the operator assumes full responsibility to 

consider tool tolerances and adjust/interpret results accordingly);   

 The vendor may increase critical anomaly characteristics such as depth and length by the 

validated tool tolerance; 

 The vendor could report a range of possible anomaly sizes based on the nominal data indications 

plus or minus tool tolerances; 

 Use confirmatory or calibration digs to learn more about actual tool tolerances via comparison 

with field measured actual defect size, in order to substantiate the accuracy of indicated defect 

size; and 

 Other techniques or strategies. 

 

E.07.04.02 Operator Consideration of Tool Tolerance and Detection Uncertainties  

 

The operator should re-consider tool tolerances when it categorizes anomalies per the repair criteria, if the 

vendor reported its results based on nominal data sizing indications without reporting a conservative size 

that accounts for tool tolerance.  The operator may also need to re-perform remaining strength 

calculations in this situation.  Both are especially important for anomalies that are borderline calls 

between two repair categories.  The preparation of excavation and repair plans should consider tool 

tolerances, if tool tolerances are not accounted for by the tool vendor. Marginal features should be 

excavated earlier, due to the fact that tool tolerance error in the size characterization could mean that the 

anomaly is actually of a size that meets the more urgent repair criteria.  The inspector should evaluate 

whether the operator=s excavation plans have adequately considered tool tolerances. Some operators may 

use statistical or probabilistic methods (such as Probability of Exceedance, or POE, techniques) to analyze 

the effect of tool tolerance on indicated anomaly size.  POE is one method in use that provides a tool to 

help operators make excavation decisions and prioritize repairs.   

 

In addition, the operator should consider the uncertainty in the tool=s ability to detect all anomalous 

conditions as part of is integrated review of assessment results.  Most tool vendors report detectable 

defect specifications with an 80% certainty.  This means that the pipeline has up to 1 in 5 undetected 
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anomalies at, or larger than, the detectable size specification of the tool.  This should be explicitly 

considered when performing an overall integrated review of integrity assessment results and upon which 

integrity-related decisions will be made.  Inspectors should verify that the operator=s integrated integrity 

analysis includes consideration of undiscovered anomalies. 

 

E.07.05 Other Information 

 

The integration of information is not restricted to the above types of information.  These are examples that 

are expected to be commonly used by operators.  However, any information that could be indicative of an 

integrity threat or that characterizes the nature of precursors to integrity threats, should be included in an 

operator=s integrated information analysis as appropriate. 

 

E.07.06 Consideration of Consequences on an HCA 

 

The nature and magnitude of the potential consequences to an HCA may need to be considered, when 

integrating information related to the analysis of potential integrity threats.  The operator=s determination 

of segments that could affect HCAs is typically done by determining if any commodity could reach an 

HCA.  If so, the segment is determined to potentially affect the HCA.  However, further refinement may 

be appropriate if needed to properly characterize and rank anomalies for remediation and scheduling 

considerations.  Examples of some of these factors include: 

 

 Nature of the Commodity that Constitutes a Threat to the HCA; 

 Type of HCA Being Affected; 

 Degree of Potential Impact (Volume of Commodity that Reaches and Impacts the HCA); 

 Type of Deleterious Consequence (e.g., contamination of drinking water, fire/explosion, 

disruption of commercial navigation, ecological damage, etc.). 

 

It is incumbent on the operator to justify the use and application of any factors used to downgrade the 

status of anomalies, or delay remediation of anomalies, based on limited consequence to HCAs. 

 

E.08 Remaining Strength Calculations 

 

E.08.01 Discussion 

 

Some of the rule requirements for categorizing defects using the repair criteria are based on the calculated 

remaining strength of the pipe.  The rule states the criteria for categorizing defects in terms of the 

predicted burst pressure at the location of the anomaly resulting from the remaining strength calculation.   

 

If wall thickness is lost by corrosion, it can reduce the pressure-retaining capability of the pipe.  All of the 

acceptable calculation methods consider the depth and extent (length) of corrosion in calculating new 

acceptable pressures.  The relationship between predicted burst pressure and calculated, reduced, 

operating pressure, is a ratio of 1.39, based on the 0.72 design factor specified in B31.4.  This is 

equivalent to operating pressure being 72 percent of predicted burst pressure, consistent with practice in 

which original MAOP is often 72 percent SMYS. 

 

This does not mean that 100 percent SMYS is a burst pressure.  The actual pressure at which a new pipe 

would burst is likely higher than the pressure that would result in 100 percent SMYS.  In the degraded 

case, the same is likely true.  The calculation methods are largely empirically-based, and calculate a 

pressure below which the pipe can most likely be counted on not to burst.  The acceptable operating 
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pressure is then set at 72 percent of that level.  For gas pipelines, the design margin may require that the 

operating pressure be set at a lower percentage of SMYS, depending upon its class location.  For purposes 

of discussion remaining strength calculation techniques, the accepted practice is to use 72% of the 

predicted burst pressure. 

 

As wall loss continues, the calculated values for predicted burst pressure and acceptable operating 

pressure would continue to decrease, still retaining the relative relationship of 1.39.  At some point, if the 

problem is not addressed, the predicted burst pressure would drop below MAOP. 

 

Actual operating pressure could be as high as, or near, MAOP as well, in which case the predicted burst 

pressure here could well be less.  That is the reason for immediate concern.  The pipe could be operated at 

a level where the best calculation tools say it could fail.  Immediate action is needed.   Since the pipe has 

not already failed, it is presumed there is some margin to failure, but the amount of that margin is 

unknown and could be small. 

Operators must reduce operating pressure to provide an immediate increase in safety margin, and they 

must remediate the situation as soon as possible. 

 

E.08.02 Terms and Definitions 

 

This Section uses the following terms which have the meanings as identified below. 

 

Remaining Strength 

 

The term ARemaining Strength@ is a term used to describe the calculation used to determine the pressure-

retaining capability of a pipeline at the specific location of an anomaly.  A remaining strength calculation 

fundamentally calculates the Apredicted burst pressure.@  It also can output a Asafe operating pressure,@ 

more commonly referred to as the Amaximum allowable operating pressure@ or MAOP. 

 

Anomaly 

 

An anomaly is defined by NACE as a potential deviation from sound pipe or weld.   

 

Predicted Burst Pressure 

 

The operating pressure at which the anomaly is predicted to fail, using an appropriate industry standard 

calculation method such as B31G, Modified B31G, or RSTRENG. 

 

Maximum Allowable Operating Pressure (MAOP) 

 

As discussed earlier, once the predicted burst pressure is calculated it must be reduced by a design factor 

to determine the new Maximum Allowable Operating Pressure (MAOP) for the pipeline, based on each 

particular defect.  This design factor is typically 0.72 as defined by '195.106(a).  The MAOP is 

determined by multiplying the predicted burst pressure by 0.72.  This results in a safety factor of 1.39 (= 

1.0/0.72). 

 

E.08.03 Cautions, Limitations, and Assumptions 

 

The remaining strength calculations specified in the rule (namely B31G and AGA Project PR-3-805, 

more commonly referred to as RSTRENG) have certain inherent limitations and applicability.  The rule 
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language allows for the use of other suitable methods, the most widely used of which is Modified B31G, 

which is also subject to the same inherent limitations and applicability, which are listed below: 

 

 The remaining strength calculation methods specified by the rule only apply to corrosion metal 

loss defects.  It is not appropriate or accurate to use B31G, Modified B31G, or RSTRENG, for 

any other type of anomaly, including, but not limited to, mechanical damage, dents, cracks, and 

metallurgical anomalies (except that RSTRENG is appropriate for use on defects in submerged 

arc seam welds). 

 The remaining strength calculations are limited to use in cases were remaining wall thickness is 

>20% of nominal wall thickness, i.e., maximum depth of metal loss is less than or equal to 80% 

WT (d/t0.8). Any metal loss >80% should be considered an immediate condition as required by 

Protocol E.02.b.3 or Protocol E.02.b.6. 

 The remaining strength calculations specified by the rule use techniques that assume the pipe fails 

in a ductile manner.  Those techniques are not applicable or accurate to predict burst pressure for 

brittle pipe.  As a result, it is not appropriate to use these techniques to evaluate corrosion for Low 

Frequency ERW or lap-welded pipe unless it is known that the corrosion is not on, near, or could 

affect the seam. 

 

The rule does not require that all anomalies be analyzed to determine its remaining strength.  It is simply 

one of the criteria for categorizing defects.  Therefore, the rule only requires that if an anomaly that is 

evaluated using the calculations specified in the rule has a remaining strength that meets the criteria, then 

that anomaly must be categorized accordingly.  However, an anomaly that does not meet the remaining 

strength criteria, or an anomaly that can not be calculated using the remaining strength calculation 

methods specified in the rule because it is not applicable (such as a crack), may still be categorized as an 

immediate repair condition based on the other criteria in the rule. 

 

One of the other criteria for an immediate repair condition is the judgment of the person that is reviewing 

the assessment results.  The reviewer may use other tools as appropriate (including other calculation 

techniques not specified in the rule) to categorize defects in accordance with 192.933(d). 

 

Widely accepted methods for corrosion-caused metal loss include ASME B31G, modified B31G, and 

RSTRENG.  The discussion below focuses on characterizing the severity of corrosion-caused metal loss 

using these three methods. 

 

E.08.04 Predicted Burst Pressure Calculations 

 

Regardless of how the information is reported, the ILI information on the size, depth and location of 

metal loss anomalies  is used to derive a predicted burst pressure using one of three commonly used 

methods.  They are B31G, Modified B31G (also sometimes referred to asRESTRENG_0.85 ), and 

RSTRENG Effective Area (RSTRENG).  These three methods are quite similar but each has a unique set 

of factors which sets it apart from the other two.  The specific formulas associated with each factor are 

provided below. 

 

In evaluating the appropriateness of the operator’s characterization of failure pressure, the inspector 

should ask which method was used to determine the predicted burst pressure, and how the operator 

verifies that the selected method is valid and applicable for the anomaly being analyzed.  Errors seen in 

the past in which these methods were inappropriately applied include predicting burst pressure of:  

 

 Low Frequency ERW pipe, 
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 Lap welded pipe, 

 Pipe with gouge defects, and 

 Pipe with depth of metal loss greater than 80%Wt (d/t>0.8). 

 

These three methods use the following terms:  

 

Term 

 

 

 

Definition 

 

Pf 

 

 

 

Predicted failure pressure of the defect (Burst Pressure) 

 

A 

 

 

 

Cross Sectional Area of missing metal (L x d) 

 

A0 

 

 

 

Original cross-sectional area (area prior to any metal loss, (L x t) 

 

B 

 

 

 

Defect axis/symmetric shell theory cross concentration factor 

 

D 

 

 

 

Inside diameter of the pipe 

 

d 

 

 

 

Maximum depth of the defect 

 

L 

 

 

 

Total axial length of the defect projected in the longitudinal plane  

 

M 

 

 

 

One of various forms of the AFolias bulging factor@, f{L,D,t} 

 

MAOP 

 

 

 

Maximum Allowable Operating Pressure 

 

Rm 

 

 

 

Mean radius of the pipe 

 

Rt 

 

 

 

Thickness ratio 

 

RPR 

 

 

 

Rupture Pressure Ratio 

 

SMYS 

 

 

 

Specified minimum yield strength  

 

t 

 

 

 

Nominal wall thickness of the pipe 

 

r
0
 

 

 

 

Remaining ligament wall thickness in the defect (t-d) 

 

rmin 

 

 

 

Minimum measured remaining thickness in the corrosion defect 

 

σflow 

 

 

 

Flow stress of the pipe; a property related to its yield strength {SMYS} 

 

σyield 

 

 

 

Yield stress of the pipe (0.5% strain criterion) 

 

σult 

 

 

 

Ultimate stress of the pipe 

 

σfailure 

 

 

 

Predicted failure stress 
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Each of the three methods calculates predicted burst pressure as a function of three main variables.  They 

are: 

 

Cross Sectional Area of Missing Metal  

 

The area of missing metal can be approximated based on the maximum depth and axial length of 

corrosion or the area can be more accurately modeled by a profile of the area of corrosion.  The B31G and 

Modified B31G criteria approximate the area of missing metal based upon the axial length (L) and the 

maximum depth of corrosion (d).  As stated in the table below, B31G models the area of corrosion as a 

parabola representing 2/3 of a rectangle with the area (L*d).  Modified B31G multiplies the same 

rectangle (L*d) by 0.85.  For the Area of Missing Metal, B31G is less conservative than Modified B31G.  

RSTRENG (RSTRENG_Effective Area) calculates the Area of Missing Metal by taking a series of depth 

measurements that create Ariver bottom@ picture of the corrosion with a maximum depth measurement at 

each axial location.  A computer program then calculates an effective area from the series of 

measurements.  Care should be taken to verify that internal corrosion metal loss is not overlooked when 

determining this important parameter. 

 

Flow Stress  

 

The flow stress of line pipe steels is used to describe the properties of a strain-hardening material in terms 

of an equivalent elastic-plastic material having a >yield strength’ somewhat larger than the actual yield 

strength of the material but less than the ultimate tensile strength. The use of flow Stress assumes that the 

line pipe material exhibits ductile fracture propagation. These corrosion assessment methods are not 

applicable in the assessment of brittle materials. 

 

The B31G criterion models the flow stress of line pipe steels to be 1.1* SMYS. For example, the flow 

Stress of Grade B pipe (SMYS equal to 35,000 psi) is 38,500 psi and the flow stress of X52 pipe (SMYS 

equal to 52,000 psi) to 57,200.  Experimental data acquired from line pipe steels was used to empirically 

determine that a more appropriate definition of flow stress is SMYS + 10,000 psi.  Based on this 

definition, the flow stress of Grade B pipe is 45,000 psi and the flow stress of X52 pipe is 62,000 psi. 

 

Folias Factor  

 

The Folias factor accounts for the stress amplification at the ends of flaws which results from >bulging’ of 

a reduced section. For longer lengths of corrosion, one would expect more >bulging’ to occur at the ends 

of the corroded area. The effects of the Folias factor on Equation I is that the predicted failure stress will 

decrease for longer lengths of corrosion.  

 

The definition of the Folias factor for the B3lG criterion is presented in the table below.  This factor is 

limited to lengths of corrosion (L) less than the 20Dt  In cases where the length of corrosion exceeds 

this limit, the assessment becomes excessively conservative since it models only the remaining net section 

of the pipe based on the maximum depth of corrosion (d). This limit on the length of corrosion can be 

very conservative. For example, the B31G criterion provides excessively conservative results in 24-inch 

diameter by 0.375-Inch wall thickness pipe when the length of corrosion exceeds 13.4 inches (

20 24 0 375x x .  = 13.4 inches). The definition of the Folias factor for the Modified B31G and 

RSTRENG criteria is also presented in the table below. This definition provides a continuous modeling 

for lengths of corrosion whereas the B31G criterion is limited to lengths less than the 20Dt. 
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The following table depicts the differences among the three criteria: 

 

 
 

 

B31G is the usually the most conservative (results in the lowest burst pressure) of the three criteria.  It 

assumes a metal loss equal to 2/3 of a parabolic shape for each defect based on the length and maximum 

depth of the defect. 

 

Modified B31G is, in its final burst pressure result, less conservative than B31G due to the higher flow 

stress term.  It also uses a metal loss measurement based on 85% of the area of a rectangle based on defect 

length and depth which for the metal loss term of the equation, is actually more conservative than the 

B31G approach. 

 

RSTRENG uses a series of measurements along a line drawn the length of the defect to develop a “river 

bottom” picture of the defect depth and computes a more accurate measure of metal loss. 

It is important that the inspector determine which method is being used to determine burst pressure, what 

format for the remaining strength information is being used by the tool vendor and the exact safety factor 

the operator is using to determine a new Maximum Allowable Operating Pressure.  The operator’s 

procedure should provide specific instructions for these determinations and how the operator should use 

them. 

 

E.08.05 Other Methods for Evaluating Corrosion-Caused Metal Loss 

 

The rule is not limited to the use of those calculation methods listed in the rule.  Other acceptable methods 

may be used to calculate the remaining strength of pipe.  Although not as widely used as B31G, Modified 

B31G, or RSTRENG, some other methods available include: 

 PCORR 

 PAFFC 

 DNV 

 KAPA 

 COR-LAS  

 API RP 579 
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E.08.06 Low Toughness or Brittle Pipe 

 

The presently accepted techniques for determining failure pressure (remaining strength), including B31.G, 

Modified B31G, and RSTRENG, assume that the pipe material toughness is “optimal”, that is that 

increases in toughness will have no significant impact on remaining strength.  While this assumption is 

appropriate for materials used in piping fabricated subsequent to about 1950, earlier pipelines used lower 

toughness materials, whose toughness properties need to be explicitly included in the analysis of 

remaining strength.  Therefore, operators with pipes fabricated prior to about 1960 should evaluate 

whether the material toughness is below the “optimum” threshold, necessitating consideration of 

toughness in determination of remaining strength.  Also, Low Frequency ERW pipe seam welds are 

brittle and the above techniques are not applicable for this type of pipe. 

 

At present no consensus industry standards incorporate methods for determining remaining strength that 

properly reflect the properties of low toughness pipe material.  However, accepted industry practices for 

determining remaining strength for pipe constructed of low toughness materials, including that used in the 

KAPA software, provide an acceptable means for incorporating the effect of material toughness in 

determination of remaining strength. 

 

E.08.07 Remaining Strength of Cracks 

 

Axial or circumferential cracks should be evaluated differently from corrosion-caused metal loss.  

Accepted methods for characterizing axial cracks include API RP 579, COR-LAS, PAFFC, SURFFLAW 

and KAPA.  Accepted methods for characterizing circumferential cracks include API STD 1104 

Appendix A, BS 6493, and CSA Z662 Appendix K.   

 

E.08.08 Remaining Strength Results 

 

The assessment results should include a determination of the remaining strength of each anomaly.  If 

remaining strength information is not provided by the tool vendor, the operator’s process must describe 

how remaining strength will be determined.  This process is usually a collaborative effort between the 

operator and the tool vendor.  Often the operator will provide the tool vendor with a spreadsheet used to 

calculate the remaining strength that has pipe specific data already entered.  The tool vendor enters the 

anomaly characteristics and returns the spreadsheet to the operator.  Remaining strength results can be 

provided in a number of formats.  These formats include: 

 

1. Predicted Burst Pressure - This absolute value, given in units of pressure, is the predicted burst 

pressure of a pipeline at the location of a specific anomaly. 

2. Rupture Pressure Ratio (RPR) - This is a ratio that relates predicted burst pressure to SMYS and 

should be (in the case of sound pipe) a value greater than 1.  It considers both flow stress and 

defect size. 

3. Estimated Repair Factor (ERF) - This is the reciprocal of RPR and, thus, has an expected value 

less than 1 for sound pipe. 

 

Note that the RPR, SRF, and ERF ratios are not directly related to the repair criteria, which necessitate 

that the predicted burst pressure, or the MAOP based upon the predicted burst pressure, be compared 

directly to the existing MAOP. 

 

RPR, SRF, and ERF are used primarily as tools to help in the prioritization of excavation or repair 

activities.  If predicted burst pressure is reported using one of these formats, the operator’s process should 
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ensure that the actual predicted burst pressure or the MAOP based upon the predicted burst pressure, are 

directly compared to the existing MAOP for purposes of determining if the anomaly meets the applicable 

criterion for either immediate or scheduled repairs in accordance with ASME B31.8S-2004, Section 7, 

Figure 4 

. 

If the tool vendor does not provide the predicted burst pressure calculation for discovered anomalies, then 

the pipeline operator must assure that the predicted burst pressure is calculated by other means.  In 

addition, the operator should calculate the predicted burst pressure for all anomalies that could present an 

integrity threat. 

 

E.08.09 References 

 

1. John F. Kiefner, Kiefner & Associates, Inc., Workshop on Pipeline Reliability Assessment, 

Prepared for the Department of Transportation, Transportation Safety Institute 

2. John F. Kiefner and Paul H. Vieth, AGA Pipeline Research Committee Project PR- 3- 805, A 

Modified Criterion for Evaluating the Remaining Strength of Corroded Pipe, December 1989. 

 

E.09 Pressure Testing 

 

Subpart J of 49 CFR 192, provides accepted and well known requirements for pressure testing of gas 

transmission pipelines.  A detailed discussion of verifying compliance with Subpart E is not within the 

scope of this document.  This Section highlights some specific considerations related to the use of 

pressure test for purposes of integrity management assessments, and how those tests relate to integrity 

assurance.  

 

In general, all attached components must be tested, water is the preferred test medium; however, air, an 

inert gas, or natural gas can be used with the restrictions specified in 192.503(c),  and must be 

documented.  See 49 CFR 192, Subpart J, for details and exceptions. 

 

 

E.09.01 Test Pressure 

 

It usually makes sense to test the pipe at the highest pressure practicable.  In general, the higher the test-

pressure-to-operating-pressure ratio, the more effective the test.   The test pressure is determined in 

accordance with Subpart J and 192.619(a)(2)(ii). 

 

 

E.09.02 Pressure Volume Plots 

 

For all tests, but particularly for those tests conducted at pressures that approach SMYS, or are in excess 

of SMYS, it is extremely prudent to record the pressure-vs-pump-stroke plot.  An example of such a plot 

is provided in Reference 3. 

 

E.09.03 Hold Time and Flaw Growth 

 

A pressure test that meets Subpart J requirements must be held at or above the test pressure for a 

minimum of 8 hours without a leak.  However, operators should be aware of, and analyze, the occurrence 

of sub-critical flaw growth during the hold time of the pressure test.  As discussed in References 1, 2, and 

3, it has been demonstrated that flaw growth during an 8 hour pressure test, could occur, but the flaws are 
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not necessarily cleared by the test because they do not grow large enough to result in failure.  This 

illustrates the concept that longer hold times do not necessarily improve pipeline integrity unless sub-

critical flaw growth is understood and accounted for in the operator’s analysis, test procedure, and re-

testing interval.  One way that Kiefner recommends to dramatically reduce sub-critical flaw growth is to 

perform a spike test that will clear flaws that would otherwise have grown when exposed to the Subpart J 

test pressure. 

 

E.09.04 Flaw Growth Leading to “Pressure Reversals” 

 

Flaw growth can occur during pressure testing.  As a crack approaches critical size, it can continue to 

grow, even when the pressure is being reduced.  This phenomenon occurs due to the compressive strain 

placed on the crack as the pressure is reduced and the crack opening is forced closed.  When the crack is 

near critical size, the crack tip can not carry all of the compressive strain and therefore continues to grow 

until the pressure is further reduced.  Thus, the crack is actually larger than is necessary to fail, if it had 

existed at the time of the previous peak test pressure.  Upon the next pressurization, it will fail at a lower 

test pressure than it had previously survived.  This is referred to as a pressure reversal.  Inspectors should 

check the operator’s pressure test records for evidence that the operator analyzed flaw growth during the 

test.  If test records, indicate pressure reversals, inspectors should evaluate the operator’s process for 

analyzing and dealing with pressure reversals.  Pressure reversals are further addressed in Section E.10. 

 

E.09.05 “Spike Test” 

 

If an operator elects to perform a spike test in addition to a Subpart J test, then the test parameters should 

be recorded.  These include the maximum test pressure and the hold time at the elevated pressure.  

Typically, the spike test will be conducted at the beginning of the pressure test and then pressure will be 

reduced to the Subpart E test pressure.  It is allowable for the time the spike pressure was held to count as 

part of the 8 hour mandatory hold time of the Subpart J pressure test if the pressure is not allowed to drop 

below the Subpart J test pressure. 

 

Although no consensus industry standard has been developed for a spike test, one reasonable test is to test 

the pipe at 139% MAOP for ½ hour and then reduce pressure to 125% MAOP for 3 ½ hours and then 

reduce pressure to 110% MAOP for 4 hours to complete the remainder of the 8 hour Subpart J test.  This 

definition of a spike test has been advanced by Kiefner (Reference 3). 

 

Some operators may propose the use of a “Spike Only” test, in which the test duration is shorter than the 

8 hour minimum test duration necessary to qualify as a Subpart J pressure test.  In these cases, the 

following important considerations should be reviewed: 

 

 A "spike only" test may be useful for specific integrity-related aspects of a piping system (such as 

demonstrating seam integrity or "proving the seam"), and may be achieved independently from a 

Subpart J pressure test. 

 A spike test is considered “other technology” if it is to be used as a baseline or reassessment and 

would require notification of PHMSA. 

 A spike test alone may not be used to establish a MAOP. 

 The MAOP should have been previously established based on a qualified Subpart J test. 

 If any failure occurs at a pressure lower than 1.25 MAOP, then the line should have another 

Subpart J test to re-establish a safe MAOP. 
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 The spike test should identify the minimum leak size that could be detected, given the specific 

test parameters used.  The methodology to determine this parameter should be based on, or 

should be equivalent to, the methodology described in Reference 5. 

 

Successful spike-only tests are more easily achieved for shorter lines.  Testing parameters and data 

analysis is more complex for longer lines.  However, the testing parameters and data analysis should be 

carefully reviewed and justified by the operator regardless of test section length.   

 

E.09.06 Test Acceptance and Test Validity 

 

The pressure test plan should include test acceptance criteria.  These criteria should include identification 

of the minimum size leak that the test must be capable of detecting.  (See Reference 5.)  Absent specific 

pre-determined test acceptance criteria, the operator’s procedures should address the process and 

requirements for: 

 

 Approving any test abnormalities, 

 Certifying that the test was a valid test, and 

 That the pipeline passed the test.   

 

Procedures for pressure testing must reflect conformance with test requirements and accepted industry 

standards, as well as define how leaks above the detection threshold will be located.  Elevation 

differences in each pipe segment being tested should be identified and the effect on the maximum 

pressure to which the line is subjected should be determined. 

 

The operator should be able to provide the requirements, procedures and test records to support effective 

conduct of pressure testing.  The inspector should review these documents, including a sample of the 

actual test records in which leaks are identified and their repair verified. 

There are several inherent factors that can make determination of test validity somewhat subjective and 

prone to mistaken judgment on the part of individuals in charge of the test.  Some of these include: 

 

 Entrapment of air (or other highly compressible material) in the line, 

 Ambient temperature variations that prevent pressure/temperature of the test medium from 

stabilizing, 

 Testing at pressures near or higher than SMYS could cause yielding that results in a greater pipe 

section volume, or 

 The need to add or remove water from the piping system during the test. 

 

When examining integrity assessments using pressure testing, inspectors should examine procedures and 

records necessary to ensure that the operator takes care to ensure a valid test and that test acceptance is 

based on sound engineering practices.  Some specific suggestions of items to examine include: 

 

 Test plan or test procedures that specify the test acceptance criteria; 

 Test acceptance criteria that are quantitative and objective (i.e., an acceptance criteria of “no 

leaks” is highly subjective and difficult to definitively conclude unless the tested system achieves 

perfect stability, which is highly unlikely since during the course of most any 8 hour period, 

ambient temperatures will likely vary enough to affect the pressure of the test medium); 

 Test acceptance criteria that allow for small leaks (such as leaking fittings) when the code has no 

allowance for known leaks; and 
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 Methods and procedures used to evaluate, document, and accept test data that deviates from 

expected results. 

 

Certain situations should be carefully analyzed and documented by the operator before declaring a test to 

be valid.  However, it is not uncommon for operator personnel to deal with situations informally or based 

on judgment.  In these situations, the individual in charge of approving test results may simply “sign off” 

the test as valid and not document the evaluation of test data that might not indicate a nominal test result.  

In these cases, a cursory review of the test acceptance “sign off” may not identify the existence of test 

anomalies.  Inspectors should review enough actual test data (logs, strip charts, etc.) to identify unusual or 

unexpected results that should be analyzed, justified and documented prior to test acceptance.  Inspectors 

should be alert for situations such as: 

 

 Temperature and pressure data that are inconsistent (e.g., a rise in temperature without a 

corresponding rise in pressure); 

 Addition or removal of water without a corresponding change in temperature and/or pressure; 

 Other PVT relationships that are unexplained; 

 Small leaks (such as around fittings) that are unaccounted for; 

 Unexplained needs to add water (or other test medium); 

 Failure to achieve stability in test parameters (pressure and/or temperature). 

 

When evaluating an operator’s test conditions and test data, the use of the Pipeline Inspector’s Toolbox 

software may prove helpful.  The Toolbox has a module that calculates important test parameters and 

expected test results.  The use of this tool can help identify test results that vary significantly from 

expected results and thus identify specific test data that require more detailed analysis, justification, and 

documentation, in order to conclude that a given test was valid for acceptance. 

 

E.09.07 References 

 

1. John F. Kiefner and Willard A. Maxey, Kiefner & Associates, Inc., Hydrostatic Testing - 1: 

Pressure Ratios Key to Effectiveness, Prepared for the Oil and Gas Journal, July 31, 2000. 

2. John F. Kiefner and Willard A. Maxey, Kiefner & Associates, Inc., Hydrostatic Testing - 

Conclusion: Model Helps Prevent Failures, Prepared for the Oil and Gas Journal, August 7, 2000. 

3. John F. Kiefner, Kiefner & Associates, Inc., Workshop on Pipeline Reliability Assessment, 

Prepared for the Department of Transportation, Transportation Safety Institute. 

4. John F. Keifner, Role of Hydrostatic Testing in Pipeline Integrity Assessment, Presented at 

Northeast Pipeline Integrity Workshop, Albany, NY, June 2001. 

5. John F. Kiefner, Roger Huston’s Request for Comments On Spike Test for Short Laterals, 

October 31, 2002. 

6. American Petroleum Institute Recommended Practice, RP 1110, Pressure Testing of Liquid 

Petroleum Pipelines, 4th Edition, March 1997. 

 

E.10  Analysis Technique for Evaluating Pressure Reversals 

 

E.10.01 Discussion 

 

One method of analyzing pressure reversals (in order to derive a level of confidence that additional 

pressure reversals will not occur after the pipe is placed back in service) is to perform a probabilistic 

analysis of the pressure reversals experienced during the pressure test.  Such an analysis might look 

similar to the chart shown below (see Reference 1).  A chart such as this can be developed by reviewing 
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all test failures and the pressure at which they occurred.  The change in failure pressure from one failure 

to the next is recorded.  Using the total number of test failures and the number of failures that experienced 

pressure reversals less than or equal to the magnitude of each pressure reversal, a probability of the next 

failure occurring at or below any given pressure differential can be plotted. 

 

 
 

E.10.02 Cautions and Limitations 
 

1. This type of analysis has an inherent assumption that failures are random, which may not be the 

case. 

2. The flaw type and size must be of a family of similar flaws with similar growth rates and growth 

mechanisms.  If multiple types of flaws are present with different growth characteristics, then this 

type of analysis may not be valid. 

3. Enough failure data must exist to develop a reasonable set of data.  As a rule of thumb, 

approximately 20 failures are needed to form a minimally acceptable basis for a meaningful 

analysis. 

4. The operator should not extrapolate too far beyond the data points, especially if the analysis was 

based on relatively few failures. 

5. The data must represent a reasonable straight-line fit for the analysis to be meaningful and to 

predict future pressure reversal failures with confidence. 
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In practice, most numerous or large pressure reversals that have occurred involved flaws associated with: 
 

 Manufacturing defects in or near low frequency ERW welded seams,  

 Stress corrosion cracking,  

 Corrosion, and  

 Hydrogen Blisters. 

 

Operators generally do not deal with corrosion by pressure testing.  Stress corrosion cracking is generally 

associated with gas pipelines and is not as much of a problem with liquid lines.  Hydrogen blisters are a 

special case that is rarely encountered.  Therefore, the most likely problems that will be evidenced by 

pressure reversals are low frequency ERW pipe.  If an operator is experiencing pressure reversals, the 

pipe should be verified to be LFERW pipe.  If not, further inspection should be made to understand what 

type of defect is causing the pressure reversals.  The operator should evaluate the potential for pressure 

reversals in similar piping with similar operating experience in order to:  

 

 Determine the residual risk following pressure testing; 

 To identify alternative pressure test practices less susceptible to pressure reversals (e.g., “spike 

testing”); or  

 To identify other applicable assessment technologies for the suspect segments. 

 

E.10.03 References 

 

1. John F. Kiefner, Kiefner & Associates, Inc., Workshop on Pipeline Reliability Assessment, 

Prepared for the Department of Transportation, Transportation Safety Institute. 

 

E.11  Unity Graph Technique for Analyzing Tool Reliability and Accuracy 

 

E.11.01 Unity Graphs 

 

Unity graphs are a commonly used tool to evaluate ILI tool results.  The chart below is an example of 

what a unity graph might look like.  The example depicts a chart that plots called metal loss anomaly 

depth (abscissa) vs. actual measured metal loss (ordinate).  The center red line on the chart represents 

perfect tool performance.  In other words, if the tool called anomaly depth exactly, the plot point would 

fall on the center line.  The two lines to either side represent the published tool tolerance, which in this 

example is ± 15%.  Therefore, if the tool performed within specifications for every anomaly, all plot 

points would fall between the two outside lines.  Anomalies that are plotted above the top line are 

undercalls (i.e., the tool under-predicted anomaly depth by an amount that exceeded the published tool 

specifications).  Anomalies that are plotted below the bottom line are overcalls (i.e., the tool over-

predicted anomaly depth by an amount that exceeded the published tool specifications).  [Note: If the 

actual depth is plotted on the abscissa and the called is plotted on the ordinate, the undercalls will be 

below the bottom line and the overcalls will be above the top line.] 

 

Unity graphs can be used for many anomaly characteristics such as length and predicted burst 

pressure, but are most commonly used for depth, since that is usually the most critical dimension 

related to identifying immediate integrity threats. Note that it is inappropriate to plot corrosion 

metal loss defects and dents on the same unity chart.  
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E.11.02 Interpreting Unity Graphs 

 

Typically a vendor will guarantee that their tool will operate within a specified tolerance interval at a 

specified confidence level.  Most times this is stated as +/- 10% (the tolerance interval) 80% of the time  

 
Figure E.11-1 Sample Unity Graph 

 

(the confidence level).  Figure E.11-2 shows the sample size that must be taken, given that some points 

are going to lie outside of the tolerance interval to demonstrate a confidence level.  For an 80% 

confidence level, a sample size of five measurements is needed if none of the measurements are outside of 

the tolerance interval.  If there are 4 measurements outside of the tolerance interval, then approximately 

35 total measurements are needed to demonstrate the 80% confidence level is met.  In Figure E.11-1 

above, there are four measurements outside of the tolerance interval, 35 measurements would be needed 

to demonstrate an 80% confidence level.  Since the total number of measurements in E.11-1 is 44, the 

80% confidence interval is exceeded. 

 

 
 

Figure E.11-2 Sample Size Needed to Determine Confidence Level 
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F.1 Periodic Evaluations - Verify the operator conducts a periodic evaluation of pipeline integrity 

based on data integration and risk assessment to identify the threats specific to each covered segment and 

the risk represented by these threats. [§192.917, §192.937(b)]  

 
After completing the baseline integrity assessment, an operator must periodically assess pipe segments in 

high consequence areas, and evaluate the integrity of those portions of its system. An operator must base 

the assessment and evaluation frequency on risk factors specific to its pipeline, including at least the 

factors specified for consideration in scheduling assessments. The evaluation must consider the past and 

present integrity assessment results, risk analysis results, and decisions about repair, and preventive and 

mitigative actions taken to reduce risk. 

 

This evaluation requirement applies to, but is not limited to, line pipe, valves and other appurtenances 

attached to line pipe, compressor units, metering stations, regulator stations, delivery stations, holders, 

and fabricated assemblies.  Refer to FAQ-6 and FAQ-205. 

 

F.1.a. Verify that periodic evaluations are conducted based on a data integration and risk assessment of 

the entire pipeline as specified in §192.917. The evaluation must consider the following: [§192.937(b), 

192.917] 

 

i. Past and present assessment results 

ii. Data integration and risk assessment information [§192.917] 

iii. Decisions about remediation [§192.933] 

iv. Additional preventive and mitigative actions [§192.935] 

 

The operator must periodically evaluate the integrity of each covered segment and use the results of this 

evaluation to identify threats specific to each covered segment and the risk represented by these threats.  

Review the IM Program to determine if it contains requirements to conduct periodic integrity evaluations 

that are technically rigorous, justifiable and adequate for making integrity related decisions. 

 

Section 192.917, paragraph (b) requires an operator to gather and integrate data from its entire pipeline 

system that could be relevant to identifying potential threats to the covered pipeline segment.  The 

inspector should verify that the data from the entire pipeline is considered and not just data from covered 

segments.  Furthermore, an operator is only required to gather and integrate existing data about its 

pipeline system, i.e., the data does not have to be created if it does not exist. 

 

Paragraph (e) of section 192.917 requires an operator to analyze its pipeline to identify specific potential 

threats to the pipeline.  Paragraph (e)(1) specifies that an operator is to use information from a direct 

assessment to help define where third party damage may exist.  Similarly, paragraph (e)(3) specifies that 

an operator is to use information from prior integrity assessments to determine the risk of failure in the 

covered segment from manufacturing and construction defects. 

 

The inspector should verify that the threat and reassessment evaluations consider cyclic fatigue and other 

loading conditions (including ground movement, suspension bridge condition) that could lead to failure 

deformation, including dent or gouge, or other defect in a covered segment.  Also, verify that the 

evaluation assumes the presence of threats in the covered segment that could be exacerbated by cyclic 

fatigue [192.917(e)(2)]. 
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As part of the evaluation process, the rule requires that covered segments that contain certain threats be 

considered high-risk segments when prioritizing segments for reassessment.  The inspector should verify 

that covered segments meeting the following conditions are prioritized as high-risk segments: 

 

 If a covered pipeline segment contains low frequency electric resistance welded pipe (ERW), lap 

welded pipe or other pipe that satisfies the conditions specified in ASME B31.8S-2004, 

Appendices A4.3 and A4.4, and any covered or non covered segment in the pipeline system with 

such pipe has experienced seam failure, or operating pressure on the covered segment has 

increased over the maximum operating pressure experienced during the preceding five years, an 

operator must select an assessment technology or technologies with a proven application capable 

of assessing seam integrity and seam corrosion anomalies.  The operator must prioritize the 

covered segment as a high-risk segment for the baseline assessment or a subsequent reassessment. 

[192.917(e)(4)]. 

 

If an operator identifies the threat of manufacturing and construction defects (including seam defects) in 

the covered segment, an operator must analyze the covered segment to determine the risk of failure from 

these defects.  The analysis must consider the results of prior assessments on the covered segment.  An 

operator may consider manufacturing and construction related defects to be stable defects if the operating 

pressure on the covered segment has not increased over the maximum operating pressure experienced 

during the five years preceding identification of the high consequence area.  Refer to Supplemental 

Guidance Appendix B.08, White Paper, Manufacturing and Construction Defects, for more guidance. 

 

To address the subelements of Protocol F.1.a.i-iv, the inspector should verify that the periodic evaluation 

(risk analysis) frequency is based on all risk factors associated with the pipeline and adequately considers, 

as a minimum (but not limited to): 

 

 Those risk factors listed in paragraph 192.917: 

o External corrosion,  

o Internal corrosion,  

o Stress corrosion cracking;  

o Manufacturing-related defects, including the use of low frequency electric resistance 

welded (ERW) pipe, lap welded pipe, flash welded pipe, or other pipe potentially 

susceptible to manufacturing defects [§192.917(e)(4), ASME B31.8S-2004, Appendix 

A4.3];  

o Welding- or fabrication-related defects,  

o Equipment failures;  

o Third party/mechanical damage [§192.917(e)(1)],  

o Incorrect operations (including human error),  

o Weather-related and outside force damage,  

o Cyclic fatigue or other loading condition [§192.917(e)(2)],  

o All other potential threats. 

 The results from all integrity assessments, 

 All previous information analysis (risk analysis) results,  

 The remediation history of the pipeline, and  

 Prior and pending decisions about preventive and mitigative actions. 

 

http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=31
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=28
http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=29
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Refer to the following FAQ regarding periodic evaluations: 

 

 FAQ-81, Data Integration, which states that when performing continual evaluation the operator 

must consider all information relevant to determining risk associated with pipeline operation in 

HCAs. 

 

F.1.b Verify that periodic evaluations of data are thorough, complete, and adequate for establishing 

reassessment methods and schedules. [§192.937(b)] 

 

The processes and risk assessment methods used shall be periodically reviewed to ensure they continue to 

yield relevant, accurate results consistent with the objectives of the operator’s overall integrity 

management program. Adjustments and improvements to the risk assessment methods will be necessary 

as more complete and accurate information concerning pipeline system attributes and history become 

available. These adjustments shall require a re-analysis of the pipeline segments included in the integrity 

management program to ensure that equivalent assessments or comparisons are made.   

 

Refer to Protocol A.6 regarding the need to periodically review data for identification of new, or changes 

to HCAs. 

 

F.1.c. Verify that an appropriate interval is established for performing required periodic 

evaluations of threats and pipeline conditions following completion of the baseline assessment. 

[§192.937(b)]  

 
The rule does not require that periodic evaluations be conducted on a specific maximum interval as it 

does for reassessments.  An operator must conduct a periodic evaluation as frequently as needed to assure 

pipeline integrity.  An operator must base the frequency of evaluation on risk factors specific to its 

pipeline.  The evaluation must consider the results of the baseline and periodic integrity assessments, 

information analysis, and decisions about remediation, and preventive and mitigative actions.  The 

occurrence of a time-dependent failure requires immediate re-evaluation of the re-assessment interval 

(ASME B31.8S-2004, Table 3, Note 1). 

 

In addition to a regularly scheduled periodic evaluation interval, the operator should reevaluate its 

pipeline as needed in response to certain events, in order to assure that pipeline integrity threats are 

promptly identified.  The operator, therefore, should have controls in place that identify those 

factors/events that should initiate an immediate evaluation of pipeline integrity.  As a minimum, the 

integrity of a pipeline should be reevaluated: 

 

 Upon receipt of integrity assessment results (baseline or reassessment) 

 After any in-service rupture or leak (the evaluation should determine the root cause of the failure 

or leak) 

 Whenever risk conditions of the pipeline change significantly 

 Whenever significant changes are made to the design or operation of the pipeline. 

 

Application of any type of risk analysis methodology shall be considered as an element of continuous 

process and not a one-time event. A specified period defined by the operator shall be established for a 

system-wide risk re-evaluation but shall not exceed the required maximum interval (refer to Protocol C).  

Segments containing indications that are scheduled for examination or which are to be monitored must be 

assessed within time intervals that will maintain system integrity.  Such a periodic evaluation should 

include all pipelines or segments included in the risk analysis process to assure that the most recent 

http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=102
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inspection results and information is reflected in the evaluation and any risk comparisons are on an equal 

basis.  

 

After having reviewed the periodic evaluation schedules, and the basis for them, the inspector should 

make a qualitative judgment regarding the adequacy of the schedule.  If the schedule does not appear to 

be adequate to assure pipeline integrity, then there may be a flaw in the operator’s process for determining 

the periodic evaluation intervals.  The inspector should be satisfied that the periodic evaluation (risk 

analysis) intervals appear to be adequate to assure pipeline integrity.  One check is to review the most 

recent integrity assessment and/or risk analysis to determine if it contains information that does not 

support the choice of periodic evaluation (risk analysis) intervals. 

 

F.1.d Verify that the operator periodically reviews the evaluation results to determine if the new 

information warrants changes to reassessment intervals and/or methods, and makes changes as 

appropriate. [§192.937]  

 

Inspection should verify that the operator periodically reviews the processes and risk assessment 

methods used to develop the evaluations to ensure they continue to yield relevant, accurate 

results consistent with the objectives of the operator’s overall integrity management program. 

Adjustments and improvements to the risk assessment methods will be necessary as more 

complete and accurate information concerning pipeline system attributes and history become 

available. Inspection should identify relevant changes to the pipeline system and verify that this 

new information was evaluated for potential impact on evaluation results (i.e., reassessment 

intervals and methods). Inspectors should determine if the conclusions regarding the potential 

impact were appropriate. 
 

F.2 Reassessment Methods - Verify that the approach for establishing the reassessment method is 

consistent with the requirements in §192.937(c). [§192.937(c), §192.941] 

 

After completing the baseline assessment of a covered segment, the operator must continue to assess the 

line pipe of that covered segment at the intervals no larger than that specified in 192.939 and Table 3 of 

ASME B31.8S-2004. 

 

 F.2.a Verify that one or more of the following assessment methods (depending on the applicable 

threats) are specified: 

 

Refer to Supplemental Guidance for Protocol B.1. 

 

F.2.a.i  An internal inspection tool(s) capable of detecting corrosion and any other threats that the 

operator intends to address using this tool(s). The process must follow ASME B31.8S-2004, Section 6.2, 

in selecting the appropriate inspection tool. [§192.937(c)(1)] 

 

Refer to Supplemental Guidance for Protocol B.1. 

 

http://primis.rspa.dot.gov/gasimp/SecHome.gim?&sec=100
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F.2.a.ii A pressure test conducted in accordance with Subpart J. An operator must use the test pressures 

specified in ASME B31.8S-2004, Section 5, Table 3, to justify an extended reassessment interval in 

accordance with §192.939. Pressure test is appropriate for threats as defined in ASME B31.8S, 

Section 6.3. [§192.937(c)(2)] 

 

Pressure tests shall be conducted in accordance with subpart J.  An operator must use the test pressures 

specified in Table 3 of section 5 of ASME  B31.8S, to justify an extended reassessment interval in 

accordance with §192.939.  See F.4 below regarding the reassessment interval.  The test pressures 

specified in Subpart J are typically less than that specified in Table 3 needed to justify extended 

reassessment intervals. 

 

Use of a spike test, alone, as an assessment method would constitute “other technology.”  Operators 

planning to use “other technology” to perform assessments must notify PHMSA (or a state regulator) at 

least 180 days in advance. A spike test may be performed along with a pressure test meeting subpart J 

requirements.  In that case, the subpart J test is considered the primary assessment, and no notification 

would be required.  Also refer to Supplemental Guidance for Protocol B.1. 

 

F.2.a.iii Direct assessment – refer to Protocol D. [§192.937(c)(3)] 

 

Refer to Supplemental Guidance for Protocol B.1. 

 

F.2.a.iv  Other technology that an operator demonstrates can provide an equivalent understanding of 

the condition of the pipe. If other technology is the method selected, the process should require that the 

operator notify PHMSA at least 180 days before conducting the assessment, in accordance with 

§192.949. Also, verify that notification to a State or local pipeline safety authority is required when either 

a covered segment is located in a State where PHMSA has an interstate agent agreement, or an intrastate 

covered segment is regulated by that State. [§192.937(c)(4)] 

 

When an operator uses other technology to assess a covered segment for the baseline or reassessment 

(sections 192.921(a)(4) and 192.937(c)(4)), the operator is required to notify a State when the State is 

either an interstate agent or regulates an intrastate transmission covered segment.  Examples of "other 

technology" are: 

 

 If an operator plans to use ICDA to assess a system transporting gas with an electrolyte nominally 

present in the gas stream, such a use of ICDA would be considered "other technology." The 

ICDA process described in NACE RP0502-2002 is for dry-gas systems. The rule requires that 

operators who plan to use ICDA for systems transporting gas containing an electrolyte develop a 

plan (192.927(b)).  

 If an operator plans to perform a visual inspection on a section of pipe as the sole assessment 

method (i.e., not part of Direct Assessment). 

 Generally, if a spike test is done in conjunction with a Subpart J test, such that the complete test 

meets or exceeds Subpart J requirements, then the spike test is not "other" technology.  However, 

if the spike test is of shorter duration and does not meet Subpart J, then it would be an "other" 

technology. 

 Long range guided ultrasound (unless it is one of multiple tools selected in a Direct Assessment 

program that meets NACE RP0502-2002).  Refer to FAQ-198 concerning the used of guide wave 

UT technology. 

 Also refer to FAQ-204 concerning the use of close interval or overline surveys. 
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F.2.a.v Confirmatory direct assessment when used on a covered segment that is scheduled for a 

reassessment period longer than seven years. Refer to Protocol G. [§192.937(c)(5)] 

 

A confirmatory direct assessment is an integrity assessment method using more focused application of the 

principles and techniques of direct assessment to identify internal and external corrosion in a covered 

transmission pipeline segment. 

 

The rule specifies that sections 6.2 and 6.3 of NACE RP0502-2002 must be used to schedule the next 

reassessment if CDA identifies any defects requiring remediation prior to the next scheduled assessment 

(192.931(d)). Even though the NACE standard, as a whole, is not applicable to ICDA, these sections still 

must be used in scheduling new assessments when internal corrosion defects are revealed.  Refer to 

Protocol G for more information regarding CDA.  

 

Refer to the following FAQs: 

 

 FAQ-133, which states that a full assessment every 7 years is required if a pipeline is subject to 

threats other than external and internal corrosion.  

 FAQ-187 which states that direct assessment is an acceptable assessment method, but needs to be 

used only in situations where it is applicable.   

 FAQ-216, which states that all covered segments must be assessed at least every 7 years. 

 FAQ-228, which states that performance of a CDA does not extend the interval until the next 

primary reassessment. 

 

F.2.a.vi If the operator is using "low stress reassessment" method, evaluate the process using 

Protocol F.3. 

 

Refer to Protocol F.3. 

 

F.2.b  Review the methods selected for reassessments and verify that they are appropriate for the 

identified threats. 

 

Inspectors should review a sample of covered segments and verify that the reassessment method selected 

is consistent with the requirements of the operator’s IMP and ASME B31.8S-2004, Section 6, based on 

the threats applicable to that segment. 

 

F.3 Low Stress Reassessment - For pipelines operating at < 30% SMYS, the operator may choose to 

use a "low stress reassessment" method to address threats of external and internal corrosion. If this 

method is used, verify that the operator addresses the following requirements [§192.941]: 

 

This provision recognizes the relatively low risk posed by these (low stress) pipelines and the likelihood 

that failures will result in leakage rather than rupture. Operators who implement this low-stress 

reassessment option also have the option of performing CDA.  reassessment for these low-pressure 

pipelines by the other methods allowed by the rule (i.e., pressure test, internal inspection, direct 

assessment) is required only every 20 years, the maximum interval allowed by ASME B31.8S-2004. 
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PHMSA recognizes that low stress pipelines fail differently (i.e. leak vs. rupture) - this justifies specific 

assessment or preventative and mitigative techniques that correspond to the risk level.  Recognition of 

reduced risks in Part 192: 

 

 Stress levels below 20%, 30%, or 40% SMYS are referenced in at least 12 sections of Part 192 

 Pipelines operating below these levels are subjected to less stringent requirements. 

 The 12 sections of Part 192 primarily address welding, pipe repair, strength/leak testing, and 

uprating. 

 

F.3.a  Verify that the operator completes a baseline assessment on the covered segment prior to 

implementing the "low stress reassessment" method. [§192.941(a)] 

 

The rule requires that a baseline assessment must be completed on a segment before the low stress 

reassessment method can be performed as a reassessment. For operators choosing to use the low-stress 

reassessment method, the inspector should review documents that show a completed and satisfactory 

baseline assessment. 

 

F.3.b  If used to address external corrosion, verify that the operator has incorporated the following: 

 

i. If the pipe is cathodically protected, electrical surveys (i.e., indirect examination 

tool/method) must be performed at least every 7 years. The operator must use the results of 

each survey as part of an overall evaluation of the cathodic protection and corrosion threat 

for covered segments. This evaluation must consider, at a minimum, the leak repair and 

inspection records, corrosion monitoring records, exposed pipe records, and the pipeline 

environment. [§192.941(b)(1)] 

ii. If the pipe is unprotected or cathodically protected where electrical surveys are impractical, 

the operator must require (1) the conduct of leakage surveys as required by §192.706, at 4-

month intervals; and (2) the identification and remediation of areas of active corrosion every 

18 months by evaluating leak repair and inspection records, corrosion monitoring records, 

exposed pipe records, and the pipeline environment. [§192.941(b)(1)] 

 

The operator should take periodic electrical surveys, taking pipe to soil measurements at +/- 100 ft 

intervals.  Follow up investigation would be required if areas of concern are identified.  Follow up 

investigation could include: 

 

 Where practicable, close interval surveys 

 For coated pipe, selective use of voltage gradient devices 

 

The operator should integrate electrical survey data with applicable annual CP and leak survey data, 

incident reports, safety related condition reports, repair records, patrol records, exposed pipe reports, test 

records, etc. 

 

F.3 c If used to address internal corrosion, verify that the operator has incorporated all of the 

following: 

 

i. Gas analysis for corrosive agents must be performed at least once each calendar year. 

[§192.941(c)(1)] 
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ii. Periodic testing of fluids removed from the segment must be conducted. At least once each 

calendar year the operator must test the fluids removed from each storage field that may 

affect a covered segment. [§192.941(c)(2)] 

iii. At least every seven (7) years, the operator must integrate data from the analysis and testing 

required by c.i and c.ii above with applicable internal corrosion leak records, incident 

reports, and test records, and define and implement appropriate remediation actions. 

[§192.941(c)(3)] 

 

Internal corrosion is most likely to occur at locations where an electrolyte, typically water, first 

accumulates. Predicting the location where this occurs requires knowledge of both the physical layout of 

the pipeline and several operating parameters. Since one of the locations that the electrolyte may 

accumulate is caused by laminar flow of multiphase film, entry and exit points on the pipeline are critical.  

Refer to Protocol D for guidance regarding internal corrosion direct assessment. 

 

The operator needs to have an operating history that targets when and where upsets of electrolytes have 

occurred. History of any internal corrosion also needs to be documented. Where an operator has no data 

on past upsets, then the operator must assume they did occur and at all entry points into the pipeline. 

 

When an operator finds evidence of either internal corrosion or corrosion products in the covered 

segment, they must take prompt action to remediate the condition and conduct excavations downstream of 

the entry point of electrolyte or perform a reassessment of the entire covered segment using alternative 

assessment methods. 

 

F.4 Reassessment Intervals - Verify that the requirements for establishing the reassessment intervals 

are consistent with section §192.939 and ASME B31.8S-2004. [§192.937(a), §192.939(a), §192.939(b), 

§192.913(c), ASME B31.8S-2004, Section 5, Table 3] 

 

Review the operator’s IM Program plan to determine if each segment that could affect HCAs is scheduled 

for a reassessment (if it has already had a baseline assessment), or that the process requires that a 

reassessment be scheduled upon completion of the baseline assessment.  Verify that the process assures 

that reassessment intervals do not exceed the values specified in Table 3 from ASME B31.8S-2004 

(shown below).  This table provides the integrity assessment schedule for time dependent threats for 

prescriptive plans.  A performance based integrity management plan can provide alternate integrity 

assessment, repair, and prevention methods with different implementation times than those required under 

the prescriptive plans. 

 

Additionally, PHMSA can grant waivers from the reassessment intervals specified in 192.939 in instances 

in which appropriate inspection tools are not available or where conducting an assessment would imperil 

gas supply (refer to question F.6). Operators must apply for such waivers at least 180 days before the end 

of the reassessment interval, unless local gas supply issues make this impractical. Operators whose 

integrity management programs meet criteria for exceptional performance in 192.913 can implement 

performance-based programs in which they can establish longer reassessment intervals based on their 

own risk analyses (refer to Protocol F.5). 

 

The rule requires that the reassessment interval be determined based on the risk factors associated with 

the pipeline.  The intervals in Table 3 are maximums and may be less depending on repairs made and 

prevention activities instituted.  In addition, certain threats can be extremely aggressive and may 

significantly reduce the interval between assessments.  Review the process for determining re-assessment 

intervals.  
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One key aspect of determining assessment intervals is the estimated rate of corrosion growth.  Once an 

estimated corrosion growth rate has been determined, the operator should analyze the growth rate against 

the identified risks to the pipeline segment to determine an acceptable assessment interval.  If the operator 

does not have more than one assessment, some other method of estimating corrosion growth must be 

utilized.  API 570 Section 7.1, Corrosion Rate Determination provides some guidance in this area.  

Kiefner and Associates recommends using the depth of the deepest pit divided by ½ the age of the 

pipeline.  Refer to Supplemental Guidance Appendix F.02. 

 

Another method of determining assessment intervals using ILI assessment results is the Probability of 

Exceedance method.  Determining assessment intervals based on Probability of Exceedance or through 

evaluation of hydrostatic testing results is discussed in more detail in Supplemental Guidance 

Appendix F.03. 

 

Table 3 from ASME B31.8S-2004 is shown below for information. 

 

Table 3 from ASME B31.8S-2004 

Integrity Assessment Intervals - Time Dependent Threats 

Prescriptive Integrity Management Plan 

Inspection 

Technique 

Interval 

(years) 

Criteria 

 [Note 1] At or above 50% 

SMYS 

At or above 30% up to 

50% SMYS 

Less than 30% SMYS 

Hydrostatic 

Testing 

5 Test Pressure to 1.25 

times MAOP 

Test Pressure to 1.4 

times MAOP 

Test Pressure to 1.7 times MAOP 

[Note 2] 10 Test Pressure to 1.39 

times MAOP 

Test Pressure to 1.7 

times MAOP 

Test Pressure to 2.2 times MAOP 

 15 Not Allowed Test Pressure to 2.0 

times MAOP 

Test Pressure to 2.8 times MAOP 

 20 Not Allowed Not Allowed Test Pressure to 3.3 times MAOP 

In-line 

Inspection 

5 PF above 1.25 times 

MAOP 

PF above 1.4 times 

MAOP 

PF above 1.7 times MAOP 

[Note 3] 10 PF above 1.39 times 

MAOP 

PF above 1.7 times 

MAOP 

PF above 2.2 times MAOP 

 15 Not Allowed PF above 2.0 times 

MAOP 

PF above 2.8 times MAOP 

 20 Not Allowed Not Allowed PF above 3.3 times MAOP 

Direct 

Assessment 

[Note 4] 

5 Sample of indications 

examined 

Sample of indications 

examined 

Sample of indications examined 

 10 All indications 

examined 

Sample of indications 

examined 

Sample of indications examined 

 15 Not Allowed All indications 

examined 

All indications examined 

 20 Not Allowed Not Allowed All indications examined 

Note 1: Intervals are maximum and may be less depending on repairs made and prevention activities 

instituted. In addition, certain threats can be extremely aggressive and may significantly 

reduce the interval between inspections. Occurrence of a time-dependent failure requires 

immediate re-assessment of the interval. 
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Table 3 from ASME B31.8S-2004 

Integrity Assessment Intervals - Time Dependent Threats 

Prescriptive Integrity Management Plan 

Inspection 

Technique 

Interval 

(years) 

Criteria 

 [Note 1] At or above 50% 

SMYS 

At or above 30% up to 

50% SMYS 

Less than 30% SMYS 

Note 2: TP is Test Pressure   

Note 3: PF is Predicted Failure Pressure as determined from ASME B31G or Equivalent 

Note 4: For the Direct Assessment Process, the intervals for direct examination of indications are 

contained within the process. These intervals provide for sampling of indications based on 

their severity and the results of previous examinations. Unless all indications are examined 

and repaired, the maximum interval for re-inspection is 5 years for pipe operating at or 

above 50% SMYS and 10 years for pipe operating below 50% of SMYS 

 

Stable crack growth caused by pressure fluctuations depends upon the pipe toughness, the pipe wall 

stress, crack size, and a fixed relation between the crack growth rate per each pressure cycle and the stress 

intensity factor related to a high stress field near the crack tip. Estimating pipeline life under normal 

operating conditions consists of determining the number of pressure cycles for an initial crack to grow to 

a critical size resulting in eventual pipeline failure. 

 

At a minimum, statistical and anomaly growth assessments should satisfy the following criteria
1
: 

 

1. The anomaly growth model used in the assessment should be appropriate for the assessed 

anomaly type. 

2. The assessment should use realistic distributions of growth rates, so that the assessment provides 

meaningful estimates of remaining life. 

3. The assessment should use realistic distributions of material properties and anomaly dimensions, 

so that the analyses provide results that match the conditions most likely found on the pipeline. 

4. The anomaly growth information used to assess remaining life of a given anomaly should be 

recorded and stored in a permanent form so that it may be used or re-evaluated in a future 

assessment. 

 

Refer to FAQ-28 which addresses what an operator must consider in prioritizing pipe segments for 

assessment and re-assessment. 

 

F.4.a  Verify that the operator reassesses covered segments on which a baseline assessment was 

conducted during the baseline period specified in subpart 192.921(d) by no later than seven years after 

the baseline assessment of that covered segment unless the reassessment evaluation (refer to 

Protocol F.1) indicates an earlier reassessment. [§192.937(a)] 

 

Re-assessments must be conducted within the specified number of actual years. For example, a pipe 

segment assessed on March 23, 2004 must be re-assessed before March 23, 2011, using at least 

confirmatory direct assessment. This segment would need to be re-assessed using one of the methods 

                                                 
1
 Draft Report R3017-01r, Early Generation Seam Welds; Prepared For Department Of Transportation/Office Of 

Pipeline Safety By CC Technologies Laboratories, Inc. 
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specified in the rule before March 23, 2014, March 23, 2019 or March 23, 2024, depending on its 

operating stress (see 192.939). 

 

All baseline assessments must be completed by December 17, 2012, ten years after the enactment of the 

Pipeline Safety Improvement Act of 2002.  Re-assessments for each HCA segment must be performed 

within seven years after the baseline assessment for that segment is completed (or less if the operator’s 

risk evaluation determines that a shorter interval is needed to assure pipeline integrity). Thus, some re-

assessments are likely to be required before all baseline assessments are completed if operators use the 

entire allowed period (i.e., until December 2012) to perform baseline assessments.  For example, an HCA 

pipeline segment that is assessed (baseline) in 2004 will require re-assessment no later than 2011. 

 

Refer to the following FAQs regarding reassessment intervals: 

 

 FAQ-40, which states that assessments must be performed at intervals no longer than 7 years; and 

assessments using ILI, pressure testing or direct assessment within the maximum intervals 

specified in the rule. 

 FAQ-41, which states that the intervals are measured in terms of actual years, not calendar years. 

 FAQ-42, which states that some reassessments will be required before all baseline assessments 

are completed if operators use the entire 10 year period to perform baseline assessments. 

 FAQ-43, which states that the maximum intervals in the rule may be extended if the operator 

implements exceptional performance-based programs, or if the operator submits a waiver request 

to PHMSA. 

 FAQ-45, which states that operators meeting the criteria for exceptional performance can extend 

reassessment intervals. 

 FAQ-133, which states that operators must do a full assessment every 7 years if their pipeline is 

subject to threats other than external and internal corrosion. 

 

F.4.b.  For pipelines operating at or above 30% SMYS, verify that the operator meets the following 

requirements: 

 

i. If the operator establishes a reassessment interval greater than seven (7) years, a 

confirmatory direct assessment (refer to Protocol G) must be performed at intervals not to 

exceed seven (7) years followed by a reassessment at the interval established by the operator 

(refer below). [§192.939(a)] 

ii. Unless a deviation is permitted under §192.913(c), the maximum reassessment interval shall 

not exceed the values listed in the §192.939(b) table. [§192.937(a)] 

iii. If the reassessment method is a pressure test, ILI, or other equivalent technology, the interval 

must be based on either: (1) the identified threat(s) for the covered segment (see §192.917) 

and on the analyses of the results from the last integrity assessment, and a review of data 

integration and risk assessment; or (2) using the intervals specified for different stress levels 

of pipeline listed in ASME B31.8S-2004, Section 5, Table 3. An operator must use the test 

pressures specified in ASME B31.8S-2004, Section 5, Table 3, to justify an extended 

reassessment interval in accordance with §192.939. [§192.939(a)(1)] 

iv. If the reassessment method is external corrosion direct assessment, internal corrosion direct 

assessment, or SCC direct assessment refer to Protocol D for evaluating the operator’s 

interval determination. 

 

The maximum reassessment interval by an allowable reassessment method is seven years.  If an operator 

establishes a reassessment interval that is greater than seven years, the operator must, within the seven-



Gas Integrity Management Protocols Supplemental Guidance --- DRAFT 

Program Element F – Continual Evaluation and Assessment 

Supplemental Guidance Appendix F.01 – Protocol Guidance for Continual Evaluation and Assessment 

 

 F.01-12  

year period, conduct a confirmatory direct assessment on the covered segment, and then conduct the 

follow-up reassessment at the interval the operator has established.  A reassessment carried out using 

confirmatory direct assessment must be done in accordance with §192.931.  Refer to Protocol G for more 

information regarding CDAs. 

 

Refer to the following FAQs: 

 

 FAQ-40, which states that assessments must be performed at intervals no longer than 7 years; and 

assessments using ILI, pressure testing or direct assessment within the maximum intervals 

specified in the rule. 

 FAQ-41, which states that the intervals are measured in terms of actual years, not calendar years. 

 FAQ-45, which states that operators meeting the criteria for exceptional performance can extend 

reassessment intervals. 

 FAQ-133, which states that operators must do a full assessment every 7 years if their pipeline is 

subject to threats other than external and internal corrosion. 

 FAQ-178, which states that operators planning to increase stress levels (e.g. from <30% SMYS to 

>30% SMYS) must determine whether additional actions need to take place such as performing 

an additional assessment since maximum intervals vary for different stress levels. 

 

F.4.c For pipelines operating < 30% SMYS, verify that the operator selects one of the following 

reassessment approaches: 

 

i. Reassessment by pressure test, internal inspection or other equivalent technology following 

the requirements in §192.939(a)(1) except that the stress level referenced in 

§192.939(a)(1)(ii) would be adjusted to reflect the lower operating stress level. However, if 

an established interval is more than seven (7) years, the operator must conduct at seven (7) 

year intervals either a confirmatory direct assessment in accordance with §192.931, or a low 

stress reassessment in accordance with §192.941. An operator must use the test pressures 

specified in ASME B31.8S-2004, Section 5, Table 3, to justify an extended reassessment 

interval in accordance with §192.939.[§192.939(b)(1)] 

ii. Reassessment by external corrosion direct assessment, internal corrosion direct assessment, 

or SCC direct assessment. Refer to Protocol D for evaluating the operator’s interval 

determination. [§192.939(b)(2), (b)(3), (b)(4)] 

iii. Reassessment by confirmatory direct assessment at seven year intervals in accordance with 

subpart 192.931, with reassessment by one of the methods listed in §192.939(b)(1) – (b)(3) by 

year 20 of the interval. [§192.939(b)(4)] 

iv. Reassessment by the "low stress method" at 7-year intervals in accordance with §192.941 

with reassessment by one of the methods listed in §192.939(b)(1) through (b)(3) by year 20 of 

the interval. [§192.939(b)(5)]  

 

Provisions applicable to pipelines operating below 30% SMYS apply to pipelines for which the MAOP is 

less than 30% SMYS.  Increasing operating pressure to greater than 30% SMYS would require uprating 

pursuant to Subpart K. For integrity management purposes, the requirements applicable to each covered 

pipeline segment must be met at all times. Some requirements vary depending on pipe stress level.  There 

is no grace period allowed to come back into compliance if stress levels are changed.  Operators planning 

to increase stress levels to >30% SMYS must determine, as part of planning for that increase, whether 

additional actions need to be taken to be in compliance with integrity management requirements.  If an 

assessment has not been performed in over 15 years, the maximum interval allowed for pipelines between 

30 and 50% SMYS under 192.939, then an assessment would need to be conducted before the pressure 
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increase is implemented. (Note that similar considerations are required for pressure changes that would 

increase stress levels to above 50% SMYS). 

 

Also refer to Appendix E.II of the rule for guidance on Assessment Methods and Assessment Schedule 

for Transmission Pipelines Operating Below 30% SMYS.  In case of conflict between the rule and the 

guidance in the Appendix, the requirements of the rule control. 

 

Confirmatory Direct Assessment (CDA) is a streamlined assessment method using an approach similar to 

Direct Assessment (DA).  The differences include allowed use of one indirect examination tool (vs. two 

complementary tools for DA) and fewer required excavations.  CDA provides information about the 

condition of the pipeline, and meets the statutory requirement to conduct an assessment of covered 

pipeline at least every 7 years.  The differences between CDA and DA, however, also reduce somewhat 

the effectiveness of the assessment method.  The lack of a second complementary indirect examination 

tool eliminates the ability to integrate data from two different measurements, and can result in some 

problems being undetected (although PHMSA expects that significant integrity issues would not remain 

hidden). 

 

The streamlined method that has become CDA was created in response to the Pipeline Safety 

Improvement Act of 2002 and its requirement that some form of assessment be conducted every seven 

years.  As clearly described in the rulemaking record, CDA was intended to be an interim assessment 

method, allowing operators to meet this statutory requirement at reduced cost, while still conducting 

assessments, using other methods, at the longer intervals specified in 49 CFR 192.939 and the relevant 

standards.  Refer to Protocol G for more guidance. 

 

There is no basis in the rulemaking to support a position that CDA should be treated as an assessment that 

should mark the beginning of a new reassessment interval.  Conversely, there is significant support in the 

rulemaking record for a position that CDA is an acceptable interim method, for use between assessments 

conducted using other methods at the established reassessment interval.  Refer to Supplemental Guidance 

Appendix F.04, White Paper, CDA and Reassessment Intervals. 

 

Refer to the following FAQs: 

 

 FAQ-40, which states that assessments must be performed at intervals no longer than 7 years; and 

assessments using ILI, pressure testing or direct assessment within the maximum intervals 

specified in the rule. 

 FAQ-41, which states that the intervals are measured in terms of actual years, not calendar years. 

 FAQ-45, which states that operators meeting the criteria for exceptional performance can extend 

reassessment intervals. 

 FAQ-133, which states that operators must do a full assessment every 7 years if their pipeline is 

subject to threats other than external and internal corrosion. 

 FAQ-178, which states that operators planning to increase stress levels (e.g. from <30% SMYS to 

>30% SMYS) must determine whether additional actions need to take place such as performing 

an additional assessment since maximum intervals vary for different stress levels. 

 FAQ-228, which states that performance of a CDA does not extend the interval of a primary 

reassessment. 
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F.4.d  Verify that a covered segment on which a prior assessment was credited as a baseline assessment 

under subpart §192.921(e) is required to be reassessed by no later than December 17, 2009. 

[§192.937(a)] 

 

The reassessment interval for segments with baselines assessments credited prior to December 17, 2002, 

depends on the results of the operator’s risk analysis, when the prior test was conducted, what method 

was used on the prior assessment, and operating conditions of the segment in question.  If the period 

between the baseline assessment date and December 17, 2009 is more than the maximum reassessment 

interval allowed by 192.939 (or more than a shorter interval which the operator concludes, based on its 

risk assessment, should be used), then the reassessment must be conducted with one of the methods listed 

in 192.937(c)(1)-(4) (i.e., ILI, pressure test, DA, or other technology).  If the maximum allowed interval 

has not been reached, then the initial reassessment may be conducted using confirmatory direct 

assessment [192.937(c)(5)], with reassessment using one of the methods in192.937(c)(1)-(4) before the 

maximum reassessment interval expires.   For example, if the reassessment interval is 10 years, then the 

maximum 2009 reassessment cannot be conducted using CDA.  If it is 15 or 20 years, then the 2009 could 

be conducted with CDA (assuming the circumstances are consistent with use of that methodology).  In the 

latter case, a "full" reassessment would be required by 12/29/2013 or 12/29/2018 as appropriate (with an 

additional interim assessment required by 12/17/2016 or seven years after the first reassessment is 

conducted).  (Note that operators are also responsible for determining if the allowable maximum intervals 

should be reduced as a result of their risk analysis). 

 

Refer to the following FAQs: 

 

 FAQ-27, which states that if the period between the baseline assessment date and December 17, 

2009 is more than the maximum reassessment interval allowed by §192.939 (or more than a 

shorter interval which the operator concludes, based on its risk assessment, should be used), then 

the reassessment must be conducted with one of the methods listed in §192.937(c)(1)-(4) (i.e., 

ILI, pressure test, DA, or other technology).  

 FAQ-152, which states that prior assessments must address all applicable threats to the pipeline. 

 

F.4.e  Verify that reassessment intervals are appropriate and that adequate documentation and 

technical bases support the intervals selected. 

 

For segments that have completed baseline assessments, verify that the next assessment method and 

schedule have been documented.  Evaluate the methods selected for the next assessment to assure that a 

bona fide evaluation of re-assessment methods was conducted.  It is expected that some adjustments may 

be made in reassessment methods (e.g., additional tools or different tool selections) based on the 

additional information learned in the baseline assessment and the associated risk analysis and integrated 

information analysis.  If every reassessment uses the same method as was used for the initial baseline 

assessment, it could be an indicator that the operator is not performing a bona fide, critical analysis to 

determine if reassessment methods need to be adjusted to address risk factors found during previous 

assessments or through other means such as integrated information analysis. 

 

F.5  Deviation from Reassessment Requirements - If the operator elects to deviate from certain 

requirements listed in §192.913(c), verify that the operator uses a performance based approach that 

satisfies the requirements for exceptional performance as follows: [§192.913, ASME B31.8S-2004] 

 

Operators are allowed to implement a performance-based approach for selected portions of their pipeline 

system, and continue to implement a prescriptive approach for the balance of their system.  In that case, 
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the required demonstration of exceptional performance can be limited to activities related only to that 

portion of the operator’s system.  Operators are responsible for demonstrating that they have met the 

exceptional performance requirements.  Refer to Supplemental Guidance Appendix F.05, White Paper, 

Exceptional Performance, for more guidance. 

 

F.5.a  Verify that the operator has a performance based integrity management program that meets or 

exceeds the performance-based requirements of ASME B31.8S-2004 and includes, at a minimum, the 

following elements: 

 

Performance based requirements are mentioned throughout B31.8S, for each aspect of the IM program.  

Refer to Supplemental Guidance Appendix F.05, White Paper, Exceptional Performance, for more 

guidance. 

 

F.5.a.i  A comprehensive process for risk analysis 

 
Refer to Supplemental Guidance Appendix F.05, White Paper, Exceptional Performance for more 

guidance. 

 

F.5.a.ii  All risk factor data used to support the program 

 

All risk data is to be used; i.e. selected risk data cannot be omitted from use in the program.  A 

performance based IM program that uses more comprehensive analysis methods should consider the 

following in order to exclude a threat in a segment (ASME B31.8S-2004, section 5.10): 

 

 There is no history of a threat impacting the particular segment or pipeline system; 

 The threat is not supported by applicable industry data or experience; 

 The threat is not implied by related data elements; 

 The threat is not supported by like/similar analyses; 

 The threat is not applicable to system or segment operating conditions. 

 

Refer to Supplemental Guidance Appendix F.05, White Paper, Exceptional Performance, for more 

guidance. 

 

F.5.a.iii A comprehensive data integration process 

 

Refer to Supplemental Guidance Appendix F.05, White Paper, Exceptional Performance, for more 

guidance. 

 

F.5.a.iv A procedure for applying lessons learned from assessment of covered pipeline segments to 

pipeline segments not covered by this subpart 

 

IM lessons learned are to be applied to ALL parts of the system. An operator seeking to implement a 

performance-based approach must have procedures within its integrity management program that provide 

for applying any lessons learned from integrity management assessments to its entire pipeline, regardless 

of HCA classification. 
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F.5.a.v  A procedure for evaluating every incident, including its cause, within the operator's sector of 

the pipeline industry for implications both to the operator's pipeline system and to the operator's integrity 

management program 

 

Cause analysis must be applied to “every” incident.  The use of the term “incident,” in this context, limits 

the events of other operators that must be considered to those meeting the definition of an incident in 

191.3.  Such incidents are required to be reported to PHMSA and will be documented in PHMSA 

databases.   

 

F.5.a.vi  A performance matrix that demonstrates the program has been effective in ensuring the 

integrity of the covered segments by controlling the identified threats to the covered segments (Refer to 

Protocol I) 

 

Operators must demonstrate that threats are “controlled.”  This is a more exacting requirement than the 

general performance measures in 945.  Refer to Supplemental Guidance Appendix F.05, White Paper, 

Exceptional Performance, for more guidance. 

 

F.5.a.vii Semi-annual performance measures beyond those required in §192.943 that are part of the 

operator's performance plan. [See §192.911(i)] Refer to Protocol I. 

 

Section 192.911(i) refers to B31.8S, Sect. 9.  This is more extensive than the 4 performance measures all 

operators must submit.  The submittal of these measures (basically all performance measures from 

B31.8S included in the operator’s program) is a significant upgrade. 

 

F.5.a.viii An analysis that supports the desired integrity reassessment interval and the remediation 

methods to be used for all covered segments. 

 

The analysis to support reassessment intervals and remediation schedules must be included.  It is 

understood that these analyses must be technically sound, comprehensive, and valid.  Refer to the 

following FAQs regarding extending reassessment intervals: 

 

 FAQ-43, which states that operators can either submit waivers to PHMSA or implement 

exceptional performance through a performance-based program in order to extend reassessment 

intervals. 

 FAQ-45, which states that operators may use performance-based programs and demonstrate 

exceptional performance in order to extend reassessment intervals. 

 

F.5.b  Verify that the operator has completed at least two integrity assessments on each covered 

pipeline segment the operator is including under the performance-based approach and is able to 

demonstrate that each assessment effectively addressed the identified threats on the covered segments. 

[§192.913(b)(2)(i)] 

 

Credited assessments can go back to prior to 12/2002.  Two assessments means two complete 

assessments, each of which may have involved more than one assessment method (e.g., deformation and 

metal loss runs).  Confirmatory direct assessments may not be credited as one of these assessments.  Refer 

to Supplemental Guidance Appendix F.05, White Paper, Exceptional Performance, for further guidance. 
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F.5.c  Verify the operator has remediated anomalies identified in the more recent assessment per the 

requirements of §192.933. [§192.913(b)(2)(ii)] 

 

Refer to Protocol E for information regarding remediation requirements. 

 

F.5.d Verify the operator has incorporated the results and lessons learned from the more recent 

assessment into the operator’s data integration and risk assessment. [§192.913(b)(2)(ii)] 

 

Review operator documents from the more recent assessment and identify lessons learned.  Verify that 

these lessons learned have been incorporated into the risk assessment and data integration.  

 

F.5.e  Verify that deviations are allowed only for the timeframe for reassessment as provided in 

§192.939 except that reassessment by some method allowed by Subpart O (e.g., confirmatory direct 

assessment) must be completed at intervals not to exceed seven (7) years. [§192.913(c)(1)] 

 

Refer to the following FAQs: 

 

 FAQ-43, which states that operators can either submit waivers to PHMSA or implement 

exceptional performance through a performance-based program in order to extend reassessment 

intervals. 

 FAQ-45, which states that operators may use performance-based programs and demonstrate 

exceptional performance in order to extend reassessment intervals. 

 

F.6  Waiver from Reassessment Interval - Verify that the operator’s program requires that it apply for 

a waiver, should it become necessary, from the required reassessment interval. The waiver request must 

demonstrate that the waiver is justified as specified in the rule. Such a waiver request may only be made 

in the following limited situations: [§192.943] 

 

The operator must show that waiver is consistent with pipeline safety.  Refer to the following FAQs: 

 

 FAQ-43, which states that an operator may submit a waiver request to PHMSA when inspection 

tools are not available or where conducting an assessment, would imperil gas supply. 

 FAQ-205, which states that an operator should use the best information that they have available 

in performing the data integration and analysis.  

 FAQ-210, which states that notifications should be sent both to PHMSA and to states. 

 

F.6.a Lack of internal inspection tools. [§192.943(a)(1)] 

 

An operator who uses internal inspection as an assessment method may be able to justify a longer 

reassessment period for a covered segment if internal inspection tools are not available to assess the line 

pipe.  To justify this, the operator must demonstrate that it cannot obtain the internal inspection tools 

within the required reassessment period and that the actions the operator is taking in the interim ensure 

the integrity of the covered segment. 

 

Refer to the following FAQ: 

 

 FAQ-43, which states that an operator may submit a waiver request to PHMSA when inspection 

tools are not available or where conducting an assessment, would imperil gas supply. 
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F.6.b  Cannot maintain local product supply. [§192.943(a)(2)] 

 

An operator may be able to justify a longer reassessment period for a covered segment if the operator 

demonstrates that it cannot maintain local product supply if it conducts the reassessment within the 

required interval. 

 

It should be noted that assessment planning windows are large, in years, and there should be ample time 

to plan for assessments.  Given the long intervals between required reassessments, an operator would 

need to make a strong argument that either of these conditions could not have been averted by prudent 

planning. Waivers due to supply impacts should only apply to extenuating and unforeseeable 

circumstances, and not things like waiting till the last minute and then having a bad ILI run.) Inspectors 

should be aware that other operators may be able to provide a gas supply.  Also, operators may be able to 

bring in portable LNG plants which can often supply small towns (e.g., population 15,000).  Valving and 

emergency interconnects can also be used, but again operators may be reluctant to use because of 

expense.  Operators should be able to show calculations of demand in cubic feet vs. supply in cubic feet 

to demonstrate that they can not hold loads with temporary LNG or alternative supplies. 

 

Refer to the following FAQ: 

 

 FAQ-43, which states that an operator may submit a waiver request to PHMSA when inspection 

tools are not available or where conducting an assessment, would imperil gas supply. 

 

F.6.c  Application must be made at least 180 days before the end of the required reassessment interval. 

(Exception: If local product supply issues make the 180 day submittal impractical, an operator must 

apply for the waiver as soon as the need for waiver becomes known). [§192.943(b)] 

 

Inspectors should review any documentation associated with waiver requests. 

 

Refer to the following FAQs: 

 

 FAQ-43, which states that an operator may submit a waiver request to PHMSA when inspection 

tools are not available or where conducting an assessment, would imperil gas supply. 

 FAQ-210, which states that notifications must be sent to both PHMSA and state authorities when 

the pipeline is under state jurisdiction. 
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Reassessment Intervals for ILI Assessments Based on Probability of Exceedance (POE) Analysis 

 
POE analysis has two primary, but related purposes.  One is to prioritize response to anomalies.  The 

second is to determine reassessment intervals.  POE analysis is basically a systematic and quantitative 

way of doing what has traditionally been done by subjective judgment.  The goals of POE are: (1) to 

prioritize anomalies to repair according to the immediacy of the threat to pipeline integrity, and (2) to 

determine the point of diminishing returns to continue excavation and repair activities and conduct 

another assessment. 

 

The following discussion regarding POE is equally applicable to both purposes. 

 

POE Process 

 

A POE analysis is currently only valid for corrosion anomalies.  The process requires that the remaining 

strength of each anomaly be calculated.  Using standard probability functions (which are available in 

Microsoft Excel), and the confidence level specifications applicable to the ILI tool, the probability that 

each anomaly will exceed a certain threshold (e.g., 80% WT), can be calculated.  Variations of this 

analysis could be based on the probability of burst pressure or that the calculated anomaly operating 

pressure will be less than a certain threshold (e.g., SMYS or MOP).  The results can be ranked in order of 

severity and plotted.  This allows the operator to identify the anomalies that are likely to exceed a certain 

size or that are more likely to result in a failure.   

 

Figure F.2-1 is an example of how the results could be plotted and used for both prioritization of 

repair/response and for scheduling reassessment.  One can easily see from this chart that, at some point in 

time, integrity is enhanced very little by continuing to excavate and repair anomalies. 
 

 
 

Figure F.2-1 Benefits of Excavation  

 

Figures F.2-2 and F.2-3 (below) are examples of how POE analysis can incorporate corrosion rates and 

response activity to predict future probability of failures and thereby form the basis of both future 

response actions and reassessment intervals. 
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Note that the maximum probability reflects the worst anomalies in terms of which are most likely to fail.  

However, this approach necessitates the selection and justification of an acceptable probability of failure.  

If the threshold is 1.00E-04, then the 1 year POE curve requires that either the offending anomalies be 

repaired or that the line be reassessed.  If the threshold is 1.00E-03, then the 1 year POE curve requires no 

action.   

 

As would be expected, the probability than any given anomaly will cause a leak goes up over time.  By 

using this type of analysis, in conjunction with specific commitments to repair or remediate anomalies, an 

operator could determine a reassessment schedule that ensures quality.  Figure F.2-3 depicts this in 

another way.  This chart shows the probability of a line leak over time assuming different dig/repair plans.  

As can be seen, the plan that digs most of the high risk anomalies every year, results in overall lower risk 

over time.  Figures F.2-2 and F.2-3 illustrate that properly developed repair and reassessment plans are 

interdependent.  The adequacy of the reassessment interval depends, at least in part, on the nature of the 

repair plan, and vice versa. 

 

Assumptions, Cautions, and Limitations 

 

1. POE currently is only applicable reliably to corrosion 

2. POE analyses assume a projected corrosion rate based on a historical corrosion rate, e.g., depth of 

corrosion divided by age of pipeline.  This may not be conservative if there are other factors, such as 

coating damage or breakdown, CP reliability problems, etc., that resulted in the corrosion occurring 

over a much shorter time frame. 

3. POE is not applicable to dents or mechanical damage.  It is potentially applicable to cracks detected 

by UT crack tool, but the technique has not yet been demonstrated to be adequately reliable.  

Therefore, if a line has significant risk factors associated with cracks or mechanical damage, the use 

of a POE analysis should be supplemented with other risk analysis to determine an appropriate 

reassessment interval to address those risk factors. 

4. POE analysis is not an exact science.  Therefore, conservatively low probability thresholds should be 

used to account for analytical uncertainty. 

5. POE analyses tend to use 

80% confidence).  However, the use of this value should be checked against tool specifications and 

tool calibration digs to verify that the correct standard deviation values are used in calculating the 

Probability of Exceedance.  This is especially important since it dramatically affects the results and its 

impact may not be evident after spreadsheet data is displayed graphically.  An operator should plot 

actual confirmed depth of anomalies (based on digs) against indicated depth of anomalies (based on 

ILI tool) in order to identify cases where the tool reporting confidence level is assumed to be too high.  

In these cases, the POE analysis should be adjusted to account for a different standard deviation 

distribution of defect sizes. 
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Figure F.2-2, Effect of Continued Corrosion 

 
 

 
 

Figure F.2-3, Effect of Number of Digs/Yr on Leak Probability 
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If the operator is relying on a POE analysis to establish the re-assessment interval for a pipeline segment, 

the following features should be investigated during the inspection to ensure that the analysis is 

conservative: 

 

 The POE analysis is applied only to corrosion anomalies. 

 The maximum probability that a leak will occur is conservatively set to ensure a low likelihood of 

failure over the planned reassessment period.  The operator must be able to provide the basis for the 

maximum probability value chosen.  One operator was found to have chosen a maximum failure 

probability of 1x10
-5

. 

 The operator has a defined basis for the % WT at which action (pressure reduction, dig and repair) 

will be taken, and the action level is conservative with respect to known failures. 

 The action level for % WT is properly adjusted for reported (ILI tool) vs. actual (calibration and/or 

repair digs) depth to ensure that the most conservative value is chosen for the pipeline being analyzed. 

 The POE analysis considers burst pressure anomalies (burst pressure is greater than abnormal 

operating pressure) and pressure limiting anomalies (calculated anomaly operating pressure is less 

than the maximum operating pressure). 

 Pipeline risk factors affecting corrosion (e.g., soil pH, coating condition, type of product being 

shipped, level of entrained corrosive agents, ROW factors) either remain essentially the same as those 

used in choosing the historical corrosion rate, or the POE analysis is adjusted to account for increased 

corrosion risk to the pipeline. 
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For operators that assess pipelines using hydrostatic pressure testing, the determination of retest intervals 

is critical to long-term pipeline integrity.  Since a hydro does not characterize defects that are not 

eliminated by the test, certain assumptions about the growth rate of remaining flaws must be made to 

determine re-hydro intervals.  Some operators simply make a best estimate based on their experience.  If 

leaks or ruptures occur before the next hydro, then future hydro test intervals are shortened.  Such a 

subjective means of determining hydro intervals is discouraged. 

 

One tool that some operators may use is to model defect growth due to pressure cycle inducted fatigue 

and predict future defect sizes.  Typically, the re-hydro interval is taken to be half the time required to 

grow a defect to a size that would fail at MOP.  Kiefner and Assoc. describe one such method in 

Reference 2.  It is known that this approach has been used by operators in the past.  The following 

discussion highlights the key features of this method, including some cautions, limitations, and inherent 

assumptions. 

 

Basis for Hydrostatic Retest Interval 

 

This technique is based on the effect that operational pressure cycle induced fatigue has on crack growth.  

The concept is based on conducting hydro tests that eliminate all defects larger than at and then predicting 

when the remaining defects will grow to size as.  This allows the operator to schedule the next hydro 

before defects can reach size as.  Refer to the charts in Figure F.3-1.  

 

 
 
 

Figure F.3-1, Effect of Crack Growth on Pipeline Integrity 
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Stress Intensity Factor 

 

This method uses the mathematical term “stress intensity factor,” (K), which represents the crack driving 

force due to hoop stress.  Variations in operating pressure (such as occur during pump start/stop, valve 

manipulations, etc.) cause variations in hoop stress, which can cause the crack to grow.  The mathematical 

formula is given below. 

 

  
 

Where: 

K = Stress Intensity Factor 

S = Applied Stress 

a = Crack depth 

C1 = Constant 

Q = Elliptical integral 

 

Note that since K is proportional to S, then a fluctuating S will result in a fluctuating K which is a factor 

that causes crack growth.  Also notice that K is a function of crack size (a) which indicates that as the 

crack grows, the rate of growth will accelerate. 

 

Linear-Elastic Fracture-Mechanics (LEFM) 

 

The model is based on traditional LEFM and assumes a family of initial defects to be present in the pipe.  

Important parameters in the analysis include: 

 Hydrostatic test pressure,  

 Pipe geometry,  

 Material properties,  

 Flow stress, and 

 Fracture toughness. 

 

These parameters determine the maximum crack sizes that could survive the hydro and the crack sizes 

that will fail at MOP.  The analysis uses nine defect depths ranging from 10-90%WT in 10% increments.  

The length associated with these defects is determined from the hydro test pressure, flow stress, and 

Charpy V-notch impact tests. 

 

Actual pressure cycle data is used as the mechanism for fatigue-crack growth.  The pressure cycles are 

counted.  This procedure appropriately matches pressure pairs (peaks and valleys) and the pressure-cycle 

data are applied to each of the nine defined defects until the defect reaches the size as.  A LEFM model is 

used to calculate the applied stress-intensity factor ranges that cause the cracks to grow.   

 

K C S
a

Q
 1 
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The rate of crack growth is modeled using the Paris Law equation: 

 

 

Where: 

a = Crack depth 

N = Number of pressure cycles 

K = Stress-intensity factor for a given pressure cycle 

 

 Amount of crack growth (da) per cycle 

 

The length of time to failure is determined based on the representative time period of pressure cycle data.  

For instance, if the pressure cycle data represented one month of operation, and the analyst had to apply 

the pressure data analysis 18 times for the crack to grow to as, then the fatigue life of the defect is 18 

months.  If the pressure cycle data represented two months of operation, and the analyst had to apply the 

pressure data analysis 11 times for the crack to grow to as, then the fatigue life of the defect is 22 months.  

When all nine assumed defects are analyzed, the one that fails in the shortest time defines the time to 

failure for the pipe.  Hydro intervals are typically chosen to be half of the calculated time to failure, 

although no standard has been developed on what safety factor to apply. 

 

A typical plot of growth rate vs. K is shown below in Figure F.3-2. 

 

Crack Growth Rate Determination 

The constant (C) and the exponent (n) characterize the rate of fatigue-crack growth applicable to the 

particular material and environment of interest.  The final determination of these values is critical and can 

greatly affect the results.  This emphasizes that crack growth rate characteristics must be accurately 

known when using this technique.  Typically these values are established by metallurgical examination of 

previous known fatigue failures (to determine Yield Strength (TS) and to define Flow Stress (FS) which 

is YS + 10,000 psi) and Charpy V-notch tests of actual pipe material.  If an operator uses this technique 

without benefit of this empirical data, the assumed values must be conservatively established. 

 

Assumptions, Cautions, and Limitations 

 
1. This technique assumes that the defects are cracks or crack-like defects that behave as cracks. 

2. The model assumes a family of initial defects with similar characteristics. 

3. The model assumes that historical and future pressure cycle characteristics are similar to those 

modeled using the representative pressure-cycle data. 

4. The model assumes that the pipe material fails in ductile (not brittle) fashion. 

5. The model assumes that cracks grow in an essentially elastic-strain regime. 

6. The model is critically dependent on accurate crack growth rates.  Any material property, 

environment, or operating condition that could change crack growth rates could significantly impact 

the analysis. 

 

 
da

dN
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Figure F.3-2, Fatigue Crack vs. Stress Intensity 

 
The model depends on accurate determination of actual pipe material Yield Strength and Fracture 

Toughness.  Therefore, the operator should be able to demonstrate that the material has been 

metallurgically tested to determine these characteristics. 

 

If the operator is relying on a cyclic fatigue analysis to establish the hydrostatic test re-assessment interval 

for a pipeline segment, the following features should be investigated during the inspection to ensure that 

the analysis is conservative: 

 

 The operator has metallurgical data for the pipe segments containing defects to support the 

characteristics of the pipe used in the analysis (e.g., yield strength, fracture toughness). 

 Metallurgical data shows that failure occurs as ductile, not brittle, failure. 

 Hydrostatic test pressures for prior tests have been at least 100% SMYS. 

 Operator data for pressure cycles during operation is available, is representative of actual pipeline 

operation, and has been conservatively applied in the model. 

 Pipeline environments and pipeline operations have not changed over the period covered by the 

analysis in a manner that would invalidate the analysis assumptions. 

 The hydrostatic test interval chosen for the pipeline is half, or less, of the failure interval calculated by 

the analysis. 
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I. Introduction 
 

The gas integrity management rule (49 CFR Part 192, Subpart O) provides for periodic assessment of gas 

transmission pipelines.  Operators are required to determine appropriate reassessment intervals based on 

information derived from assessments and integration of that information with other data about the 

pipeline.  The rule establishes maximum intervals in which reassessment must occur. 

 

The Pipeline Safety Improvement Act of 2002 imposed a requirement on gas transmission lines that some 

kind of assessment must occur at least every seven years.  Confirmatory Direct Assessment (CDA) was 

introduced in the gas integrity management rule as an interim assessment method, for use when the 

“reassessment interval” exceeded seven years.  Questions have arisen, since promulgation of the rule, 

regarding whether the results of CDA can be used to re-define the reassessment interval – in effect, 

resetting the reassessment “clock.” 

 

II. PHMSA Position 
 

 49 CFR 192 Subpart O requires that assessments be conducted using in-line inspection, pressure 

testing, direct assessment, or other technology (with proper notification) at intervals established in 

accordance with the rule 

 Confirmatory Direct Assessment (CDA) is an acceptable interim assessment method for use when 

reassessment intervals are longer than seven years to assure that an assessment is performed at 

least every seven years  

 CDA is a streamlined derivation of Direct Assessment (an acceptable assessment method) and is 

not acceptable, in itself, as the sole method to be used for periodic assessment of pipeline 

segments covered by Subpart O 

 Performance of CDA can therefore not be a basis for re-defining reassessment intervals 

 

III. Basis of the PHMSA Position 
 

Direct assessment (DA) is an assessment method that has been recently developed by the gas pipeline 

industry.  DA uses methods of indirectly assessing the condition of buried pipe, most of which have been 

in use for many years.  DA provides a structured method of selecting indirect measurement tools, 

requiring at least two complementary tools, and evaluating the data they produce to decide on locations 

where the pipe should be excavated for direct examination.  The first industry standard governing use of 

DA (NACE RP 0502-2002) was promulgated in 2002. 

 

PHMSA efforts to develop a draft proposed integrity management rule applicable to gas transmission 

pipelines occurred in 2002, in parallel with Congressional efforts to develop requirements addressing the 

same issues.  Direct Assessment was included in the draft proposed rule as an assessment method, but not 

on equal footing with more traditional assessment methods of in-line inspection or pressure testing (i.e., 

the required reassessment interval was shorter if DA was used).  Confirmatory Direct Assessment (CDA) 

was not a consideration in the early drafting efforts. 

 

Congress passed the Pipeline Safety Improvement Act of 2002, and President Bush signed it into law on 

December 17, 2002.  The Act requires, among other things, that all gas transmission pipelines in high 

consequence areas be assessed at least every seven years.  The draft proposed integrity management rule, 

then undergoing clearance for publication, had initially provided for maximum assessment intervals 
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longer than seven years.  Confirmatory Direct Assessment was introduced in the Notice of Proposed 

Rulemaking
1
 (NPRM), in response to the mandate of the Act.  The NPRM reads: 

 

“the rule proposes a method known as confirmatory direct assessment that an operator could use 

as an interim assessment method”
2
  

 

Separately, the NPRM describes CDA as “a more streamlined assessment method” that an operator would 

use: 

 

“…as an initial reassessment method, within the required seven-year reassessment interval, if the 

operator has, within the proposed limits, established a longer reassessment interval for a 

particular segment.  The follow up reassessment by pressure test, internal inspection, or direct 

assessment would then be conducted at the established interval.”
3
 

 

The use of CDA is further described in the NPRM as: 

 

“…an operator using pressure test, internal inspection, or equivalent technology could establish a 

longer interval, within the established limits if the operator by the seventh year conducts a 

reassessment using confirmatory direct assessment and then conducts the follow up reassessment 

in the year the operator has set for the interval.”
4
 

 

There was considerable discussion between industry and PHMSA, in public meetings documented on the 

rulemaking docket, following publication of the NPRM.  Much attention was paid in those discussions, 

and in the written comments filed in response to the NPRM, to the treatment of DA in the rule.  Industry 

comments universally sought to have DA treated as an assessment method on the same footing as in-line 

inspection or pressure testing (i.e., subject to the same maximum assessment intervals).  Additional 

research also occurred during this period, some jointly sponsored by PHMSA, that further validated the 

use of DA as an assessment method. 

 

As a result of the comments, and considering the research results, DA was treated differently in the final 

rule.
5
  CDA remained in the rule, as a method to meet the statutory requirement for some assessment 

every seven years.  CDA continued to be treated as an interim assessment measure: 

 

“The final rule requires that the baseline assessment on all covered segments must be by internal 

inspection, pressure testing, Direct Assessment, or other equivalent technology (with prior notice 

to RSPA/OPS) and that the reassessment must be by one of these methods at intervals specified in 

the rule and in ASME/ANSI B31.8S.  CDA is an interim assessment technique designed for use 

when the reassessment interval by one of these methods exceeds seven years.”
6
 

 

                                                 
1
 Federal Register, January 28, 2003, 68 FR 4278 

2
 Ibid, 68 FR 4280, column 1 

3
 Ibid, 68 FR 4280, column 2 

4
 Ibid, 68 FR 4281, column 1 

5
 Federal Register, December 15, 2003, 68 FR 69778 

6
 Ibid, 68 FR 69792, column 3 
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Some public comments supported allowing CDA as a baseline assessment method for low-stress pipe
7
.  

PHMSA considered and rejected those comments: 

 

“RSPA/OPS agrees with AGA that these pipelines should be assessed initially and at the 20-year 

interval by the methods being used to assess higher stress pipelines, and has so required in the 

rule.”
8
 

 

The language in the rule, itself, is consistent with these explanations.  The requirements for establishing a 

reassessment interval are found in 192.939(a) for pipelines operating above 30% SMYS and in 

192.939(b) for those below that stress level.   

 

Subparagraphs (1) through (3) of 192.939(a) describe, respectively, the requirements for establishing 

reassessment intervals if the assessment method is pressure test, internal inspection or other equivalent 

technology (192.939(a)(1)), external corrosion direct assessment (192.939(a)(2)), and internal corrosion 

or SCC direct assessment (192.939(a)(3)).  There is no equivalent subparagraph for assessments 

conducted using CDA.  Section 192.939(a) states: 

 

“If an operator establishes a reassessment interval that is greater than seven years, the operator 

must, within the seven-year period, conduct a confirmatory direct assessment on the covered 

segment, and then conduct the follow-up reassessment at the interval the operator has 

established.” 

 

The situation is no different for pipeline operating below 30% SMYS, although section 192.939(b) is 

structured somewhat differently.  The section provides that “[t]he maximum reassessment interval by an 

allowable reassessment method is seven years” and that an operator must establish reassessment by one of 

listed methods.  The list includes CDA, but the subparagraph describing CDA reads: 

 

“Reassessment by confirmatory direct assessment at 7-year intervals in accordance with § 

192.931, with reassessment by one of the methods listed in paragraphs (b)(1) through (b)(3) of 

this section by year 20 of the interval.”
9
 

 

The methods described in paragraphs (b)(1) through (b)(3) are in-line inspection, pressure testing, 

external corrosion direct assessment, internal corrosion direct assessment, stress corrosion cracking direct 

assessment, and equivalent other technology. 

 

The preamble and rule do not explicitly state that the conduct of a successful CDA interim assessment 

shall serve to re-start the clock for the required reassessment interval.  No such statement was needed, 

because that concept was not raised in the rulemaking.  The positions cited above, however, clearly 

indicate that CDA was not intended as a basis for re-calculating reassessment intervals. 

 

All of these statements, in preamble and rule, clearly indicate that an assessment by a method other than 

CDA is required at no more than 20-year intervals (less for pipeline operating above 30% SMYS or for 

which prior assessment, risk assessment results, or restrictions in industry standards indicate a need for a 

shorter interval).  This would never occur if the clock were “re-started” by a successful CDA.   

 

                                                 
7
 Ibid, 68 FR 69796, column 3 

8
 Ibid, 68 FR 69797, column 1 

9
 49 CFR 192.939(b)(4) 
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In that case, the default maximum reassessment interval would become seven years, since that would be 

reached before the maximum interval of 10, 15, or 20 years (depending on operating stress level) 

specified in 192.939.  Operators would simply conduct CDA assessments at no less than seven-year 

intervals, after which the date for required reassessment would be re-set to a date more than seven years 

hence, and this process would repeat indefinitely.  Assessment under Subpart O would devolve to CDA 

assessments every seven years.  If PHMSA had desired such an outcome, the rule would have been 

written in that manner, which would have been much simpler than describing the requirements now in the 

rule (and which would never be used if the reassessment interval were re-set based on CDA). 

 

An argument might be made that the longer reassessment intervals are intended to establish reassessment 

intervals in the event that a CDA is not successful.  This argument is specious.  There would be no such 

thing as an unsuccessful CDA assessment.  Indications found during the assessment would be excavated, 

evaluated, and remediated if necessary.  The end condition would be one in which the CDA, combined 

with the subsequent remediations, would have shown that the pipeline integrity was assured.  Using such 

a result to begin a new reassessment interval would result in the same nonsensical outcome described 

above. 

 

IV. Conclusion 
 

Confirmatory Direct Assessment (CDA) is a streamlined assessment method using an approach similar to 

Direct Assessment (DA).  The differences include allowed use of one indirect examination tool (vs. two 

complementary tools for DA) and fewer required excavations.  CDA provides information about the 

condition of the pipeline, and meets the statutory requirement to conduct an assessment of covered 

pipeline at least every 7 years.  The differences between CDA and DA, however, also reduce somewhat 

the effectiveness of the assessment method.  The lack of a second complementary indirect examination 

tool eliminates the ability to integrate data from two different measurements, and can result in some 

problems being undetected (although PHMSA expects that significant integrity issues would not remain 

hidden). 

 

The streamlined method that has become CDA was created in response to the Pipeline Safety 

Improvement Act of 2002 and its requirement that some form of assessment be conducted every seven 

years.  As clearly described in the rulemaking record, CDA was intended to be an interim assessment 

method, allowing operators to meet this statutory requirement at reduced cost, while still conducting 

assessments, using other methods, at the longer intervals specified in 49 CFR 192.939 and the relevant 

standards.   

 

There is no basis in the rulemaking to support a position that CDA should be treated as an assessment that 

should mark the beginning of a new reassessment interval.  Conversely, there is significant support in the 

rulemaking record for a position that CDA is an acceptable interim method, for use between assessments 

conducted using other methods at the established reassessment interval. 
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I. Introduction 

 

Section 192.913(a) allows an operator that uses a performance-based approach to deviate from some 

requirements of the rule.  Operators must demonstrate “exceptional performance,” meeting requirements 

in section 192.913(b)(1), to qualify for a performance-based approach.  Operators must also have 

completed at least two integrity assessments on each covered pipeline segment to be included in the 

performance-based approach, and must have remediated all of the anomalies identified in the most recent 

assessment in accordance with the requirements of 192.933.  Once an operator has demonstrated that it 

has met these requirements, it may establish reassessment intervals that are longer than the maximum 

otherwise allowed in 192.939 and may extend the time for remediation specified in 192.933, if there is 

sufficient technical basis for doing so. 

 

Section 192.913(b)(1) contains requirements that go beyond the basic elements required of any integrity 

management program (192.911).  Many of the requirements for demonstrating exceptional performance, 

however, differ from basic IM requirements only in degree – they must be more comprehensive.  

Determining whether a risk analysis or data integration process is “comprehensive” inherently involves 

subjective judgments. 

 

II. PHMSA Position 

 

 Operators are allowed to implement a performance-based approach for selected portions of their 

pipeline system, and continue to implement a prescriptive approach for the balance of their 

system.  In that case, the required demonstration of exceptional performance can be limited to 

activities related only to that portion. 

 Operators are responsible for demonstrating that they have met the exceptional performance 

requirements.   

 These “demonstrations of exceptional performance” are not required to be submitted to PHMSA 

and PHMSA will not pre-approve performance-based programs.   

 PHMSA will review operator “demonstrations of exceptional performance” as part of integrity 

management inspections. 

 Instances in which inspection teams conclude that an operator has not demonstrated exceptional 

performance but has implemented a performance-based program and taken deviations described 

in 192.913(c) will be addressed through enforcement action. 

 An operator subject to enforcement for failing to demonstrate exceptional performance will have 

an option to revise aspects of its program addressing the deficiencies in its demonstration or to 

expunge the deviations allowed by 192.913(c), thereby reverting to a prescriptive approach.  

Enforcement action is still possible, for example in situations in which an operator has extended 

repair schedules required by 192.933(d) based on an inadequate “demonstration of exceptional 

performance.” 

 PHMSA expects that only operators who have been implementing integrity management program 

elements for several years will be able to demonstrate exceptional performance.  It would be 

unlikely that an operator implementing these activities for the first time, in response to the rule, 

will be able to demonstrate the required comprehensive approach. 
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III. Basis for the PHMSA Position 
 

A. Demonstration vs. Approval 

 

The rule provides that, “An operator must be able to demonstrate the exceptional performance of its 

integrity management program…” in order to use a performance-based approach (192.913(b)).  The rule 

does not require that an operator obtain approval from PHMSA, or agreement that it has achieved 

exceptional performance.  As used in PHMSA regulations, “demonstrate” places the burden on operators 

to assure that the specified criteria have been met (or actions have been taken) and to prepare the 

necessary documentation for that demonstration to be verified during PHMSA inspections.  PHMSA uses 

this approach to conserve its resources and to avoid taking onto itself the burden of assuring that the 

criteria are met.  This burden is appropriately the operator’s. 

 

The result of this approach is that operators may decide to implement performance-based approaches, and 

may undertake the required demonstration, without the need to obtain approval from PHMSA.  PHMSA’s 

only opportunity to review the operator’s decision will come when the required demonstration of 

exceptional performance can be reviewed during an inspection.  This will occur during integrity 

management inspections.   

 

Instances in which PHMSA inspectors conclude that the operator fails to demonstrate that the criteria in 

192.913(b) have been met will need to be addressed through enforcement action.  Inspectors will need to 

collect evidence to document their conclusion that one or more of the required criteria have not been met.   

 

Since implementation of a performance-based approach is an option available at operator discretion, 

operators will have an option to address the PHMSA-identified deficiencies, by either improving their 

basis for demonstrating exceptional performance, or by returning to a “prescriptive approach”.  In the 

latter case, all deviations from required repair times and maximum reassessment intervals (allowed by 

192.913(c) for a performance-based approach) will need to be eliminated.  

 

B. Exceptional Performance Criteria Unique in Content 

 

The elements of an integrity management program are those described in ASME B31.8S.  Since this is a 

basic standard for all pipeline operators implementing integrity management programs, most of the 

elements of a performance-based program demonstrating exceptional performance will address the same 

issues as those of any other program.  There are some elements, however, that are added in 192.913(b) 

that are unique to performance-based programs implemented under the rule.  These are included as 

elements that an operator must satisfy in order to demonstrate the exceptional performance that is a 

prerequisite for implementing a performance-based approach. 

 

One unique element is, “A procedure for applying lessons learned from assessment of covered pipeline 

segments to pipeline segments not covered by this subpart” (192.913(b)(1)(iv)).  Some provisions of 

Subpart O require that operators take specific actions on non-covered segments as a result of findings 

deriving from their integrity management programs.  (These are commonly referred to as “look beyond” 

provisions, and are addressed in a separate white paper).  The unique aspect of this element for 

exceptional performance is that it applies in all circumstances.  An operator seeking to implement a 

performance-based approach must have procedures within its integrity management program that provide 

for applying any lessons learned from integrity management assessments to its entire pipeline, regardless 

of HCA classification. 
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A second unique element is, “A procedure for evaluating every incident, including its cause, within the 

operator’s sector of the pipeline industry for implications both to the operator’s pipeline system and to the 

operator’s integrity management program” (192.913(b)(1)(v)).  Learning from mistakes, in order to 

prevent their repetition, is a fundamental means of improving programs.  All operators are expected to 

have procedures to evaluate the root cause of incidents (and near-misses) that occur on their pipeline 

systems, and to integrate the information deriving from those evaluations with other information in their 

integrity management programs.  Operators seeking to demonstrate exceptional performance are expected 

to go beyond this.  They are expected to learn from the mistakes of others, as well.  This will require that 

operators have a means of learning of incidents that occur elsewhere “within the operator’s sector of the 

pipeline industry.”  The use of the term “incident,” in this context, limits the events of other operators that 

must be considered to those meeting the definition of an incident in 191.3.  Such incidents are required to 

be reported to PHMSA and will be documented in PHMSA databases.  Operators may use other means of 

collecting information about events at other operators, including information sharing arrangements that 

may be established by industry trade associations.  Such arrangements could provide for collection and 

dissemination of information on events less severe than those meeting the criteria of 191.3, but such 

extended scope is not required. 

 

Operators demonstrating exceptional performance must also maintain a performance matrix 

(192.913(b)(1)(vi)) “that demonstrates their integrity management program has been effective in ensuring 

the integrity of the covered segments by controlling the threats to the covered segments.”  As used in this 

context, a “performance matrix” refers to the total set of performance measures adopted by the operator to 

monitor its performance-based program.  This must include (192.913(b)(1)(vii)) semi-annual performance 

measures beyond those required by 192.945. 

 

Finally, operators demonstrating exceptional performance must have analyses that support any deviations 

from required reassessment intervals and repair criteria that the operator intends to implement as part of 

its performance-based program (192.913(b)(1)(viii)). 

 

Since these elements are unique to exceptional performers, inspections of operators implementing 

performance-based programs will include verification that these elements have been implemented.  Solely 

having these criteria addressed in the documented integrity management plan or procedures is not, 

however, sufficient to demonstrate exceptional performance.  Inspectors will also review the substance of 

procedures/ programs addressing these elements to verify their adequacy. 

 

C. Exceptional Performance Criteria Different only in Quality 

 

ASME B31.8S defines “performance-based integrity management program” as: 

 

“an integrity management process that utilizes risk management principles and risk assessments 

to determine prevention, detection, and mitigation actions, and their timing”. 

 

All integrity management programs are required to include risk assessments and to use risk information to 

help guide actions.  The difference PHMSA expects to see in risk management approaches implemented 

by operators using performance-based approaches is in the thoroughness, completeness, and maturity of 

these programs. 

 

To demonstrate exceptional performance, an integrity management program must be founded on a 

“comprehensive process for risk analysis” (192.913(b)(1)(i)).  The risk assessment should be a tool that is 

used actively in all aspects of the integrity management program, well beyond prioritizing segments for 

inspection.  Use of risk analyses and risk-based information should be ingrained in the management 
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decision-making process for safety decisions.  The risk analysis, itself, should be complete and 

comprehensive.  It’s care and maintenance should be a routine function, assuring that accurate and timely 

information is available for decision makers.  For most operators, this will require a dedicated risk 

analysis staff. 

 

Operators implementing a performance-based approach must also demonstrate that they have “all risk 

factor data used to support the program” (192.913(b)(1)(ii)).  This statement reflects the requirement in 

Section 4.1 of ASME B31.8S that operators must have sufficient data, of appropriate quality, in order to 

implement a performance-based approach. 

 

Data, accurate, complete and of high quality, is key to analyzing risks properly and is particularly 

important where risk analysis results will be used to establish longer reassessment intervals and repair 

times as allowed for performance-based programs under the rule.  Since all integrity management 

programs are required to include risk assessment, all operators will need to have programs and procedures 

to assure the relevant data is available.  The expectation for operators implementing performance-based 

approaches is, again, that the thoroughness and completeness with which risk factor data is assembled, 

maintained, and used, and the quality of that data, will be greater than will be found at operators using a 

prescriptive approach.  Operators implementing prescriptive programs are less dependent on high quality 

data, since key elements of their programs (i.e., reassessment intervals and repair time requirements) are 

governed by prescriptive values set in a manner that they are expected to bound most circumstances.  

Prescriptive program risk assessments may include data of lesser quality or may even include assumptions 

made in the absence of some data.  Performance-based programs must be based on sound, high-quality, 

data. 

 

Finally, operators seeking to demonstrate exceptional performance must show that they have “a 

comprehensive data integration process” (192.913(b)(1)(iii)).  Here, again, data integration is an element 

required of all integrity management programs.  The difference expected for performance-based programs 

is in the thoroughness and completeness of the data integration process. 

 

PHMSA expects that a thorough and comprehensive approach in all of these areas will take time to 

develop and to become a part of corporate safety culture.  This is not something that all operators are 

expected to be able to achieve, particularly those who are initiating integrity management programs for 

the first time in response to this rule.  (Some operators may never seek to move to performance-based, 

and will never attempt to demonstrate that they have achieved exceptional performance).  Separately, 

section 192.913(b)(2) requires that an operator seeking to deviate from the rule via a performance-based 

approach must have completed at least two integrity assessments on each covered segment that the 

operator plans to include in its performance-based approach (interim assessments using confirmatory 

direct assessment may not be credited towards meeting this requirement).  This requirement reflects the 

time that PHMSA expects it will require for integrity management programs to mature to a point of 

exceptional performance. 

 

PHMSA expects that there are some programs in the industry now that can meet these criteria.  The 

required two assessments need not occur after the effective date of the rule.  Assessments performed 

several years prior to the rule may be considered as one, or both, of the required two assessments, as long 

as the operator can demonstrate that they addressed the identified threats on the covered segments they 

included and that identified anomalies have been addressed.  Operators who performed assessments many 

years ago that can meet this criterion have been practicing integrity management for a long time.  It is 

very possible that integrity management practices in such operators have matured to a level where 

exceptional performance is being demonstrated. 
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The following information is provided derived from NACE RP0502-2002 §6.2 & §6.3 in support of 

Protocol G.1.d: 

 

Protocol G.1.d, Confirmatory Direct Assessment - When using CDA carried out under §192.931(b) or (c), 

if an operator discovers any defect requiring remediation prior to the next scheduled assessment, verify 

that the operator evaluates the need to accelerate the schedule for the next assessment.  If the schedule is 

accelerated, verify that the new assessment scheduled is determined using the methodology documented 

in NACE RP0502-2002, Section 6.2 and 6.3.  [§192.931(d)]  

 

i. If the defect requires immediate remediation, verify the operator reduces pressure consistent 

with §192.933 (See Protocol E) until the operator has completed reassessment using one of the 

assessment techniques allowed in §192.937 (See Protocol F).  [§192.931(d)] 

 

Remaining Life Calculation from NACE RP0502-2002, Section 6.2 

 

tRL C SM
GR

  
 

 

Where: 

 

C = Calibration Factor = 0.85 (dimensionless) 

RL = Remaining Life (years) 

SM = Safety Margin = Failure Pressure Ratio - MAOP Ratio (dimensionless) 

Failure Pressure Ration = Calculated Failure Pressure / Yield Pressure (dimensionless) 

MAOP Ratio = MAOP / Yield Pressure (dimensionless) 

t = Nominal Wall Thickness (mm [in.]) 

GR = Growth Rate (mm/year [in. / year]) 

 

Where the corrosion growth rate is unknown, a default value of 16 mils (0.016 inches) per year is to be 

used. 

 

Example Remaining Life Calculation: 

 

X42 pipe; 16” Diameter; SMYS 72%; MAOP=945   Defect Depth =0.10 inch; Defect Length = 1.0 inch 

Pipe Wall (t) = 0.25 inch Yield Press = 1312 psi 

Failure Pressure = 1399 psi (from B31G based on 

depth and length of the defect) 

Growth Rate (GR) = 5 mils/yr   

C = Calibration Factor = 0.85 (dimensionless) Failure Pressure Ratio = 1399/1312 = 1.0663 

MAOP Ratio = 945/1312 = 0.7203 SM = Safety Margin = 1.0663 – 0.7203 = 0.346 
 

0.250.85 0.346 14.7
0.005

RL years     
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Re-Assessment Interval from NACE RP0502-2002, Section 6.3 

 

6.3 Reassessment Intervals 

 

6.3.1 When corrosion defects are found during the direct examinations, the maximum reassessment 

interval for each ECDA region shall be taken as one-half the calculated remaining life. The 

maximum reassessment interval may be further limited by documents such as ASME B31.4 

and ASME B31.8. 

 

6.3.2 Different ECDA regions may have different reassessment intervals based on variations in 

expected growth rates between ECDA regions. 

 

6.3.3 Any indications that are scheduled for evaluation should be addressed before the end of the 

reassessment interval. 

 

 

Maximum Re-Assessment Intervals from §192.939 (Same as ASME B31.8S-2004) 

 
Assessment Method Pipeline Operating at 

or above 50% SMYS 

Pipeline Operating at or above 

30% SMYS, up to 50% SMYS 

Pipeline Operating 

below 30% SMYS 

Internal Inspection Tool, 

Pressure Test, or Direct 

Assessment 

10 years (*) 15 years (*) 20 years (**) 

Confirmatory Direct Assessment 

Low Stress Reassessment 

7 years 

Not applicable 

7 years 

Not applicable 

7 years 

7 years + ongoing actions 

specified in §192.941 

(*) A confirmatory direct assessment as described in §192.931 must be conducted by year 7 in a 10-year interval and years 7 

and 14 of a 15-year interval. 

(**) A low stress reassessment or confirmatory direct assessment must be conducted by years 7 and 14 of the interval. 

 

 
Example: 

 

Remaining life = 14.7 years 

Half life – 7.3 years 

Maximum reassessment interval per §192.939 for 72% SMYS = 10 years 

Reassessment interval = 7.3 years (providing all conditions in ASME B31.8S Table 3 are met). 
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The way in which risk analysis results are applied is dependent on the type of analysis that the operator 

chooses to use in their IM program.  Detailed quantitative models can be readily used to directly estimate 

the impact of a proposed measure on a calculated risk measure that accounts for consequence measures 

such as fatalities/year, $/year of financial impact to the surrounding community, etc.  Although 

comparative by nature, less detailed qualitative models (e.g., index models) may also be used by operators 

to gain insights into the risk impact of proposed measures.  Subject Matter Expert (SME) approaches can 

also be applied to the evaluation of preventive and mitigative measures. 

 

To illustrate the application of these different approaches to the evaluation of risk, examples involving 

each of these three risk approaches are discussed below. 

 

Example 1 (Qualitative Index Model) 

 

An operator uses an index model in which higher scoring indicates a lower level of risk. The operator is 

evaluating two additional preventive and mitigative measures: 

 

1. Increasing the frequency of pipeline air patrols and upgrading aircrew reporting criteria (a 

preventive measure). Evaluating the index model assuming implementation of this action resulted 

in an increase of 15 points in the risk score associated with 3
rd

 party damage. 

 

2. Adding an automatic shutoff valve to replace an existing manual block valve (a mitigative 

option). The effect of this action would be to increase the index score for quantity of product 

leaked by 8 points. 

 

In an effort to see which of these options has the biggest impact on overall risk, the index model is 

exercised for two lines in the system with the following results: 

 

Qualitative Risk Results Table 

 

 Base Risk Score Preventive 

Option Impact 

Mitigative Option Impact 

Hartford to 
Sneedville Line 225 + 5 + 3 

Jonesburg to 
Aurora Line 342 + 4 + 1 

 

 

As can be seen in this example, the preventive option is estimated as having largely the same impact on 

both lines, with the mitigative option having an overall smaller impact.  As with the quantitative model 

example, this information does not yield clear-cut conclusions with respect to whether or not one or both 

of these measures should be implemented, but provides additional understanding of the potential impact 

on overall risk. 
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Note: With respect to the use of index models for these types of evaluations, the following caution taken 

from the “Pipeline Risk Management Manual
1
” should be noted – “It would appear that an optimum point 

of operation would be the least expensive mix of activities that achieved the desired risk score.  If the 

lowest cost mix of activities does not adequately address risk issues with each index, then risk reduction 

has not really been optimized … Beware that an excess in one index might mask a deficiency in another.” 

 

 

Example 2 (SME-Based Risk Analysis Approach) 

 

As an example of the risk impact in a subject matter expert (SME)-based risk approach, consider that two 

actions are being evaluated that, if implemented, could reduce the risk to a specific HCA from increased 

3
rd

 party construction activity in the area. 

 

The first action involves increasing the frequency of pipeline air patrols and upgrading the reporting 

criteria the air crew use to provide information back to the operator.  The SME panel thinks that this 

action would be easy to implement and would reduce the likelihood of third party damage by a modest 

amount. 

 

The second proposed action involves adding an automatic shutoff valve in place of an existing manual 

block valve.  The operator’s analysis estimates an approximate 40% reduction in the amount of gas 

released if the ASV is installed.  Installation of the ASV would be somewhat expensive, but could be 

accomplished during a system outage already planned for other projects. 

 

Using the four-by-four matrix of likelihood vs. consequence illustrated below, the SME panel has 

evaluated the existing risk to be at a level of “3” on a scale of 1-4, based on a likelihood assessment of 

“high” and a consequence assessment of “high”.  Implementing either the third party damage or the 

additional automatic valve operator alone is judged not to change the overall risk level.  Implementing 

both options, however, is judged to reduce the risk to the HCA from third party damage from a risk level 

“3” to a risk level “2” by reducing the likelihood to “medium” and the consequences to “medium”. 

 

Subject Matter Expert Table 

 
Likelihood → 

Consequence ↓ Very High High Medium Low 

Very High 4 4 3 3 

High 4 3 3 3 

Medium 3 3 2 2 

Low 2 2 2 1 

 

 

                                                 
1
 Muhlbauer, Pipeline Risk Management Manual, 2

nd
 Edition, Gulf Publishing Company, 1996, pp. 391-392. 
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Example 3 (Quantitative Risk Model) 

 

An operator is evaluating two additional preventive and mitigative measures: 

 

1. Increased use of corrosion inhibitor injection (a preventive measure). The operator has estimated 

that the increased use of corrosion inhibitor would reduce the likelihood of a line failure due to 

internal corrosion by approximately 10%. 

 

2. Enhanced staging of equipment for use by the leak response team (a mitigative measure). The 

operator has estimated that this action would reduce the time to contain major leakage by 35%. 

 

While these estimates are useful information, they only provide insight into the impact on specific risk 

factors, and do not provide an indication of the impact on the overall combined risk from all risk factors. 

 

Therefore, in an effort to see which of these options has the larger impact on the overall population risk, a 

hypothetical quantitative risk model was exercised for two lines in the system. The risk model yielded the 

following results: 

 

As can be seen in this simplified example, the preventive option has only a minor impact in each case, 

while the mitigative option has a higher impact on both lines.  While this information does not, by itself, 

support a specific conclusion with respect to whether or not one or both of these measures should be 

implemented, it does provide an improved basic understanding of the potential impact on overall risk. 

 

 

Quantitative Risk Results Table 

 

 Risk to the Population (fatalities per year) 

 

Baseline 

After Implementing Improvement 

Preventive Option Mitigative Option 

Hartford to 
Sneedville Line 3.5E-3 3.0E-3 1.5E-3 

Jonesburg to 
Aurora Line 2.0E-4 1.9E-4 1.0E-4 

 

 



 

      

 
 

Pipeline and Hazardous Materials Safety Administration 

Office of Pipeline Safety 

 

 

 

 

 

 

 

 

Gas Integrity Management  

Inspection Manual 

 

 

 

 

 

 

Protocol H 

Supplemental Guidance Appendix H.02 

Use of Remote Controlled 

Main Line Valves 

 

July 1, 2005 

 



Gas Integrity Management Protocols Supplementary Guidance  ---  DRAFT 

Program Element H – Preventive and Mitigative Measures 

Supplemental Guidance Appendix H.02 – Use of Remote Controlled Main Line Valves 

 

 H.02-1       

The Gas Research Institute prepared a report in May 1998 entitled Cost Benefit Study of 

Remotely Controlled Main Line Valves, report number GRI-98/0076, which assessed NTSB 

incident reports and field experience to provide an indication of the value of installing Remote 

Controlled Valves (RCVs) in order to reduce the consequences of gas pipeline rupture.  To see a 

copy of the report, see the following IMDB link:   

 
http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=56  

 
The data reviewed spanned from 1972 to 1997 and indicated that virtually all injuries or deaths 

occurred at or very near the time of rupture.  A total of 81 injury/death incidents were examined 

and all but 2 occurred within the first 3 minutes of rupture, most being instantaneous. 

 

In examining the response times of RCVs, it became apparent that considerably longer times are 

required for transient detection and valve closure.  It was observed that it would normally require 

around 5 to 10 minutes for pressure sensors to detect the condition and an additional 5 to 10 

minutes to locate and isolate the rupture location.  Therefore at least 10 minutes were estimated 

to be required to properly isolate the line as compared to a 40 – 60 minute closure time for 

manually operated valves. 

 

Computer simulations were used to evaluate flow characteristics of single and multiple looped 

lines under rupture conditions.  Blowdown was considered to continue for 10 – 20 minutes after 

RCV closure.  This yields, under otherwise nominal conditions, a source of fuel available for 

ignition for a minimum of 20 minutes after initial rupture (Ten minutes to detect and isolate, plus 

10 minutes of blowdown).  Comparing this 20 minutes to the incident data cited, the report 

concludes that there is little safety gain from installing RCVs.  This does not preclude, however, 

the possibility that in some cases, RCV installation may be warranted for safety considerations. 

 

Limiting the volume of gas lost during a rupture is considered by the report to be a possible 

justification for RCV installation.  It is estimated that manual shutdown would likely require at 

least 40 minutes to complete.  Therefore a 40 minute loss versus a 10 – 20 minute loss might 

make RCVs a viable economic consideration.  

http://primis.phmsa.dot.gov/gasimp/FilGet.gim?&fil=56
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Operators are required by the Gas IM Rule to report performance metrics semi-annually, by the end of 

August and the end of February.  It is preferred that the report be filed electronically through the Gas IM 

Public Website.  The following pages contain the instructions to operators for filing their reports.  

Pictures of the Website entry form are included just beneath the applicable instructions. 

 

What am I reporting?  

 

49 CFR 192.907(a) requires that operators of gas transmission pipelines develop integrity management 

programs by December 17, 2004.  These elements include:  

 

 Number of total miles as of the end of the reporting period 

 Number of High Consequence Area (HCA) miles in the IMP program as of the end of the 

reporting period 

 Number of total miles of pipeline inspected in the system as of the end of the reporting period, as 

a result of the IMP rule (i.e., includes testing coincidental to IMP rule) 

 Number of HCA miles inspected during this reporting period 

 Number of immediate repairs completed in HCA as a result of IMP during this reporting period 

 Number of scheduled repairs completed in HCA as a result of IMP during this reporting period 

 Number of leaks in HCA classified by cause during this reporting period 

 Number of failures in HCA classified by cause during this reporting period 

 Number of incidents in HCA classified by cause during this reporting period 

 

For the first gas transmission integrity management report, which was required to be submitted to 

PHMSA by August 31, 2004, not all the data elements required in the rule were collected, since the 

developmental nature of operator integrity management programs would make all mileage numbers 

unreliable and subject to change as the programs are completed.  Operators were required to have 

identified their high consequence areas by December 17, 2004, and thus should now have firm mileage 

data.  Accordingly, quantitative performance measures must be reported.  The report due February 28, 

2005, should include data covering all of calendar year 2004. 

  

When do I report?  

 

In accordance with 49 CFR 192.945(a), all regulated gas transmission operators subject to Part 192, 

Subpart O are required to submit integrity management performance measures semi-annually.  The 

reports must be complete through June 30 and December 31 of each year and must be submitted by two 

months after this date.  The report submitted in August should include data for the first half of the 

calendar year.  The report submitted in February should include data covering the entire calendar year 

(i.e., updating the information in the August report).  

 

How do I report?  

 

49 CFR 192.951 provides overall instructions for submitting these and other reports required by Subpart 

O, including provision for online reporting through the PHMSA Home Page at http://ops.dot.gov.  

 

1. Access the Gas IMP reporting system using one of the following methods.  

a. Go to the PHMSA home page: http://ops.dot.gov. Click the “Gas Integrity 

Management Performance Reporting” link on the left hand side.  

b. Use the link: http://opsweb.phma.dot.gov/gasimp  
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2. Log in  

a. Log into ODES using your Operator ID and PIN.  

b. If you do not have an Operator ID or PIN, please contact Jefferson Tancil at (202) 366-

8075. 

 

 
GAS INTEGRITY MANAGEMENT PROGRAM REPORTING 

OPS HOME | ODES HOME | GAS IMP MAIN | HELP/INSTRUCTIONS 
 

   
 
 

Operator ID: 865
 

PIN (case sensitive):  
 

Login
 

 
Your browser must support Javascript and session cookies to use this application. 

Please note: 
We recognize that the recent advisory that OPS released on Gas IMP reporting encouraged 
reporting by state if possible.  
 
However, we have determined that we cannot voluntarily seek this information.  
 
We are considering how we may obtain this information in the future.  

 

 

http://ops.dot.gov/
http://opsweb.rspa.dot.gov/cfdocs/opsapps/pipes/main.cfm
http://opsweb.rspa.dot.gov/gasimp/default.asp
http://opsweb.rspa.dot.gov/gasimp/help.asp
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3. Reporting period  

a. Select the reporting period for which you want to report  

 

 
GAS INTEGRITY MANAGEMENT PROGRAM REPORTING 

OPS HOME | ODES HOME | GAS IMP MAIN | HELP/INSTRUCTIONS 
 

   
Please select the period for which you are submitting a report. 

Period ending:  12/31/2004
 

 

   

Select Period
 

 

http://ops.dot.gov/
http://opsweb.rspa.dot.gov/cfdocs/opsapps/pipes/main.cfm
http://opsweb.rspa.dot.gov/gasimp/default.asp
http://opsweb.rspa.dot.gov/gasimp/help.asp
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4. List of reports  

a. If you have previously submitted a report for the selected reporting period, you will see 

a list of previously submitted reports.  

b. You can edit one of the previously submitted reports by pressing EDIT REPORT.  

c. You can submit a new report by pressing ADD NEW REPORT.  

 

 
GAS INTEGRITY MANAGEMENT PROGRAM REPORTING 

OPS HOME | ODES HOME | GAS IMP MAIN | HELP/INSTRUCTIONS 
 

   
Please select a previously submitted report to edit or press Add New Report to submit a new report. 

REPORT ID  DATE  OPERATORS   
544 1/31/2005  

 

Edit Report
 

 
  

967 2/28/2005 456 
 

Edit Report
 

 
  

 

Add New  Report
 

 

 

 

http://ops.dot.gov/
http://opsweb.rspa.dot.gov/cfdocs/opsapps/pipes/main.cfm
http://opsweb.rspa.dot.gov/gasimp/default.asp
http://opsweb.rspa.dot.gov/gasimp/help.asp
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5. Operator Information  

a. The Operator ID field is populated based on the information you provided upon 

logging into the system.  

b. Complete the Operator Name field.  

6. Contact Information  

a. Complete the CONTACT field for the report submission.  

b. Complete the PHONE field for the report contact.  

c. Complete the E-MAIL address field for the report contact. This address will be used to 

automatically send a copy of the report upon completion.  

7. Related Operators  

a. To add additional operators to the report, press the ADD OPERATOR button.  

b. Enter the Operator ID for the operator which you want to add.  

c. Press the ADD OPERATOR button to add the operator.  

8.  Select one of the following options: 

a.  “I have not identified HCAs”.  If you select this option, you may complete the 

comments field if you would like.  Please skip to step #13 – “Save Report” 

b.  “I have identified HCAs.”  If you select this option, please continue to step #9 – 

“Performance Measures” 

9. Performance Measures  

a. Complete NUMBER OF TOTAL MILES (TRANSMISSION, INCLUDING 

ONSHORE AND OFFSHORE) (as of the end of the reporting period) 

b. Complete NUMBER OF TOTAL MILES INSPECTED as a result of the IMP rule 

(i.e., includes testing coincident to the rule – as of the end of the reporting period.  

Include mileage of inspections conducted prior to 2004 that will be credited as 

baseline assessments.) 

c. Complete NUMBER OF HCA MILES IN THE IMP PROGRAM (as of the end of the 

reporting period) 

d. Complete NUMBER OF HCA MILES INSPECTED VIA IMP ASSESSMENTS 

(during this reporting period or examined during inspections conducted prior to 2004 

that will be credited as baseline assessments.) 

e. Complete NUMBER OF IMMEDIATE REPAIRS COMPLETED IN HCAs AS A 

RESULT OF IMP (during this reporting period) 

f. Complete NUMBER OF SCHEDULED REPAIRS COMPLETED IN HCAs AS A 

RESULT OF IMP (during this reporting period) 

(Note:  Assessed mileage should be counted once regardless of the number of inspections 

conducted.  Thus, mileage inspected by both ECDA and ICDA or by both a 

deformation tool and an MFL pig should be reported only once). 

10. Number of Leaks in HCA classified by cause (during this reporting period) 

a. To add leaks to the report, press the ADD LEAKS button.  

b. Select one of the causes from the drop down menu.  

c. Specify the number of leaks.  

d. Press the ADD LEAKS button.  

11. Number of Failures in HCA classified by cause (during this reporting period) 

a. To add failures to the report, press the ADD FAILURES button.  

b. Select one of the causes from the drop down menu.  

c. Specify the number of failures.  

d. Press the ADD FAILURES button.  

12. Number of Incidents in HCA classified by cause (during this reporting period) 
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a. To add incidents to the report, press the ADD INCIDENTS button.  

b. Select one of the causes from the drop down menu.  

c. Specify the number of INCIDENTS.  

d. Press the ADD INCIDENTS button.  

13. Save Report  

a. When finished with the form, press the SAVE REPORT button.  

b. If any required fields were not completed, you will be prompted to complete them.  

 

 
GAS INTEGRITY MANAGEMENT PROGRAM REPORTING 

OPS HOME | ODES HOME | GAS IMP MAIN | HELP/INSTRUCTIONS 
 

   

Date: 5/31/2005 * indicates required field 
 

Period Ending:  12/31/2004 

Operator Information 
Operator ID: 2 

Operator name:* EXAMPLE OPERATOR
 

Contact Information  

Contact:*  

Phone:*  

E-mail:  

Related operators in the Operator 2 plan  
 

Add Operator
 

Gas IMP for Operator 2  

 
I have not identified any HCAs. 

  Comments: 

http://ops.dot.gov/
http://opsweb.rspa.dot.gov/cfdocs/opsapps/pipes/main.cfm
http://opsweb.rspa.dot.gov/gasimp/default.asp
http://opsweb.rspa.dot.gov/gasimp/help.asp
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I have identified HCAs. 

  

Number of total miles (system), should match miles on annual report:*  

Number of total miles of pipelines inspected:*  

Number of High Consequence Area (HCA) miles in the IMP program: *  

Number of HCA miles inspected via IMP assessments (physical pipe miles):*   

Number of immediate repairs completed in HCA as a result of IMP : *  

Number of scheduled repairs completed in HCA as a result of IMP: *  
 
Number of leaks (Definition of Leak) in HCA classified by cause:  

Add Leaks
 

Total 0   
 

 
Number of failures (Definition of Failure) in HCA classified by cause:  

Add Failures
 

Total 0   
 

 
Number of Incidents (Definition of Incident) in HCA classified by cause:  

Add Incidents
 

Total 0   
 

  

 

Save Report
 

 

 

 

14. Confirm Report  
a. Review the report information  

b. If the report is correct, press the YES – SUBMIT REPORT button.  

c. If the report is not correct, press the NO – EDIT REPORT button.  

 

 

http://opsweb.rspa.dot.gov/gasimp/definitions.asp
http://opsweb.rspa.dot.gov/gasimp/definitions.asp
http://opsweb.rspa.dot.gov/gasimp/definitions.asp
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GAS INTEGRITY MANAGEMENT PROGRAM REPORTING 

OPS HOME | ODES HOME | GAS IMP MAIN | HELP/INSTRUCTIONS 
 

   
Date: 5/31/2005 
Period Ending:  12/31/2004 

Operator Information  
Operator ID: 2 
Operator name: EXAMPLE OPERATOR 

Contact Information  
Contact: John Smythe 
Phone: (910) 544-0252 
E-mail:  

Related operators included in the Operator 2 plan  
none  

Gas IMP for Operator 2 
I have identified HCAs. 

Number of total miles (system), should match miles on annual report: 1522  
Number of total miles of pipelines inspected: 216  
Number of High Consequence Area (HCA) miles in the IMP program:  433  
Number of HCA miles inspected via IMP assessments (physical pipe miles):  57  
Number of immediate repairs completed in HCA as a result of IMP :  2  
Number of scheduled repairs completed in HCA as a result of IMP:  14  

 
Number of leaks in HCA classified by cause:   

  Total 0 
 

 
Number of failures in HCA classified by cause: 
  Total 0 

 

 

http://ops.dot.gov/
http://opsweb.rspa.dot.gov/cfdocs/opsapps/pipes/main.cfm
http://opsweb.rspa.dot.gov/gasimp/default.asp
http://opsweb.rspa.dot.gov/gasimp/help.asp
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Number of Incidents in HCA classified by cause: 
  Total 0 

 

 

  

Is this information correct? Yes - Submit Report
 

 

 

 

15. Report Receipt  

a. You will view a printable confirmation page which you can print for your records.  

b. A copy of the report is automatically sent to the e-mail address provided in 

Contact Information.  
 
How do I know if I am required to report under this program?  

 

The gas integrity management rule applies to gas transmission operators jurisdictional to 49 CFR Part 

192. This rule became effective February 14, 2004.  All operators with transmission pipeline in high 

consequence areas are required to report.  Operators with transmission pipeline but which have no 

mileage in high consequence areas may voluntarily report this fact using a comment field on the reporting 

form; this information will help PHMSA schedule integrity management inspections. 

 

In determining if an intrastate pipeline meets the definition of a transmission line set out in Part 192.3, an 

operator must consider the factors listed in 192.3(a)-(c) of the pipeline safety regulations. The terms 

“storage facility” and “distribution center” are not defined in the pipeline safety regulations. Therefore, 

for states participating in the Natural Gas Pipeline Safety Program, the PHMSA will recognize the 

individual state determination of these terms when designating a pipeline as a distribution or transmission 

pipeline.  

 
What if I have electronic submittal difficulty?  

 

PHMSA strongly encourages operators to report via the Internet, but will accept paper reporting 

submissions from operators who cannot report via electronic means. If you need to utilize this option, 

please contact us below. All forms and instructions are available via the Internet at the PHMSA home 

page, http://ops.dot.gov  in the PHMSA FORMS section of the ONLINE LIBRARY.  

 

What if I need to change my report form after I submit it?  

 

To change a report submission, please follow the same process as the initial submission. After you select 

the period ending date, the form will populate with the data from your previous submission. Simply 

correct the data and resubmit the report, using the same process as the initial submission. Both the 

previous submission and the corrected submission are saved in the database.  
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Definitions:  

 

Failure is a general term used to imply that a part in service: has become completely inoperable; is still 

operable but is incapable of satisfactorily performing its intended function; or has deteriorated seriously, 

to the point that it has become unreliable or unsafe for continued use. If an event involves the 

unintentional release of gas, it should be reported as an incident or leak.   

 

IMP means Integrity Management Program as required by 49 CFR Part 192, Subpart O,  

 

Incident means an event meeting the criteria in the definition in 49 CFR 191.3: 

An event that involves a release of gas from a pipeline and 

(i) A death, or personal injury necessitating in-patient hospitalization; or 

(ii) Estimated property damage, including cost of gas lost, of the operator or others, or both, of $50,000 or 

more, or 

An event that is significant, in the judgment of the operator, even though it did not meet the criteria 

above. 

 

HCA means High Consequence Area, as defined in 49 CFR 192.903.  

 

Leak means an unintentional escape of gas from the pipeline. This would include any unintentional 

release of gas from a pipeline that does not result in an injury, death, or $50,000 in property damage.  

 

Program Requirements means the number of HCA miles in the IMP program. 

 

 

Resources  

 

For Operator ID/PIN problems, please contact:  

Catapult Technology  

Mr. Jefferson Tancil  

(202) 366-8075  

 

For technical questions on electronic submission, please contact:  

Catapult Technology  

Mr. Edwin Chernosky  

(202) 366-8829  

 

For questions concerning the Gas Integrity Management regulations please contact:  

Office of Pipeline Safety  

Mr. Mike Israni (202) 366-4571  

 

 

Program resources, fact sheets, and amplifying information can be located at:  

http://primis.phma.dot.gov/gasimp/ 



 

 
 

Pipeline and Hazardous Materials Safety Administration 

Office of Pipeline Safety 

 

 

 

 

 

 

 

 

Gas Integrity Management  

Inspection Manual 
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I. Introduction 

 

Section 192.907(a) requires each operator of gas transmission pipelines to develop an integrity 

management program.  This section specifies that the initial program must consist, at a minimum, 

of a framework that describes how each required program element will be implemented.  The 

section goes on to say that the framework will evolve into a more detailed and comprehensive 

program and that “[a]n operator must make continual improvements to the program.” 

 

This section describes the relationship among a framework, a mature program, and the process of 

continuous improvement. 

 

II. PHMSA Position 

 

Integrity management of gas transmission pipelines, as required by Subpart O of Part 192, is a 

complex process.  Subpart O acknowledges the fact that many operators do not currently have 

processes in place that satisfy its requirements, and includes explicit provisions allowing 

operators to comply with these requirements by evolving through three steps: 

 

1. Implementation of a framework 

2. Development of a mature program 

3. Continuous improvement of the program  

 

In reviewing operator programs, PHMSA has the following expectations regarding this evolution: 

 

1. By no later than December 17, 2004, each operator must have developed and be 

following a written integrity management program that contains all the elements 

described in ' 192.911. 

2. Initially, the integrity management program can consist of a framework that describes the 

process for implementing each program element, including how relevant decisions will 

be made and by whom. 

3. The framework will also include a time line for completing the work to implement the 

program element. 

4. Prior to undertaking any set of actions that implement an element of its program, the 

operator will have completed a documented and approved description of the process by 

which that element will be carried out. 

5. The framework must also describe how information gained from experience with 

integrity management will be assembled and continuously incorporated into the program. 

6. Over time, the operator will evolve the framework into a more detailed and 

comprehensive “mature program”. 

7. In response to identified opportunities to implement high value improvements and to 

indications of program ineffectiveness, an operator will make continual improvements to 

its program. 

8. PHMSA will evaluate operator’s continual improvement efforts during periodic integrity 

management inspections. 

 

III. The Basis of the PHMSA Position 

 

Integrity management of gas transmission pipelines, as described in Subpart O of Part 192, 

involves a complex process.  It will require many operators to implement new processes to make 

decisions related to and to manage resources affecting pipeline safety.  It requires that disparate 
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data be brought together, integrated and used as the basis for actions to improve integrity.  It can 

affect the way that everyone who has pipeline safety responsibilities performs his or her job.  

Such changes cannot be implemented overnight, nor can they be implemented by following a 

“cookbook.”  They require a period of development, program implementation, and feedback and 

improvement as a result of experience. 

 

The provisions of section 192.907(a) demonstrate that PHMSA understands the complex nature 

of implementing these programs.  PHMSA does not expect that operators who have not had 

active integrity management programs will suddenly be able to implement the required program 

elements as though they have been doing them for years.  PHMSA expects that its initial 

inspections of integrity management programs will often reveal companies struggling with the 

management and cultural changes necessary to make a program work.  PHMSA expects, 

however, that these operators will have a documented basis for actions required to implement 

program elements, will continually evaluate the effectiveness of their programs and will make 

high value improvements leading to mature programs. 

 

Changes and improvements may be most visible when the early process descriptions in an initial 

framework are expanded into more detailed programs, with implementing procedures and 

associated recordkeeping.  Improvements should not stop when the framework has evolved into a 

“mature program”.  Operators should use their performance measures and periodic evaluations of 

their integrity management programs to understand where their programs can be improved and to 

make changes to affect those improvements.  PHMSA will evaluate operator’s continual 

improvement efforts during subsequent integrity management inspections. 
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